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ABSTRACT 

This report analyzes and compares the costs and resource potentials of electricity from 
fossil-based central stations and cogeneration plants, and identifies needed policies to 
mobilize the economic potential of these resource options. To develop meaningful 
estimates, the report also covers conventional fuel price projections, anticipated 
feedbacks of climate stabilization policies on fossil fuel prices, the potential for 
increasing natural gas deliveries to Western Europe, the impacts of externality costs 
related to acid rain and other non-climatic impacts, and the influence of power plant size 
on utility system costs. 

Law-carbon fossil generating options 

Industrial and district heating cogeneration plants can reduce carbon burdens (i.e., carbon 
emissions per kWh of electricity) by more than 75 percent compared to separate 
production of heat from conventional oil and gas heating systems and power from 
existing coal-fired central stations. This means that best cogeneration facilities can 
deliver more than three quarters of the carbon-burden reducing effect of wind-, biomass-, 
solar-based or nuclear power generation. High efficiency gas-fired central stations take 
second place, while advanced "clean coal" plants offer more limited reductions. 

Fossil fuel prices 

Whether gas prices will rise steeply or not depends on what policies are used to pursue 
climate goals. If major carbon reduction targets and/or integrated resource planning 
(IRP) policies are adopted, gas demand will be confined to inherently price-limiting 
levels on account of competing demand-side efficiency and renewables investments. 
Though coal prices will also be lowered, current coal prices are already close to 
production costs, and downward movements in coal prices are limited. 

If, on the other hand, energy strategies remain largely supply-oriented, and notably if 
such strategies are combined with only mild emission reduction targets, high gas prices 
are likely to result while coal prices remain low. 

To achieve climate stabilization in a least-cost manner, it will be important to combine 
strong reduction targets with strong least-cost oriented IRP regimes for the electricity and 
gas sector. 

Gas-fired cogeneration versus coal- and gas-fired central stations 

Under IRP policies coupled with either mild or strong carbon constraints (low coal prices 
and low gas prices), gas-fired industrial cogeneration plants and combined heat and 
power (CHP) district heating plants will typically produce electricity at a 15-20 percent 
saving relative to conventional pulverized coal stations. When environmental 
externalities are included, savings rise to 20-26 percent. 

Under the same policy regime, gas-fired cogeneration is also 7-15 percent less expensive 
than electricity from gas-fired combined-cycle central stations. 

Under supply-oriented business-as-usual energy strategies with mild carbon constraints 
(low coal prices and high gas prices), gas-fired cogeneration (and, indeed, all gas-fired 
generation) becomes more expensive than electricity from coal. 
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Gas-fired central stations versus coal-fired central stations 

Under a least-cost oriented IRP regime (low gas and coal prices), combined cycle plants 
beat pulverized coal plants by 6 percent on the basis of project costs alone. This margin 
approximately doubles to 11 percent when system costs and environmental externalities 
are also included. This cost advantage of gas-fired plants can be expected to double again 
when advanced gas-fired cycles are compared with advanced coal plants. 

Under business-as-usual strategies combined with mild carbon constraints (low coal and 
high gas prices), coal-fired central stations retain a cost advantage. 

Fossil-fired plants versus nuclear plants 

The analysis in this report and in Part 3E of the IPSEP study suggests that the often 
claimed categorical advantage of nuclear generation over fossil-fired generation is 
fictitious. Once unrealistic official estimates are abandoned in favor of a realistic and 
prudent range of nuclear costs, and once the feedback effects of carbon reduction targets 
and/or strong IRP policies on fossil fuel prices are taken into account, both coal-fired and 
gas-fired generation become significantly cheaper than nuclear generation. 

Even when official French cost estimates are taken as a basis for comparisons, coal- or 
gas-fired industrial cogeneration and district heating plants can produce electricity as 
cheaply as or more cheaply than reactors. 

The economic resource potential of cogeneration 

Under a least-cost oriented IRP regime (low gas and coal prices) the majority of 
cogeneration capacity will be based on gas-fired plants with high electricity production 
ratios. The potential of cogeneration in the EC-5 region is then equivalent to the output 
of about 140 GW of baseload capacity. The potential baseload electricity production is 
about 900 TWh, or more than 80 percent of 1985 electricity consumption. With low gas 
prices (IRP regime), the large majority of this potential is economically attractive 
compared to business-as-usual resource plans that emphasize coal or nuclear central 
stations, and thus represents a "no regrets" resource. Less than ten percent of the 
electricity potential of cogeneration is currently being realized. By 2020, individual 
countries within the EC-5 region could supply anywhere from 54 percent to 137 percent 
of their 1985 level of electricity use from cogeneration. 

Policy requirements for realizing "no regrets" potentials 

Besides regulatory policy action to establish access to the power supply market and to 
assure proper purchasing, transmission, and back-up power prices, a variety of specific 
legal measures and incentives will be required to overcome other market and institutional 
barriers to cogeneration. A mere deregulation of the power supply market will not be 
sufficient to mobilize the "no regrets" cogeneration resource potentials. 

If gas is to become a major power plant fuel while limiting overall gas demand in the 
economy, integrated resource planning approaches will have to be introduced in both the 
electricity and gas sectors. Finally, future fossil power generation R&D and 
demonstration programs should be reoriented toward high efficiency natural gas fired 
plants. 
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EXECUTIVE SUMMARY ES.3C 

THE COST OF FOSSIL POWER GENERATION IN 
WESTERN EUROPE 

A. OVERVIEW 

The carbon dioxide emissions of Western Europe's electricity sector can be reduced not 
only by means of more efficient electricity use or non-fossil generating options, but also 
through changes in the fossil fuel mix and through efficiency improvements in fossil power 
plants. The present report analyzes the costs and potentials of these fossil-based low-
carbon supply options, and identifies policies that are needed to promote them. 

We investigate the following technical options: 

• Improved coal-fired central stations 

• High efficiency gas-fired central stations 

• Refurbishing and repowering of existing fossil plants 

• Coal- and gas-fired industrial cogeneration and district, neighborhood, 
or on-site heating systems 

• Carbon scrubbing technologies for fossil-fired power plants and other 
carbon sequestration methods. 

As part of this analysis, we explore several related topics: (1) We review the potential for 
increasing natural gas deliveries to Western Europe, since one important option for 
reducing carbon emissions is switching baseload power generation from coal to gas. (2) 
We modify conventional fossil fuel price projections in a manner that reflects anticipated 
price impacts of a carbon reduction strategy. (3) We set forth our general methodology for 
quantifying and comparing the economic costs of fossil and non-fossil power supply 
options. We include costs associated with the impacts of each technology on the utility 
system and externality costs related to impacts on the environment. 

The present report complements Parts 3B, 3D and 3E of our study, which explore, 
respectively, the other major ingredients of power sector resource plans: demand-side 
efficiency resources in electrical applications; renewables-based generating technologies 
(hydro, wind, photovoltaics, biomass); and nuclear reactors. 

ES.3C.1 



B. METHODOLOGY 

Any attempt to estimate the economic costs of cutting carbon emissions raises unique issues 
of methodology that must be understood before the results of such an exercise can be 
properly evaluated. 

First, the nature of the climate problem commands a long-term view that goes beyond the 
10-20 year horizons normally used in utility resource planning. As shown in our previous 
study (Energy Policy in the Greenhouse, Volume One), significant (20 to more than 50 
percent) carbon reductions will need to be achieved worldwide over the next 20-40 years if 
a prudent climate stabilization strategy is to be pursued. In our present study, we use a 
time frame of about three decades, roughly equivalent to the economic life of powerplants. 

Second, this longer time frame necessitates an evaluation of not only presently commercial 
technologies, but also of more advanced near-commercial technologies that could make a 
substantial resource contribution over this more extended planning period. The present 
study therefore examines both currently commercial and near-commercial fossil-based 
generating technologies. 

Third, sound economic and policy analysis requires that the uncertainty ranges for key 
economic input parameters be explicitly acknowledged and reflected in all calculations. 
Reflecting this, all of our calculations provide carefully developed low/high ranges rather 
than just point values. 

Finally, it is important to take into account the strong feedbacks that exist between climate 
stabilization policies, fossil fuel prices, and the costs of alternative power supply 
technologies.1 This means that the plausible cost range for one and the same fossil 
generating option depends on the policy context. An option that would be economically 
cost-effective under business-as-usual conditions (where climate change is not a 
consideration) may become more expensive than competing options when carbon 
emissions are restricted, and vice versa. 

To account for this feedback in our economic cost assessment, we distinguish between 
three policy contexts: the business-as-usual case without carbon constraints, a weak 
climate policy with mild carbon constraints, and a strong climate policy based on major 
emission reduction targets. 

Sensitivity analyses 

As a figure of merit, we calculate the levelized unit cost of generating a kWh of electricity 
from an average power plant that operates in the year 2020 and has been commissioned 
sometime between the 1990s and 2020. This cost is expressed in real 1989 DM.2 Our 
sensitivity analyses involve variations of the following parameters: 

1 Climate stabilization policies can also influence the demand for energy services (lighting, heating, 
movement of goods, vehicles, and people, etc.). This feedback effect is considered in Part 2 and in the 
various reports on demand-side efficiency (Parts 3B, 4,5, and 6). 
2 Our exchange rate convention is 1 DM = 100 Pf = 0.5 ECU = 0.5 US $ purchasing power parity. 
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— Fuel prices 

— Capital, operating and maintenance (O&M), and externality costs 

— Costs and performance of current versus advanced technologies 

— Implementation fractions for the cogeneration potential in industrial and 
in combined heat and power applications. 

The implementation fraction is an important parameter in all our scenario analyses. It 
indicates the assumed effectiveness of various policy measures in mobilizing cogeneration 
resources and other resource options whose potential is locally constrained (such as energy 
efficiency and renewables). The implementation fraction is expressed as a percentage of 
the economically attractive resource potential in our least-cost scenarios, and as a 
percentage of the technically feasible resource potential in our minimum-risk scenarios. 
This fraction is used in Part 3A of our study, where we combine cogeneration, efficiency, 
renewables, and conventional resources into integrated scenarios for emission reductions. 

Cost boundaries and perspectives 

Cost comparisons among alternative energy technologies often depend on the economic 
perspective taken and on the boundaries used for cost accounting. As a general reference 
point, we take a societal perspective, i.e., we ignore the particular fiscal and institutional 
circumstances of individual investors or projects, which can be shaped by various policies. 
As an expression of this choice, we apply a capital recovery factor based on a uniform five 
percent real discount rate. This costing perspective approximates that used by many 
government-owned utilities. 

Cost comparisons are executed within three successively wider cost boundaries. The first 
is a project-based perspective (delivered costs of electricity). The second is a utility system 
perspective that includes adjustments of project-based electricity costs for modularity 
benefits, back-up costs, and siting, operating, and fuel flexibility benefits. The third adds 
monetized environmental externalities to the system costs. 

Monetized externality corrections 

The monetized environmental externalities for fossil-fired plants include acid rain 
emissions, particulates, land, water, waste disposal, noise, and other impacts, but exclude 
those from carbon dioxide emissions, since the goal of our study is to calculate the average 
cost of carbon reductions for various reduction targets. 

To derive a high/low range of monetized values for these externalities, we rely on U.S. and 
European damage cost and control cost estimates, and on corresponding regulatory 
valuation systems recently introduced in U.S. jurisdictions. Table ES.3C.1 (below) 
summarizes applicable corrections on a Pf/kWh basis. 

All new power plants are assumed to use best available pollution control technologies. 
With such technologies, plants achieve levels of abatement significantly in excess of current 
regulations. Environmental externality penalties for new plants merely conforming to 
current regulations, or for existing power plants, would be substantially higher. 

ES.3C.3 



Cost allocations for cogenerated electricity 

Following our societal perspective, our cost assessment of cogeneration options is based 
on the same 5 percent real discount rate that is applied to central station investments, though 
special policies would be needed to provide industrial investors with the same capital 
market privileges as utilities. We allocate all the economic and fuel efficiency benefits of 
cogeneration to the electric side. The costs of cogenerated power is then calculated on the 
basis of net fuel requirements (heat rates), net capital costs, and net operating and 
maintenance costs. These net figures are obtained by accounting for the fuel requirements, 
capital costs, and O&M costs of the industrial boilers or building heating systems that are 
displaced by the cogeneration system. 

Consistent with this approach, cogenerated heat is valued at the price of the fuel that was 
used in the displaced boiler or heating system. For industrial applications, we assume that 
the fuel used in the cogenerator is the same as the fuel used in the displaced boiler or other 
process equipment. For district heating applications, it is assumed that cogenerated heat 
displaces a 50:50 mix of heating oil and natural gas. 

We include in our cogeneration analysis several important system-related costs and 
benefits. In the case of CHP systems, we account for the cost of the heat distribution grid 
(including the financing costs during grid build-up), and for the write-off of possibly 
existing gas distribution grids. In the case of small on-site systems, electrical grid 
connection costs can be significant, and these are taken into account as well. 

On the benefit side, we assign modularity credits to all cogeneration plants, and siting 
flexibility credits to the smaller units (i.e., all but the district heating systems). The unique 
operating flexibility benefits provided by some cogeneration technologies are neglected, 
since they may be offset by back-up related additional system costs. 

System integration costs related to dispatch are accounted for by calculating electricity costs 
under various operating conditions. Separate costs are calculated for plants operating in an 
electric-load following mode (ELF), and for plants operated in a thermal-load following 
mode (TLF). The TLF mode is determined by the annual full-thermal-load operating hours 
of industrial processes or building heating systems. In the ELF case, the cogeneration unit 
is utility dispatched. 

C. COMPARISON OF CARBON BURDENS 

Our review of carbon burdens of electricity production shows that carbon reduction 
strategies are by no means limited to non-fossil generating options. A wide range of fossil-
based low-carbon options can be found in industrial, municipal, and on-site cogeneration 
systems fired with natural gas. Moreover, cogeneration potentials grow in proportion to 
electricity and thermal demands. They thus could be a major source of electricity supplies 
in the transition to a low-carbon electricity system. 
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Current emissions 

Figure ES.3C.1 shows the average carbon burden of electricity production in the five 
countries covered by the IPSEP study. The figure shows a wide range, reflecting the 
different mixes of power plant fuels. Average carbon burdens are lowest in the case of 
France, but remain significant even in this case due to the use of inefficient fossil-fired 
capacity for intermediate loads. 

Carbon burdens of new power plants 

Figure ES.3C.2 summarizes the carbon burdens per unit of electricity for important thermal 
power plant options. The calculations assume full-power operation, and include indirect 
emissions from extracting, processing, and transporting the fuel. The carbon burdens of 
biomass and nuclear plants are entirely from indirect emissions, mostly those related to 
nuclear fuel enrichment and biomass fuel harvest and transportation. Biomass fuels are 
assumed to be from replenishing sources such as forestry wastes or sustained fuel 
plantations on land not currently used for slow rotation forestry. 

The relative effectiveness of carbon substituting thermal generating options can be 
summarized as follows: 

• Carbon emissions from advanced gas-fired plants are a factor of two 
less than those from the most advanced central station coal-fired plants. 
Best currendy built gas-fired combined cycle plants could cut carbon 
emissions by more than 60 percent relative to existing coal plants. 

• Even more effective carbon substitution options are gas-fired industrial 
cogeneration and on-site, neighborhood, and district heating 
cogeneration plants. When displaced heating fuels are taken into 
account, and when waste heat is optimally used, their net carbon 
emissions per unit of electricity production can be more than 90 percent 
lower than those of existing conventional coal plants. 

• Though coal-fired cogeneration improves carbon savings over central 
station technology, this improvement is smaller than for switching to 
gas-fired cogeneration. The carbon benefit of displacing fossil fuels in 
thermal applications with waste heat is partially offset by the use of 
carbon-intensive coal in the cogenerator. 

• Gas-fired cogeneration, in turn, offers significantly greater carbon 
benefits than advanced gas-fired central stations. Compared to the best 
gas-fired central stations, carbon emissions from cogeneration can be 
more than 80 percent lower. 

• Gas-fired cogeneration can achieve most of the carbon reductions 
available from non-fossil electricity sources. The most efficient gas-
fired cogeneration units can match reductions achieved with nuclear or 
biomass-fired central stations. 
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Figure ES.3C.1:1985 Carbon burdens 
of delivered electricity in the EC-5 
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Figure ES.3C.2: Carbon burdens of utility fuels and electricity generation technologies 
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If one compares the above data with the average carbon burden of the French electricity 
system in the base year, it becomes apparent that France's low average carbon burdens 
could be realized without nuclear reactors, by emphasizing gas-fired cogeneration. 

The need for thermal optimization in cogeneration plants 

The low carbon burdens shown for cogeneration systems are based on the assumption that 
the electric capacity is thermally optimized, i.e., that the heat produced during full-power 
operation is matched to the baseload thermal requirements of the process. This thermally 
optimized plant then operates either in a thermal load following mode (TLF), or in an 
electric load following mode (ELF). 

Designs in which the electric capacity is significantly enlarged to take advantage of a 
deregulated electricity market would result in lower energy savings relative to separate 
production of heat and power, and in significantly higher carbon burdens. This is what 
happened under the U.S. PURPA initiative.3 In future European initiatives, new 
regulatory policies for promoting cogeneration should include a requirement for thermally 
optimized plant designs. 

D, GAS SUPPLY ISSUES AND FUEL PRICE SCENARIOS 

Potentially available natural gas reserves 

Our review of gas supply developments shows that total gas reserves within Europe's 
reach easily suffice to cover a 30-50 year transition period to an economy mainly based on 
renewable energy sources — not only for the EC but also for Eastern Europe and the 
former Soviet Union. 

Gas-rich suppliers in Norway, North Africa, the former Soviet Union and the Middle East 
could provide Western Europe with significantly larger quantities of natural gas than they 
do now — even if these countries were to substantially increase their own domestic gas 
consumption in order to reduce carbon emissions and nuclear risks at home, and even if 
gas was used as the principal supply-side means for cleaning up the coal-intensive formerly 
centrally planned economies. 

Total feasible supplies to the EC from all regions would double to triple current volumes. 
Supplies from within the EC are projected to rise by 50 percent in the short to medium-
term. However, an active government policy and new regulatory structures and institutions 
will be needed to bring about the necessary long-term investments. 

3 The Public Utility Regulatory Policy Act of 1978 (PURPA) obliged electric utilities to purchase 
cogenerated power at full avoided cost. Minimum efficiency requirements for cogenerators were lax, 
especially for units fired with coal. 
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Range of gas demand levels under a 50 percent carbon reduction target 

A prudent policy of climate stabilization requires that carbon emissions be cut by at least 50 
percent as early as possible. We investigate the maximum rise in gas demand that could 
occur under such a cap. We find that under this cap, gas demand could not rise by more 
than a factor of about 2.5 over 1985 levels. 

This 2.5-fold increase by the year 2020 would result under rather extreme, stylized 
assumptions, i.e., if oil is used only in the transport sector and coal is used only in 
metallurgical applications, with all remaining applications (power generation other than 
existing nuclear and renewable sources, space heating, industrial processes) being supplied 
by gas. 

A much lower gas demand arises if the 50 percent reduction target is realized by integrating 
all available resource options in a least-cost manner. As shown in Part 2 of the IPSEP 
study, such an approach would heavily rely on demand-side efficiency improvements, 
which are the cheapest low-carbon electricity resource. This emphasis on demand-side 
efficiency, along with expanded contributions from cogeneration and renewable energy 
sources, makes it possible to deliver the 1985-2020 growth in energy services not only 
with less than base-year inputs of oil and coal, but also with less natural gas than projected 
in the business-as-usual scenarios of the European Commission. 

Fuel price scenarios 

Our assumptions for future border-point fuel prices are shown in Figure ES.3C.3. Our 
low scenario largely follows the "Energy for the Next Century" reference scenario of the 
Energy Directorate of the European Commission (DGXVII). Coal prices remain essentially 
flat in real terms, and oil and gas prices rise only moderately. Real border prices rise a 
moderate 1.1%/yr on average in the 1987-2020 period. 

In our high case, gas prices are mainly determined by the competition with oil in the fuel 
markets of the building, industry, and transport sectors, and by the competition with coal in 
the power sector. Real border gas prices rise at a rate of 2.9%/yr, or almost three times as 
fast as in the low case. As shown in Figure ES.3C.3, our high gas price scenario is 
considerably higher than in the high demand scenarios considered in the work of the 
European Commission. 

Influence of policy context on fuel prices 

The impact of carbon reduction policies on fuel prices and on the cost of energy services 
can be analyzed from two angles. In one approach, energy or carbon taxes are added to 
fuel prices, and these drive emission reductions. Uncertainties regarding policy impacts are 
mainly on the side of emission reductions. In the other approach, future emissions are 
limited by quantitative reduction targets, and prices for the various fossil fuels change as a 
result. Here, the uncertainties are mainly on the economic side.4 In our cost assessment of 
carbon reductions, we use this latter approach. 

4 For a further discussion of the relationship of tax-based and non-price policies for reducing carbon 
emissions, see Parts 1 and 2 of the IPSEP study. 
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Figure ES.3C.3: F.O.B. Fuel price assumptions, 
IPSEP scenarios (1989 Pf/kWh.f) 
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The impact of climate policy on the cost of energy services depends not only on the chosen 
emission reduction targets, but also on whether these reduction targets are implemented 
through business-as-usual, supply-oriented energy strategies, or through least-cost oriented 
strategies that integrate demand-side and supply-side options. Thus, future fossil fuel 
prices are a function bom of climate protection policies and of energy policy. 

In order to understand the relative cost rankings of alternative technology options, we 
examine three basic climate policies and two basic energy policies. The three basic climate 
policies are business-as-usual (no reduction targets), mild reduction targets, and strong 
reduction targets. 

The two energy policies are business-as-usual (supply-oriented and focused on coal and 
nuclear) and integrated (least-cost oriented and combining demand-side resources and both 
conventional and unconventional supply-side resources). 

What fossil fuel prices are plausible varies in each case. To sensibly compare fossil 
generating options, it is therefore necessary to specify which of the above policy contexts 
applies. Below, we use our findings from IPSEP's integrated scenarios (Parts 2 and Parts 
3A) to explain how primary energy demand and fossil fuel prices are likely to vary in each 
case. 

Fuel prices under business-as-usual energy strategies 

The following matrix summarizes anticipated impacts, using a crude "low/high" 
characterization of fuel prices. Though various fuel market models are in use that appear to 
allow a precise calculation of relative prices, their reliability is so low that they do not offer 
a major improvement over the following qualitative discussion. 

No carbon reductions 

Mild targets 

Strong targets 

Business-
Coal price 

low/high 

low 

low 

as-usual 
Gas price 

low/high 

high 

low/high 

Integrated least-cost 
Coal price Gas price 

low low 

low low 

low low 

Unconstrained carbon emissions 

Under business-as-usual conditions, energy policies in the EC remain supply-oriented and 
fossil fuel consumption is unconstrained. Fuel prices are mainly determined by overall 
primary energy demand and by international supply developments. Due to the vagaries of 
international developments, both low and high prices are plausible for this reference case. 
In the absence of carbon constraints, high prices for one fuel are plausibly tied to high 
prices for the other fuels, and vice versa. 

Under favorable conditions, overall growth in primary energy demand is moderate and/or 
supplies are relatively ample. Gas demand can be satisfied by reserves with low 
production and transportation costs, and regulatory reforms in the gas industry ensure that 
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lower costs are passed on to final consumers. As a result, the prices for all primary fuels 
remains near the lower end of the ranges indicated in Figure ES.3C.3. 

Under less favorable conditions, the demand for coal, oil, and gas grows strongly and/or 
supply limitations arise. Additional gas demand has to be met with more expensive and 
distant reserves. This trend is compounded by the failure of governments to restructure 
and better regulate the gas industry. Coal prices rise somewhat while oil and gas prices rise 
considerably. As a result, coal and gas prices both move to the higher end of the ranges 
indicated in Figure ES.3C.3. 

Mild carbon constraints 

In this policy scenario, governments place only minimal limits on carbon emissions (e.g., a 
mere stabilization at base year levels without significant further reductions over time). 

Under a business-as-usual energy strategy, governments and utilities seek the necessary 
carbon reductions primarily through supply-side measures, notably the substitution of gas 
for coal in the utility sector and/or for oil in the transport sector. Programs to stimulate 
energy efficiency investments on the demand-side remain modest despite their lower cost 
and large potential.5 

As a result, gas demand rises considerably above the levels that would have been expected 
otherwise. Gas requirements in the European Community (EC) could more than double 
over the next 30 years,6 compounded by a similar pattern in Eastern Europe and the former 
Soviet Union: Economic growth in these regions will also be less energy-efficient than 
economically desirable, adding to the pressure on natural gas demand and prices. 

With these developments, natural gas prices are likely to rise to the upper end of the range 
in Figure ES.3C.3 even as coal prices remain low. 

Strong carbon constraints 

A good point of reference for a strong reduction target would be a 50 percent reduction 
over 30 years. Under a business-as-usual, supply-oriented energy strategy, this constraint 
will limit gas demand to about a factor of 2.5 over base year levels if nuclear power and 
renewables do not expand, as already discussed. 

However, even with a 2.5-fold increase in gas demand, meeting the 50 percent target will 
require in addition new contributions from non-fossil resources, i.e., some combination of 
efficiency, renewables and nuclear power. As discussed in Parts 3B, 3D and 3E of the 
IPSEP study, feasible additional contributions are greatest from ample demand-side 
efficiency potentials. More limited increments could be supplied from renewables and 

5 For a comparison of demand-side energy efficiency gains under business-as-usual policies with the 
economic and technical potentials of efficiency improvements, see Parts 3D, S, and 6 of the IPSEP study) 
6 For a quantitative discussion of EC gas requirements under a carbon reduction strategy, see Part 2 of the 
IPSEP study. 
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nuclear power, though the latter would be emphasized under a business-as-usual supply-
oriented strategy. 

Once programs have been put into place to mobilize some combination of these needed 
additional resources, even a small further increase in non-fossil resources would allow a 
significant reduction in gas demand. This scenario could thus result in either low or high 
gas prices, while coal prices would definitely be low. 

Fuel prices under integrated least-cost energy strategies 

No carbon constraints 

Under a least-cost energy strategy, large pools of cost-effective energy efficiency 
investments on the demand-side are integrated with conventional fossil and nuclear sources 
and cogeneration and renewables on the supply-side. As a result, total primary energy 
demand in the EC declines below base-year levels, and so do carbon emissions. This 
decline occurs even as energy services grow and as electricity gains a greater share of final 
energy supplies. 

With declining primary energy demand and unconstrained competition from coal, gas 
demand is limited to modest levels. Due to saturation trends in energy service demand and 
significant efficiency potentials, gas requirements in the currently dominant industrial and 
space heating applications decline significantly. The major new market for natural gas 
becomes power generation including cogeneration, but without carbon reduction targets, 
coal remains an important generating fuel (see below). 

Energy growth and gas demand in Eastern Europe and the former Soviet Union is 
moderate, as these countries increasingly mirror EC gains in the area of energy efficiency. 
As a result of all these developments, both coal and gas prices are pushed toward the lower 
end of their respective ranges. 

Least-cost integration plus mild or strong carbon constraints 

If an integrated least-cost oriented energy strategy is now combined with carbon reduction 
targets, the competition between coal and gas is shifted significantly in favor of gas, 
notably in the power market. However, while coal is progressively eliminated as a 
competitor to natural gas, the carbon constraint in combination with declining primary 
energy requirements due to cost-effective efficiency gains now works to limit natural gas 
consumption. Instead, renewables obtain a larger role. As a result, both coal and gas 
prices are again pushed toward the lower end of their respective ranges. 

This scenario implies an additional gas price benefit Due to the greater role of the power 
sector in total gas consumption, the gas system will require less storage for heating-related 
winter peak requirements. All else being equal, this saving in storage investments reduces 
the difference between the firm-delivery price of natural gas and interruptible gas, thus 
somewhat lowering the average delivered cost of natural gas. 
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E. COST COMPARISON: CURRENTLY COMMERCIAL COAL AND GAS 
CENTRAL STATIONS 

Technology description 

The technologies representing these two baseload generating options are a large 
conventional steam turbine (ST) plant fired with pulverized imported coal and a currently 
commercial "advanced" gas-fired combined cycle plant of high-efficiency design (ACC). 

Environmental characteristics 

Both plants are assumed to use best available control technology as defined by the most 
advanced pollution control practice in the Federal Republic of Germany (FRG), including 
selective catalytic reduction (SCR) to minimize emissions of nitrogen oxides (NOx). 

This means that the coal plant emits only a quarter of legal FRG limits for sulfur dioxide 
(SO2) and only half of legal limits for NOx. Similarly, the gas-fired combined cycle plant 
emits less than one tenth of legal NOx limits for gas-fired plants. It is cleaner by a factor of 
five than typical new gas-fired plants built in the last few years. 

These characteristics indicate that our cost comparison internalizes the acid-rain related 
environmental costs of fossil-fired central stations to a greater extent than other 
comparisons, in which only minimum legal clean-up requirements are taken into account 
Nevertheless, even these advanced plants are not free of emissions of acid-rain precursors 
and other environmental impacts. Table ES.3C.1 shows corrected per-kWh costs when 
these remaining environmental impacts are monetized. 

Cost comparison of coal and gas plants 

Our comparison in Figure ES.3C.4 and Table ES.3C.2 shows that with low coal and gas 
prices, a combined cycle facility is the preferred central station baseload generating 
alternative. When only project costs are considered, the margin in favor of the gas plant is 
6 percent. It widens to a 9 percent advantage for gas-fired ACC plants when system costs 
are included, and to 11 percent when monetized externality costs are also added. 

For high coal and gas prices, the greater fuel price escalation for natural gas affects these 
cost rankings. In this case, electricity from coal plants is consistently cheaper than that 
from gas plants, but this advantage shrinks as one moves from project costs to system 
costs, and system cost plus monetized externalities. The cost advantage of electricity from 
coal is 11,8, and 4 percent, respectively. 
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Table ES.3C1: Summary of low and high case externality costs for fossil-fired 
electricity supply resources 

Technology 

Central station plants 
CTgas 

IRCRGT gas 

ACC gas 
ACC-oil #6 

IGACC coal 
Steam coal 

Central heat and power 
Coal steam 

Coal-gasifier ACC/ISTIG 
Gas ACC/ISTIG 

Gas IC engine-Otto 
Gas IC engine-Diesel 

Industrial cogeneration 
Coal back-pressure steam 
Coal back-pressure steam 

Gas combustion turbine 
Gas combustion turbine 

Large IC engine conventional 
Large IC engine advanced 

Gas STIG industrial 
Gas STIG aeroderivativc 

Electric 
Capacity 

MWe 

80 

114 

210 
210 

500 
700 

100 
100 
110 
0.3 
5 

5 
25 

3.85 
33.1 

5 
25 
5.6 
51.4 

Low cost case 
NY PSC system 

0.50 

0.37 

0.62 
0.74 

0.82 
0.93 

TLF Cogen. ELF Cogen. 
Avg Mode Avg Mode 

Pf/kWh PfflcWh 

1.35 1.35 
0.81 0.91 
0.40 0.40 
0.21 0.43 
0.44 0.44 

0.97 1.19 
0.74 0.96 
0.20 0.20 
0.20 0.20 
0.42 0.42 
0.42 0.42 
0.32 0.32 
0.32 0.32 

High cost case 
NYPSCw/MADPU 

for NOx and S02 

1.05 

0.37 

1.16 
1.34 

1.36 
1.54 

TLF Cogen. ELF Cogen. 
Avg Mode Avg Mode 

PflkWli Pf/kWh 

2.62 2.62 
1.35 1.51 
0.40 0.40 
0.21 0.98 
0.99 0.99 

2.06 2.82 
1.28 2.04 
0.20 0.20 
0.20 0.20 
0.96 0.96 
0.96 0.96 
0.32 0.32 
0.32 0.32 

Index high/low cost case 

2.08 

1.00 

1.88 
1.82 

1.67 
1.65 

TLF Cogen. ELF Cogen. 
Avg Mode Avg Mode 
Lows 1.00 Lows 1.00 

1.94 1.94 
1.68 1.66 
1.00 1.00 
1.00 2.26 
2.23 2.23 

2.12 2.37 
1.74 2.14 
1.00 1.00 
1.00 1.00 
2.30 2.30 
2.30 2.30 
1.00 1.00 
1.00 1.00 
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Figure ES.3C.4: Comparison of system costs from central stations 
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Table ESJG2: Summary of carbon burdens and costs for fossil-fired electricity supply technologies 

Technology 

CONVENTIONAL TECHNOLOGIES 
Low cost case 

ACC central station (gas-fired) 
Pulverized coal 

Industrial, large aeroderivative STIG, gas fired, ELF high 
Industrial, back pressure ST, coal fired, ELF high 

CHP. ACC gas-fired, ELF mean 
CHP, ST coal-fired, ELF mean 

High cost case 
ACC central station (gas-fired) 

Pulverized cool 

Industrial, large aeroderivative STIG, gas fired, ELF high 
Industrial, back pressure ST, coal fired, ELF high 

CHP, ACC gas-fired, ELF mean 
CHP, ST coal-fired. ELF mean 

ADVANCED TECHNOLOGIES 

Low cost case 
IRCRGT central station (gas-fired) 

IGACCcoal 

CHP, ISTIG gas-fired (ELF mean) 
CHP, IGACC coal-fired (ELF mean) 

High cost case 
IRCRGT central station (gas-fired) 

IGACCcoal 

CHP, ISTIG gas-fired (ELF mean) 
CHP, IGACC coal-fired (ELF mean) 

C Burden 
KAWh.e 

no 
268 

65 
239 

98 
277 

no 
268 

65 
239 

98 
277 

101 
224 

98 
212 

101 
224 

98 
212 

Delivered Cost 
PfikWh.e 

7.8 
8.3 

7.2 
7.4 

7.4 
7.7 

10.9 
9.8 

9.7 
8.5 

10.3 
7.6 

6.5 
8.2 

6.6 
7.7 

9.4 
10.2 

9.5 
8.0 

System cost (SC) 
PfikWh.e 

7.5 
8.3 

6.5 
6.6 

7.0 
7.2 

10.6 
9.8 

9.0 
7.7 

9.9 
7.2 

6.2 
7.5 

6.2 
7.3 

9.0 
9.2 

9.1 
7.6 

Index ofSC rel. 
to pulv. coal law 

0.91 
1.00 

0.79 
0.80 

0.85 
0.87 

1.29 
1.18 

1.09 

0.93 

1.20 
0.87 

0.74 

0.90 

0.75 
0.88 

1.09 
1.11 

1.10 

0.92 

Index of SC rel. 
to pulv. coal high 

0.77 
0.85 

0.67 
0.68 

0.72 
0.74 

1.09 
1.00 

0.93 
0.79 

1.02 
0.74 

0.63 

0.77 

0.64 
0.74 

0.92 
0.94 

0.93 
0.78 

SC w/extemalities 
PfikWIue 

8.2 
9.2 

6.8 
7.6 

7.4 
8.6 

11.8 
11.3 

9.4 
9.8 

10.3 
9.8 

6.5 
8.3 

6.6 
8.2 

9.4 
10.6 

9.5 
9.1 



Cost comparison with nuclear power 

As a further point of comparison, Figure ES.3C.4 also shows the cost of nuclear power 
from currently commercial pressurized water reactors, as developed in Part 3E of the 
IPSEP study. The figure shows that the claimed cost advantage of reactors turns into a 
decisive cost disadvantage once optimistic official projections of nuclear power costs are 
replaced by prudent estimates based on actual field experience. 

F. COST-COMPARISON: FOSSIL-FIRED COGENERATION PLANTS 

Technology description 

Our analysis of industrial cogeneration systems comprises units based on coal-fired back
pressure or extracting-condensing steam turbines (ST) and natural-gas fired systems based 
on conventional gas turbines (GT), steam-injection gas turbines (STIG), and large internal 
combustion engines (IC), in an electric capacity range from 5 to 50 MW. 

We further analyze combined heat and power systems (CHP) based on central district 
heating plants (coal-fired steam turbines, gas-fired combined cycle plants, and gas-fired 
ISTIG plants in the 100 MW range), neighborhood-scale plants (gas-fired IC or STIG 
plants in the 5 MW range), and on-site systems for large buildings or commercial-sector 
establishments (gas-fired IC engines in the 300 kW range). 

Environmental characteristics 

Like their fossil central station counterparts, all units are assumed to be equipped with state-
of-the-art pollution control systems that are in excess of minimum legal requirements 
(including dry gas clean-up for sulfur dioxide from coal-fired units, SCR for NOx control 
from the larger gas units, and three-way catalysts for small gas-fired IC engines). 

With this equipment, gas-fired cogeneration units show very favorable environmental 
characteristics. They not only offer major reductions in total emissions of both NOx and 
SO2 relative to separate generation of heat and power, and decisive reductions in local 
sulfur dioxide (SO2) emissions, but can also reduce local emissions of NOx relative to 
those from displaced boilers or heating systems. 

For coal-fired units, the effects of cogeneration on emissions of acid-rain precursors are 
significantly less favorable, due to the economic limitations on the degree of pollution 
control for small coal-fired boilers. At best, total emissions of NOx and SO2 relative to 
separate generation of heat and power remain roughly unchanged or decline somewhat. 
This best-case outcome occurs only when displacing electricity and heat from coal- or oil-
fired power plants and from coal- or oil-fired boilers. In other cases, total emissions 
increase relative to separate generation of heat and power. Local emissions virtually always 
increase, in some cases by a large factor. 
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Costs of cogeneration technologies: coal-fired versus gas-fired 

Our generating costs for the most important technology options are summarized in Table 
ES.3C.2 above and Figure ES.3C.5, which compares electricity costs from new coal- and 
gas-fired industrial cogeneration plants and district heating plants with new coal and nuclear 
central stations, based on system costs. 

Impact of externality corrections 

Externality corrections for fossil-fired cogeneration units have a much more differentiating 
effect on the relative cost of electricity from coal versus gas than is the case for fossil 
central stations. As expected, coal-fired cogeneration units suffer substantially larger cost 
penalties than gas-fired units, due to their comparatively higher SO2 and NOx emissions. 

At the same time, coal-fired ST CHP systems are much more affected than coal-fired 
industrial units. For coal-fired ST CHP plants, the increase in generating costs from 
externality corrections is roughly 20-40 percent, compared to 15-25 percent for coal-fired 
industrial ST plants and only 3-6 percent for gas-fired industrial and CHP units. 

Implications: relative economic risks 

These cost relationships illustrate an important point: From a societal perspective, the 
greater fuel price risk of gas-fired cogeneration plants is offset by the greater environmental 
risks of coal-fired cogeneration, even before carbon emissions are considered. 

Under status quo regulatory conditions, a private investor might prefer a coal-fired 
cogeneration unit over a gas-fired unit because the higher externality costs of the coal-fired 
unit are not reflected in the market price of power. On the other hand, the higher capital 
cost of the coal-fired unit might be more difficult to finance for certain private investors. 

Cost comparison with central stations using the same fuel 

Our calculations bear out the long-established fact that cogeneration units serving suitable 
heat loads can produce electricity at substantially lower costs than their central station 
counterparts. On a system-cost basis, the following relationships can be observed (Table 
ES.3C.2 above): 

• Coal-fired cogeneration plants in three-shift industries can produce 
baseload power that is about 20 percent cheaper than electricity from 
coal-fired central stations. 

* Coal-fired district heating plants can produce baseload power at a 13-26 
percent savings relative to conventional coal central stations. 
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Figure ES.3C.5: Comparison of system costs: nuclear and coal 
central stations versus gas and coal cogeneration plants 
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• Gas-fired industrial cogeneration systems cost 13-15 percent less per 
kWh of electricity relative to gas-fired combined-cycle central stations. 

• Gas-fired combined-cycle district heating plants can produce baseload 
power that is 7 percent cheaper than electricity from their central-station 
counterparts. 

The cost advantage of cogeneration is sensitive to variations in fuel prices only when the 
displaced boiler fuel differs from the fuel used in the cogeneration plant. An example is the 
case of coal-fired district heating. Here, the cost advantage of cogeneration grows 
considerably with high fuel prices, since utility coal prices rise much less than residential 
oil and gas prices. 

When environmental externalities are included, the cost advantage of coal-fired industrial 
cogeneration plants over coal-fired central stations shrinks considerably, due to the high 
emissions of small-scale coal plants. The cost advantage of gas-fired cogeneration systems 
and of coal-fired CHP either rises somewhat or stays the same. 

Comparison of gas-fired cogeneration units with coal-fired central stations 

Gas-fired cogeneration plants are environmentally much more attractive than coal-fired 
cogeneration plants, both in terms of carbon emissions and in terms of other air pollution 
impacts. For the purposes of identifying an economically attractive carbon reduction 
strategy, it is thus of particular interest to compare the cost of gas-fired cogeneration with 
coal-fired central stations. 

This comparison is sensitive to the relative price of coal and gas which, in turn, depends on 
the overall policy context Based on our previous discussion on fuel prices, we summarize 
below our findings for the three limiting cases of central interest. 

Unconstrained business-as-usual 

Under business-as-usual policies and unconstrained fossil fuel consumption, coal and gas 
prices could both move to the higher end of their respective ranges. To illustrate the cost 
relationships for this policy context, we pair our high coal prices with our high gas prices 
(the low/low comparison would be more favorable to gas-fired cogeneration since gas 
prices vary more than coal prices). We then obtain the following results (system cost 
basis): 

• Gas-fired cogeneration in the more favorable industrial applications 
yields a modest savings (9 percent). Electricity from gas-fired district 
heating plants has virtually the same costs as coal-fired central 
generation. 

• When externality costs are included, both types of gas-fired 
cogeneration plants offer significant savings over coal plants (9-17 
percent). 

Business-as-usual plus mild carbon constraint 

We assume that fuel switching to natural gas would be a major component of that strategy. 
As a result, natural gas prices rise strongly while coal prices remain low. For this 
combination of fuel prices, we obtain the following results (system cost basis): 
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• Gas-fired cogeneration become 8-19 percent more expensive than coal-
fired generation in large central stations. 

• When externality costs are included, gas-fired plants continue to be 
more expensive, but the cost differential shrinks to 2-12 percenL 

Integrated least-cost policies plus a 50 percent reduction target 

Under an integrated least-cost strategy, both coal and gas prices are likely to remain at the 
lower end of their respective ranges. This policy context is thus best illustrated by pairing 
our low coal prices with our low gas prices. The result: 

• Gas-fired industrial and district heating plants produce baseload power 
at a 15-20 percent savings relative to conventional coal central stations. 

• With environmental externalities, savings rise to 20-26 percent 

Comparison of cogeneration with nuclear power 

Figure ES.3C.5 also illustrates the cost relationship (based on system costs) between 
electricity from cogeneration plants and nuclear reactors. 

Nuclear power versus coal-fired cogeneration 

As shown in Part 3E of the IPSEP study, official estimates of nuclear power costs are 
unrealistically low. Based on the plausible and prudent range of nuclear costs developed in 
our analysis, the following observations can be made: 

• Power from coal-fired CHP units is significantly and robustly cheaper 
than nuclear power, i.e., both with low and high coal prices, and both 
with and without monetized externalities. 

Based on system costs, industrial cogeneration remains cheaper and power from district 
heating plants remains on a par with nuclear power even if one accepts the grossly 
optimistic official nuclear cost estimates of the French government and furthermore pairs 
this implausibly low estimate with our high coal prices.7 

If externality corrections are included, CHP plants are modestly affected while the cost of 
industrial coal-fired cogeneration goes up significantly (see Table ES.3C.1 above). 
However, the cost of nuclear power also increases (see Part 3E). 

Nuclear power versus gas-fired cogeneration 

For gas-fired cogeneration, the cost relationship with nuclear power depends on the policy 
context Under a least-cost strategy, or under a strong climate policy as exemplified by a 
50 percent reduction target, gas-fired plants benefit from low gas prices. Inspection of the 
figure and of Table ES.3C.2 shows the following: 

7 In its most recent cost comparison, the French government's DIGEC report on nuclear costs 
acknowledges this fact for the first time (see Part 3E). 
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• Under policies that assure low gas prices, gas-fired cogeneration plants 
are strongly cost-effective against nuclear reactors, even if the cost of 
nuclear power should reach the bottom of its plausible range. 

Under business-as-usual energy strategies without or with only mild carbon constraints, 
gas prices could be high. If both gas prices and nuclear power costs reach the high end of 
their respective ranges, gas-fired cogeneration again offers pronounced cost savings. 

If gas prices are high while nuclear power costs are low, the cost advantage goes to 
reactors. However, when externality corrections including levelized accident damages are 
introduced, the cost advantage is returned to the gas-fired cogeneration plants. 

Summary: nuclear versus fossil generation 

Our analysis in this report and in Part 3E of the IPSEP study shows that the often claimed 
categorical advantage of nuclear generation over fossil-fired generation is fictitious. First, 
such claims ignore fossil-fired cogeneration options. Second, they rest on fossil fuel prices 
that are implausible under either a strong climate policy or an economically rational, 
integrated least-cost energy strategy. Third, they are based on unrealistically low estimates 
for nuclear generating costs. 

Once unrealistic official estimates are abandoned in favor of a realistic and prudent range of 
nuclear costs, and once the feedback effects of least-cost and climate policies on fossil fuel 
prices are taken into account, both coal-fired and gas-fired generation becomes significantly 
cheaper than nuclear generation, irrespective of whether plants are used as central stations 
or as cogenerators. 

G. COST COMPARISON: ADVANCED FOSSIL-FIRED GENERATING 
TECHNOLOGIES 

In our report, we compare several advanced technologies of near-commercial status, both 
qualitatively and in terms of estimated generating costs. Our comparison is based on a 
variety of factors, including energy efficiency, emissions, capital costs of the plant, clean
up costs for classical air pollution, flexibility of scale, and planning, siting, operating, and 
fuel flexibility. 

Technologies 

Coal-fired technologies 

As a proxy for advanced coal-fired generation, we consider integrated coal-gasification 
plants based on advanced combined-cycle (gas and steam) turbines (IGACC), as well as 
pressurized fluidized-bed combustion technology based on a modified combined cycle 
system (PFBC). Both are applicable for district heating plants, but minimum scale 
requirements limit them in industrial cogeneration. 
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Gas-fired technologies 

As a proxy for advanced gas-fired generation, we consider high-efficiency gas turbine 
cycles that make use of aircraft engines: intercooled and reheat steam-injected gas turbines 
that are paired with chemical recuperation of waste heat (IRCRGT). For small-scale 
applications including industrial or on-site cogeneration, fuel cells are a further promising 
advanced technology. 

Qualitative comparison 

Consideration of the various cost factors shows that advanced gas-fired plants are by far 
the more promising technology compared to advanced coal-fired plants. First, advanced 
gas-fired plants are capable of efficiencies of 60 percent and more. By contrast, practical 
efficiencies for coal-fired IGACC and PFBC plants are likely to peak near 50 percent. 

Second, gas-fired plants offer their high efficiency at low power plant scale: less than 100 
MW for the gas turbine cycles, and as little as 1 MW for fuel cells, making industrial, 
neighborhood, and on-site cogeneration accessible to them. The realization of high 
efficiency in IGACC and PFBC plants requires considerably larger plants. 

Third, the advanced gas plants are exceptionally clean: they excel in eliminating NOx 
emissions at low cost, and produce practically no particulates and no SO2. Coal plants will 
emit an order of magnitude more acid rain precursors even after expensive control 
processes have been added to eliminate most emissions. 

Fourth, aeroderivative gas turbine plants benefit from ongoing developments in aircraft 
engine research, while no such synergism exists for the combined cycles emphasized in 
current concepts for advanced PFBC or IGACC technology. Advanced aeroderivative gas 
plants also offer the potential for significant reductions in capital and O&M costs. 

Fifth, the smaller scale of gas-fired plants means that the necessary minimum number of 
sales required to stimulate commercial development and production can be obtained from a 
smaller increment of new electric generating capacity— an important consideration in the 
context of limited new power plant markets. 

Quantitative comparison of generating costs 

Our quantitative comparisons of advanced coal and gas plants can be summarized as 
follows (ranges refer to system costs and system costs plus externality corrections): 

• Advanced gas-fired plants promise substantially (15-17 percent) lower 
generating costs and significantly lower emissions relative to their 
conventional counterparts. Advanced coal plants offer more modest 
improvements in costs (6-10 percent). 

• Under integrated least-cost energy strategies and/or stringent carbon 
constraints (i.e., with low coal and low gas prices), gas-fired plants 
achieve an even more significant cost advantage over coal-fired plants 
than exists for conventional gas- and coal-fired plants (roughly 17 % for 
advanced plants compared to about 9 % for conventional plants). 
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Of course, advanced gas-fired plants still could not overcome the cost advantage that coal-
fired plants could have if only a mild carbon constraint is applied while a supply-oriented 
business-as-usual energy strategy is continued (i.e., if coal prices remain at the low end of 
our sensitivity range in Figure ES3C.2 above, while gas prices move to the high end). 

H. RESOURCE POTENTIALS OF COGENERATION 

The potential for electricity production from cogeneration depends first and foremost on the 
net heat loads that are suitable for cogeneration, and secondly on the ratio of electrical to 
thermal output (electricity production ratio), which depends on the type of cogeneration 
power plant and its mode of operation. 

In estimating suitable heat loads, we start from the gross process and space and water 
heating requirements for the final year of our scenario analysis (2020). We then take into 
account the annual operating hours and temperature distribution of process heat 
requirements in the major industries, structural changes toward less energy-intensive 
industries, the potential of industrial energy and materials efficiency (including recycling), 
competing means of using low temperature waste heat based on heat pumps, and the 
potential for energy efficiency improvements in space and water heating. 

Results 

If emphasis is placed on gas-fired technologies and on plants operated in the ELF mode, a 
total of about 200 TWh of baseload generation could be delivered from industrial facilities 
in the EC-5 region, and another 660 TWh from CHP units. Our total estimate of about 900 
TWh represents more than 80 percent of final electricity use in the 1985 base year, 
equivalent to 140 GW of baseload capacity. Less than ten percent of this resource is being 
realized in present cogeneration plants. 

Influence of energy and climate policies 

Our figures differ significantly from some other estimates, because traditional estimates 
have relied mainly on coal-fired steam turbines operated in the thermal load-following mode 
(TLF). These systems have comparatively low ratios of electricity production to useful 
heat production (EPRs). 

Significantly larger electricity potentials result when heat loads are cogenerated in gas-fired 
systems with high EPRs. Even greater electrical outputs are feasible when gas-fired 
systems are dispatched according to the baseload requirements of the utility (ELF mode), 
since this type of operation raises the electricity production ratio further. The cost 
advantages of cogeneration relative to central stations are generally preserved when shifting 
from the TLF to ELF mode, though the advantage of cogeneration over central station 
plants in terms of carbon emissions is reduced. 
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I. POTENTIAL OF CARBON SCRUBBING AND SEQUESTRATION 

Our report includes a review of scrubbing and tree planting, but because these options 
suffer from several economic and/or technical limitations, we do not include them in our 
scenario analysis of carbon reduction costs. 

A number of carbon dioxide scrubbing technologies are available that would allow about a 
90 percent removal of CO2 emissions from power plant exhaust stacks. However, due to 
increased capital costs, reduced power plant efficiency, and limited potentials of low-cost 
disposal sites, such scrubbing appears cost-competitive with only the most expensive low-
carbon resources examined in this report. Apart from high costs, the long-term 
permanence of proposed deep ocean and other storage is also not assured. 

Tree planting for sequestering carbon dioxide from the atmosphere is a potentially lower-
cost option than scrubbing, and has been extensively reviewed in a previous report 
(Volume One of the IPSEP study). The carbon reduction targets developed in that report 
already incorporated the impacts of significantly expanded afforestation and reforestation 
efforts, so that tree planting is not again considered as a resource option here. However, 
utility-financed tree planting could be promoted by giving carbon emission abatement 
credits for such investments. 

J. POLICY-REQUIREMENTS 

The results of our analysis show a marked discrepancy between the societal cost rankings 
of fossil central station, fossil cogeneration, and nuclear resource options, and the 
contributions these options have made in EC member government and utility resource plans 
to date. From a least-cost perspective, cogeneration plants and high-efficiency gas-fired 
central stations should be prominent Instead, coal-fired central stations are dominant, and 
nuclear reactors continue to be the preferred option in France. 

This discrepancy points to the need for various policy interventions in the electricity sector 
and the gas industry. Chief among them are changes in the structure and regulation of the 
electricity industry and power markets, coupled with changes in the structure and regulation 
of the gas supply industry and gas markets. Depending on which approach to utility sector 
reform is taken, two other measures may be needed as well: new environmental 
regulations and efficiency norms for power plants; and local and regional planning for the 
use of natural gas and for joint production of electricity and heat In all cases, utility sector 
reforms will have to be complemented by incentives to overcome various non-regulatory 
barriers to cogeneration; and R&D policies for power plants will need to be fundamentally 
reoriented. 

Regulatory policy in the power sector 

Regulatory reform in the power sector is being pursued along two partially competing and 
partially overlapping models. One is the break-up of vertically integrated, franchised 
utilities and the introduction of a common carrier transmission system (deregulation in 
short-hand), which is favored by certain factions within the European Commission. 
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Proponents of this type of deregulation believe that it would automatically result in an 
economically efficient power supply industry, and would eliminate most barriers to 
independent power production including renewables and cogeneration. 

The second model is the framework of least cost planning (LCP) or integrated resource 
planning (IRP), in which a market-like competition is organized between supply-side and 
demand-side energy investments while the regulatory process provides direct societal 
oversight and public participation in all resource choices. This approach is now being used 
in many regions of the U.S. and Canada and is currently being tested in several European 
countries as well. 

Under LCP/IRP, increased competition on the supply-side is achieved by a variety of 
reforms, ranging from obligations to purchase independently produced power, to 
competitive supply auctions, to a break-up of the vertically integrated utilities similar to that 
of the deregulation-only model. 

However, under LCP/IRP, this supply-side reform is at all times coupled with a major 
change on the demand-side. Existing utilities — or, in the case of a break-up of vertically 
integrated utilities, the new local distribution companies — are subject to least-cost 
regulations combined with innovative profit incentives that lead them to integrate all cost-
effective energy efficiency resources and peak load savings into their resource plans. 
Demand-side resources are mobilized through incentive programs in which utilities help 
their customers to be more energy-efficient, and stimulate the producers of energy-using 
equipment to introduce more efficient technologies. 

Shortcomings of deregulation 

Our review of alternative approaches to restructuring the utility industry in the U.S., Great 
Britain, Holland, and Denmark shows that a simple deregulation of the generation side 
does not result by itself in an economically efficient power supply mix but leads to new 
distortions. The deregulation model overlooks two important factors. First, as the British 
experience shows, large generating firms retain disproportionate market power. This 
market power undermines effective competition and is likely to lead to less favorable prices 
and thus higher electricity expenditures under deregulation than under conventional 
regulation, as already observed in the UK. 

Second, such deregulation is ineffective in bringing about investments in the economically 
most efficient resource options, i.e., industrial and district heating cogeneration plants. 
Even when cogeneration projects do not face barriers of access to the electricity market, 
they are hampered by important other barriers. These stem from competing objectives in 
the decision-making process of industrial firms, and financing and other difficulties faced 
by municipal utilities and other institutions. Deregulation does not address these barriers. 
If power plant investment choices are to approach a societal least-cost mix, specific 
additional incentives and regulations are needed to establish a cost-minimizing market 
framework. 

Third, a British-style electricity spot market tends to lead to a short-term orientation in 
powerplant investments that is not compatible with societal requirements for longer-term 
planning in the area of energy infrastructures and environmental protection. For example, 
the British model did lead to a preference for cleaner gas-fired new central stations, but 
mainly on account of their low capital costs and without regard to societal fuel diversity 
concerns. The new gas-fired capacity is mostly based on central stations, not on gas-fired 
cogeneration (which reduces emissions and also helps stretch gas supplies over the long-
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term). Thus, the new industry structure not only fails to promote the cheapest option, it 
also fails to mobilize the option that offers the best combination of low cost, low 
environmental impacts, supply security, and resource conservation. In a similar vein, the 
reform has so far failed to create a viable start-up market for renewables-based generating 
investments, several of which can already be cost-competitive but require a greater upfront 
investment. 

Providing a level playing field 

Where the power industry consists of vertically integrated utilities operating as regulated, 
franchised monopolies, the following reforms can foster cost-effective levels of 
cogeneration: 

• An obligation to buy cogeneration power, based on standard-offer 
tariffs that provide full avoided costs, and/or based on a competitive 
bidding auction under regulatory oversight for larger increments of 
marginal power supplies. 

• Ensure transmission access for cogenerators on a fair, cost-plus basis. 

• Introduce regulatory review procedures to ensure that utility buy-back 
rates are based on long-run marginal generating costs for both central 
and cogeneration plants. 

• Establish detailed procedures for cost accounting and avoided cost 
calculations. Make sure that these avoided costs include not only short-
term avoided fuel costs, but also avoided capacity costs, O&M costs, 
externalities, transmission costs, and other system costs. 

• Provide a similar regulatory review of tariffs for back-up power. 
Eliminate discriminatory energy tariffs for large industrial customers that 
engage in self-generation. 

If a competitive bidding system is introduced, the following regulatory measures and 
practices should accompany this approach: 

• Actively review power purchasing contracts, and provide close 
regulatory oversight for utility-sponsored auctions and bid evaluations. 

• Ensure that opportunities for obtaining contracts for cogeneration, 
whether on a standard-offer basis or on a competitive bidding basis, are 
provided with sufficient frequency to allow industrial manufacturers to 
incorporate cogeneration into the planning for new production facilities. 

• Complement the competitive bidding process by avoided-cost based 
standard offers for smaller cogeneration projects and enterprises for 
whom participation in such auctions would be too burdensome. 

Overcoming other barriers to cogeneration 

Once the barriers to cogeneration are removed in the areas of utility system access and 
pricing, a number of further incentive policies should be considered to overcome non-utility 
barriers. For industrial and other non-utility projects, these options include the following: 
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• Establish and bank sites for cogeneration plants by incorporating them 
in advance into into regional land-use plans. 

• Provide special regulations that facilitate the construction of 
cogeneration plants on existing industrial sites. 

• Offer heat-rate based contracts for gas-fired cogeneration units that 
insulate cogenerators against risks from unexpected gas price 
fluctuations, in a manner similar to the fuel price adjustments that 
utilities are granted by regulators. 

• Offer front-loaded contracts for cogeneration plants that pay levelized 
avoided costs in all years and assure an earlier return of investments in 
such plants. 

• Establish government-sponsored regional energy efficiency agencies 
that provide, among other things, one-stop shopping for cogeneration 
support services. The agencies would advise industrial firms, 
commercial firms, and public institutions on cogeneration opportunities, 
prepare or finance feasibility studies, deal with siting and licensing 
issues, arrange for innovative plant financing, and provide credit 
guarantees for smaller and medium-sized companies. 

• Facilitate the establishment of a third-party financing industry. 

Policies to promote cogeneration based on district heating 

Special policies are needed to promote combined heat and power production in towns and 
cities: 

• Involve energy policy agencies and utility regulatory bodies in land-use 
planning at an early stage. Establish and bank sites for cogeneration 
plants by incorporating them in advance into regional land-use plans. 

• Develop regional heat and power plans. Designate urban areas and 
neighborhoods for either district heating or gas based on an integrated 
assessment of energy service requirements and cost-effective energy 
efficiency improvements in all relevant end-uses. 

• Establish strong right-of-way legislation and other provisions for district 
heating that now only support the expansion of electric and gas grids. 

• Offer financial incentives through the local utility covering the cost of 
converting heating systems in homes and businesses to neighborhood or 
district heating. 

New environmental regulations 

Under a complete break-up and deregulation of the generating industry, new environmental 
measures are especially important to assure the implementation of cost-effective 
cogeneration. Among the options are the following: 

• Define cogeneration as a "best available control technology" for all new 
thermal powerplants, building heating systems, and industrial boilers. 
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• Require builders of thermal powerplants, of large buildings, and of new 
industrial process facilities to undertake full-scale feasibility studies as a 
condition for issuing required licences and permits for non-cogenerating 
systems, and give preferential licensing treatment to cogenerators. 

• Establish and periodically update legal limits on the carbon emissions of 
fossil-fired powerplants that will ensure the use of cogeneration 
technologies, notably when coal is the proposed generator fuel. 

Regulatory policy in the gas sector 

Special new policies are required for the gas sector not only because the current expansion 
of gas in space heating blocks cheaper and environmentally more attractive district heating, 
but also to ensure that the gas industry becomes economically more efficient, and that the 
necessary long-term supply investments are taken that would allow greater use of gas in 
power generation. 

• Establish a new regulatory regime for the gas industry based on 
integrated least-cost planning, with the goal of maximizing the economic 
and environmental efficiency of gas consumption. 

• Require the national gas companies or municipal entities providing local 
gas distribution services to promote all cost-effective demand-side 
efficiency investments by their customers, including the retrofitting of 
Western Europe's building stocks. 

• Complement these programs with legal standards for the energy 
efficiency of new heating systems and buildings. 

• As part of a gas LCP reform, create merged local distribution companies 
in which gas distribution, district heating, and electricity distribution are 
all controlled by one integrated distribution utility. 

• Strengthen open access of utilities and industrial customers to existing 
pipeline facilities, but tie permits for independent pipeline projects to 
regulations requiring use of the additional gas for cogeneration projects 
and impose a levy or explicit investment requirements related to 
efficiency improvements in the final consumption of the new gas 
supplies. 

Some of the above reforms have been put in place in various parts of the EC, but on the 
whole, a large deficit remains. For example, the only country that has given the priority to 
cogeneration that is economically justified is Denmark, though various innovative policies 
have been introduced at the national or local level in Holland, Germany, and Italy. An 
expansion of the best national and local approaches to the European Community as a whole 
could greatly reduce the societal cost of electricity. 

R&D Policies 

Our report suggests that the first priority for future power sector R&D is to invert current 
budget relationships between conventional (coal and nuclear) power plants, and demand-
side efficiency, fuel cell technology, and renewables as a group. Research and 
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development in the field of energy efficiency, renewables, and other smaller-scale, mass-
produced technologies is orders of magnitude cheaper than R&D of large central station 
turbine technology. The need for large upfront investments in conventional powerplant 
commercialization has led to a decades-old pattern of government-supported power plant 
R&D in which the winner was picked at the beginning of the program rather than as a result 
of the program. This pattern needs to be broken. 

Once the group of options with low R&D costs has been given priority, remaining turbine 
R&D programs should be shifted from the focus of the last decade on "clean coal 
technologies," to a major program of high-efficiency gas turbine development. 
Specifically, the following measures could be taken: 

• Redirect research funds now used in so-called clean coal programmes 
toward advanced gas turbine cycles such as aeroderivative IRSTIG and 
CRGT plants, as well as fuel cells, renewables, and demand-side 
efficiency technologies. 

• Create threshold markets through pooled orders for advanced gas-fired 
plants that would allow the early commercialization of these 
technologies. 

• Emphasize cogeneration plants in all demonstration and 
commercialization projects. 

This reorientation suggests itself not only because the label "clean coal" is an oxymoron 
from a climatic perspective, but also because cogeneration-based gas turbine cycles fired 
with natural gas promise the lowest-cost and environmentally cleanest fossil-fired power 
supply option. 
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APPENDIX A.10.4 

METHODOLOGY FOR ASSESSING 
ELECTRICITY SUPPLY-SIDE TECHNOLOGIES 

A. OVERVIEW 

In this Appendix, we define our methodological conventions for calculating the costs of 
alternative electricity resources, including system-related costs. We also present our 
method of incorporating monetized environmental externalities into the cost analysis. 

When power plant options are compared among each other for long-range planning and 
technology screening, it is customary to employ various project evaluation techniques. The 
simplest project evaluations deal only with the costs of building and operating the power 
plant itself, i.e., with the busbar costs of power generation. Plant-related system 
investments (ties to the transmission system, demand-related transmission and distribution 
investments, reserve margin costs, storage requirements, etc.) are typically not captured. 
Financial risks related to alternative options under demand uncertainty are also omitted from 
the analysis. 

These approximations are most suited for screening assessments of conventional central 
stations. They are less informative for explorations of a more comprehensive set of supply 
options, or where more accurate cost analyses are needed. The integration of demand-side 
resources with supply-side options requires additional adjustments: all energy- and 
demand-related system costs must be included in the analysis, including overheads and 
transmission and distribution costs that are common to all generating options. 

To calculate the system costs of power supply options, utilities study alternative expansion 
plans using production-cost models. Similarly, transmission and distribution costs are 
analysed with special models to determine customer-related and demand-related marginal 
costs. These tools have also been adapted to study system cost comparisons of 
conventional central stations with demand-side resources, cogeneration, and renewables-
based dispersed generation alternatives. 

In the U.S., these more comprehensive approaches are variously referred to as integrated 
resource planning (IRP) or least-cost utility planning (LCUP).1 Recently, the importance 
of treating costs and risks related to uncertainty and to environmental externality costs has 

1 See, for example, the LCUP handbook of the NaUonal Association of Utility Regulatory 
Commissioners (NARUC), which deals with avoided cost definitions, models for integrated resource 
planning, least-cost tests for demand-side resources, and related issues (Krause and Eto 1988). 
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been recognized. In the most sophisticated approaches, conventional production cost 
modeling is amended by probabilistic techniques. The value of outages, of financial risks 
related to uncertainty of future electricity demand, and of avoided environmental 
externalities is also studied. 

In the present analysis, the cost of carbon reductions is compared with the cost of power 
supplies that would have been constructed under conventional energy plans, in the absence 
of any considerations about climatic effects. Given this task, it is important to use a 
sufficiently broad perspective that includes technology costs, system related costs, and 
external costs. Since low carbon options consist in good part of unconventional generating 
sources and demand-side resources, it is important to define the methodology by which 
these disparate resource options are being evaluated. 

While the technology costs of power plants and of demand-side efficiency improvements 
are reasonably generic, system-related costs vary significantly among utilities and service 
territories. Furthermore, sophisticated model-based analyses of these effects are quite data-
intensive and time-consuming. The task for our analysis is therefore to develop 
approximate treatments that yield lower bounds or averages of actual costs that would be 
found in most utility systems. 

We begin with methods and definitions used in conventional busbar cost calculations. 
These are based on internal costs only and on a purely project evaluation basis. We convert 
these busbar costs into costs of delivered project-based electricity costs by including 
corrections for transmission and distribution CT&D) energy losses. 

We then introduce modifications to these delivered costs that account for direct and 
secondary system costs and effects. The direct effects include the determination of the 
operating mode and approximate capacity factors and dispatch for each type of plant, the 
calculation of storage, back-up, and reserve margin costs, and of demand-related costs of 
T&D. Secondary effects refer to the influence of modularity and other technology 
characteristics on these costs, and to the influence of modularity on system planning under 
uncertainty. 

In combination, these project level and system level calculations form our cost analysis 
from the internal cost perspective. The delivered costs thus calculated can then be directly 
compared with the costs of conserved electricity from demand-side measures. 

To these internal costs we then add a surcharge for monetized environmental externalities, 
based on valuation systems recently introduced by state regulatory commissions in the 
U.S. The combined internal and externality costs reflect a monetized social cost 
perspective. 

Based on these costs, we then use a screening curve analysis to determine the approximate 
capacity factors for the various plants when combined in a least cost manner. We also use 
this analysis to illustrate the trade-offs among fixed and variable costs for thermal 
powerplants as a function of fuel prices. Where applicable, we also review technology-
specific non-monetized and non-monetizable societal costs and benefits, based on the 
broader environmental, geopolitical, and macroeconomic context. A fuller discussion of 
these factors is provided in our synthesis of results. 
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B. CALCULATION OF PROJECT-BASED ELECTRICITY COSTS 

1. Data issues and limitations 

Cost comparisons among many different resource options bring with them several 
methodological difficulties: 

— Technology data from different sources are not necessarily based on 
consistent accounting. Cost definitions may include or exclude 
contingencies, interest during construction, start-up costs, land, 
pollution controls, etc. 

— Field experience with some technologies is greatest outside the EEC. 
Cost assessments can thus diverge depending on which country's 
technical data sources are used.2 

— These problems are exacerbated by exchange rate ambiguities when cost 
data are derived from more than one country. 

The latter two factors are especially relevant in the present analysis, which covers several 
countries. Our cross checks show that cost variations among the EEC countries can be 
significant, though they may diminish in the wake of the 1992 market integration. 

To reflect the broadest possible range of technologies, we include in our analyses cost 
estimates and field experience from outside the EEC region, notably from the U.S. Within 
the EEC, we relied on various national data sources that do not necessarily contain 
consistent definitions of each cost parameter. Future analyses should improve our work in 
this respect. We seek to minimize these data uncertainties by using the definitions 
described below, which are adapted from the unified costing methodology of the Technical 
Assessment Guide of the U.S. Electric Power Research Institute (EPRI1989). 

2. Costing methodology 

The project costing methodology used in this study is a simplified version of the levelized 
present worth of revenue requirements (PWRR) method (Leung and Durning 1978), which 
is now widely used in power project planning. All costs are calculated on a lifecycle basis. 
As a simplification, we use constant annual performance parameters that reflect averages 
over the life of the plant. 

2 For example, commercial applications of STIG technology and detailed engineering cost analyses for the 
ISTIG technology have so far mainly been developed in the U.S. In the renewables area, more than 90 
percent of the world's wind power is installed in California, though significant technology experience exists 
in Denmark. Similarly, solar-thermal power plants have not been commercially developed outside the 
Southwestern U.S. 
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Method of capital cost annualization 

To calculate annual fixed costs, we use the static annuity method. The capital recovery 
factor is defined as: 

C R F = r(l+r)L 
(0+r)L - 1) 

Here r is the real discount rate and L is the power plant lifetime (years). The CRF contains 
both the return of investment (depreciation), and a return on investment 

Discount rate convention 

Throughout our analysis, we use a uniform real discount rate equivalent to the cost of 
capital seen by a typical utility. This cost of capital varies significantly, depending on 
whether the utility is a private, investor-owned utility or a government-owned or municipal 
utility. Unless otherwise noted, we use a real discount rate of five percent A rate of this 
approximate magnitude is often used in Western European utility sector analyses. 

Treatment of technology risks 

In most countries, the translation of utility investments into tariffs is based on a uniform 
discount rate for all resource options. This practice has the inadvertent effect of hiding 
differences in the economic risks associated with alternative technologies. For example, 
renewables-based technologies present risks related to technology performance and 
operating and maintenance (O&M) costs, but are free from the risks associated with 
uncertain fossil fuel prices. Gas-fired central stations present significant fuel price risks, 
but require small up-front investments and pose little risk in the areas of O&M costs or 
performance. Nuclear plants require large upfront investments and also present significant 
risks in the areas of performance, O&M costs, capital costs, and decommissioning and fuel 
cycle costs. 

In the context of a well-functioning market, these differences in risks would be accounted 
for through the use of different discount rates in evaluating different power plant options. 
As shown in our analysis of the British attempt to privatize nuclear power (Part 3E, 
Appendix A. 10.10), financial investors will indeed apply a risk premium to nuclear power 
when faced with a competitive electricity supply industry. 

This risk-averse approach of financial investors is in stark contrast to the practice of many 
traditional vertically integrated utilities and their regulators. By using a single discount rate 
for all powerplants in determining tariffs, they routinely pass technology risks on to 
electricity customers through the rate-making process. This dispersion and transfer of 
technology risks from utility investors to their customers has often been exacerbated by 
extensive government involvement in nuclear power deployment, including central 
government ownership of utilities. As a result, limited field experience is available on the 
market performance of nuclear power. 

Differences in economic risks among alternative generating options have at least two 
dimensions. One has to do with the difference in technical-economic performance risks 
unique to each technology, while the other has to do with the practical differences from a 
risk perspective between end-of-life costs such as decommissioning or waste storage and 
up-front costs such as the construction of the power plant In common practice, future 
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decommisioning and waste storage costs are discounted based on an assumed rate of return 
on financial investment funds, while up-front costs are recovered at a rate determined by 
regulators. Typically, the discount rate used in the capital recovery factor for up-front 
investments is also used as the discount rate with which future costs are present-valued. 

This common practice hides the fact that up-front nuclear costs and end-of-life costs present 
significantly different risks to society, and thus need to be discounted differently by 
regulators. This issue is best illustrated by examining a situation in which the utility fails to 
keep its generating costs within the predictions it made when it decided to build the plant 
The reason for this failure could be of a technical-economic nature (for example, 
unforeseen escalation of operating and maintenance costs, greater than anticipated nuclear 
decommissioning costs, or fuel prices that rise more rapidly than had been predicted). 
Alternatively, it could be of a purely financial nature, i.e., the financial instruments chosen 
by the utility had excessive risks embedded in them and failed to deliver expected returns. 

Consider the negotiation over this failure in cost prediction that might ensue between the 
utility (assumed to be acting like a private investor) and the regulatory authority (assumed 
to represent the societal view on economic efficiency). Principally, the utility has two 
options: it can demand and win higher tariffs that shift the consequences of its flawed 
predictions to ratepayers at large; or it can abandon the plant 

In the case of a fossil plant or a renewable plant, the option of abandonment is not a 
fundamental problem. Since post-operational costs to society are typically small or non
existent, a sunk investment is simply abandoned in favor of more economically efficient 
marginal investments. Distributional issues between present and future ratepayers remain 
limited so long as the abandoned plant is taken out of the rate base. 

Quite a different situation arises in the case of nuclear plants. The very building and initial 
operation of a reactor saddles society with a substantial decommissioning cost. Once the 
plant has been started and radioactively contaminated, this cost varies only to a limited 
degree with the length of time over which the plant generates electricity. Similarly, the cost 
of waste storage is determined more by the need to permanently guard a geologically suited 
site than by the amount of waste to be stored in that site. 

To properly include these costs in the rate for nuclear electricity, it is necessary to make 
some assumptions about (1) the economic life of the nuclear plant and about (2) the average 
rate of return of the decommissioning or waste storage fund the utility establishes. 

If the reactor underperforms in technical-economic terms, the abandonment of the sunk 
investment in favor of more efficient marginal investments is again the economically 
efficient choice. However, even if the undepreciated reactor investment is taken out of the 
rate base, a major distributional problem remains, since the cost of decommissioning will 
now have to be borne to a large extent by ratepayers who saw no benefit from the operation 
of the plant, or alternatively, by the stockholders of the utility, which in the case of publicly 
owned utilities are the taxpayers at large. The same situation arises if the plant performs 
satisfactorily but the decommissioning or waste storage fund fails to achieve predicted 
returns. 

An obvious regulatory approach to insure against these consequences would be to (1) base 
the cost assessment of resource options on prudently risk-averse assumptions about 
technology performance and operating costs, and to (2) use a prudently low assumption for 
the rate of return of decommissioning and waste storage funds. The former point means 
that the up-front costs of risky technologies may need to be levelized at a higher than 
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average discount rate. The latter point means that back-end costs, and notably the 
decommissioning costs of nuclear plants, should always be discounted at a lower than 
average rate. 

This differentiation of discount rates not only by technology, but also by up-front versus 
future costs is fundamental to an analysis of the societal cost of energy services. It is 
routinely omitted from official or industry-sponsored technology cost assessments, though 
it is increasingly incorporated in the regulatory practices of some countries. For example, 
in a number of jurisdictions in the U.S., technology risks are incorporated through 
adjustments in the rate base or rate of return granted to the utility operating a particular plant 
when that plant fails to perform as predicted. Similarly, risks to ratepayers from back-end 
costs are limited by regulators through the establishment of special criteria that limit the 
investment risks of decommissioning trust funds (qualified trust funds). 

In the IPSEP study, risks related to technologies that are shaped mainly by up-front costs 
and/or annual fuel and O&M costs are incorporated by means of sensitivity ranges for these 
technical-economic parameters. We also make use of the EPRI guidelines on costing 
mature versus advanced technologies (EPRI 1989, EPRI 1987b). This sensitivity analysis 
is a satisfactory substitute for an alternative method of risk incorporation through the 
differentiation of discount rates. However, for the future costs of decommissioning and 
waste storage, two independent sources of risk arise: one in the form of technical-
economic uncertainties, the other in the form of financial market uncertainties. To account 
for this two-fold risk, we use both a sensitivity range of overnight decommissioning or 
waste storage costs and a sensitivity range for the rate of return of the decommissioning or 
waste storage fund. 

Treatment of taxes 

Consistent with our goal to examine carbon reduction strategies from a broader societal cost 
perspective, we exclude the various utility income, property, and ad valorem taxes that are 
customarily included in the Fixed Charge Rate (FCR). This convention also avoids the 
complication presented by the widely differing tax systems in the EEC region. 

Year of commissioning and cost comparability issues 

The reference commissioning date for our technology costs is the year 1995. In the past, 
even the costs of mature technologies such as coal-fired power plants have shown 
sometimes significant real escalation rates. Following EPRI (1989), we generally assume 
that technology capital costs and O&M costs will increase only at the rate of inflation, i.e., 
that the real escalation rate is zero over the time horizon of our study. Estimates from 
literature sources that use a non-zero real escalation rate are correspondingly adjusted. 

Where technology changes or regulatory risks indicate the need to allow for changes in 
technology costs, we employ high and low sensitivity cases. The treatment of fuel prices 
as a function of the commissioning year is discussed further below. Our approach gives a 
slight advantage to capital-intensive technologies over fuel-intensive technologies, and in 
particular, to coal-fired plants over gas-fired plants. This is a conservative treatment in the 
context of our study, which aims to calculate the cost of carbon reductions. 
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3. Definitions of cost and performance parameters 

The key factors determining busbar electricity costs are the discount rate, the plant life, the 
capacity factor, the electrical efficiency and heat rate (the inverse of the efficiency), the 
overnight capital cost and construction lead time, the operating and maintenance costs, and 
the fuel price. 

Reference currency, price year, and exchange rates 

All calculations are done in real terms. Prices and costs are expressed in 1989 Deutsche 
Mark (DM) except when otherwise noted. One single exchange rate is used for converting 
1980s prices expressed in other European currencies into 1989 DM, irrespective of the 
reference year. 

This convention broadly mirrors actual trends for conversions to other EC currencies. 
Because the major European currencies are more or less tied to the DM within the European 
monetary system, exchange rate ambiguities are relatively modest for conversions among 
European cost data.3 The conversion of DM into ECU is done on a 2:1 basis. 

An approximate purchasing power parity is used for conversion of U.S. dollars. During 
the 1980s, the DM value of the U.S dollar has fluctuated considerably, moving generally 
in a range between 1:1.5 and 1:2.5. We uniformly use a 1:2 exchange rate between dollars 
and DM, and thus, a 1:1 relationship between dollars and ECUs. This assumption tends to 
make fuel prices, which are formulated on a dollar-basis in the international market appear 
somewhat more expensive relative to capital goods than they actually have been in recent 
years. All else being equal, our approach thus gives a slight edge to the more capital-
intensive coal-fired plants over gas-fired plants. 

Capital cost components 

Unless otherwise stated, capital costs represent overnight capital costs at the beginning of 
first year of operation (in fixed year prices), which is the cost of the plant if it were installed 
instantly. They include contingencies, architect and engineering fees, and administrative 
and general overheads specific to the investment4 

Capital costs in excess of those required to meet early 1980s U.S. and European new 
source performance standards (typically extra costs for NOx controls), and nuclear 
decommissioning costs are shown separately. Start-up costs, inventory, and land is 
calculated following EPRI (1989). Land costs are adjusted to reflect locations in Europe. 

3 The GNP deflator for the FRG is used to convert price basis into 1989 DM. This deflator progresses as 
follows: 1982=1.0, 1983=1.032, 1984=1.057, 1985=1.08, 1986=1.078, 1987=1.097, 1988=1.12, 
1989=1.136. 

4 Ties to existing transmission lines are often incorporated in project cost analyses. In our delivered cost 
analysis, they are instead accounted for in T&D system marginal costs. An exception are small, dispersed 
generating units that may require interconnection and reinforcement investments in lower voltage level 
subdistribution equipment (see e.g. OTA 1983 for cogeneration systems). These investments are included 
in the capital costs of the dispersed generation units (see Appendices A.10.7 and A.10.9). 
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Escalation rates. As already noted, we assume that our reference-year power plant costs 
escalate at the rate of inflation during construction (i.e. zero escalation in real terms). For 
technologies that are capital-intensive and/or still relatively unproven, such as nuclear, coal, 
and renewables-based plants, we develop a high and low case for sensitivity analysis. 

Capital cost including interest. To calculate capital cost including interest, we use a 
formula from the EPRI technical assessment guide (TAG) to calculate the actual cost of a 
power plant, incorporating real cost escalation and interest during construction (EPRI 
1989). The formula for Total Plant Investment (TPI) under these circumstances is: 

TPI = TPC g " ' ^ (2) 

where TPC is the overnight capital cost in 1st year of operation, defined above, 

7 (1+d) (1+ real discount rate) 
~~ (1+e) ~ (1 + real escalation rate) 

and N = lead time of power plant. 

When the real escalation rate during construction equals zero, Equation 2 reduces to 

TPI = TPC (^1+
d

d)
N " 1} (3) 

Construction lead time. The construction lead time excludes the time-consuming planning 
and siting process in which, however, only a small portion of total project costs are 
expended. 

Lifetimes 

The lifetime of a powerplant can be defined in terms of its accounting or book life (the 
period over which capital costs are to be recovered though depreciation), its licensed life 
(e.g. for nuclear plants), and its economic life (the period over which the benefits of 
continued operation exceed the variable costs of doing so). The accounting life and the 
economic life are generally correlated except when life extension or refurbishment is done. 
In our analysis, we use standard assumptions for the economic life of powerplants, and 
calculate life cycle costs on that basis unless indicated otherwise. 

Capacity factors and equivalent availabilities 

Capacity factors are the ratio of actual annual kWh generation to the kWh generation 
obtained if a power plant operates at rated capacity 8760 hours/year. Equivalent 
availabilities are the maximum capacity factor that a plant could reach after taking into 
account scheduled maintenance and unplanned outages, including deratings and partial 
outages. We use lifetime average capacity and availability factors. 

Heat rates and emission burdens 

Unless otherwise stated, the heat rates used in our project-based technology assessments 
refer to full power operation. Part-load heat rates may be higher depending on the details 
of how plants are dispatched, though this effect is more important for traditional steam 
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turbine and combined-cycle units and relatively less important for the latest aeroderivative 
gas turbine technologies. We neglect the effect of part-load efficiency reductions in our 
analysis. Emission factors per unit of fuel input are discussed in the Appendices for each 
resource option. 

Energy losses in transmission and distribution 

Line losses typically range from about 6 to 10 percent in Western Europe. We include line 
losses in our busbar costs, which thus are costs per delivered kWh. We use an average 
line loss of six percent in our study, reflecting anticipated grid improvements over the time 
horizon of our analysis. 

Operating and maintenance costs 

Power plant operating and maintenance costs include plant administration, insurance, 
personnel, and recurring services and material purchased by the plant operator, including 
those for pollution control equipment. Variable and fixed costs are allocated according to 
the conventions used in the cited technology literature. Energy-related components of 
company-wide administrative and general (A&G) expenses are not included in plant O&M 
costs, but are treated as a system cost (see Section C below). 

Fuel prices 

As a point of reference, we use the 1987 average fuel prices (with taxes) for the utility 
sector as reported in IEA (1989). Our fuel price scenarios are developed in Appendix 
A. 10.5. Below, we briefly clarify the issues of levelization that arise in our analysis. 

In comparing generating options, it is customary to levelize the stream of fuel prices that 
will be paid over the life of the plant i.e., to convert the net present value of a stream of 
fuel payments into an annuity.5 In our busbar cost analysis, we use these levelized fuel 
prices for defining equivalent busbar costs between more capital-intensive coal plants that 
have low fuel price escalation rates, and gas and oil plants that require less capital upfront 
but whose fuel prices may escalate at a significantly faster rate. 

In detailed utility resource planning exercises, the fuel price problem is typically addressed 
by abandoning the busbar cost concept once screening comparisons have established the 
preferred resource mix. From there, a scenario over time is developed for all required 
investments. The next step is to calculate the net present value of all investments and fuel 
expenses over all the years covered by the resource plan. Alternative capacity expansion 
plans can then be compared on the basis of these net present values. 

While most accurate, this method requires the development of detailed alternative capacity 
expansion plans (which open up a whole new dimension of detail), while the transparency 
of technology comparisons based on busbar costs is lost. In our simplified least-cost 
analysis, we can retain the more transparent busbar cost format and avoid the development 
of alternative capacity expansion plans while still capturing the cost relationship between 

5 See, for example, Kahn (1988) for a description of levelization methods. 
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the strongly diverging energy scenarios considered here. We do so by simply calculating 
the one-year cost of providing energy services in the year 2020 (see Part 2, Chapter n.8). 

This one-year cost comparison is based on the sum of the levelized annual capital and 
operating costs of the investments that have to be put in place to meet the 2020 demand for 
energy services. In this calculation, we use levelized rather than year 2020 fuel prices. 
This convention is equivalent to treating our fuel price forecasts as long-term fuel contracts 
that are bought along with the decision to build a particular type of powerplant 

Because powerplants existing in 2020 will have been put in place in different years during 
the 1987-2020 period, the levelized fuel price that is applicable to each powerplant differs 
by vintage. In Appendix A. 10.5, we calculate the levelized fuel prices for commissioning 
dates of 1990, 2000, 2010, and 2020. In Appendices A.10.6 (fossil central stations) and 
A.10.7 (fossil-fired cogeneration plants), we show powerplant busbar costs based on a 
simple average of the levelized fuel price for these four commissioning dates. The 
influence of the commissioning date on busbar costs is explored as a sensitivity test. 

By using levelized rather than year 2020 fuel prices, we take into account that prices for 
carbon-intensive coal are projected to escalate much more slowly than prices for lower* 
carbon natural gas. Thus, if a gas plant is more expensive to operate than coal plants in the 
year 2020, it can nevertheless be part of a year 2020 least-cost mix if it was the cheaper 
alternative to build on a levelized basis. This point is important in the context of our study: 
If the year 2020 fuel bill rather than a levelized fuel bill were used as a measure of 
comparison between alternative resource plans, a gas-intensive low-carbon energy strategy 
would appear more expensive relative to a coal-intensive business-as-usual strategy.6 

C. DIRECT SYSTEM COSTS AND EFFECTS 

1. Overview 

A carbon reduction strategy leads to power sector planning premises that are quite different 
from conventional practice. For example, highly efficient gas-fired central stations, 
cogeneration units, and intermittent wind and solar resources can be expected to make 
much larger contributions than in conventional plans. This emphasis shifts the 
technological reference point for power sector planning from the operating characteristics of 
conventional, large baseload steam turbines to those of smaller, modular gas turbine or 
combined cycle units, of cogeneration units, and of intermittent renewables. 

The effects of these changes on system operation and required system configurations are 
complex: for example, intermittent resources could require significant storage capacity 
investments and entail system operating cost penalties. On the other hand, smaller, more 
versatile gas-fired central station and cogeneration thermal plants could make system 
operation more flexible and responsive, reducing operating penalties related to intermittent 

6 This fact can be used to build additional conservatisms into cost comparisons based on one-year energy 
bills, see, e.g. Krause et al. (1992). 
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sources.7 Finally, operating flexibility issues may be strongly influenced by the ownership 
of these resources, and by contractual arrangements between utilities and non-utility 
generators. 

Under direct system costs and effects, we consider the following issues: 

— the capacity factors of alternative resource options, and their 
contributions to total loads, as a function of least-cost or minimum-risk 
integration; 

— system back-up and reserve margin costs; 

— transmission and distribution costs; 

— Energy-related A&G costs not included in plant costs. 

In Section D below, we go a step further and account for various secondary benefits and 
costs of generating systems of smaller unit size. In both Sections, we develop a series of 
cost corrections based on case studies of individual utility systems. 

2. Simplified load duration and dispatch analysis 

To precisely calculate the cost and emissions of alternative utility resource plans, it is 
necessary to first use screening analyses for assembling a portfolio of technologies, and to 
then employ so-called production cost simulation models that evaluate the total cost and 
emissions of power production from that portfolio, given certain reliability criteria. The 
production cost models allow the computation of least-cost or minimum-emission capacity 
factors for all power plant types in the portfolio of plants that make up the utility system. 

An example for this kind of sophisticated modeling analysis of carbon reduction costs can 
be found in a recent case study of the New England power pool (Krause et al. 1992). In 
the present, multi-nation study, such a detailed approach is not feasible. Instead, we use a 
simplified cost assessment in which the cost of power from a certain portfolio of resources 
is calculated on the basis of busbar costs for fixed capacity factors. 

To make such an approximation viable, it is necessary to segment total electricity demand 
into its major portions (baseload, intermediate, and peak loads) and to assign a fixed 
average capacity factor to each segment The various resource options then compete with 
each other in each segment and in this manner, a least-cost portfolio can be assembled. 
Further details for this procedure, which also involves the integration of demand-side 
resources, are given in Appendix A.10.1. In this Appendix, we explain our segmenting of 
electricity loads and establish the capacity factors to be used in our busbar cost calculations. 

A common basis for utility system simulations is the so-called "load duration curve" or 
LDC. This curve plots the level of system demand against the number of hours per year in 
which this level of demand occurs. This number of hours is directly related to the capacity 
factor at which a plant serving this load will run. 

7 These trade-offs are discussed in greater detail in Appendix A.10.9. 
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For Western Europe, we use an LDC for a hypothetical, totally integrated, trans-European 
electricity grid based on current (mid-1980s) load data (Thomson and Bailey 1990), which 
is shown in Table A. 10.4.1. This electricity system can be thought of as a plausible 
representation for the EC-5 system if a common carrier grid were established, as has been 
proposed. Even in the absence of such reform, an integrated LDC provides a useful basis 
for calculating the costs of power production, in that it represents weighted average 
capacity factors by load segment for the region. 

Based on this LDC, total electricity demand can be divided into baseload, intermediate, and 
peaking resources. In our analysis, we assume as a further simplification that the 
percentage energy breakdown assigned to baseload, intermediate, and peaking resources 
remains as shown in Table A. 10.4.1, regardless of the time horizon or the amount of final 
electricity consumed in our scenarios. 

Baseload resources 

Baseload demand is defined here as all demand that exists during half of the year or more. 
It represents the largest component of total generation (about 82%, as shown in Table 
A. 10.4.1). Baseload can be served by a wide range of generating technologies, including 
coal steam or IGACC, gas ACC, gas ISTIG, nuclear, and biomass-fired plants. In hydro-
rich countries, some portion of hydro dam output will also be in this category. 

About 65% of total annual power generation in Western Europe occurs during enough 
hours per year to allow plants serving this load to run at their limit of availability (usually 
above 80% capacity factor). In order to determine the relative cost-effectiveness of each 
technology for this load segment, we calculate busbar costs at the maximum equivalent 
availability of each type of plant. 

An additional 17% can be met by power plants operating at capacity factors between 50% 
and 80%. We represent the second category, called "constrained baseload", by an average 
65% capacity factor. Correspondingly, the busbar cost spreadsheets in Appendices A.10.6 
through A. 10.10 show costs at a 65% capacity factor. 

Intermediate resources 

The second category of electricity resources is composed of power plants serving loads at 
capacity factors of between 10% and 50%, which corresponds to another 17% of total 
annual demand in Western Europe. The weighted average capacity factors for these 
intermediate power plants is 34.7%. 

This load segment is typically served by plants of lower capital cost, such as Conventional 
gas and oil plants as well as coal plants. Run-of-river and storage hydro plants are also 
used to meet this demand.8 Intermittent resources such as wind and photovoltaic plants 
also fall into this category. 

8 Much of hydro falls into this category. For example, the average capacity factor for hydro capacity in 
France is about 34%. 
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Table A.10.4.1: Energy fractions and capacity factors by 
In the electric utility sector (all scenarios) 

Resource 

Baseload 

Constrained baseload 

Intermediate 

Peaking 

Fraction of 
total energy 

65% 

17% 

17% 

1% 

Low 

-

50% 

10% 

0% 

resource type 

Capacity Factor Range 

High 

80% 

50% 

10% 

Energy Wtd 
Average 

>80% 

65% 

34.7% 

7% 

(1) Energy fractions and capacity factors derived from a hypothetical, trans-European 
load duration curve in Thomson and Bailey (1990). 
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Peaking resources 

Peaking resources meet loads at capacity factors ranging from 0% to 10%, with a weighted 
average capacity factor of 7%. Apart from storage and pumped storage hydro, peak loads 
are met with combustion turbines, which have very low capital costs but high fuel costs. 
The per kWh cost of peaking units is as much as two to three times higher than that of 
baseload plants, so they can account for a few percent of total electricity supply costs, even 
though they deliver only about one percent of the energy in a typical utility system. 

Using the LDC representation 

Resources are combined in the proportions shown in Table A. 10.4.1, allocating 
appropriate costs and emissions factors to each resource. The total contribution from each 
resource (in TWh) is then multiplied by its delivered costs (Pf/kWh) and carbon emissions 
factors (g/kWh delivered) to calculate total energy service costs and total carbon emissions 
(respectively). 

3, Back-up and reserve margin costs 

Non-dispatchable, intermittent wind and solar generating resources whose average on-peak 
contribution can be much less than their installed capacity present a special costing and 
valuation problem. They can be evaluated in one of two ways: 

— Intermittent resources are compared with baseload plants. Here, the 
cost of intermittent resources is calculated by including back-up systems 
that make them functionally equivalent to dispatchable baseload plants. 

— Intermittent resources are compared to the time-dependent cost of power 
generation they displace. The value of the intermittent resource is 
calculated as a function of the probability for each point of time that it 
will be available. 

The former method is attractive because of its simplicity and transparency. The latter 
method is more accurate, but involves calculating the total revenue requirements of resource 
plans with and without the intermittent resource. It is typically executed by means of 
production cost models, which is a method that is beyond the scope of our study. 

Definitions of effective capacity 

In both approaches, a key parameter is the effective capacity provided by the intermittent 
resource. House (1982) summarizes three basic approaches to calculating this capacity 
contribution: 

— Effective Load Carrying Capability (ELCC), defined as the additional 
demand that the intermittent source can serve, while maintaining 
constant system reliability. 

— Firm Capacity Equivalent, which is the amount of 100% reliable 
capacity the intermittent source can displace. 

— Equivalent Conventional Capacity, defined as the amount of actual 
capacity (including planned and unplanned outages) the intermittent 
source can displace. 
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All of these approaches are simplifications of the complex characteristics of actual utility 
systems, and all involve some arbitrariness. We use the effective load carrying capability 
(ELCC) in our study, which is probably the most widely known approach.9 

The basic idea underlying this concept is that of a back-up cost, reflecting the fact that the 
intermittent resource cannot deliver 100% of its rated capacity all the time. Back-up costs 
are calculated relative to a specified level of utility system reliability. 

In principle, a back-up cost applies to all power plants, since all plants experience some 
forced outages. For dispatchable technologies, the back-up cost calculation simplifies to 
computing the reserve margin cost discussed further below. Wind, run-of-river hydro, and 
photovoltaic electricity generation are intermittent and non-dispatchable. The effective load 
carrying capability of these resources will usually be lower than the ELCC for the 
equivalent rated capacity of conventional power plants.10 Detailed ELCC estimates for 
these resources are found in Appendix A. 10.9. 

Methodology for calculating back-up costs for intermittent sources 

The typical approach for calculating back-up costs for intermittent renewable power sources 
is to analyze the revenue requirements of a given utility system and a given level of service 
with and without the resource in question. Any difference in revenue requirements in 
excess of the simple busbar costs of the renewable resource is then treated as the cost of 
back-up. 

These back-up costs consist of several components: additional capital costs related to 
providing make-up energy; additional capital costs related to providing system reliability 
and control under rapid load change; and additional dynamic operating costs. 

Operating penalties and storage capacity costs must be estimated on the basis of detailed 
case studies. A more detailed discussion of these two components is given in Appendix 
A. 10.9. That discussion suggests that the capital costs related to make-up energy are the 
most important cost correction in the context of our analysis. We therefore compute back
up costs for make-up energy based on a proxy plant. We use the following formulation:11 

_ Fref Fref»ELCC%i 
B Q " Hiif Hi ( 4 ) 

where 

BCi is the backup cost correction for option i (DM/kWh), 

9 See e.g. Kahn (1988) and Garver (1966) for a discussion of ELCC issues. 

1 0 In this discussion, we refer to ELCC %, which is the ELCC as a percentage of the rated capacity of the 
renewable power source. 

1 ! The formula shown is derived by introducing the ELCC concept into the make-up capacity formulation 
given by Friedrich et al. (1989). 
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Fref is the annualized capital and fixed O&M cost of the reference plant 
(DM/kW/yr), 

Href is the number of operating hours/year for the reference plant 

ELCC%i is the effective load carrying capability of option i, expressed as a 
fraction of option i's rated capacity, and 

Hi is the number of operating hours/year for option i. 

As is evident from Equation 4, the back-up cost strongly depends on the fixed cost Fref of 
the reference plant. In the current EC-5 utility system, the most typical reference plant to 
provide back-up would be base to intermediate load coal-fired steam turbines. The same 
would be true in the EEC reference scenario. However, in the context of a long-term 
carbon reduction strategy, the least-cost source of make-up energy could be advanced gas-
fired plants or fuel cells, due to the whole-system reoptimization such strategies involve. 

D. SECONDARY SYSTEM EFFECTS 

1. Overview 

The technologies examined in this Chapter and the rest of the power sector analysis differ 
greatly in terms of their modularity, i.e. their unit size and planning and construction lead 
times. These modularity aspects, and other technical characteristics such as ramp rates and 
part-load efficiencies, can have important technology-specific impacts on the planning, 
financing, and operation of utility systems. The following principal effects can be 
distinguished (EPRI 1987a): 

— Planning flexibility. Small unit size and short lead times allow utilities 
to better match their investment decisions to load growth under 
uncertainty, resulting in financial and strategic benefits. Reserve margin 
requirements can also be reduced. 

— Siting flexibility. Provided they meet environmental requirements, 
plants of smaller scale can often be sited close to load centers. As a 
result, such technologies can avoid transmission and distribution costs 
and energy losses. 

— Operating flexibility. Operating characteristics such as high ramp rates 
and good part-load performance reduce dynamic operating costs. Some 
distributed technologies provide voltage support, and most provide 
system reliability benefits that reduce outage costs. Also, some 
technologies can be flexibly operated with different kinds and grades of 
fuels. 

Figure A. 10.4.1 shows the relationship among some of the key factors. 
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Figure A.10.4.1: 
resources 

Potential system benefits of smaller-scale generation 

Source: EPRI 1987a 
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In the case of non-dispatchable resources, the above benefits must be balanced by system 
level penalties related to make-up energy costs, storage and back-up costs related to system 
control, and dynamic operating cost penalties. 

These secondary system-related factors are often ignored in conventional comparisons of 
alternative power technologies. This reflects, in part, the difficulties in developing average 
estimates that can be generalized in view of widely different power system circumstances. 

Some of these variables and circumstances as seen by the individual utility include the 
availability and price of purchased power, the degree of uncertainty of load growth, local 
grid configurations and siting choices, the time-varying characteristics of the system load 
curve, and already existing or planned resource mixes. 

Below, we discuss various quantitative estimates of these secondary system effects that 
indicate the range of potential modularity benefits. Some small-scale technologies, 
notably non-dispatchable intermittent resources, can also bring system level penalties. 
These are discussed in greater detail in Appendix A. 10.9. 

2. Modularity benefits related to planning flexibility 

Lead time savings related to uncertainty of load growth 

Shorter lead times directly reduce financing costs by allowing utilities to defer plant 
construction and be less exposed to the financial risks of underbuilding or overbuilding. If 
load growth could be known with absolute certainty, the length of lead times would not 
matter. 

Shorter lead times could either be achieved through regulatory changes or through building 
plants of smaller size, or both. If smaller plants are built, this brings not only shorter lead 
times but also an additional benefit due to the better matching of capacity additions to load 
growth. 

We first consider the case where the lead time alone is changed. A stylized analysis by 
Hirst (1989) suggests for a set of typical planning circumstances that all else being equal, 
the lead time benefits of a five year plant would be in the neighborhood of 5-15 percent of 
the cost of power from a reference plant requiring ten years to build. Converted into its 
capital cost equivalent, this lead time benefit is equivalent to a 14-43 percent fraction of the 
capital cost of the coal-fired reference plant12 

Regulatory options for reducing lead times 

In considering lead time benefits, it is important to distinguish between the portions of a 
technology's lead time that are related to technical factors and to regulatory factors. A 
regulatory proposal for "site-banking" by the Northwest Power Planning Council in the 
U.S. (NWPPC 1986) would cut lead times for large central stations by about 40 percent 

12 Hirst uses a 5% real discount rate as does this study, and assumes that the large power plant costs 
$2000/kW to build and 4 cTkWh to operate. At a 70% capacity factor, the total cost is then 6.1 0/kWh. 
Five percent of this cost is equivalent to $287/kW, and 15 percent is equivalent to $863/kW. 
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Utilities would move through the time-consuming but inexpensive siting, design, and 
licensing stages, after which the planned resource would be placed in the ready mode. 

This site banking, which is comparable in its effect on lead times to the siting practices used 
in the French nuclear power program, was estimated to increase power costs from the 
planned central stations by about 0.5 percent ($3/kW), a cost that could easily be recovered 
by the benefits of greater planning flexibility. However significant lead time differences, 
and therefore financial risks, would remain on the basis of construction times alone. 

Savings from shorter lead times plus smaller plants 

Since modular technologies can better match increases in electricity demand, they lower 
average fixed costs over time. The benefits of this modularity are illustrated in Figure 
A. 10.4.2. Unlike the planning benefits from shorter lead times, modularity benefits are 
positive even under complete demand certainty. They become larger under demand 
uncertainty. Because smaller plants also have shorter lead times, they offer the twin benefit 
of reduced financial risks due to uncertain load growth and reductions in average fixed 
costs. 

An analysis of the trade-offs between economies of large scale and the financial risks posed 
by demand uncertainty (Boyd and Thompson 1978) found that for a range of typical 
uncertainty predicaments, power from a large-scale (e.g. nuclear) power plant technology 
would have to be anywhere from 5 to 25 percent cheaper than that from a technology of 
smaller scale in order to be justified on the basis of least-cost economics. Put another way, 
the modularity credit was found to be equivalent to 5-25 percent of the cost of power from 
the large reference plant. 

The above-mentioned analysis by Hirst (1989) of stylized utility planning decisions under 
uncertainty found a similar percentage range for the modularity benefits of smaller scale. 
For the stylized planning predicaments considered in the analysis, an 18 percent modularity 
benefit would apply if conventional capacity additions in 600 MW increments were 
replaced by infinitesimally small plants. In the examples studied, this percentage 
represented the theoretical limiting case of complete elimination of mismatch. Cutting unit 
size in half and building two 300 MW plants was found to save about 5 percent. When 
differences in construction time (ten years versus five years) were incorporated as well, this 
saving increased to about 7 percent.13 

It is worth noting that the range of savings from lead time effects alone and modularity 
effects alone is of the same order of magnitude. The combination of both effects is, 
however, not additive because each provides the same kind of planning benefit 

Other indications of the value of modularity are found in applications of EPRI's 
Over/Under system planning model to actual resource planning choices of particular 
utilities. An analysis of capacity expansion plans of the Northeastern Utilities (NU) in the 
U.S. compared 11 MW fuel cells and 200 MW combined cycles with a 300 MW IGCC 
coal plant (EPRI 1987a). It assumed lead times of 2, 5, and 8 years, respectively. The 
modularity benefit from smaller scale and shorter lead time of the fuel cell relative to the 

13 As pointed out by Hirst (1989), estimates for the impact of smaller scale on construction time for 
central stations vary widely. Kahn (1979a) suggests a shortening of one year for each 100 MW reduction in 
unit size, compared to 0.3 years/100 MW estimated by NWPPC (1988). 
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Figure A.10.4.2: Illustration of modularity benefits in matching supply and 
demand 
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IGCC plant was found to be $270/kW (1985 dollars), and that of the combined cycle unit 
was $180/kW, equivalent to about 20-25 percent of the capital cost used for the coal-fired 
reference plant14 

A further modularity analysis (EPRI 1985) estimated that better load growth matching alone 
could reduce capital costs by an effective $50-100/kW, while lead time reductions by a 
factor two to three would result in a further benefit of $100-150/kW. At $150-$250/kW, 
the sum of both factors is substantial but lower than the range of capital cost credits implied 
by the analyses of Thompson and Boyd and of Hirst. 

Cost-of-capital benefits 

The above analyses by Thompson and Boyd and by Hirst did not include the potential 
interest rate benefits of modularity for utilities that need to raise their capital in the open 
market. The financing requirements of large projects can significantly impair a utility's 
ability to cover outstanding debt. High debt to equity ratios lead prospective investors to 
perceive utilities as more risky, raising the cost of capital to the utility. This response by 
the capital lenders represents the internalization of an important indirect cost of large power 
station technology.15 

In the past, European utilities, notably state-owned utilities, have been largely shielded 
from financial market pressures while in some cases running up very large debts. For 
example, the French nuclear program would have been difficult to finance under the same 
low interest terms it enjoyed if Electricity de France had been a private utility raising its 
capital in the open market.16 The impacts of technology choices on the cost of capital 
represent a real cost component even when market or institutional barriers are preventing 
these costs from being as directly visible as in the US. With the implementation of various 
utility reforms in the EEC, capital market responses to utility investment choices may yet 
become more pronounced, as illustrated by the British privatization of the utility sector (see 
Appendix A. 10.10). 

Reserve margin savings 

To the extent that modularity can reduce reserve margin requirements, it will lower power 
costs. We have approximated this effect in our busbar calculations by including a reserve 
margin cost for each technology that reflects the effective load carrying capability (ELCC) 
of each power plant (EPRI 1986, Garver 1966). The ELCC adjustment adds the 
appropriate amount of reserve margin (in combustion turbines) to keep the system as 
reliable as it was before the power plant was added. 

14 Another case study presented in the same EPRI report for Pacific Gas and Electric Company found 
lower modularity benefits. This utility represented an exceptional case in that it already had a large share of 
smaller-scale, dispersed power sources in its reference resource plan. 

15 A review of the various financial market factors determining the cost of alternative power plant 
technologies can be found in Kahn (1988), and in Kahn (1979b) specifically as applied to renewables. 

16 To finance die French nuclear power program, EDF became the corporation with the world's largest 
debt, and capital had to be raised in foreign capital markets (see also Appendix A.10.10). 

A. 10.4.21 



The ELCC adjustment factor (also known as the Capability Ratio) is a function of the 
reliability of the power plant and the reliability and size of the power system in which the 
power plant is embedded. Equation 5 shows how the capability ratio is used to account for 
reliability effects for technology X: 

RMA (DM/kW/yr) = ((CRX -1) FCCT + (CRCT" 1) FCcr)) (5) 

where RMA = Reserve Margin Adjustment (DM/kW/yr) 

CRx = capability ratio of technology X 

CRcr = capability ratio of a combustion turbine (1.038), and 

FCCT
 = annualized fixed costs of a combustion turbine (64.9 DM/kW/yr). 

This approach assumes that combustion turbines are the marginal resource added to 
improve reliability. The first term in the parentheses corrects for the reliability of 
technology X, while the second term accounts for the imperfect reliability of the 
combustion turbine. 

3. Siting flexibility 

By siting small plants near loads, utilities can save transmission and distribution capital 
costs, as well as energy costs related to line losses. For example, growth in urban areas 
might require expensive underground cables, which dispersed generating facilities in the 
metropolitan area could reduce or avoid. Similarly, growth in rural areas and small towns 
might be served without bringing expensive transmission lines into remote regions. Since 
economies of scale in transmission technology would typically lead utilities to add 
transmission lines in large increments, deferment of such large, lumpy investments 
represents a tangible financial benefit 

From a transmission and distribution system point of view, the dispersed storage or 
generating unit is like a negative load. However, the displaced or deferred T&D investment 
of this negative load is not necessarily limited to the average marginal transmission cost per 
kW of load growth. Because the dispersed device can be placed virtually anywhere in the 
system, including in locations where higher than average costs can be avoided, the T&D 
credit could be larger than average marginal costs. For equity reasons, such geographic 
disaggregation are not usually reflected in rates. However, utilities (and society) can still 
save costs by targeting dispersed generation (and demand-side management programs, see 
Appendix A. 10.2) to these opportunities. 

System transmission capacity savings 

Case studies of the market potential for fuel cells (EPRI 1987a) and dispersed storage 
systems (EPRI 1979) found that the transmission credits of dispersed plants can be 
significant. These parametric evaluations focusedon voltage levels down to about 70 kV 
and dispersed storage or generating units of the 10-20 MW size. They showed that the 
national average transmission credit for such units in the U.S. was of the order of 70 
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percent of the average transmission investment per kW of load growth, or about $180/kW, 
with a range of $120 to $260/kW (in 1989$).17 

An FRG analysis of the impact of neighborhood power stations on T&D costs found 
credits of a similar, if somewhat higher magnitude. Using the network model of a large 
utility, Trdscher (1979) calculated benefits as high as DM1978 600/kWe. This figure 
reflects, in part, the greater use of underground cables in most parts of Western Europe. In 
EPRI's analysis, the credit increased dramatically, to as much as $500/kW, for situations 
where a significant portion (20 percent) of metropolitan-area 70-140 kV lines are run 
underground. 

Another transmission capacity aspect of modularity has to do with the function of the high 
voltage (380 kV) grid. As discussed by Hennicke et al. (1985), the high voltage grid in 
Germany and other Western European countries mainly serves a reserve capacity function 
for the very large (up to 1300 MW) coal and nuclear stations, and not mainly a 
transmission function.18 With greater modularity in future central stations, and with more 
electricity locally cogenerated with heat, the need for the 380 kV system as a reserve 
capacity would be reduced. 

Subtransmission benefits 

Significant subtransmission benefits were recently found in an innovative analysis by 
California's Pacific Gas and Electric Company (PG&E), which is a leading user of 
renewables-based and other dispersed generating technologies. The analysis (Shugar 
1990) was part of the company's effort to develop an accurate methodology for evaluating 
dispersed systems when placed strategically in the utility system with the goal of either 
substituting for or complementing large central stations. 

As a test case, the analysis, which used the utility's own detailed data throughout 
examined the system level costs of a 500 kW photovoltaic (PV) array. Rather than being 
used in a larger-size central station, this PV array was modeled as interconnected with a 
substation feeder line. In this feeder line, peaks were causing thermal overload of lines and 
the 10.5 MVA transformer, and PV output correlated well with the feeder peak. 

The PV array was found to dampen the feeder peak sufficiently to significantly reduce the 
number of critical hours of peak load on the transformer, effectively deferring an otherwise 
needed transformer upgrade investment by five years. The annual value of this deferment 
was found to be 99 $/kW-yr. 

17 Based on 1977 dollars converted to 1989 dollars using the US Consumer Price Index. The data include 
the cost of a targeted 20 percent reserve capacity in the transmission system. 

18 The increasing importance of die reserve capacity function relative to the transmission function is 
evident from recent structural changes. As electricity use grew rapidly, the distance from power plants to 
metropolitan load centers shrank. Reflecting (his, the average 380 kV transport distance for electricity in 
the FRG declined from 270 km in 1972 to 100 km in 1983 at the same time that the high voltage 
transmission grid expanded significantly. This led to continuing decreases in the utilization factor for the 
380 kV grid, which was only about 45 percent by 1983. 
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Avoided transmission-related energy losses 

Dispersed generating technologies will, as a rule, reduce line losses. However, at current 
low levels of long-distance, cross-border power exchanges in Western Europe, most line 
losses are concentrated in the 0.4 kV portion of the grid. The fraction of line losses, and 
the related additional capacity savings, that can be avoided by plants in the 10 MW size 
range relative to larger plants are therefore modest On the other hand, small systems (less 
than one MW) placed directly into feeder lines or providing most of their power for on-site 
use, would garner the benefit of fully avoiding line losses. 

4. Operating flexibility 

Operating flexibility saves costs in responding to changing system loads and to fluctuations 
in fuel prices. Dynamic operating requirements include 

— load following, 

— quick response to outages, and 

— quality control. 

These requirements are best met with technologies that have fast ramp rates, high 
efficiencies at part-load, and low startup and shutdown costs. Such technologies provide 
benefits relative to more costly or restrictive operating constraints of conventional plants. 

In general, smaller-scale technologies are better able to meet these requirements, though 
there are large differences. Table A. 10.4.2 shows how various technologies compare in 
this regard. 

Reliability benefits 

The operating flexibility of smaller-scale plants can be particularly beneficial when large 
amounts of intermittent wind and solar sources are to be integrated into the grid (see 
Appendix A. 10.9). Smaller-scale generating sources with fast ramp rates also are of great 
value when trying to preserve network stability in coastal cities that cannot be supplied 
from every direction. A case study of fuel cell applications for Pacific Gas and Electric Co. 
(PG&E) in California showed a network protection benefit of $100/kW (1985$) in such a 
case (EPRI 1987a). 

More recently, an analysis by PG&E showed that PV modules located in a substation 
feeder could enable the utility to recover more customer loads more quickly after circuit 
outages. Using customer value of service figures from PG&E's periodic customer 
surveys, Shugar (1990) calculates levelized avoided customer outage costs of about 
$200/kW-yr, equivalent to about $1100/kW at the levelized annual cost factor used in the 
analysis. While this high customer benefit may be considered a "soft" number, it illustrates 
that reliability benefits can be substantially larger than what spinning reserve savings alone 
would suggest. 

Dynamic operating benefits 

Dynamic operating costs can represent as much as 20 to 40 percent of a unit's total 
operating costs (EPRI 1987a). Operating flexibility benefits could be a large fraction of 
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Table A.10.4.2: Operating flexibility characteristics of 
various dispatchable power plant technologies 

Conventional ST unit 
Nuclear unit 
Combined cycle 
STIG or ISTIG 
IC engine plant 
Fuel cell 

Part-bad 
efficiency 

low/moderate 
low 

moderate 
moderate 

high 
high 

Startup/shut
down cost 

high 
high 
low 
low 
low 
low 

Ramp rate 

slow 
slow 
fast 
fast 

very fast 
very fast 

(1) ST=steam turbine, STIG = steam injected gas turbine, 

ISTIG=intercooled steam injected gas turbine, IC = internal combustion. 
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this range, but are difficult to estimate in a generalizable fashion since they are highly 
dependent on the other resources being used in the utility system. 

Reactive power benefits 

Solar photovoltaics, fuel cells, and wind turbines with advanced variable speed power 
electronics can provide reactive power for voltage support in the T&D system. An analysis 
of this effect for a 500 kW PV array (with an appropriate inverter) placed in a substation 
feeder (Shugar 1990) found that the array reduced peak reactive power losses by a 
surprisingly large amount of 452 kVAR, equivalent to a levelized cost of $67/kW-yr, or 
about $370/kW. 

Peak power benefits 

Some dispersed generating technologies can be flexibly operated to provide large power 
increases during system peak load conditions. A notable example are cogeneration systems 
based on steam-injected gas turbines (STIGs). These units can boost power output by as 
much as 50 percent by reinjecting reheated steam into the gas turbine while temporarily 
meeting process heat requirements with a supplemental firing element (see Appendix 
A.10.7). 

As shown by Larson and Williams (1987), the marginal fuel costs of this operation are no 
higher than those of running a utility peaking CT plant As a result, STIG units could be 
credited with the capital cost of a peaking combustion turbine. Combined cycle 
cogeneration units could be operated in a similar.way: 

Fuel flexibility benefits 

Some technologies are inherently well-suited to switching fuels as a means of responding 
to environmental requirements and price conditions. For example, biomass and coal 
gasification-based technologies can make use of a wider range of solid fuel grades than 
conventional coal- or biom ass-fired boilers. Also, gas-fired technologies can often be 
equipped for switching to oil at low extra cost and vice versa. 

These fuel flexibility benefits can be substantial. For example, in the case of coal 
gasification technology, fuel costs could be lowered by as much as 1 Pf/kWh if low grade 
coals are used (see Appendix A.10.6). 

5. Summary: treatment of system effects in this study 

The busbar cost framework clearly reaches its limits when the above system level issues 
and secondary cost-effectiveness factors are considered. Nevertheless, these system 
effects can be represented in that framework if one is satisfied with only a rough 
approximation of the key effects and if cost corrections are based on conservative 
assumptions for typical or average systems or circumstances. 

Given the reference resource mix of the EEC scenario, which emphasizes large-scale coal 
and nuclear plants, significant system level credits for smaller-scale and more dispersed 
resources clearly apply. However, it should be borne in mind that many of the above-
mentioned benefits of smaller-scale resources diminish as the share of these resources in 
the system mix grows. To reflect this effect and the system-specific nature of these costs, 
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we use conservative assumptions that apply potential credits only selectively and on the 
basis of significantly lower values than reported in the above-mentioned case studies. 

Load growth uncertainty 

We assume that in the reference scenario, the chances for load forecasts to be correct, too 
high by 50 percent, or too low by 50 percent are about equal (i.e. one third each). This 
equal distribution of uncertainty is an agnostic assumption in the absence of aggressive 
demand-side management programs. It was used by Hirst (1989) and examined by Boyd 
and Thompson (1978) as well. We furthermore assume that under the EEC reference 
scenario, load growth would be met with large coal and nuclear central stations as currently 
planned. The percentage modularity credits estimated by Boyd and Thompson and by 
Hirst are then broadly applicable. 

Modularity credit 

Unless other considerations apply19, we allocate a modularity benefit equivalent to five 
percent of the delivered cost of power from a reference 600 MW coal plant. In capitalized 
terms, this maximum modularity credit is DM 500/kW. This value is equivalent to the 
upper end of the range estimated in the above-mentioned EPRI studies, while 
corresponding to the lower end of the range of values estimated by Hirst Our conservative 
choice reflects, in part, the option of site-banking. 

Modularity benefits for a particular technology alternative A are calculated as follows: 

Modularity credit = 500 DM/kW x [1 - ( ° 6 of iy A ) ] (6) 

With this parameterization, more than eighty percent of the credit is earned in reducing size 
from 600 MW to about 100 MW. At smaller scale, lead time benefits diminish: the share 
of the total lead time needed for planning and siting very small systems relative to 
constructing them is larger. For nuclear plants of 1200-1400 MW, we apply a modularity 
penalty of DM 500/kW for FRG plants, and about DM 300/kW for French plants (see also 
Appendix A. 10.10). The penalty for FRG reactors corresponds to the result if 1200 MW 
is plugged into Equation (6), while the reduced penalty for French reactors reflects the 
larger size of the fully integrated French grid compared to that of utilities in the FRG. 

Siting flexibility credit 

Siting flexibility credits are awarded only to plants of 100 MW or less, and only if they can 
meet environmental standards for siting in metropolitan areas. The maximum benefit is 
conservatively estimated to be DM 300/kW, or about half the value indicated for 
transmission and subtransmission-level benefits in the above-mentioned analyses.20 

Benefits are calculated on a sliding scale as follows: 

1 9 See the discussions of modularity benefits for cogeneration and renewables in Appendices A.10.7 and 
A.10.9. 

2 0 The rationale for the 100 MW limit is as follows: In moving from large (600-1300 MW) central 
stations to smaller (200-400 MW) central stations, utilities would probably mainly recycle existing sites. 

A. 10.4.27 



Siting credit = 300 DM/kW x [ 1 - f f f p M w ^ ™ 

Siting flexibility benefits for renewables-based power sources are accorded only when 
these resources are located near load centers. Details are given in Appendix A. 10.9. 

Other adjustments 

In calculating reserve margin costs, we use EPRI's numbers for the Capability Ratio, 
which are calculated assuming a large, interconnected utility system (m=1000).21 A small 
reliable plant will have a Capability Ratio that is around 1.05 to 1.10. A large, unreliable 
plant could have a Capability Ratio of 1.50 or more. 

Reduced transmission and distribution energy losses are taken into account in the T&D 
adjustment factor for cogeneration and renewables plants. No separate adjustments are 
made for operating flexibility or interest rate benefits. 

E. MONETIZED ENVIRONMENTAL EXTERNALITIES 

Combustion of fossil fuels creates costs for society that are not included in market 
transactions for these fuels. Regulatory agencies throughout Europe and North America 
are beginning to acknowledge the importance of these "external costs" (or externalities). A 
number of US jurisdictions have taken formal steps to include at least some of these costs 
in utility resource planning and regulation. Two of the most detailed regulatory approaches 
are those developed by the New York State Public Service Commission (NY PSC 1989) 
and by the Massachusetts Department of Public Utilities (MA DPU 1990). 

These systems, and more simplified approaches in other jurisdictions, monetize only a 
portion of the externality costs of power production. For example, the front end of the fuel 
cycle is not taken into account, and neither are externalities unrelated to the environment22 

Furthermore, all estimates of monetized externalities are quite uncertain. In some cases, 
they show ranges of one or more orders of magnitude. 

The Massachusetts system only considers air emissions, while the New York system also 
values other impacts related to noise, land, water, and fuel cycle wastes. Air emission 
externality values are significantly higher in the Massachusetts system than in the New 
York system, but the dominant difference between the two is in the valuation of CO2 

since sites for conventional thermal power stations are an increasingly scarce resource. Reductions in T&D 
requirements would in that case be limited. For smaller plants, other sites would have to be used. 

21 The parameter m characterizes the change in reliability of a power system if new power plants are added 
(Garver 1966). At m=1000, the reserve margin cost variations among the technologies are small. Greater 
effects can be expected in smaller systems with limited options for buying power at favorable prices. 

22 For example, Hohmeyer (1988) estimates significant costs for several externalities not related to the 
environment, such as the cost of consuming non-renewable fuels when intergenerational equity is to be 
maintained. He also attempts to estimate external benefits related to differential employment effects. 
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emissions. At 22 $/ton of CO2, the carbon dioxide adder in the Massachusetts system is 
large, because it is based on the estimated cost for tree planting offsets in the U.S., which 
is used as a proxy control technology. By contrast, the New York system only applies a 
symbolic "place holder" externality surcharge to carbon emissions. 

Because the Massachusetts system does not address environmental impacts other than air 
emissions, and because we seek to calculate the cost of reducing carbon emissions 
explicitly on the basis of our environmental least-cost planning approach (see Chapter II.6), 
we apply the New York system in our power sector analysis (as described below, we also 
calculate high case externality corrections by adjusting the NY system to reflect the MA 
DPU system's higher valuations for N O x and SO2). The externality values for the 
classical air pollutants in the New York system are comparable to European estimates 
(Hohmeyer 1988). The system illustrates the minimum corrections that monetized 
externality estimates would introduce in conventional busbar cost calculations.23 

The New York system 

In this system, "points" are awarded based on characteristics of a given power plant, 
including generation reliability, transmission costs, and fuel costs. In addition, power 
plants earn points based on having lower externality costs than competing resources. 

This regulatory framework includes external costs affecting air quality, water quality, and 
land use, as shown in Table A. 10.4.3. Typical land requirements of alternative power 
plant technologies are shown in Table A. 10.4.4. Air emission standards, control levels, 
and emissions are discussed in Appendices A.10.6 (fossil central stations) and A.10.7 
(fossil-fired cogeneration). 

Air pollutant emissions of CO2, NO x , SO2, and particulates are allotted two-thirds of the 
total externality points. In the NY system, C 0 2 is allotted only 10 of the 155 points for air 
pollutants, which results in a negligible maximum surcharge of less than one percent of 
electricity costs.24 Land use is allotted about one-quarter of the points, and water use the 
rest. An energy source that qualifies for no environmental points will be charged 
$0.014/kWh (0.028 DM/kWh).25 Other energy sources will be charged some fraction of 
that total, depending on their point score. A power plant receiving three-quarters of the 
points will be charged one-quarter of the externalities surcharge. 

As formulated, the NY PSC system is not practical for use with existing power plants, 
which typically have air pollutant emissions that are much larger than those for new plants. 
However, the implied externality cost of emissions of SO2, NOx, and particulates can be 
derived from the NY PSC system using the methodology described in Koomey (1990), 

2 3 In the case of nuclear power accident risks, which are not treated by the NY system, we perform 
additional analysis (described in Appendix A.10.10). 

24 In our analysis, the value assigned to C02 emissions reductions is not included as a societal cost, since 
the purpose of our target-based, least-cost methodology is to calculate the cost of achieving particular levels 
of carbon emissions. For die purposes of our externalities calculation, all technologies are credited with the 
10 points allocated to C02. In effect, we ignore the NY system's surcharge for C02. 

25 This maximum environmental credit or penalty corresponds to 24% of avoided costs and about 15% of 
the price of electricity in NY State. 
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Table A.10.4.3: Assigning Environmental Points for NY PSC Bidding System 

Air Emission/ (Subtotal) 
SOx (Ibs/MWh) 
NOx (Ibs/MWh) 
C02(lbs/MWh) 

Particulates (Ibs/MWh) 

Water Effects (Subtotal) 
Annual Cooling Water Intake as 

% of Lake Volume 
Fish Protection 

NYS Water Quality Classification 
of Receiving Water 

Land Effects (Subtotal) 
Acreage Required (acres/MW) 

Terrestrial 

Visual Aesthetics 

Transmission 

Noise (DB actual - DB background) 
Solid Waste Disposal (Ibs/MWh) 

Solid Waste as Fuel (% of Total Btus) 
Fuel Delivery Mechanism 

Km From Sensitive Receptor Area 

TOTAL POSSIBLE POINTS 

0 1 2 
POINTS 

3 4 5 

>6 
>6 

>1500 
>0.3 

4.0-6.0 
4.0 - 6.0 

1050-1500 
0.2-0.3 

2.5 - 3.9 
2.5-3.9 
650-1049 
0.1-0.199 

13-2.4 
IS - 2.4 
250-649 

0.05-0.099 

0.5 - 1.4 
0.1 - 1.4 
100-249 

0.01-0.049 

<05 
<0.1 
<100 
<0.01 

80-100 

None 

A or better 

60-79 

B 

40-59 
Operational 
Restrictions 

C(t) 

20-39 

C 

5.0-19 

Provided 

D 

<5.0 
No Water 

Used 

No Water Used 

0.3-03 
Unique 

Ecological or 
Historical 

Value 
Highly 
Visible 

New OH 
>8km 
5-10 
>300 

0 
New RR Spur 

<10 

0.2-0.29 

New OH 
1.6-8 km 

200-300 
1-30 

Truck and 
Existing RR 

10-39 

0.1-0.19 
Rural or Low 

Density 
Suburban 

Within Existing 
Developed 

Area 
NewUG 
>8km 

100-199 
31-50 

New Pipeline 

40-69 

0.05-0.09 

NewUG 
1.6-8 km 
0-4.9 
50-99 
51-80 
Barge 

70- 100 

0.01-0.05 
Industrial 

Area 

Not Visible 
from public 
roadways 

Use Existing 
facilities 

10-49 
81-90 

Use Existing 
Pipeline 
>100 

<0.01 
No Land 

Used 

Energy 
Conservation 

<0 
<I0 

91-100 
No Fuel Used 

Energy 
Conservation 

WEIGHT 

9 
19 
2 
1 

2 

; 

; 

i 

i 

l 

2 
2 
3 

1 

1 

1 

MAXIMUM 
SCORE 

155 
45 
95 
10 
5 

20 

10 

5 

5 

65 
5 

5 

5 

10 
10 
15 
5 

5 

5 
240 

(1) A non-polluting resource would be assigned 5 points in each category. 
(2) Externality costs are calculated by multiplying the points assigned to a particular technology 
(3) UG = underground, OH = overhead, RR = railroad, DB = decibels 



Table A.10.4.4: Land Use for Power Plants (Including Associated Fuel 
Cycle Land Use) 

Power Plant 

Hard Coal Steam 
Nuclear 
Coal Cogeneration 
Gas CT,CC,STIG,Cogen. 
Diesel Cogen 
Small Wind System 
Small Hydro 

Land 
sq. meters/100 MWh 

8.0 
8.5 
7.3 
6.4 
6.7 
6.7 
2.0 

Land 
sq meters/kW 

0.456 
0.484 
0.416 
0.364 
0.381 
0.147 
0.079 

Land 
acres/MW 

0.113 
0.120 
0.103 
0.090 
0.094 
0.036 
0.019 

(1) conversion to kW assumes a 65% capacity factor for conventional plants. 
25% for wind, and 45% for Hydro. 
(2) 1 acre = 4047 sq. meters 
(3) Source: GEMIS (Fritsche et al. 1989) 
(4) CT= combustion turbine, CC = combined-cycle, STIG = steam injected gas turbine. 
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and these implied costs (in DM/kg of pollutant) can be used to calculate the approximate 
externality costs associated with air emissions from existing plants. 

Comparison with other externality estimates for air emissions 

Table A. 10.4.5 shows other estimates of the value of air emissions reductions, principally 
from U.S. studies, but including estimates by Hohmeyer (1988, 1990) based on European 
data. This Table shows that the NY PSC estimates are comparable to those found by 
Hohmeyer (1988) for West Germany, but are significantly lower than some estimates for 
California and the values adopted in recent regulations in Massachusetts (CEC Staff 1989, 
Schilberg et al. 1989, MA DPU 1990). In particular, significantly larger figures than used 
in the New York system could apply for powerplant NOx emissions in metropolitan 
regions of Western Europe. 

Sensitivity analysis for externalities 

We use the NY PSC estimates of externalities in all busbar cost calculations in the main 
body of Part 3C. Because of the uncertainty of these estimates, we also calculate "high 
case" values for externalities (for use only in the summary to Part 3C and in all subsequent 
electricity sector integration calculations). We create these high case values by modifying 
the NY PSC point system to reflect the higher NO\ and S02 values found in MA DPU 
1990. All other parts of the NY PSC system are assumed to be unchanged in the high 
case. The results for those resources affected by this change are shown in Table A. 10.4.6. 
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Tabic A.10.4.5: Value of incremental emissions reductions (1989 DM/kg) 

EPRI (1987) rural PA, WV 
Low 
High 
Best Estimate 

EPRI (1987) (Sub)urban 
Low 
High 
Best Estimate 

Hohmeyer (1988) 
Low 
High 

Chemick and Caverhill (1989) 

Schilbergetal(1989) 
Outside CA 
CA Outside SCAQMD 
CA Inside SCAQMD 

CEC Staff (1989) in CA 

Implied by NYPSC (1989) 

MA DPU (1990) 

S02 
DM/kg 

0.92 
3.74 
2.11 

2.11 
10.16 
5.59 

1.03 
5.47 

4.05 

2.20 
3.96 

40.26 

25.30 

2.11 

3.30 

NOx 
DM/kg 

0.09 
1.01 
031 

0.09 
1.01 
0.31 

1.28 
6.84 

6.95 

5.94 
41.36 
53.90 

25.52 

4.14 

1430 

C02 
DM/kg C 

— 
-
--

-
— 

--

-(3)-
-<?> 

0.18 

0.12 
0.12 
0.12 

0.06 

0.01 

0.18 

ROG 
DM/kg 

-
-
-

--
--
-

1.03 
5.47 

-

1.45 
2.51 

38.50 

7.26 

-

11.66 

CH4 
DM/kg 

-
-
•-

— 
-
--

-
--

1.63 

0.84 
0.84 
0.84 

--

-

0.48 

mo 
DM/kg 

-
-
-

-
-
-

-
-

-

8.14 
8.14 
8.14 

-

~ 

8.71 

Particulates 
DM/kg 

--
--
--

--
-
--

1.03 
5.47 

>11.57 

« 
--
--

17.16 

4.44 

8.80 

(1) NY PSC #s were derived from the Con Ed/NY PSC bidding system. 
(2) EPRI Suburban/urban location is 35 miles (56 km) outside of NY City. Only sulfur 
dioxide damages are estimated for this location. Nitrogen oxide damages were only assigned 
one number by EPRI, so it is used for both the rural and suburban/urban estimates. 
(3) Hohmeyer does estimate total external costs for global climate change, but the DM/kg numbers 
for C02 and other greenhouse gases were not available in time for publication. 
(4) ROG = Reactive Organic Gases. 
(5) PA = Pennsylvania; WV = West Virginia. 
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Table A.10.4.6: Summary of low and high case externality costs for fossjl-rircd 
electricity supply resources 

Technology 

Central station plants 
CTgas 

IRCRGT gas 

ACCgas 
ACC-oil #6 

IGACC coal 
Steam coal 

Central heat and power 
Coal steam 

Coal-gasiTier ACC/ISTIG 
Gas ACC/ISTIG 

Gas IC engine-Otto 
Gas IC engine-Diesel 

Industrial cogeneration 
Coal back-pressure steam 
Coal back-pressure steam 

Gas combustion turbine 
Gas combustion turbine 

Large IC engine conventional 
Large IC engine advanced 

Gas STIG industrial 
Gas STIG aeroderivative 

Electric 
Capacity 

MWe 

80 

114 

210 
210 

500 
700 

100 
100 

no 
0.3 
5 

5 
25 

3.85 
33.1 

5 
25 
5.6 

51.4 

Low cost case 
NY PSC system 

0.50 

0.37 

0.62 
0.74 

0.82 
0.93 

TLF Cogen. ELF Cogen. 
Avg Mode Avg Mode 

Pf/kWh Pf/kWh 

1.35 135 
0.81 0.91 
0.40 0.40 
0.21 0.43 
0.44 0.44 

0.97 1.19 
0.74 0.96 
0.20 0.20 
0.20 0.20 
0.42 0.42 
0.42 0.42 
0.32 0.32 
0.32 0.32 

High cost case 
NYPSCw/MADPU 

for NOx and S02 

1.05 

0.37 

1.16 
1.34 

1.36 
1.54 

TLF Cogen. ELF Cogen. 
Avg Mode Avg Mode 

PMcWh Pf/kWh 

2.62 2.62 
1.35 1.51 
0.40 0.40 
0.21 0.98 
0.99 0.99 

2.06 2.82 
1.28 2.04 
0.20 0.20 
0.20 0.20 
0.96 0.96 
0.96 0.96 
0.32 0.32 
0.32 0.32 

Index high/low cost case 

2.08 

1.00 

1.8S 
1.82 

1.67 
1.65 

TLF Cogen. ELF Cogen. 
Avg Mode Avg Mode 
Lows 1.00 Lows 1.00 

1.94 1.94 
1.68 1.66 
1.00 1.00 
1.00 2.26 
2.23 2.23 

2.12 2.37 
1.74 2.14 
1.00 1.00 
1.00 1.00 
2.30 2.30 
2.30 2.30 
1.00 1.00 
1.00 1.00 

(1) Low cost case based on NY PSC system as described in text. High cost case based on modifying NY PSC values for 
NOx and S02 to reflect higher externality values of MA DPU for these emissions. 
(2) Externalities for the low cost case are used in all busbar calculations in the main body of Part 3C. 
High cost case externalities are used in the high case busbar calculations in the Executive Summary for Part 3C, 
as well as in the electricity integration calculations (Part 3A). 
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APPENDIX A.10.5 

FOSSIL FUEL PRICES AND GAS SUPPLY 
IN THE CONTEXT OF 

CARBON REDUCTION SCENARIOS 

A. OVERVIEW 

In this report, we compare the societal cost of carbon reducing energy strategies with that 
of conventional energy plans and policies. We therefore need to define a reference scenario 
that outlines key economic, environmental, and supply security parameters that would 
apply if European energy futures were to unfold according to conventional plans. By 
conventional plans we mean energy futures that would entail no special efforts to reduce 
carbon emissions to specific levels, and in which consumption of both total primary energy 
and fossil fuels undergoes significant further growth. 

For the purposes of our analysis, a reference scenario can be divided into global parameters 
and into parameters specific to the subset of energy applications we examine in greater 
detail. The most important global reference parameters are overall economic growth 
assumptions, overall primary energy demand, the fuel price regime that would result from 
growing energy demand and fossil fuel consumption within the international energy 
context, the import dependence and supply security implications, and the broader energy 
policies that would accompany these developments. These aspects of our scenario analysis 
are discussed in Part 2 (Chapters U.6 and II.9). 

Among the specific reference parameters are projections for energy service demand in 
specific end-uses such as heating, personal transport by car, electrical appliances, etc.; 
technology and fuel choices in specific sectors and applications; and specific policies and 
structural reforms such as building efficiency standards and treatments of independent 
power producers. These parameters of our scenario analysis are covered in Parts 3-6 
(Chapters 11.10-13). 

In this Appendix, our general point of reference is the analysis of the European 
Commission's Directorate-General for Energy (DGXVII), which published a major study 
titled "Energy for A New Century" (CEC 1990). The broad outlines of this study and its 
fuel price scenarios are discussed in Part 2, Chapter II.6. The DGXVII fuel price 
assumptions for coal, oil, and gas are shown in Table A. 10.5.1, along with the projected 
increase in world demand and EC-12 demand by the year 2010. The three oil scenarios 

A.10.5.1 



o 

to 

Table A.10.5.1: Fossil fuel price assumptions for three DGXVII scenarios (1989 U.S. $) 

Crude oil 
Demand index EEC 

Demand index World 
OPEC market share 

Oil price (imported) 

Coal 
Demand index EEC 

Demand index World 
Coal price (imported) 

Gas 
Demand index EEC 

Demand index World 
Gas price (imported) 

Units 

S/bbl 
S/GJ 

Index 

S/tce 
S/GJ 

$/bbl.oe 
Index 

S/toe 
S/GJ 

S/bbl.oe 
Index 

1987 
Actual 

100 
100 
38% 

18 
2.93 
1.00 

100 
100 
47 
1.60 
9.8 

1.00 

100 
100 
101 
2.24 
13.8 

1.00 

2010 
Scenarios 1 and 4 

104 
128 
55% 
32.7 
5.33 
7.82 

140 
168 
65 

2.23 
13.7 

1.39 

140 
214 
163 
3.62 
22.2 
1.61 

2010 
Scenario 2 

115 
133 
54% 
43.7 
7.11 
2.43 

151 
n.a. 
76 

2.61 
16.0 

1.63 

155 
n.a. 
191 
4.24 
26.0 
1.89 

2010 
Scenario 3 

74 

no 
51% 
21.8 
3.56 
1.21 

96 
n.a. 
55 
1.91 
11.4 

1.16 

154 
n.a. 
130 
2.89 
17.8 

1.29 

(1) All prices in constant 1989 U.S. dollars, converted from 1987 dollars using the U.S. Consumer Price Index. 
(2) Primary energy demand and fuel price projections for 2010 based on CEC (1990). 
(3) Baseline prices from IEA (1989). 



indicate the amount by which international oil prices are expected to change over the range 
of projected demands in 2010.1 

If a reduction target is set for fossil carbon emissions, significant effects on the prices of 
fossil fuels can be expected. Natural gas will be the favored fuel under such a strategy. 
Depending on the growth of energy services and the degree to which energy efficiency 
improves, natural gas consumption could increase significantly beyond the levels expected 
in DGXVH's "conventional wisdom" scenario (SI). Such higher growth also raises the 
question of whether sufficient gas supplies can be secured by Western Europe without 
becoming overly dependent on any one foreign supplier. At the same time, carbon 
constraints would reduce demand for coal and oil below projected levels. 

Because of this interdependence, a carbon reduction target will cause supply and price 
dynamics not encountered in a conventional energy future. In order to be able to compare 
the net cost of a carbon reduction strategy with a conventional energy future, it is necessary 
to explore these issues in more detail. 

The focus of our discussion is on plausible ranges for the price of gas. To estimate this 
range, we examine how the supply/demand balance in Europe might evolve: we first 
summarize the gas supply situation faced by Western Europe, and then compare available 
supplies to the range of gas demands that could be expected under a carbon reduction 
strategy. 

To indicate what range of minimum gas prices might be expected, we examine available 
reserves in terms of their production costs. We also compare projected gas prices to the 
back-stop price defined by electricity from coal-gasification plants and oil-fired 
powerplants. In a final section, we discuss current gas supply policies and propose a 
broader set of policies with emphasis on integrated least-cost gas resource planning. 

B. THE GAS SUPPLY SITUATION IN WESTERN EUROPE 

1. Potentially available natural gas reserves 

At present, Western Europe's gas supplies are characterized by moderate (roughly 25 
percent) import dependence and by a high concentration on a few major suppliers. A 
summary of the current and possible future supply situation is given in Table A. 10.5.2. 
Within the EEC, the Netherlands has the most significant proven gas reserves. Within 
Western Europe as a whole, Norway is the country with the greatest gas resources. EC 
imports come mainly from three major suppliers with very large reserves: the former 
Soviet Union, Algeria, and Norway. 

Until recently, supplies from within the EC-5 region were expected to decline significantly 
(by about twenty percent) by the turn of the century. But as pointed out by Odell (1992), 
policy changes in the Netherlands and in the United Kingdom have led to production 

1 The 1990 fuel price projections differ somewhat from an earlier version of the report (CEC 1989). We 
use the later figures in our analysis. 
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Table A.10.S2: Potential availability of natural gas in 

EEC region 
France 
Germany 
Italy 
Netherlands 
United Kingdom 
EC-5 
EC-12 

Non-EEC region 
Norway 
Algeria 
Former Soviet Union 
Middle East 
All non-EC 

Both regions 
EC-12 plus Norway 
Same plus non-W. Europe 

Consumption 
1986 
bent 

27 
45 
33 
37 
55 
197 
209 

0 
19 

520 

209 
748 

Output 
1986 
bent 

3.9 
15 
16 
63 
44 
142 
145 

27.3 
38 
590 
74 
729 

173 
801 

Western Europe 

Reserves 
1987 
ban 

20 
150 
180 
1800 
700 
2850 
3100 

3000 
3000 
42500 
31700 
80200 

6100 
51600 

Extraction 
Ratio 

5 
10 
11 
29 
16 
20 
21 

no 
79 
72 

428 
110 

35 
64 

Available 
current 

145 
150 

40 
12 

40-50 
0 

92-102 

190 
242-252 

supply capacity 
max in 2010 

4 
15 
20 
80 
60 
179 
185 

60-80 
50-70 

80 
60-120 
250-350 

245-265 
435-535 

(1) Consumption, output, and reserves from OECD Energy Balances 1970-87 (IEA 1987, IEA 1989), 
International Energy Annual (US DOE 1987), and Noreng (1989). 
(2) Estimates of current and future supply capacities based on Noreng (1989), Rissanen (1990), and Odell (1992). 
(3) Supply capacity refers to pipeline and LNG capacity for deliveries to Western Europe only. 
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increases and new additions to reserves estimates there, as well as in other parts of the EC. 
In fact, the ratio of reserves to annual production (R/P ratio) for Western Europe as a whole 
has risen from 27 years in 1976 to 44 years in 1986, and is projected to rise further to 57 
years by 1996, when new fields discovered by the end of 1986 are expected to bring 
reserves to a total of 10,250 billion m3 (Odell 1992). 

Currently, the three major suppliers from outside the EC are the Soviet Union, Norway, 
and Algeria. At their current extraction rates (domestic consumption plus exports), the 
reserves of these countries would last 72-110 years, even including the large and grossly 
inefficient consumption of the former Soviet Union. There is no question that these 
countries could supply Western Europe with significantly larger quantities of natural gas 
than they do now (Noreng 1989, Odell 1992). 

Furthermore, another 26 percent of the world's gas reserves are found in the Middle East 
(Iran, Abu Dhabi, UAE, Saudi Arabia, Quatar, Iraq), no more distant than the fields in 
Western Siberia. The R/P ratios for these countries are measured in several hundred years. 
The better use of middle eastern gas is desirable both on economic and ecological grounds. 
Because of a lack of local productive uses, large amounts of natural gas are currently flared 
in the middle eastern oil fields, which contributes to the greenhouse effect. 

Table A. 10.5.2 shows estimates based on Noreng (1989), Rissanen (1990), and Odell 
(1992) of the pipeline capacity that could be put in place within about twenty years. Overall 
gas availability from within Western Europe is projected to rise by 50 percent, while total 
supplies from all regions would double or triple current volumes. 

This juxtaposition of current consumption and potential supplies suggests that even if the 
successor countries to the former Soviet Union were to substantially increase their own 
domestic gas consumption in order to reduce carbon emissions and nuclear risks at home, 
and even if gas was used as the principal means for cleaning up Eastern Europe's dirty 
coal-based economies, the total gas reserves within Europe's reach would still suffice to 
cover a 30-50 year transition period to an economy mainly based on renewable energy 
sources. 

Gas needs in Eastern Europe and the former Soviet Union 

While improved economic growth would seem to bring accelerated domestic demand 
growth for natural gas in the Soviet Union and other countries in Eastern Europe, the gas 
needs of this region would be limited by a number of factors. In the short to medium term, 
the restructuring will depress all energy demand, including gas demand. In the longer 
term, economic reforms and the associated rise in prices to international levels will lead to 
price-driven energy efficiency improvements, for which Eastern Europe has an especially 
large potential. Specific least-cost planning policies could be used to increase the role of 
efficiency investments further. In addition, the restructuring of industry toward higher 
value added outputs will lessen the current predominance of heavy industry. 

As a result, domestic gas demand in Eastern Europe and the former Soviet Union is likely 
to grow much less dramatically than often assumed, even if one takes into account that gas 
will be extensively used for reducing carbon emissions in that region. 
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2. Range of gas demand levels under a 50 percent carbon reduction target 

The goal of climate stabilization significantly alters the plausible range of Western European 
gas demand levels. In most analyses, a strong upward change of gas demand is expected 
from carbon reduction policies, and even without these environmental considerations, 
significant growth is projected for the next two decades. 

Within a conventional, business-as-usual context, growing gas consumption appears 
plausible simply in view of the modest share of gas in current primary energy consumption 
in Western Europe (about 17 percent in 1988). The slow growth of gas consumption 
during the 1980s is explained by a number of factors, all of which are expected to change 
or have changed already. Most significant is the removal of the EC order that prohibited 
the expansion of gas use for power production, which went into effect in 1976 and was 
lifted only in 1991. 

The lack of gas-on-gas competition and the rigid, monopolistic structure of the European 
gas industry also play a role (Noreng 1989, Austvik 1990). In the wake of recent 
initiatives by the European Commission to reform the structure of the gas industry along 
public access lines to pipeline networks (CEC 1992), an expansion of gas use by utilities 
and large industrial consumers is expected, though the process of change will likely be 
slow (Odell 1992). 

However, the demand projections in conventional analyses are generally oriented toward 
the short- to medium-term (2000-2010) and do not take into account the limitations in the 
longer-term that are placed on gas consumption by the goal of climate stabilization itself. 

To assess these limits, we estimate the ceiling on gas demand that would result from a 
commitment by Western Europe to reduce its carbon emissions by 50 percent over thirty 
years. This large reduction was suggested by our climate stabilization analysis in Volume 
One of the IPSEP study (Krause et al. 1989), which showed that reductions of this 
magnitude are required in industrialized countries by about 2010-2030 if the risk of global 
warming is to be limited to no more than 2° C. 

The implications for gas supply planning of such a long-term perspective are clear: though 
higher levels of gas consumption could be feasible in the intervening years, it does not 
make sense to size gas supply investments for levels of demand that cannot persist for more 
than ten to twenty years. If a serious climate stabilization policy is pursued, the demand 
ceiling implied by a 50 percent reduction target would thus not only limit longer-term gas 
use, but also consumption in intervening years. 

Calculation of maximum plausible gas demand 

The maximum gas demand under a 50 percent carbon reduction target (base year 1985) can 
be crudely estimated by assuming that the 50 percent reduction target is reached by 
converting all end-uses that are easily amenable to the application of natural gas. For 
illustrative purposes, we assume that all fossil-fired electricity generation and all direct-fuel 
applications other than transport and steel making are converted to natural gas.2 

2 Both transportation and steel-making could in principle be converted to natural gas as well, and a 
significant gas-powered vehicle fleet exists in the Netherlands. However, some fuel diversity is always 
desirable, and our assumptions for these end-uses fulfills this diversity requirement 
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We further make assumptions about the growth of energy services, about the future supply 
of non-fossil resources, and about efficiency improvements in power production, transport 
and steel-making. Overall energy service demand (as measured by the sum of supply and 
efficiency resources) grows by about 60 percent on an energy-intensity weighted basis. 

The potential of non-fossil supplies over the 2010-2020 time horizon is assumed to be the 
same as in the base year, to allow for the possible loss of nuclear power at the same time 
that renewables assume a greater role. Demand-side resources provide the bulk of non-
fossil supplies. Following our estimates of technical efficiency potentials in other parts of 
this report, transport sector oil demand is cut in half (see Chapter II. 11), and coal inputs 
into iron and steel decline by a similar fraction (see Chapter n. 13). 

Having determined the levels of oil and coal use that remains in transport and steel 
production, we can then calculate the total gas consumption that will bring carbon 
emissions to 50 percent of 1985 levels. 

Results 

This rough calculation is shown in Table A. 10.5.3, along with illustrative figures for 
overall energy service demand and for the composition of the resource mix in terms of 
fossil fuels, non-fossil supplies, and demand-side efficiency resources. Natural gas 
demand rises 2.4 fold over 1985 levels to 450 billion toe. Though carbon emissions are 
cut by 50 percent, fossil fuels still provide 62 percent of the primary energy they supplied 
in 1985. Total demand approaches the maximum supplies that could be snipped by 
pipeline to Western Europe (see the discussion and Table A. 10.5.2 above). 

50 percent reduction with constant gas consumption 

As discussed in Part 2, our detailed low-carbon scenarios show that a 50 percent reduction 
goal could be achieved with significantly less than a 2.4 fold supply increase. This 
outcome is again illustrated in Table A. 10.5.3, which shows an alternative resource mix in 
which gas consumption is maintained at the 1985 level. Because gas use is limited, the 
remaining permissible carbon emissions from oil and coal consumption are larger than in 
the maximum gas case. However, the total amount of energy obtained from fossil fuels 
now declines in order to account for the greater carbon burden of coal and oil. 

To still match the overall growth in energy services, this decline in energy from fossil 
supplies is made up with a greater contribution from non-fossil resources. The table shows 
that this constant-gas-use scenario requires only a modest increase in the deployment of 
non-fossil supply sources. If the required compensation is provided by efficiency 
improvements, the percentage increase over the amount of efficiency resources already 
mobilized in the maximum gas demand case is about 8 percent. Alternatively, the greater 
use of cogeneration and renewables could provide a similar absolute contribution. 
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Table A.10.5J: Maximum gas use 

Primary Energy Source 

Oil 
of which transport 

Coal 
of which iron&steel 

Gas 

Total fossil 
Total non-fossil, supply 
Total primary energy, supply 

Total demand-side resources 
Total non-fossil resources 

Total energy services supplied 

in the EEC under a 50 percent carbon reduction target (base year 1985) 

7955 
Mtoe 

489 
220 

239 
35 

185 

913 
168 
1081 

168 

1081 

1985 
billion t C 

0.441 
0.187 

0.266 
0.038 

0.125 

0.832 

0.832 

Future, 
Emissions 
billion tC 

0.094 
0.094 

0.019 
0.019 

0.303 

0.416 
0 

0.416 

maximum gas use 
Primary energy 

Mtoe Index 1985=1.0 

104 0.21 
104 0.47 

17 0.07 
17 0.49 

450 2.43 

570 0.62 
170 1.01 
740 0.68 

1000 
1170 

1740 1.61 

Future, moderate gas 
Emissions 
billion tC 

0.191 
0.094 

0.100 
0.019 

0.125 

0.416 
0 

0.416 

Primary 
Mtoe 

212 
104 

90 
17 

185 

487 
170 
657 

1083 
1253 

1740 

use 
energy 
Index 1985=1.0 

0.43 
0.47 

0.38 
0.49 

1.00 

0.53 
1.01 
0.61 

1.61 

(1) Future oil requirements for transport assumed to be 50 percent of base year. 
(2) Future coal requirements for iron and steel making assumed to be 50 percent of base year. 
(3) In low gas demand case, efficiency provides compensation for reduced energy from fossil fuels 
(4) Carbon emissions from non-fossil resources neglected for simplicity. 



C. DEVELOPMENT OF FINAL FUEL PRICE SCENARIOS 

1. Treatment of international price feedbacks 

We evaluate carbon reduction strategies for the EEC under the assumption that reductions 
in fossil fuel demand obtained within the EEC would be at least partially mirrored in 
international developments: total demand for fossil fuels, and particularly for oil and coal, 
would be lowered not only by the quantities no longer demanded in the EEC, but also by 
less than conventionally projected fossil fuel consumption in other parts of the world. 

As discussed in Part 1, Chapter II.2, the result would be downward pressures on 
international coal and oil prices relative to the reference case. While these price drops could 
result in major economic benefits, governments would have to ensure that price drops in 
response to lower demand for coal or oil won't undermine the overall carbon reduction 
goal. We discussed in Chapter II.2 how this feedback effect could be neutralized through 
emission caps and/or adjustable carbon taxes. 

However, these measures create the need for a distinction between the societal cost 
perspective, from which a carbon tax or the cost of a tradable emission permit is merely a 
transfer payment, and from the perspective of individual investors in efficiency or supply 
technologies, for whom sectoral prices including taxes are decisive. 

For the purpose of calculating the cost difference between a conventional energy plan and a 
carbon reduction strategy, this complexity requires a two-step procedure: one, to define the 
coal and oil prices against which gas-based investments would have to compete under 
carbon reduction policies as opposed to business-as-usual plans; and two, to calculate the 
net benefit or cost that might accrue to society as a whole from any international price shifts 
for fossil fuels that such carbon reduction policies might trigger.3 

3 We treat this price effect as a benefit or cost that is directly attributable to a carbon-reducing strategy in 
the EEC. The rationale for this attribution is as follows: Suppose the EEC were to adopt the stringent 
carbon emission limits analyzed in Volume One of this report This would come about either because such 
action is economically advantageous or of no significant economic impact, or because of international 
agreements among the leading energy producing and energy consuming nations, or both. In either case, 
action by the EEC would be echoed elsewhere. 

If economic advantages alone should justify such action, as argued in this report, the EEC could trigger 
broader global reductions in fossil fuel use through unilateral action. Other nations would seek to match 
the EEC moves because of international competition. Major policies to reduce carbon emissions at home 
would also influence EEC development assistance programs, which would then tend to reduce the fossil fuel 
intensity of economic growth in the developing world. 

If a carbon-reducing strategy should have major economic costs, a carbon-reducing scenario would have to 
be based on an EEC leadership role in the diplomatic arena In this case, carbon reductions in the EEC 
would occur in the context of a climate convention and associated carbon reduction protocols. Again, EEC 
action would be associated with carbon reductions beyond EEC boundaries that would tend to reduce fossil 
fuel prices below reference projections. 

As discussed in Volume One, the feedback effect of lower prices could become a major challenge to the 
successful completion of a carbon reduction strategy: Producers could attempt to maintain market share by 
dropping prices significantly, thus undermining the economics of substitution investments. To buffer 
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A transparent and instructive treatment for our technology comparisons is to evaluate all 
investments on the basis of low and high scenario prices as projected for conventional 
scenarios that do not consider carbon constraints, while incorporating a significant range 
for gas prices that reflects the general environmental attractiveness of this fuel, as well as 
the specific production and pipeline costs for deliveries to the European market for a range 
of demand levels. 

Conservatisms 

The use of conventional price projections (conventional in the sense that carbon constraints 
are not considered) differs from the societal cost perspective under a carbon reduction 
policy insofar as induced reductions in international coal and oil prices are not passed on to 
consumers directly. In effect, we assume that for oil and coal, any price drops below our 
business-as-usual based low projection as defined below will be taxed away (e.g., through 
a carbon tax) or will be made irrelevant for investment decisions because a legally binding 
emission cap is put in place (see Chapter II.2). 

This treatment of oil and coal prices implies that the pass-on to domestic consumers of 
lower international oil and coal prices will be no greater in our carbon reduction scenarios 
than under business-as-usual conditions, even though the range of price changes in the 
international markets could be much larger than under business-as-usual developments if 
carbon emissions are cut. 

On the other hand, we expand the uncertainty range for gas prices beyond the range 
considered in DGXVH's analysis. For those scenarios in which gas consumption is held 
below or close to business-as-usual levels (see Part 2, Chapter II.8), this treatment is yet 
another conservatism. 

Interpretation of price assumptions 

With these clarifications, the price scenarios below can be directly used in comparing 
business-as-usual and low carbon strategies. In establishing a price continuum between the 
two policy contexts, they can also be directly used for comparing conventional fossil-based 
and alternative low-carbon investments. The difference in costs between conventional and 
low carbon energy futures thus mainly results from alternative capital investments, and not 
carbon taxes. 

Our prices are the effective fuel prices that investors see if carbon taxes are used only for 
the compensation of drops in the international price of coal and oil. The gross costs or 
minimum benefits of carbon reduction strategies (i.e. neglecting the benefit of lower coal 
and oil prices) can then be directly calculated from our busbar cost assessments, without 
the confounding impact of carbon taxes. Of course, higher fuel prices would result from 
applying larger carbon taxes, and all else being equal, these would improve the competitive 
position of gas relative to oil and coal. Thus, our procedure involves multiple 
conservatisms that would tend to overestimate the societal cost of low carbon energy 
strategies. 

against this response, flexible carbon tax instruments and/or compensatory agreements with the major 
energy exporters would be needed (see Volume One, Chapters 1.6 and 1.7). 
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2. Step-by-step methodology 

To arrive at sectoral end-use fuel prices by sector for the time horizon of our study (the 
period from 1987-2020 plus about 30 years of end-effects for long-lived investments made 
in 2020), we use the following procedure: 

— We first develop oil and coal price scenarios for 2020. Our 2020 oil and 
coal prices are derived from DGXVH's range of forecasts for the period 
from 1987-2010 (see Table A.10.5.1 above). 

— We then develop low and high gas prices for 2020 using, respectively, 
oil and coal as backstop fuels. 

— Beyond the year 2020, we assume a flat real price for all three fuels. 
Having defined border prices, we then calculate sectoral prices. We construct final energy 
prices using the average EC-5 fuel taxes and the non-tax mark-ups for transmission and 
distribution as observed for each sector in the 1987 base year. The non-tax mark-up, 
which is related to the cost of the transmission and distribution infrastructure, is applied as 
an absolute rather than a percentage correction, and is the same in real terms for all years 
and for both high and low scenarios. Sectoral fuel prices are then levelized assuming 30 
year investment lifetimes beginning with four commissioning dales (1990, 2000, 2010, 
and 2020). 

3. Marginal costs for gas supplied to Western Europe 

Because gas-on-gas competition is largely absent in Europe's energy supply system, 
current prices for gas do not reflect the cost of producing or supplying gas, and bear little 
relationship to the demand for gas or the supply of gas (Svensson 1990). Rather, prices 
are shaped by the policies of national governments, pipeline monopolies, and large 
producers. Until now, these players have negotiated long-term gas contracts that are 
largely indexed to the price of oil. The future cost of gas supplies is thus likely to be 
influenced by policies that reform the current gas industry structure (see Section D below). 

However, an absolute floor to the price of gas from various sources can be obtained from 
data on the production costs and transportation costs associated with each major 
geographical source. These data can be assembled into a gas supply curve that indicates 
total supplies available to Europe as a function of production cost. 

A gas supply curve for Western Europe was constructed in a research project on 
international gas trade conducted by the Massachusetts Institute of Technology (Adelman 
and Lynch 1986). According to the MIT data, the gas demand in 2010 that could be 
supplied at a border price of less than $1.8/GJ (in 1989 dollars) is in excess of 250 million 
tons-oil-equivalent per year (Mtoe/yr), compared to a 1985 consumption of about 185 
Mtoe. If the ceiling price were $3/GJ (in 1989 dollars), potentially available supplies 
would rise to close to 450 Mtoe/yr — about 240 percent of the 1985 consumption level. 

Other estimates that compare production and pipeline costs show that low-production-cost 
gas could be delivered (in 1989 dollars) at a cost of about $3/GJ from Algeria and for about 
$ 3.5-4/GJ from the Middle East, while the more expensive fields in West Siberia and 
Norway would cost about $5/GJ (Rissanen 1990). 
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4. Back-stop prices 

Having established a price floor on the basis of production and transportation costs, we can 
now estimate a ceiling for the price of gas in power sector applications, which is the largest 
potential growth market for gas use. This backstop price is defined by the busbar costs of 
generating options based on fuels other than gas, notably the cost of power generation from 
integrated coal gasification combined cycle plants (IGACC) and oil-fired combined cycle 
plants. 

The backstop price for gas as defined by this competition is calculated in Appendix A.10.6. 
This backstop price covers a considerable range. Depending on the coal price, coal plant 
capital costs, the commissioning date, and the heat rates of future gas plants, the levelized 
utility sector break-even price would be 123 to 187 percent of the 1987 utility sector gas 
price, which was about 3 $/GJ in 1989 prices. Based on these percentages, the range of 
levelized backstop gas prices to utilities is about 4-6 $89/GJ. The range of backstop border 
prices is lower by the average transmission and distribution mark-up of about 1.2 $8Q/GJ, 
yielding a range for border prices of 3-5 $/GJ. 

The high end of this range is about the same as the backstop gas price based on an oil-fired 
advanced combined cycle plant. We develop our high and low gas price scenario on the 
basis of this range. 

One might argue that backstop prices based on coal or oil fired power generation are not 
applicable in the context of a carbon reduction strategy, since the use of these fuels would 
either be limited through emission caps or through carbon taxes. However, in practical 
political terms, gas suppliers cannot be sure that buying nations would not take one or 
several of the following actions: abandon their carbon taxes or reduction targets, exempt 
utilities from carbon taxes, accelerate efficiency improvements, and/or take other measures 
to substitute for gas should producers raise prices beyond the backstop level. 

As time goes on, technological progress in efficiency and renewables also will increase the 
range of substitution possibilities. Large price hikes for gas would heighten the pace of 
technical advances in these substitute technologies. 

Finally, carbon reduction goals imply consumption limits not only for coal and oil, but also 
for gas, as explored above. For these reasons, we believe that the back-stop prices as 
calculated above are useful in developing plausible high and low estimates for the future 
price of gas. 

5. Gas price scenarios 

Our fossil fuel prices by sector are shown in Tables A. 10.5.4a and A. 10.5.4b.4 Table 
A. 10.5.4a contains fossil fuel prices without taxes, and Table A. 10.5.4b contains fossil 
fuel prices with taxes. For oil, we adopt DGXVH's scenario (S3) projection in the low 
case, and its SI projection in the high case (see Table A.10.5.1). The figures for 2010 are 
extrapolated to 2020 using the 1987-2010 escalation rates. 

4 To convert from the U.S. dollars/GJ Figures of Table A.10.5.1 into Pf/kWh, data are divided by 278 and 
then multiplied by the 2 DM/S exchange rate. 
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Table A.10.5.4a: Fossil fuel price scenarios (1989 PflkWh) for all sectors, without taxes 

Base year prices (1987) 
EC-5 avg F.O.B. price 
EC-5 avg price to utilities w.o. tax 
EC-5 avg price to industry w.o. tax 
EC-5 avg residJcomm. price w.o. tax 
EC-5 avR transport gasoline/diesel price w.o. lax 
Prices In 2000 
EC-5 avg F.O.B. price 
EC-5 avg price to utilities w.o. tax 
EC-5 avg price to industry w.o. tax 
EC-5 avg resid7comm. price w.o. tax 
EC-5 BVK transport gasoline/diesel price w.o. tax 
Prices in 2010 
EC-5 avg F.O.B. price 
EC-5 avg price to utilities w.o. tax 
EC-5 avg price to industry w.o. tax 
EC-5 avg residVcomm. price w.o. tax 
EC-5 avg transport gasoline/diesel price w.o. tax 
Prices In 2020 
EC-5 avg F.O.B. price 
EC-5 avg price to utilities w.o. tax 
EC-5 avg price to industry w.o. tax 
EC-5 avg residycomm. price w.o. tax 
EC-5 avg transport gasoline/diesel price w.o. tax 

Oil-
crude/a ve 

2.11 

2.62 

2.35 

2.56 

2.78 

-Low Case 
heavy light/ 

diesel 

2.04 
2.28 3.68 

3.87 
4.64 

2.29 
2.53 3.92 

4.11 
4.88 

2.49 
2.73 4.13 

4.32 
5.09 

2.72 
2.96 4.35 

4.54 
5.31 

Oil-High Case 
crude/ave heavy 

2.11 
2.04 

2.62 2.28 

2.96 
2.89 
3.13 

3.84 
3.77 
4.01 

4.98 
4.91 
5.15 

light/ 
diesel 

3.68 
3.87 
4.64 

4.53 
4.72 
5.49 

5.41 
5.60 
6.37 

6.55 
6.74 
7.51 

Coat—Low Case 
domestic imported avg 

dom. low grade 

1.15 
2.69 1.38 2.57 
2.76 1.52 2.74 

169 

1.15 
1.38 
1.52 
2.69 

1.15 
1.38 
1.52 
2.69 

1.15 
1.38 
1.52 
2.69 

Coal—High Case 
domestic imported avg 

dom. low grade 

1.15 
2.69 1.38 2.57 
2.76 1.52 2.74 

Z69 

1.39 
1.62 
1.76 
2.93 

1.61 
1.84 
1.97 
3.14 

1.86 
2.09 
2.22 
3.39 

Gas 
low 
case 

1.62 
2.46 
2.80 
5.59 

1.44 
2.29 
2.62 
5.42 

1.65 
2.49 
2.83 
5.62 

1.87 
2.72 
3.05 
5.85 

Gas 
high 
case 

1.62 
2.46 
2.80 
5.59 

2.05 
2.89 
3.23 
6.02 

2.93 
3.77 
4.11 
6.90 

4.07 
4.91 
5.25 
8.04 

(1) Base year F.O.B. and sectoral prices are 1987 data from IEA (1989). 
(2) Future F.O.B. prices as discussed in text. 
(3) Future sectoral prices calculated from future F.O.B. prices using absolute T&D corrections based on 1987 price relationships. 
(4) Reference case and reduction case 2010 prices extrapolated to 2020 using growth rate in the 1987-2010 period. 
(5) Low and high utility gas prices assumed to be equal to utility oil prices in the low and high price cases, respectively. Other sectoral gas prices tied to utility gas prices. 
(6) Prices between 2020 and 2050 assumed to be equal to 2020 prices 
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Table A.10.5.4b: Fossil fuel price scenarios (1989 Pf/kWh) for all sectors, with taxes 

Base year prices (1987) 
EC-5 avg F.O.B. price 
EC-5 avg price to utilities w/ tax 
EC-5 avg price to industry w/. tax 
EC-5 avg resid/comm. price w/ tax 
EC-5 avg transport gasoline price w/ tax 
Prices In 2000 
EC-5 avg F.O.B. price 
EC-5 avg price to utilities w/ tax 
EC-5 avg price to industry w/. tax 
EC-5 avg resid/comm. price w/ tax 
EC-5 avg transport gasoline price w/ tax 
Prices In 2010 
EC-5 avg F.O.B. price 
EC-5 avg price to utilities w/ tax 
EC-5 avg price to industry w/. tax 
EC-5 avg resid/comm. price w/ tax 
EC-5 avg transport gasoline price w/ tax 
Prices in 2020 
EC-5 avg F.O.B. price 
EC-5 avg price to utilities w/ tax 
EC-5 avg price to industry w/. tax 
EC-5 avg residVcomm. price w/ tax 
EC-5 avg transport gasoline price w/ tax 

Oil—Low Case 
crude/ave heavy light/ 

diesel 

111 
2.15 

3.02 2.57 4.74 
6.00 
15.44 

2.35 
2.39 
2.81 4.99 

6.24 
15.69 

2.56 
2.59 
3.02 5.19 

6.45 
15.89 

178 
2.82 
3.24 5.42 

6.67 
16.12 

Oil-High Case 
crude/ave heavy 

2.11 
115 

3.02 2.57 

2.96 
2.99 
3.42 

3.84 
3.87 
4.30 

4.98 
5.02 
5.44 

light/ 
diesel 

4.74 
6.00 
15.44 

5.59 
6.85 
16.29 

6.47 
7.73 
17.17 

7.61 
8.87 
18.31 

Coal-Low Case 
domestic imported avg 

dom. low grade 

1.15 
2.69 1.38 2.57 
2.76 1.52 2.74 

2.69 

1.15 
1.38 
1.52 
2.69 

1.15 
1.38 
1.52 
2.69 

1.15 
1.38 
1.52 
2.69 

Coal-High Case 
domestic imported avg 

dom. low grade 

1.15 
2.69 1.38 2.57 
2.76 1.52 2.74 

2.69 

1.39 
1.62 
1.76 
193 

1.61 
1.84 
1.97 
3.14 

1.86 
2.09 
2.22 
3.39 

Gas 
low 
case 

1.62 
2.46 
2.80 
6.26 

1.54 
2.39 
2.73 
6.19 

1.75 
2.59 
2.93 
6.40 

1.97 
2.82 
3.16 
6.62 

Gas 
high 
case 

1.62 
2.46 
2.80 
6.26 

2.15 
2.99 
3.33 
6.80 

3.03 
3.87 
4.21 
7.68 

4.17 
5.02 
5.35 
8.82 

(1) Base year F.O.B. and sectoral prices are 1987 data from IEA (1989). 
(2) Future F.O.B. prices as discussed in text. 
(3) Future sectoral prices calculated from future F.O.B. prices using absolute T&D corrections based on 1987 price relationships. 
(4) Reference case and reduction case 2010 prices extrapolated to 2020 using growth rate in the 1987-2010 period. 
(5) Low and high utility gas prices assumed to be equal to utility oil prices in the low and high price cases, respectively. Other sectoral gas prices tied to utility gas prices. 
(6) Prices between 2020 and 2050 assumed to be equal to 2020 prices 



For coal, we use a constant real price of imported coal for the entire 1987-2020 period in 
the low case. Our high case is based on an extrapolation of DGXVH's coal price in 
scenario SI. 

Low gas price 

In all DGXVII scenarios, gas prices are indexed to coal. In DGXVH's scenario S3, 
growth in gas demand is limited to about 50 percent above 1987 levels while both coal and 
oil prices are low (see Table A. 10.5.1 above). To obtain our low scenario for gas prices at 
the border, we start from the year 2010 DGXVH gas price projection for scenario S3. We 
extrapolate the price escalation of this scenario to the year 2020. 

The border gas price reaches a level of roughly 3 $8o/G J in 2020, higher than the base year 
gas price by about half. This year 2020 extrapolated gas price roughly matches the low end 
of the backstop border price from coal. The average annual real increase in border gas 
prices over the 1987-2020 period is 0.6%/yr. 

Supply implications. If we compare this lower price with the production costs of various 
marginal supply sources (see above), we find that the West Siberian, Middle Eastern, and 
Norwegian fields would have difficulty being competitive against coal in power generation. 
Thus, our low gas price scenario applies only to those carbon reduction strategies in which 
increases in the consumption of gas are held to moderate levels. 

Specifically, our low price assumption is limited to those levels of demand that can be 
satisfied by fully utilizing already existing pipeline capacity, and by expansions in the gas 
supplies only from the lower-cost found in Western Europe's continental shelf and in 
Algeria. According to our above review of potential additional supplies by region, this 
constraint translates into a maximum increase in gas consumption of about fifty percent 
over base year levels. 

High gas price 

We base our high scenario on the assumption that gas utility prices will be back-stopped by 
utility sector prices for oil. After extrapolating DGXVH's scenario SI oil price projection 
from 2010 to 2020, we arrive at a border oil price of 37$89/bbl, or about 6.9 $/GJ for that 
year. The utility sector price is 7$go/GJ. This backstop price for the utility sector translates 
into a border gas price of 5.8$8o/GJ in 2020. The average border price annual growth rate 
for the 1987-2020 period is 2.9%/yr in real terms. 

Supply implications. This oil-based backstop price is significandy higher than the DGXVH 
border gas price projection for 2010 of about 4.2 $8o/GJ for its "driving into tensions" 
scenario (S2). Our high backstop price is large enough to offer significant pricing room for 
all potential gas suppliers listed in Table A. 10.5.2 above, and it provides a major incentive 
for further exploration. Our high gas price scenario thus is plausible for carbon reduction 
strategies that heavily rely on gas. 

Levelized fuel prices 

Based on the scenarios in Tables A. 10.5.4a and A. 10.5.4b, we calculate levelized fuel 
prices for powerplants commissioned, respectively, in 1990, 2000, 2010, and 2020, and 
assuming a 30 year average life. Fuel prices are assumed to be constant after 2020. The 
resulting levelized fuel prices for the four periods are shown in Table A. 10.5.5. Average 
levelized fuel prices for all sectors are shown in Table A. 10.5.6, which are derived from 
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Table A.10.5.S: Levelized utility fossil fuel prices as a function or the levelization period (1989 Pt/kWh) 

Levelization period 
1990-2020 
2000-2030 
2010-2040 
2020-2050 

Simple Average 

Levelized 1990-2030 
Levelized 1990-2050 

Oil-Low Case 
crude/ave heavy light/ 

diesel 

2.43 
2.62 
2.76 
2.82 

2.66 

2.47 
2.51 

Oil-High Case 
crude/ave heavy light/ 

diesel 

3.23 
4.04 
4.72 
5.02 

4.25 

3.41 
3.56 

Coal-Low Case 
domestic imported avg 

dom. low grade 

1.38 
1.38 
1.38 
1.38 

1.38 

1.38 
1.38 

Coal-High Case 
domestic imported avg 

dom. low grade 

1.67 
1.87 
102 
109 

1.91 

1.71 
1.75 

Gas 
low 
case 

2.49 
2.62 
2.76 
2.82 

2.67 

2.53 
2.56 

Gas 
high 
case 

3.29 
4.04 
4.72 
5.02 

4.27 

3.47 
3.62 

tt (1) Prices taken from table A. 10.5.4. Discount rate = 5% real. 
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Table A.1CL5.6: Average levelized fossil fuel prices for all sectors, with taxes (1989 Pf/kWh) 

Average levelized, 5% discount rate 
EC-5 avg F.O.B. price 
EC-5 avg price to utilities w/ tax 
EC-5 avg price to industry w/. tax 
EC-5 avg resid/comm. price w/ tax 
EC-5 avg transport gasoline price w/ tax 

Oil—Low Case 
crude/ave heavy light/ 

diesel 

162 
2.66 
3.08 5.26 

6.51 
15.96 

Oil-High Case 
crude/ave heavy light/ 

diesel 

4.22 
4.25 
4.67 6.85 

8.10 
17.55 

Coal-Low Case 
domestic imported avg 

dom. low grade 

1.15 
1.38 
1.52 
169 

Coal-High Case 
domestic imported avg 

dom. low grade 

1.68 
1.91 
2.05 
3.22 

Gas 
low 
case 

1.83 
2.67 
3.01 
6.48 

Gas 
high 
case 

3.42 
4.27 
4.61 
8.07 

(1) Levelized utility fuel prices calculated using procedure discussed in text, which accounts for the effects of rapidly changing fuel prices. 
Average levelized fuel prices are calculated as a simple average over the levelized prices for power plants with start dates in 1990,2000,2010, and 2020 (see Table A. 10.5.5). 
(2) Average levelized fuel prices for other sectors calculated using fixed differences between sectoral prices in 1987 and applying them to the utility sector average levelized prices. 
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the utility sector prices assuming that the absolute sectoral markups derived from the 1987 
baseline prices remain constant over the analysis period. These average levelized figures 
are used in our sensitivity calculations for fossil-fired and cogeneration powerplants, as 
well as for our analysis in other sectors. 

D. POLICY IMPLICATIONS 

1. Evolution of EC gas policy 

At current natural gas prices in Western Europe, and for natural gas prices roughly up to 
the low (scenario S3) forecast of DGXVH, presentfy commercial advanced combined cycle 
plants fired with natural gas could produce cheaper power than nuclear plants or 
conventional coal plants (see Appendices A.10.6 and A. 10.10). 

Nevertheless, utilities and government energy planners in Western Europe have until 
recently been reluctant to commit to a course of expanded gas use for power generation. In 
fact, from 1976 until 1991, the use of gas in power generation remained restricted by EC 
regulations. The lifting of this restriction, which followed the Commission's proposal for 
an internal energy market (CEC 1988), marks the beginning of a changing perception of 
gas as an energy carrier for the power sector. This changing perception is partly influenced 
by the momentous changes in Eastern Europe, and has led to the proposal of a European 
Energy Charter that would integrate Eastern Europe and the former Soviet Union into a 
European energy market. 

The Commission's recent directive establishing third-party access to pipelines (CEC 1992) 
seeks to address the rigidity of gas supply and prices under the current structure of the 
Western European gas industry, which is marked by the dominance of a few national 
monopolies and direct involvement by national governments. Under this monopoly 
structure, the gas industry is prone to prefer limited market share and higher unit profit over 
greater market share.5 

The current regulatory environment translates into major uncertainties about the contract 
terms and expanded availability of natural gas for utility generation. The coal mining 
regions of West Germany and vested interests in nuclear power in France add further 
political road blocks for the expansion of gas supplies in power generation. 

2. Beyond open access: least cost planning reforms for the gas sector 

While the attempt to establish open access by the Commission is a step in the right 
direction, we recommend that the Commission and the EC's national governments pursue a 
more far-reaching and, on the whole, quite different gas policy. It would consist of the 
following elements: 

5 The economic calculus driving this strategy of the gas industry is explained in Austvik (1990) and also 
in Noreng (1989), who broadly reviews the European gas industry structure. 
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• Following similar initiatives in the U.S., establish a new regulatory 
regime for the gas industry based on integrated least-cost planning. 
Under the proposed regime, the national companies or municipal entities 
providing local gas distribution services would be required to introduce 
economically sensible demand-side efficiency programs for their 
customers. These programs would complement building standards and 
regulations and accelerate the retrofitting of Western Europe's building 
stocks (see Chapter II. 12). 

• Establish legislation supporting or requiring a new structure for local 
distribution companies in which gas distribution, district heating, 
electricity distribution, and water distribution at the local level are 
controlled by one integrated distribution utility. 

• In the short-term, seek utility and large industry access to existing 
pipeline facilities for additional shipments of gas. 

• Establish avenues for large consumers to build pipelines of their own, 
as done already by a BASF subsidiary in Germany (subject, of course, 
to strict environmental rules for such construction). 

• Tie licenses for new supply arrangements to regulations requiring 
utilities and industrial firms to use this gas for cogeneration unless such 
use can be proven to be uneconomical under the local circumstances. 

• Revise the European Energy Charter to make the introduction of energy 
efficiency technology in Eastern Europe and the former Soviet Union a 
preeminent objective, and expand its geographic range to give 
consideration to North African and Middle Eastern suppliers of oil and 
gas. 

The introduction of least cost planning, of cogeneration requirements, and of integrated 
distribution companies go not only significantly beyond the proposals of the European 
Commission, but also point in a diametrically opposite direction. Rather than aiming gas 
policy only toward the unfettered mobilization of supplies, the proposed policy would 
ensure that the expansion of gas supplies occurs in a manner that ensures a societal least-
cost outcome. The right to transport and distribute gas would be conditional on the 
provision of demand-side programs to ensure an economically efficient pattern of gas use 
by all customers, rather than just a boon for Western Europe's roughly 500 large industrial 
and utility customers. 

Such an integrated least-cost approach to gas resource planning would also be more suited 
to addressing the equity issues raised by a deregulation push focused on the supply side. 
An integrated least cost planning reform can ensure that small gas customers would obtain 
the benefit of demand-side investments that improve their homes and reduce their heating 
bills, and not just the higher gas prices that can be expected for them under current 
proposals. This reform would thus offer benefits to all consumer sectors, not just large 
consumers in industry. 

Furthermore, the integration of all local grid services into one municipal franchise will lead 
to important economies of scale that are currently lost at significant opportunity cost. 
Lower repair and grid expansion costs will result from shared trenches for distribution 
lines, and the economic trade-offs between gas, electricity, and district heating can be made 
in a manner that serves societal least cost objectives. 
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The sum total of these policies will dynamize the gas industry, while also making sure that 
the current undersupply of gas does not turn into an oversupply of gas on account of a lack 
of demand-side efficiency improvements. 

Finally, an agreement for gas supplies from the Middle East represents an opportunity for 
making the OPEC nations part of the solution of the global warming problem. By opening 
for these nations a new source of revenue from currently underutilized resources, these 
nations might be less hostile to the limits on global oil consumption that a climate 
stabilization strategy requires (see Volume One, Chapter 1.4). An international agreement 
to this effect would ensure economic continuity in the major energy producer countries for 
a sufficient period to achieve a global transition to renewables-based energy systems. It 
could provide a significant reduction in economic risks and uncertainties for all parties 
concerned. 
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APPENDIX A.10.6 

FOSSIL CENTRAL STATION 
TECHNOLOGIES 

A. OVERVIEW 

Opportunities for reducing carbon emissions from conventional, fossil-based central station 
power plants can be categorized as follows: 

— Fuel switching in existing power plants 

— Fuel switching in marginal and replacement power plants 

— Use of more efficient new central station technologies 

— Retrofitting (repowering) existing central stations 

— Combined application of more efficient technologies and fuel switching. 
New fossil power plants of the conventional steam turbine type are somewhat more 
efficient than existing units. Greater gains can be obtained with other commercial and near-
commercial central station technologies. A new type of power plant that has already 
achieved some market share is the combined cycle plant using conventional, and more 
recently, advanced industrial gas turbines. More advanced fossil-based technologies 
include the advanced combined cycle plant with reheat combustors, and for cogeneration or 
cycling loads, the steam injection gas turbines based on industrial or aircraft turbine 
technology (STIG), both of which are also on the market. 

A near-commercial baseload technology similar to advanced combined cycles is the 
aeroderivative intercooled steam injection gas turbine with reheat combustors (IRSTTG), 
which can be combined with chemical recuperation of waste heat (IRCRGT). Both 
combined cycles and aeroderivatives could principally be fired with natural gas or 
integrated with coal gasification technology, but the range of efficiencies achievable with 
coal is more limited and the CRGT cycle is applicable to natural gas fired plants only. 

This appendix reviews the performance and delivered electricity costs for combined cycles, 
conventional coal steam units, advanced coal plants, advanced combined cycles and 
aeroderivative baseload plants, and combustion turbine peaking plants. 
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B. TECHNOLOGY DESCRIPTIONS 

1. Conventional steam plants 

In their most advanced versions, new steam plants are about 10 percent more efficient than 
existing plants in Western Europe (WEC 1988). Best new coal-fired plants achieve a 39.5 
percent net electrical efficiency.1 By comparison, best new gas-fired steam turbines reach 
a 42 percent net efficiency. 

In our busbar cost analysis, we use cost data for coal plants with a currently more typical 
38 percent net electrical efficiency, which is about 5 percent better than the existing stock of 
coal-fired power plants in Western Europe.2 In the FRG, conventional steam plants are 
also built as mine-mouth plants fired with lignite. Typical new lignite-fired coal plants 
achieve 36 percent efficiency. 

2. Combined cycle power plants 

In a combined cycle plant, a heavy duty industrial gas turbine is integrated with a 
conventional steam plant. The exhaust gases of the industrial gas turbine generate steam 
which is fed into the steam turbine. A distinction is commonly made between conventional 
and advanced combined cycle plants (CCC and ACC). The latter use more advanced 
industrial gas turbines in which the turbine inlet temperature is increased to about 1200° K 
or more. All four major producers of big frame ACCs (ABB, General Electric, Siemens, 
and Westinghouse) offer units in the 200-300 MW size range that achieve first-law 
efficiencies of 52-55 percent (lower heating value).3 This high efficiency is achieved 
despite the relatively low efficiency (33-34 percent) of the industrial gas turbine itself. One 
manufacturer has recently unveiled a unit with an efficiency of 58 percent (see below). For 
our analysis of conventional baseload plants, we use an efficiency of 55 percent for gas-
fired ACCs. 

ACC plants can also be fired with coal using a pressurized fluidized bed combustor 
(PFBC), at a slight gain in efficiency over CCC plants. While simpler than an integrated 
coal gasification conventional combined cycle plant (IGCCC), the PFBC technology has 
disadvantages in the area of emission clean-up, which limits the turbine inlet temperature to 
substantially less than the capability of the gas turbine, and hence reduces efficiency 
(Williams and Larson 1988, Peters 1988). 

1 All efficiencies and heat rates are based on the fuel's lower beating value (LHV). 

2 Based on Jensch (1988), the average efficiency of FRG power plants in the mid-1980s was 36% for hard 
coal plants, 34% for lignite plants, 37% for oil-fired plants, and 37.5% for gas-fired plants. 

3 A Dutch cogeneration CC plant in Utrecht achieved a record 52 percent efficiency during acceptance test 
measurements in 1990. 
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3. Combined cycle retrofits of existing coal plants 

Existing steam turbine plants can be retrofitted (repowered) with gas- or oil-fired gas 
turbines to increase power output and efficiency while reducing carbon dioxide emissions 
perkWh. 

In the FRG, a partial repowering approach has been developed in which the gas turbine 
exhaust gases are used to improve the combustion thermodynamics of the coal that fires the 
existing steam turbine boiler. A demonstration at Werne, FRG showed an efficiency gain 
of about 10 percent and a boost in power output of about 17 percent. The fuel mix for the 
plant ended up being 18 percent gas and 82 percent coal. As a result of the efficiency 
gains, carbon emissions were reduced by 16 percent (Kolb et al. 1989). 

In the US and elsewhere, complete repowering of older existing coal plants is being 
undertaken, in which only the steam turbine of the coal plant is recycled and both a new gas 
turbine and a new steam generator are retrofitted. This same approach can also be used to 
make gas-fired plants out of nuclear plants that have been denied operating licenses or 
would be uneconomical to complete and commission.4 Depending on the quality of the 
existing steam turbine and the type of gas turbine used, the efficiencies achieved in these 
retrofits can be expected to be around 40 percent or greater. 

4. Advanced coal-fired plants 

An important technology for conventional energy strategies is the combination of CC 
technology with coal gasification technology. A number of demonstration plants have 
been built. IGCCC plants using an oxygen-blown Texaco gasifier and scrubbers to 
remove sulfur (cold gas clean-up) have been successfully demonstrated and could achieve a 
first-law efficiency of about 38 percent (Williams and Larson 1988) to 42 percent (Kolb et 
al. 1989). Improved designs using hot gas clean-up and Lurgi air-blown or other types of 
gasifiers are estimated to reach 43-45 percent efficiencies, but have not yet been 
demonstrated. If successful, these concepts could be ready for commercial introduction by 
the turn of the century (Peters 1988). 

A second route for improving coal plants is the use of pressurized fluidized bed combustors 
(PFBCs). If the development of IGACC and PFBC technologies is successful, a so-called 
hybrid combined cycle could possibly achieve efficiencies of as much as 48 percent. In 
this cycle, the cooler flue gases from the PFBC unit would be mixed with burnt gasifier gas 
to create higher turbine inlet temperatures (Kolb et al. 1989). 

Coal gasification could also be used with advanced aeroderivative IRSTIG technology (see 
below). The predicted efficiency would be 44 percent, and capital costs are expected to be 
lower than those for IGACC plants (Williams and Larson 1988). 

An important advantage of both IGACC and PFBC coal plants is that they allow the use of 
a greater variety of coals, including low-grade coals that could be obtained at a lower price. 
This fuel flexibility benefit (see also Appendix A. 10.5) is incorporated into our cost 
calculations in Section D below. 

4 A well-known example is the conversion of a nuclear plant owned by Consumers Power Co. into a gas-
fired cogeneration facility in the state of Michigan. 
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5. Advanced gas turbine plants 

Though the first gas turbines used for power generation in 1949 were jet engines, 
subsequent technological developments led to two distinct technology lines: so-called 
industrial gas turbines for stationary power production, and aircraft engines. The industrial 
turbines were based on bulkier, more durable designs, and have seen a slow pace of 
technological improvement. 

Fuel to electric efficiency in industrial-turbine-based ("big frame") power plants has been 
raised by a variety of gradual improvements, but most importandy by combining the gas 
turbine with either steam injection (STTG) from a heat recovery steam generator, or by 
adding a steam turbine (combined cycle). In steam injected gas turbines (STTGs), hot 
exhaust gases are used to raise steam in a heat recovery steam generator, which is then fed 
back into the combustor, where it is raised to the turbine inlet temperature and then 
expanded in the turbine.5 

Combined cycle developments 

The overall efficiency of a typical currently commercial combined cycle plant based on 
industrial gas turbines ("big frame" plants) is about 48 percent for plants of 50-60 MW and 
reaches 52-55 percent in the several hundred MW utility baseload units. Existing 
commercial combined cycle powerplants can be further improved, notably by introducing 
reheat combustors between the gas turbine and steam turbine. This approach is now being 
followed by all the major turbine manufacturers (ABB, General Electric, Siemens, 
Westinghouse). It promises energy efficiencies in excess of 55 percent (LHV). 

Indeed, as of 1994 one turbine manufacturer, ABB, is offering a combined cycle with 
reheat that is reported to achieve a LHV efficiency of 58 percent. Because the turbine inlet 
temperature could be raised somewhat above present levels in this design, still higher 
efficiency levels are possible. 

Aircraft engine developments 

Aircraft engines benefited from about $10 billion of post-World War II defense-related 
R&D expenditures in the U.S. alone, which spilled over into commercial aircraft. This 
accelerated technology development led to much higher turbine inlet temperatures and 
compression ratios in aircraft engines than in industrial gas turbines. 

Recent research conducted by the California Gas Turbine group (with the participation of a 
number of U.S. and European utilities, the regulatory commissions of California, and the 
Electric Power Research Institute) identified the efficiency potential of various simple cycle 
applications of aeroderivative engines. Three major aircraft engine manufacturers 
participated in this effort: GE, Pratt, and Rolls Royce. These manufacturers project simple 
cycle gas turbines with efficiencies in the neighborhood of 45 percent (LHV) at a scale of 
100 MW, and at a cost comparable to conventional peaking plants that use industrial gas 
turbines and achieve efficiencies of only 26-30 percent. A further refinement of the simple 

5 The following summary draws on detailed analyses by Williams and Larson (1988). 

A. 10.6.4 



cycle, the humid air turbine (HAT) favored by Pratt, promises efficiencies in excess of 50 
percent. 

Steam injection cycle 

Aeroderivative turbines are particularly well suited for steam injection cycles, which 
promise much higher efficiencies than simple cycles. Steam injection cycles work best 
with gas turbines that can accommodate mass flows considerably in excess of their nominal 
ratings. This characteristic is found in jet engines, which are designed for significant 
power boosts during aircraft take-off. They also bring with them the rapid innovation and 
high performance characteristics of modem jet engines. 

Currently commercial STIG plants already offer substantial efficiency advantages over 
simple cycle gas turbines. The largest currently available aeroderivative turbines are 33-51 
MW units. At about 44 percent efficiency. General Electric's conventional LM-5000 STIG 
units already achieve the anticipated efficiencies of the advanced simple cycle plants, but are 
about 4-5 percentage points less efficient than currently commercial ACC technology of 
similar scale. 

Fortunately, aircraft engines have two additional features that make them uniquely suited 
for application in very high efficiency, low cost STIG cycles. The separate development 
path of aircraft engines has led to two distinct features of these engines — two-step 
compression and free power turbines — that are not found in industrial gas turbines. 

First, in the gas generator the two-stage compressor design of aircraft engines facilitates the 
cooling of the compressed air before it enters the high compression stage, which reduces 
compressor energy requirements (intercooled design). This technique allows an increase in 
the turbine inlet temperature, which would raise efficiencies to 52-54 percent on the basis 
of presently commercially available aircraft engines. 

Second, the physical separation of the power turbine from the gas turbine generator greatly 
facilitates the reheating of the fluid before it enters the power turbine. Since the inlet 
temperature at the power turbine determines power output, power output can be greatly 
increased (and capital costs reduced) by inserting a reheat combustor before the power 
turbine (reheat design). Anticipated further improvements in aircraft engines, and the 
application of intercooling and reheat modifications (IRSTIG) promise power plant 
efficiencies of more than 55 percent, fully matching those of combined cycles, but at lower 
unit cost. 

Chemical recuperation 

The IRSTIG cycle based on aeroderivative turbines remains an attractive alternative to the 
combined cycle not only because it promises lower capital costs, but also because it allows 
the realization of ultra-low NOx emissions, and promises still further efficiency gains. This 
further efficiency gain is possible by using chemical recuperation in recapturing thermal 
losses from the exhaust stack. 

In a STIG plant, almost all the remaining thermal losses occur through the stack, while in 
the case of the combined cycle, about half of the losses each are found in the stack and in 
the condensing water. In either case, the dominant loss mechanism is the latent heat of 
water (Janes 1990). If this latent heat can be effectively captured, further efficiency 
improvements could be obtained. 
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Such further reduction of thermal losses can be achieved in a chemical recuperation gas 
turbine cycle (CRGT). Like the IRSTIG technology, CRGT relies on already well-proven 
component technologies, in this case chemical industry technology. As with the STIG, the 
gas turbine is fitted with a heat recovery unit which is used instead as a chemical steam 
reformer rather than just for steam raising. Steam is blended with natural gas and passed 
through the superheater tubes of this heat recovery steam reformer (HRSR). Using a 
catalyst, a hydrogen-rich, low Btu gas is produced. This reformate then fuels the gas 
turbine and the reheat combustor. In effect, exhaust heat from the gas turbine is chemically 
recuperated and recycled. 

This chemical recuperation of exhaust heat is more efficient than than the steam 
recuperation of combined cycles or simple steam injection plants, which cannot capture the 
latent heat of condensation. It gives nearly a one-for-one conversion of energy from 
exhaust gas heat into increased fuel energy. A CRGT with reheat (IRCRGT) could achieve 
an efficiency of more than 60 percent. In addition, ultra-low NOx-emissions (1-3 ppm as 
compared to 25 ppm for combined cycles) are achieved due to the more favorable 
combustion characteristics of the low Btu reformer gas (Janes 1990,1992). 

Advantages of aeroderivative IRSTIG and IRCRGT technology 

IRSTIG and especially IRCRGT technology offers a number of potential advantages over 
CC technology, including (Williams and Larson 1988, Janes 1992): 

— simpler design (no steam turbine, cooling tower, or condenser); 

— less expensive pollution controls than for CCs in the case of ISTIGs or 
IRSTIGs, and ultra-low NOx-levels in the case of CRGTs; 

— greater capacity planning flexibility due to smaller unit size (110-160 
MW as compared to 200-600 MW, see Appendix A. 10.4); 

— improved reliability, ease of maintenance through aircraft engine lease-
pool arrangements, and in the case of CRGTs, which eliminate high 
pressure steam drums, fully automated operation; 

— economies of mass production and continuing improvements with 
advances in jet engine technology. 

We assume for the purposes of this analysis that advanced gas-fired powerplants such as 
those based on IRCRGT technology will have a 60 percent first-law efficiency and the 
same equivalent availability as gas-fired ACC plants (90.5 percent). Due to the simplicity 
and speed with which aircraft engines can be exchanged, the equivalent availability of 
ISTIG units could be as high as 95 percent. Our performance assumptions are thus 
conservative both with respect to maximum attainable efficiencies and availabilities. 
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C. CARBON AND CLASSICAL AIR POLLUTANT EMISSIONS 

The 1985 production of electricity from fossil-based central stations and other sources in 
the EC-5 countries is shown in Tables A. 10.6.1a and A.10.6.1b along with the total 
carbon emissions and average carbon burdens for the electricity sectors of these countries.6 

1. Reductions in carbon emissions 

The fuel efficiencies and carbon burdens for the various gas- and coal-fired technologies 
are compiled in Table A.10.6.2.7 The table shows efficiencies for both existing and new 
plants. Emission burdens include a correction for transmission and distribution losses of 
six percent As a reference point, we use an existing hard coal plant, which has a delivered 
carbon burden of 280 g/kWh at a 36 percent efficiency. Relative to it, existing lignite 
plants are 26 percent more carbon intensive, while existing gas-fired steam turbines are 43 
percent less carbon intensive. 

Among new coal-fired plants, coal gasification plants based on ACC or ISTIG technology 
offer the greatest carbon savings. Relative to existing plants, these technologies could 
potentially achieve a 20 percent reduction in carbon emissions. 

Much larger carbon savings can be obtained by using gas-fired plants. With advanced 
combined cycle or IRCRGT plants, a reduction of 61-64 percent is feasible, and this at 
significantly smaller unit size than that of conventional central stations.8 

Retrofitting of existing coal plants with gas turbines along the lines of the Werne project in 
the FRG would reduce carbon emissions by about 16 percent. Complete conversion of 
existing coal plants into gas-fired combined cycle plants would result in carbon savings 
only slightly lower than those obtained with new CCC or ACC plants. 

6 Unlike the summary tables on status quo carbon emissions in Chapter II.7, the emissions shown in 
Table A. 10.6.lb include indirect emissions (see also below). 

7 The carbon burdens are calculated per unit of electricity delivered to die end-user, i.e. including 6 percent 
transmission and distribution losses. 

8 The figures for gas-fired plants shown in Table A.10.6.2 assume gas to be the only fuel during the entire 
year, based on firm gas delivery contracts. Depending on the relative evolution of the powerplant and 
heating markets for gas, some amount of oil-firing may be implemented during the mid-winter period to 
obtain lower non-firm gas contracts. Such arrangements can be expected to increase carbon emissions from 
gas plants by 8-15 percent (see Krause et al. (1992) for details). 
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Table A.10.6.la: Primary electricity consumption by fuel and country 1985 

Hard coal 
Lignite coal 
Oil 
Natural gas 
Nuclear power 
Hydroelectric 
Total 

Hard coal 
Lignite coal 
Oil 
Natural gas 
Nuclear power 
Hydroelectric 

Total 

Hard coal 
Lignite coal 
Oil 
Natural gas 
Nuclear power 
Hydroelectric 
Total 

Millions of tons of oil equivalent (MTOE) 
France West Germany Italy Netherlands 

9.89 51.93 6.23 3.70 
0.71 3.59 0.78 0.00 
1.60 2.27 16.18 0.64 
0.54 5.80 5.14 8.26 
50.06 28.13 1.57 0.87 
14.36 3.93 10.56 0.00 
77.16 95.65 40.46 13.47 

Index by country's consumption 
France West Germany Italy Netherlands 
12.8% 54.3% 15.4% 27.5% 
0.9% 3.8% 1.9% 0.0% 
2.1% 2.4% 40.0% 4.8% 
0.7% 6.1% 12.7% 61.3% 
64.9% 29.4% 3.9% 6.5% 
18.6% 4.1% 26.1% 0.0% 
100% 100% 100% 100% 

Index by EC-5 total consumption 
France West Germany Italy Netherlands 

8.7% 45.6% 5.5% 3.2% 
14.0% 70.7% 15.3% 0.0% 
5.0% 7.1% 50.9% 2.0% 
2.6% 28.3% 25.0% 40.3% 

53.1% 29.8% 1.7% 0.9% 
47.3% 12.9% 34.7% 0.0% 
26.1% 32.3% 13.7% 4.6% 

U.K. 
42.22 
0.00 
11.08 
0.78 
13.65 
1.54 

69.27 

U.K. 

60.9% 
0.0% 
16.0% 
1.1% 
19.7% 
2.2% 
100% 

U.K. 
37.0% 
0.0% 
34.9% 
3.8% 
14.5% 
5.1% 
23.4% 

EC-5 
113.97 
5.08 
31.77 
20.52 
94.28 
30.39 

296.01 

EC-5 
38.5% 
1.7% 

10.7% 
6.9% 
31.9% 
10.3% 
100% 

EC-5 
100% 
100% 
100% 
100% 
100% 
100% 
100% 

(1) Source: IEA 1987 

A.10.6.8 



Table A.10.6.1b: Carbon burden of electricity production by fuel and country 1985 

Coal 
Oil 
Natural gas 
Nuclearpower 
Total 

Final electricity, TWh 
Ave C burden, g C/kWh 
Index 

Coal 
Oil 
Natural gas 
Nuclearpower 
Total 

Coal 
Oil 
Natural gas 
Nuclearpower 
Total 

Carbon emissions from power generation (million t C) 
France West Germany Italy Netherlands U.K 

11.51 60.21 7.92 4.68 47.35 
1.23 1.58 16.26 0.59 10.27 
0.28 3.04 3.50 5.60 0.30 
3.23 1.81 0.10 0.06 0.88 
16.25 66.65 27.77 10.93 58.81 

Carbon burdens of delivered electricity (g C/kWh) 
France West Germany Italy Netherlands U.K. 

249 350 174 61 243 
65.2 190.6 159.8 177.8 242.4 
0.39 1.14 0.95 1.06 1.45 

Index by country's total power sector emissions 
France West Germany Italy Netherlands U.K. 
70.8% 90.3% 28.5% 42.8% 80.5% 
7.6% 2.4% 58.5% 5.4% 17.5% 
1.7% 4.6% 12.6% 51.3% 0.5% 
19.9% 2.7% 0.4% 0.5% 1.5% 

100.0% 100% 100% 100% 100% 

Index by EC-5 total power sector emissions 
France West Germany Italy Netherlands U.K. 

8.7% 45.7% 6.0% 3.6% 36.0% 
4.1% 5.3% 54.3% 2.0% 34.3% 
2.2% 23.9% 27.5% 44.0% 2.3% 

53.1% 29.8% 1.7% 0.9% 14.5% 
9.0% 36.9% 15.4% 6.1% 32.6% 

EC-5 
131.66 
29.93 
12.73 
6.08 

180.40 

EC-5 
1076 
167.6 
1.00 

EC-5 
73.0% 
16.6% 
7.1% 
3.4% 
100% 

EC-5 
100% 
100% 
100% 
100% 
100% 

(1) Emissions include indirect emissions. Emission factors based on GEMIS (Fritsche et al., 1989). 
(2) For coal, GEMIS emission factors for hard coal and lignite were weighted 90:10. 
(3) Data on primary energy inputs and total electricity production from IEA (1987). 
(4) GEMIS data for nuclear fuel cycle emissions based on approximate 1990 FRG mix of power sector primary fuels. 
(5) Emissions include cogeneration credits to the power sector. 
(6) Central station heat rates: coal 2.79 kWh.f/kWh.e, oil 2.70, gas 2.81, nuclear 3.13. 
Coal heat rate assumes 90% bituminous. 10% lignite. Gas heat rate assumes 85% of gas is burned in baseload plants. 
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Table A.10.6.2: Heat rates and carbon emissions for fossil central station technolog 

Technology 

Existing plants 
Conventional steam turbine (ST) 
Conv. ST 
Conv. ST 
Conv. ST 

New plants 
Conv. ST best 
Conv. ST best 

VDEWConv.ST 
IGCCC 
ACC with PFBC 
IGACC w. hot gas clean-up 

best prediction 
IGISTIG w. hot gas clean-up 

Conv. ST best 
ACC 
STIG 

IRSTIG/IRCRGT 
ACC 
Combustion turbine 

Fuel 

lignite 
coal 
oil 
gas 

Lignite 
coal 
coal 
coal 
coal 
coal 
coal 
coal 

gas 
gas 
gas 
gas 

#2 oil 
gas 

Size 
MWe 

2x500 
2x500 
700 
500 
390 
500 
500 

no 

2x500 
210 

4x51 
114 
210 
80 

Net efficiency 
LHV 

34% 
36% 
37% 

37.5% 

36.0% 
39.5% 
37.7% 
38% 
42% 

40.7% 
45% 
44% 

42% 
55% 
44% 
60% 
55% 

25.8% 

Heat Rate 
kWh.f/kWh.e 

2.94 
2.78 
2.70 
2.67 

2.78 
2.53 
2.65 
2.63 
2.41 
2.46 
2.22 
2.27 

2.38 
1.82 
2.27 
1.67 
1.82 
3.87 

ies 

Index 

106% 
100% 

97% 
96% 

100% 
91% 
95% 
95% 
87% 
88% 
80% 
82% 

94% 
72% 
90% 
66% 
72% 
153% 

C burden 
gC/kWh.e 

353 
280 
237 
161 

333 
256 
268 
266 
243 
248 
224 
229 

144 

no 
137 
101 
151 
234 

Index 

126% 
100% 

85% 
57% 

119% 
91% 
95% 
95% 
87% 
88% 
80% 
82% 

51% 
39% 
49% 
36% 
54% 
83% 

(1) Carbon data include indirect emissions. See Chapter 11.7 and Appendix A. 10.4 for more details. 
(2) Efficiency data for existing plants based on Jensch (1988). 
(3) Efficiency data for best new conventional steam plants from WEC (1988). 
(4) Efficiencies for STIG and ISTIG plants from Williams and Larson (1988). 
(5) Efficiency data for IGCC plants from Williams and Larson (1988), Peters (1988), Kolb et al. (1989). 
(6) Gas ACC efficiency is typical for power plants of all major manufacturers. IRSTIG and IRCRGT efficiencies 
are based on Janes 1990 and Janes 1992. 
(7) CCC = conventional combined-cycle, ACC = advanced combined-cycle, IGACC = integrated gasification advanced 
combined-cycle, PFBC = pressurized fluidized bed combustor, STIG = steam injected gas turbine, 
ISTIG = intercooled steam injection gas turbine, IRSTIG = ISTIG with reheat combustors, 
IRCRGT=IRSTIG with chemical recuperation. 
(8) C burden includes 6% T&D losses, but heat rate does not. 
(9) Utility coal assumed to be a mix of 90% hard coal and 10% lignite, except where specified as 100% lignite. 
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2. Reference levels for classical air pollutant emissions 

Emission standards in Western Europe for classical air pollutants like sulfur dioxide, 
nitrogen oxides, and particulates vary significantly from country to country. Among the 
most stringent regulations are those promulgated in the FRG during the 1980s (TA Luft, 
GFAVO, and supplementary decisions of the state environment ministers). These 
regulations contain a dynamic adjustment clause that can be used to adjust the interpretation 
of specified technical requirements to technological progress in pollution control. FRG 
minimum control requirements as specified when the regulations were established are now 
routinely being surpassed in recendy built conventional power plants. 

We use the GEMIS data base (Fritsche et al. 1989) for our analysis of classical air pollution 
impacts. GEMIS develops emission factors for three levels of pollution control: 
standards, typical, and best. We assume that over the next ten to twenty years, all new 
fossil-fired power stations in the EEC will be required to meet levels of pollution control 
corresponding to best currently available technology. Table A. 10.6.3 shows the 
corresponding emission factors (mass of pollutant per unit of fuel input to the power plant). 

NOx control 

Gas-fired plants have inherently low emissions of sulfur dioxide and particulates, and coal 
plants can remove most (90-95) percent of sulfur dioxide emissions with flue gas 
desulfuration (FGD) technology that is now standard equipment. The main issue is NOx 
control. Fritsche et al. (1989) review the emission control technologies that would be 
required to meet FRG NOx standards. 

Conventional steam turbines. With conventional steam turbines (ST), the GFAVO 
standards for coal-fired plants (200 mg/m^) can only be obtained with selective catalytic 
reduction (SCR), while standards for gas-fired steam plants (100 mg/m3) can be achieved 
without recourse to SCR. Exhaust gas recirculation and low-NOx burners are sufficient. 

Combustion turbines. For gas-fired combustion turbines (CT), the regulations allow 
emission levels that are about three times higher than those for gas-fired steam turbines. 
Steam injection and pre-mixing can reduce CT emissions to the 100 mg/m^ level. When 
combined with SCR, a level of 25 mg/m^ can be achieved. Manufacturers are now 
working on turbine designs that would realize emission levels of that order of magnitude 
without SCR. 

Combined cycle, STIG, and IRSTIG and CRGT turbines. Table A. 10.6.3 also shows 
data for the ACC, ISTIG, and IGACC technologies, based on a comparative analyses by 
Larson and Williams (1988). NOx emissions in STIG cycle plants can be reduced to the 
25 mg/m3 level without efficiency loss by injection of steam into the primary combustion 
chamber. Only if very low air emission standards are to be realized with STIG technology 
could SCR be needed.9 

9 One of the strictest air quality regulations in the world is being applied in the Los Angeles air basin, 
where NOx emissions are being limited to 25 ppm, and a limit of 9 ppm is being proposed under a new 
clean-up plan. STIG power plants have been licensed without SCR under the current 25 ppm limit, but 
would require SCR to meet the proposed new limit 
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Table A.10.6 J: Emission standards and control technologies for 

Source/emission 

ST central station 
S02 
S02 
NOx 
NOx 

Particulates 
Particulates 

ST central station 
S02 
NOx 

Particulates 

Gas turbines (GT, CC, ISTIG) 
S02 
NOx 
NOx 

Particulates 

Fuel 

Hard coal 
Conv. 

IGACC 
Conv. 

IGACC 
Conv. 

IGACC 

Oil 

Gas 

new fossil centra] stations 

FRG New Source standards 

Capacity 

>300 

>300MW 

>100MW 

Maximum 
emissions 
mg/nm3 

400 
400 
200 
200 
50 
50 

400 
450 
50 

35 
300 

5 

Oxyg. 
/Vol 

6% 

3% 

15% 

Emission 
factor 

kg/TJin 

140 
140 
70 
70 
18 
18 

115 
129 
14 

29 
250 

4 

New installations 
Typical 

Emission 
factor 

kg/TJin 

71 
n.a. 
64 
n.a. 
9 

75 
58 
0.5 

0.3 
83 

4 

New installations 
Best current technology 

Emission 
Approach factor 

kg/TJin 

scrubbers >95% 35 
scrubbers 95% 35 

SCR 35 
IGACC/scrubber 26 
filters/scrubbers 2 
IGACC/scrubber 0.4 

Low sulfur oil 75 
Low NOx bumVSCR 29 

0.1 

none 0.3 

ISTIG or CC/SCR 15 
IRCRGT 0.6 

2 

(1) Data except for STIG and ACC best technologies from GEMIS (Fritsche et al. 1989). 
(2) New source performance standards based on FRG GFAVO. 
(3) Data on advanced turbines from Williams and Larson (1988) and Janes (1990,1992). No catalytic converter 
required for NOx control in case of STIGs. ACC can reach best performance with steam injection plus catalytic converter. 
(4) IGACC data based on measured results of US Cool Water plant. 



For the ACC plant, only a limited amount of steam injection is feasible without significandy 
reducing efficiency. Selective catalytic reduction would therefore be applied to achieve 
emissions of 25 mg/m3 or less. 

The already impressive NOx control of these technologies would be surpassed by the 
chemically recuperated gas turbine (CRGT), which would reduce emission levels by 
another order of magnitude, to the neighborhood of 1 to 3 ppm, and again without SCR 
(Janes 1992). This technology would be particularly attractive in large metropolitan areas 
with significant photochemical smog problems, and is now being examined by energy 
commissions in California and elsewhere (CaEC 1989). 

Coal gasification CC plants. In the case of IGACC technology, a similar degree of NOx 
clean-up could principally be achieved as with the gas-fired plants. However, when using 
the more fuel-efficient hot gas clean-up process for sulfur dioxide, NOx control is 
technically more demanding than with the already demonstrated, but less efficient wet gas 
clean-up (scrubbers). Emissions of sulfur dioxides and particulates, on the other hand, are 
easily an order of magnitude lower than GFAVO limits. 

Emission factors in terms of g/kWh are given in Tables A. 10.6.4 and A. 10.6.5. In Table 
A. 10.6.4, we show the indirect emissions per unit of fuel input, and Table A. 10.6.5 gives 
total emission factors per kWh of electricity, based on GEMIS and Table A. 10.6.3. 

D. COST AND PERFORMANCE PARAMETERS 

1. Sensitivity cases 

The cost and performance parameters of key currently commercial and advanced coal- and 
gas-fired technologies are summarized in Tables A.10.6.6-A.10.6.10. Power generation 
costs for both low and high fuel prices are shown (for discussion of these prices, see 
Appendix A. 10.4 and A. 10.5). 

For the coal-fired technologies, we show how capital costs and efficiency differences 
influence delivered power costs. Conventional pulverized coal units are compared with 
IGACC units, which can also be seen as a proxy for other advanced coal technologies such 
as PFBC plants. Levelized fuel prices are based on imported coal. 

For gas-fired baseload technologies, we compare ACC, IRCRGT, and repowering 
projects. We also show the cost of power from these technologies when run as 
intermediate load plants with a 35 percent capacity factor. Gas prices are for firm contracts, 
consistent with our calculation of carbon emissions (Section C above) on the basis of gas 
firing only. For non-firm contracts, gas prices could be lower. 

Finally, we illustrate the influence of the discount rate. This is of interest insofar as the 
proportions of variable and capital costs are quite different between gas-fired and coal-fired 
technologies. 

In developing our high and low cost estimates, we make use of both European and U.S. 
sources. Inclusion of U.S. cost data brings greater exchange rate problems, but offers 
advantages of consistency in intertechnology comparisons for central stations. The 
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Table A.10.6.4: 

Pollutant 

C02 

NOx 

S02 

Particulates 

CH4 

Indirect Emissions from Utility Fuel Use 

Natural Gas 86 011 
g/kWh input g/kWh input 

2.85 6.28 

0.014 0.043 

0.0014 0.0612 

0.0004 0.0022 

0.367 0.367 

Coal 
g/kWh input 

2.85 

0.029 

0.0216 

0.0022 

1.63 

(1) Indirect emissions assume that the fuel cycle is rebuilt 
and that the new facilities meet current emissions standards. 

(2) Source: GEMIS (Fritsche etal. 1989) 
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Table A.10.6.5: Total i 

Technology 

Combustion Turbine 
STIG 
ACC 
IRCRGT 

ACC 

IGACC 
VDEW Steam Turbine 

ion-carbon emissions from new power plants by technology (g/kWh.e) 

Fuel 

Gas 
Gas 
Gas 
Gas 

Oil #6 

Coal 
Coal 

Heat rate w/losses 
kWhf/kWh.e 

4.10 
2.41 
1.93 
1.77 

1.93 

2.36 
2.81 

NOx 
g/kWh elect 

0.28 
0.04 
0.13 
0.03 

0.28 

0.29 
0.43 

502 
g/kWh elect 

0.010 
0.006 
0.005 
0.004 

0.638 

0.144 
0.415 

Particulates 
g/kWh elect 

0.0030 
0.0017 
0.0014 
0.0013 

0.0049 

0.0085 
0.0263 

CH4 
g/KWh elect 

0.38 
0.22 
0.18 
0.16 

0.71 

3.85 
4.60 

(1) This Table includes direct plus indirect emissions per delivered kWh of electricity. 
Emissions are calculated using the heat rates shown here (which include 6% T&D losses), 
and the emissions factors (g/kWh fuel) from GEMIS (Fritsche et al. 1989). 
(2) Sources: GEMIS (Fritsche et al. 1989), Williams and Larson 1988, Janes 1992. 
(3) STIG, IRCRGT, and ACC emissions assume 100% firing with gas. 
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Table A.10.6.6: Delivered costs of coal-fired central station technologies flow and high) 

PHYSICAL PARAMETERS 
Total Electric Capacity (MWe) 
Lifetime (Years) 
Construction Lead Time (Years) 
Capacity Factor 
Equivalent Unplanned Outage Rate 
Equivalent Availability 
ELCC(MW) 
Heat Rate (kWh heat in/kWh elect out) 
Efficiency 
FIXED COSTS 
Capital Recovery Factor 

Overnight Capital Cost (DM/kW) 
Additional NOx Control Cost (DM/kW) 
Net Capital Cost (DM/kW) 
Net Cap Cost Including Interest (DM/kW) 
Startup, Inventory, Land (DM/kW) 
Annualized Capital Cost (DM/kW/yr) 

Fixed O&M (DM/kW/yr) 

Capability Ratio 
Reserve Margin Cost (DM/kVt/yr) 

Total Fixed Costs (DWkWyr) 
Total Fixed Costs (Pf/kWh) 
VARIABLE COSTS 
Incremental O&M (Pf/kWh elect.) 
Add! O&M for NOx Control (Pf/kWh elect) 
Fuel Price (DM/kWh fuel) 
Fuel Cost (Pf/kWh elect.) 
Total Variable Costs (Pf/kWh) 

T&D Adjustment 
DELIVERED COST (PWcWh) 

Fixed @ avg. capacity factor 
Fixed @ max. capacity factor 

Variable 
Externality Cast 

Modularity credit ® avg. capacity factor 
Modularity credit @ max. capacity factor 

Fuel flexibility credit 
Total® avg. capacity factor 

Total w/mod. &fud credit 
Total w/mod. &fuel credit &. ext. 

Total @ max. capacity factor 
Total ® max. CF w/mod. &fuel credit 

Total ® max. w/mod. &. fuel credit & ext. 

VDEW(Low) 

700 
30 
6 

65% 
7.8% 
80.6% 
624 
2.65 

37.7% 

0.065 

1618 
ISO 
1768 
2005 
113 

137.8 

43.95 

1.122 
10.4 

192.1 
3.4 

0.82 
0.60 

0.0138 
3.7 
S.1 

1.06 

3.6 
2.9 
5.4 
0.9 
0.0 
0.0 
0.0 
9.0 
9.0 
9S 

83 
83 
93 

CT Capital Cost (DM/kW/yr) 64.92 
CT Capability Ratio 1.038 
Real Discount Rate 5% 
T&D Losses 6% 

VDEW(High) 

700 
30 
6 

65% 
7.8% 
80.6% 
624 
2.65 

37.7% 

0.065 

1618 
150 
1768 
2005 
113 

137.8 

43.95 

1.122 
10.4 

192.1 
3.4 

0.82 
0.60 

0.0191 
5.1 
6J 

1.06 

3.6 
2.9 
6.9 
0.9 
0.0 
0.0 
0.0 
10.4 
10.4 
11.4 

9.8 
9.8 
10.7 

m = 

IGACC (Low) 

500 
30 
6 

65% 
10.5% 
85.7% 
434 
2.22 

45.0% 

0.065 

2119 
ISO 

2269 
2572 
141 

176.5 

78.28 

1.152 
12.3 

267.1 
4.7 

0.52 
0.60 

0.0138 
3.1 
4.2 

1.06 

5.0 
3.8 
4.4 
0.8 
•0.1 
•0.1 
•0.7 
9.4 
8.7 
9J 

83 
7J 
8.3 

IGACC (High) 

500 
30 
6 

65% 
10.5% 
85.7% 
434 
2.22 

45.0% 

0.065 

2825 
150 

2975 
3372 
141 

228.6 

78.28 

1.152 
12.3 

319.2 
S.6 

0.52 
0.60 

0.0191 
4.2 

S.4 

1.06 

5.9 
4.5 
5.7 
0.8 
•0.1 
•0.1 
•0.9 
11.6 
10.6 
11.4 

10.2 
9.2 
10.0 

1000 MW 
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Table A.10.6.7: Delivered costs or gas-fired central station baseload technologies, low fuel prices 

PHYSICAL PARAMETERS 
Total Electric Capacity (MWe) 
Lifetime (Years) 
Construction Lead Time (Years) 
Capacity Factor 
Equivalent Unplanned Outage Rate 
Equivalent Availability 
ELCC(MW) 
Heat Rale (kWh heat in/kWh elect, out) 
Efficiency 
FIXED COSTS 
Capital Recovery Factor 

Overnight Capital Cost (DM/kW) 
Additional NOx Control Cost (DM/kW) 
Net Capital Cost (DM/kW) 

Net Cap Cost Including Interest (DM/kW) 
Startup, Inventory, Land (DM/kW) 
Annualized Capital Cost (DM/kW/yr) 

Fixed O&M (DM/kW/yr) 

Capability Ratio 
Reserve Margin Cost (DM/kW/yr) 

Total Fixed Costs (DM/kW/yr) 

Total Fixed Costs (Pf/kWh) 

VARIABLE COSTS 
Incremental O&M (Pf/kWh elect.) 

AM O&M for NOx Control (Pf/kWh elect) 

Fuel Price (DM/kWh fuel) 
Fuel Cost (Pf/kWh elect.) 

Total Variable Costs (Pf/kWh) 

T&D Adjustment 
DELIVERED COST (Pt/kWh) 

Fixed ® avg. capacity factor 

Fixed ® max. capacity factor 

Variable 

Externality Cost 

Modularity credit ® avg. capacity factor 

Modularity credit ® max. capacity factor 

Total ® avg. capacity factor 

Total w/mod. credit 

Total w/mod. credit & ext 

Total @ max. capacity factor 

Total ® max. CF w/mod. credit 

Total @ max. w/mod. credit & ext 

CT Capital Cost (DM/kW/yr) 
CT Capability Ratio 
Real Discount Rate 
T&D Losses 

Gas ACC 

210 
30 
4 

65% 
5.5% 

90.5% 
197 
1.82 

55.0% 

0.065 

954 
150 

1104 
1190 
61 

81.3 

7.47 

1.065 
6.7 

95.S 

1.7 

0.75 
0.60 

0.0267 
4.9 
6.2 

1.06 

1.8 

1.3 

6.6 

0.6 

•0.4 

-0.3 

8.4 

7.9 

8.S 

7.8 

7.S 

83 

64.92 
1.038 
5% 
6% 

IRCRGT 

114 
30 
3 

65% 
5.5% 

90.5% 
107 
1.67 

60.0% 

0.065 

814 
0 

814 
855 
103 
62.3 

7.47 

1.062 
6.5 

76.3 

U 

0.75 
0.00 

0.0267 
4.5 

S3 

1.06 

1.4 

1.0 

5.5 

0.4 

-0.5 

-0.4 

6.9 

6.4 

6.8 

63 

63 
6J 

m (in MW) = 

Repowering 

210 
30 
4 

65% 
5.5% 

90.5% 
197 
2.00 

50.0% 

0.065 

859 
150 
1009 
1087 

0 
70.7 

7.47 

1.065 
6.7 

84.9 

IS 

0.75 
0.60 

0.0267 
5.3 
6.7 

1.06 

1.6 

1.1 

7.1 

0.6 

•0.4 

•0.3 

8.7 

83 

8.9 

83 
7.9 

8S 

1000 
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Table A.10.6.8: Delivered costs of gas-fired central station baseload technologies, high fuel prices 

PHYSICAL PARAMETERS 
Total Electric Capacity (MWe) 
Lifetime (Years) 
Construction Lead Time (Years) 
Capacity Factor 
Equivalent Unplanned Outage Rate 
Equivalent Availability 
ELCC (MW) 
Heat Rate (kWh heat in/kWh elect, out) 
Efficiency 
FIXED COSTS 
Capita] Recovery Factor 

Overnight Capital Cost (DM/kW) 
Additional NOx Control Cost (DM/kW) 
Net Capital Cost (DM/kW) 

Net Cap Cost Including Interest (DM/kW) 
Startup, Inventory, Land (DM/kW) 
Annualized Capital Cost (DM/kW/yr) 

FixedO&M(DM/kW/yr) 

Capability Ratio 
Reserve Margin Cost (DM/kW/yr) 

Total Fixed Costs (DM/kW/yr) 
Total Fixed Costs (PfKWh) 
VARIABLE COSTS 
Incremental O&M (Pf/kWh elect.) 
AM O&M for NOx Control (Pf/kWh elect) 

Fuel Price (DM/kWh fuel) 
Fuel Cost (Pf/kWh elect.) 
Total Variable Costs (Pf/kWh) 

T&D Adjustment 
DELIVERED COST (PMtWh) 

Fixed @ avg. capacity factor 
Fixed ® max. capacity factor 

Variable 
Externality Cost 

Modularity credit @ avg. capacity factor 
Modularity credit ® max. capacity factor 

Total ® avg. capacity factor 
Total w/mod. credit 

Total w/mod. credit & ext 

Total ® max. capacity factor 
Total ® max. CF w/mod. credit 

Total ® max. w/mod. credit & ext 

CT Capital Cost (DM/kW/yr) 
CT Capability Ratio 
Real Discount Rate 
T&D Losses 

Gas ACC 

210 
30 
4 

65% 
5.5% 
90.5% 

197 
1.82 

55.0% 

0.065 

954 
150 
1104 
1190 
61 

81.3 

7.47 

1.065 
6.7 

9S.S 
1.7 

0.75 
0.60 

0.0427 
7.8 

9.1 

1.06 

1.8 
U 
9.7 
0.6 

•0.4 
•0.3 

11.4 
11.0 
11.6 

10.9 

10.6 
113 

64.92 
1.038 
5% 
6% 

IRCRGT 

114 
30 

3 
65% 
5.5% 
90.5% 

107 
1.67 

60.0% 

0.065 

814 
0 

814 
855 
103 
62.3 

7.47 

1.062 
6.5 

763 
13 

0.75 
0.00 

0.0427 
7.1 
7.9 

1.06 

1.4 
1.0 

8.3 
0.4 
•0.5 
•0.4 

9.8 
93 
9.6 

9.4 

9.0 
9.4 

m(inMW) = 

Repowering 

210 
30 
4 

65% 
5.5% 

90.5% 
197 
2.00 

50.0% 

0.065 

859 
150 
1009 
1087 

0 
70.7 

7.47 

1.065 
6.7 

84.9 

1.S 

0.75 
0.60 

0.0427 

8.5 
9.9 

1.06 

1.6 

1.1 
10.5 
0.6 

•0.4 
•0.3 

12.1 
11.6 
12.3 

11.6 

11.3 
11.9 

1000 
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Table A. 10.6.9: Delivered costs of peaking and intermediate-load 
low fuel price case 

PHYSICAL PARAMETERS 
Total Electric Capacity (MWe) 
Lifetime (Years) 
Construction Lead Time (Years) 
Capacity Factor 
Equivalent Unplanned Outage Rate 

Equivalent Availability 
ELCC (MW) 
Heat Rale (kWh heat in/kWh elect, out) 
Efficiency 

FIXED COSTS 
Capital Recovery Factor 

Overnight Capital Cost (DM/kW) 
Additional NOx Control Cost (DM/kW) 
Net Capital Cost (DM/kW) 
Net Cap Cost Including Interest (DM/kW) 
Startup, Inventory, Land (DM/kW) 
Annualized Capital Cost (DM/kW/yr) 

Fixed O&M (DM/kW/yr) 

Capability Ratio 
Reserve Margin Cost (DM/kW/yr) 

Total Fixed Costs (DM/kW/yr) 
Total Fixed Costs (Pf/k Wh) 

VARIABLE COSTS 
Incremental O&M (Pf/kWh elect.) 
AM O&M for NOx Control (PfikWh elect) 

Fuel Price (DM/kWh fuel) 
Fuel Cost (Pf/kWh elect.) 
Total Variable Costs (Pf/kWh) 

T&D Adjustment 

DELIVERED COST (PMcWh) 
Fixed ® avg. capacity factor 
Fixed @ max. capacity factor 

Variable 

Externality Cost 
Modularity credit ® avg. capacity factor 
Modularity credit @ max. capacity factor 

Total ® avg, capacity factor 
Total w/mod. credit 

Total w/mod. credit & ext. 

Total ® max. capacity factor 
Total ® max. CF w/mod. credit 

Total @ max. w/mod. credit A ext 
CT Capital Cost (DM/kW/yr) 
CT Capability Ratio 
Real Discount Rate 
T&D Losses 

GasCT 

80 
30 
3 

7% 
3.5% 

92.4% 
77 

3.87 
25.8% 

0.065 

742 
150 
892 
938 
38 

63.5 

1.41 

1.038 

4.9 

69.8 
11.4 

0.87 
0.60 

0.0267 

10.3 
11.8 

1.06 

12.1 

0.9 
12.5 
0.5 
0.0 
0.0 

24.6 
24.6 

25.1 

13.4 
13.4 
13.9 
64.92 
1.038 
5% 
6% 

resources: 

VDEWcoal 

700 
30 
6 

34.7% 
7.8% 
80.6% 
624 
2.65 

37.7% 

0.065 

1618 
150 
1768 
2005 
113 

137.8 

43.95 

1.122 
10.4 

192.1 

6.3 

0.82 
0.60 

0.0138 
3.7 

5.1 

1.06 

6.7 

2.9 
5.4 

0.9 
0.0 

0.0 

12.1 
12.1 
13.0 

8.3 

8.3 
93 

m(inMW) = 

GasACC 

210 
30 
4 

34.7% 

5.5% 

90.5% 
197 

1.82 
55.0% 

0.065 

954 
150 

1104 
1190 
61 

81.3 

7.47 

1.065 
6.7 

9SJ 

3.1 

0.75 
0.60 

0.0267 

4.9 
6.2 

1.06 

3.3 
1.3 

6.6 
0.6 

-0.8 
•0.3 

9.9 
9.1 

9.7 

7.8 

7.5 
8.2 

1000 

Oil ACC 

210 
30 
4 

34.7% 

5.5% 
90.5% 

197 
1.82 

55.0% 

0.065 

954 

150 
1104 
1190 
61 

81.3 

7.47 

1.06S 
6.7 

9SJ 

3.1 

0.75 
0.60 

0.0266 

4.8 
6.2 

1.06 

3.3 
1.3 
6.6 

0.7 
-0.8 

•03 

9.9 

9.1 

9.8 

7.8 

7.5 
83 
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Table A.10.6.10: Delivered costs of peaking and intermediate-load 
high fuel price case 

PHYSICAL PARAMETERS 
Total Electric Capacity (MWe) 
Lifetime (Years) 
Construction Lead Time (Years) 
Capacity Factor 
Equivalent Unplanned Outage Rate 
Equivalent Availability 
ELCC(MW) 
Heat Rate (kWh heat in/kWh elect, out) 
Efficiency 
FDCED COSTS 
Capital Recovery Factor 

Overnight Capita] Cost (DM/kW) 
Additional NOx Control Cost (DM/kW) 
Net Capital Cost (DM/kW) 
Net Cap Cost Including Interest (DM/kW) 
Startup, Inventory. Land (DM/kW) 
Annualized Capital Cost (DM/kW/yr) 

Fixed O&M (DMAW/yr) 

Capability Ratio 
Reserve Margin Cost (DM/kW/yr) 

Total Fixed Costs (DM/kW/yr) 
Total Fixed Costs (Pflk Wh) 
VARIABLE COSTS 
Incremental O&M (PfikWh elect.) 
AM O&M for NOx Control (Pf/kWh elect) 
Fuel Price (DM/kWh fuel) 
Fuel Cost (PfikWh elect.) 
Total Variable Costs (PfikWh) 

T&D Adjustment 
DELIVERED COST (J-t/kWh) 

Fixed ® avg. capacity factor 
Fixed ® max. capacity factor 

Variable 
Externality Cost 

Modularity credit ® avg. capacity factor 
Modularity credit ® max. capacity factor 

Total ® avg. capacity factor 
Total w/mod. credit 

Total w/mod. credit & exL 

Total ® max. capacity factor 
Total ® max. CF w/mod. credit 

Total ® max. w/mod. credit & ext 
CT Capital Cost (DM/kW/yr) 
CT Capability Ratio 
Real Discount Rate 
T&D Losses 

GasCT 

80 
30 
3 

7% 
3.5% 
92.4% 

77 
3.87 

25.8% 

0.065 

742 
150 
892 
938 
38 

63.5 

1.41 

1.038 
4.9 

69.8 
11.4 

0.87 
0.60 

0.0427 
16.5 

18.0 

1.06 

12.1 
0.9 
19.1 

0.5 
0.0 
0.0 

31.1 
31.1 
31.6 

20.0 
20.0 
20.S 
64.92 
1.038 
5% 
6% 

resources: 

VDEWcoal 

700 
30 
6 

34.7% 
7.8% 
80.6% 
624 
2.65 

37.7% 

0.065 

1618 
150 

1768 
2005 
113 

137.8 

43.95 

1.122 
10.4 

192.1 
63 

0.82 
0.60 

0.0191 
5.1 
6.5 

1.06 

6.7 
2.9 
6.9 
0.9 
0.0 
0.0 

13.6 
13.6 
14.5 

9.8 
9.8 

10.7 
m(inMW) = 

Gas ACC 

210 
30 
4 

34.7% 
5.5% 

90.5% 
197 
1.82 

55.0% 

0.065 

954 
150 
1104 
1190 
61 

81.3 

7.47 

1.065 
6.7 

*5.5 
3.1 

0.75 
0.60 

0.0427 
7.8 
9.1 

1.06 

3.3 
1.3 
9.7 
0.6 
•0.8 
•03 

13.0 
123 
12.8 

10.9 
10.6 
113 

1000 

OilACC 

210 
30 
4 

34.7% 
5.5% 

90.5% 
197 
1.82 

55.0% 

0.065 

954 
150 

1104 
1190 
61 

81.3 

7.47 

1.065 
6.7 

9S3 
3.1 

0.75 
0.60 

0.0425 
7.7 
9.1 

1.06 

3.3 
1.3 
9.6 
0.7 
-0.8 
•03 

12.9 
123 
12.9 

10.9 
10.6 
113 
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Notes for Tables A.10.6.6-A.10.6.10. 

(1) Gas ACC = Advanced gas-fired combined cycle, CT = Combustion turbine. Costs from EPRI (1989). 
(2) Costs for IRCRGT assumed to be (he same as gas ISTIG plants as characterized 
by Williams and Larson (1988) and CaEC (1990). ISTIG = intercooled steam injection gas turbine, 
IRSTIG = ISTIG with reheat combustors, IRCRGT=IRSTIG with chemical recuperation. 
(3) Coal IGACC (High) = Integrated gasification advanced combined cycle, from EPRI (1989). Coal IGACC (Low) 
represents a capital cost reduction of 25% from the high cost case, and approximates the costs from Peters (1988). 
(4) 700 MW Coal Steam is a West German coal unit, from Friedrich et al. (1989), also known as VDEW. 
(5) Capability ratio calculated using method in Garver 1966 (see Appendix A.10.4). 
(6) Reserve margin cost is calculated as described in Appendix A.10.4. 
(7) Heat rate is LHV based at full power. No heat rate adjustment is made for part-load operation. 
(8) AU costs adjusted to 1989 DM using German inflation and an exchange rate of 2 DM/S. 
(9) For further details, see text. 
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database of the U.S. Electric Power Research Institute (EPRI 1989, 1986) is the most 
comprehensive available documentation of central station technology costs that relies on 
primary field data from utilities with diverging powerplant preferences and resource 
portfolios. It also makes use of explicit, uniform estimating guidelines. 

2. Coal-fired plants 

Conventional coal plants 

Our capital cost data for conventional steam turbine power plants are based on German 
utility data (Friedrich et al. 1989), which are in close agreement with data from other 
European sources. The figures in these utility sources reflect primary data, and are based 
on commissioning plants around 1990. We show cost estimates for a large 700 MW 
bituminous coal plant as currently built in the FRG, i.e. with wet gas desulfurization. We 
add a separate cost increment for improved NOx control. As discussed in Appendix 
A.10.4, real capital cost escalation is assumed to be zero. According to FRG utility data, a 
conventional 700 MW coal-fired plant would then cost about DM 1620/kW in 1989 prices 
(Friedrich et al. 1989). 

It is important to note here that a significantly higher figure has been used in official French 
cost comparisons of nuclear and fossil powerplants. For example, DIGEC (1986) reports 
a construction cost (including overhead) of 5350 FF86/kW (equivalent to about DM 
1780/kW in 1989 prices) for plants commissioned in the year 1995. This figure would 
seem to appear not too different from the German data. However, this figure does not 
include wet gas desulphurization, for which the study estimates an additional capital cost of 
1180 FF86/kW. When this charge for pollution control is included, the French cost 
assumption rises to close to 2200 DM89/kW — a third higher than the FRG data. 

Advanced coal plants 

Our advanced coal plant figures are taken from both U.S. and European sources. For the 
IGACC plants (gasification plant on-site), Williams and Larson (1988) quote a cost study 
by the General Electric Company that used EPRI estimating guidelines. For 500 MW 
plants, this study showed a cost of $1550/kW for oxygen-blown, cold gas clean-up plants, 
and $1160/kW for Lurgi gasifier, air-blown plants with hot gas clean-up. 

EPRI (1989) estimates costs of $1810/kW for a 200 MW unit, and $1400/kW for an 800 
MW unit of the oxygen-blown type. For comparison, a conventional 500 MW coal plant 
would cost $1225/kW, and an advanced supercritical 300 MW plant would cost $1420 
(including interest during consuuction). 

FRG estimates (Peters 1988) give overnight capital costs of DM 2300/kW for a 200 MW 
plant and DM 1700/kW for a 800 MW plant of the Lurgi type with hot gas clean-up (1987 
DM). 
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As a high capital cost assumption for the IGACC plant, we use $1400/kW as roughly 
representative of U.S. cost estimates.10 The low cost case is the high capital cost case 
reduced by 25%, and it roughly corresponds to the mean FRG cost estimates for IGACC 
(adjusted to 1989 prices). 

Operating and maintenance costs are taken from EPRI (1989) and Friedrich et al. (1989) 
for a conventional coal-fired power station, and from Williams and Larson (1988) for 
IGACC plants. The equivalent availabilities for conventional plants and IGCC plants are 
taken from EPRI (1989) and Friedrich et al. (1989). 

For SCR equipment, cost estimates are quite variable. The longer-term durability of many 
catalysts is still uncertain and/or dependent on fuel quality and operation. EPRI (1989) 
quotes $55-100/kW for large pulverized coal central stations, plus 0.3-0.6 0/kWh for O&M 
costs. CaEC (1990) reports $72-87/kW and 0.3 0/kWh O&M for retrofits of gas-fired 
plants. This O&M cost is lower than for coal plants, where catalyst lives are shortened by 
heavy metal compounds in the exhaust gases. We assume a DM 150/kWe first cost and 
variable operating costs of 0.6 Pf/kWh for both coal and IGACC plants.11 

2. Gas-fired plants 

Conventional plants 

For new ACC plants, we use data from EPRI (1989). Our conversion on the basis of a 1:2 
$/DM exchange rate gives figures that are in good agreement with various European data 
(Sulzer 1987, DIGEC 1990, BIPE 1989).12 SCR capital costs for the ACC plant are 
assumed to be DM 150/kW, with variable costs of 0.6 Pf/kWh. 

Cost estimates for repowering existing coal or gas steam plants with gas-fired combined 
cycle technology are quite site-specific and therefore uncertain. Usually, the boiler and 
various buildings and site facilities are recycled. Estimates based on project analyses by 
US utilities (FLP 1989, CaEC 1990, Gluckman 1989) indicate that conventional combined 
cycle retrofits might cost $ 500-550/kW, equivalent to new conventional CC units obtained 
at a favorable price. Often, this cost includes selective catalytic reduction. We assume that 
repowering uses ACC technology, and calculate busbar costs assuming a 10 percent capital 
cost savings over new ACC plants, the same O&M costs as those for new ACC plants, and 
efficiencies ten percent lower than in new ACC installations. 

10 Advanced IGACC plants are also charged for SCR, which is needed to compensate for the greater NOx 
loading of coal gas when using hot gas clean-up technology. See e.g. Larson and Williams (1988) and 
Peters (1988) for a discussion of hot gas clean-up problems. 

1 ' The high SCR O&M costs reported by EPRI (1989) for coal plants are comparable to estimates used in 
Friedrich etal. (1989). 

12 For example, the figure for ACC overnight construction cost used in official French cost comparisons 
(DIGEC 1990) is equivalent to 1000 DMg9/kW. 
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Advanced gas turbine plants 

Unlike the aeroderivative STIG systems, IRSTIG and IRCRGT technology has not been 
commercially demonstrated. An ISTIG plant is currently being developed for the U.S. 
navy. Because it makes relatively straightforward use of already existing jet engine 
technology, turbine manufacturers believe that they could commercialize ISTIG technology 
within about five years. According to a detailed statement to the California Energy 
Commission (Horner 1988), General Electric company is willing to guarantee a 52 percent 
minimum LHV efficiency and a 53.5 percent fleet average, along with a cost of US$ 
400/kWe (1988 dollars), for ISTIG plants of 112 MW capacity if the development costs of 
$ 150 million could be covered by a first order. 

Even lower cost figures of $300-350/kW are estimated for the IRCRGT technology (Janes 
1990, 1992). Again, the key technology components are well within reach of present 
engineering capability, and the steam reformer is a long-established chemical process 
technology. 

In our analysis, we use the ISTIG cost estimates of Bechtel Engineering Co. and General 
Electric Co. as compiled by Williams and Larson (1988) and CaEC (1990) as the cost for 
advanced gas plants (for which IRCRGT plants serve as a proxy). Since for technological 
reasons the cost of the ISTIG design is higher than that of the CRGT technology, our cost 
estimate for advanced gas plants is again conservative, in line with our choice of 
performance parameters. 

For the advanced gas plant, the same equivalent availabilities and operating and 
maintenance costs are used as for ACC units, though this simpler technology could 
potentially be more reliable. No SCR costs are applied to the CRGT technology, on 
account of its superior emission performance. 

3. Externality costs 

Using the heat rates of Table A.10.6.2 (above), the emission factors of Table A. 10.6.5 
(above), and the land use estimates from Appendix A.10.4, we calculate the New York 
system externality points of Table A.10.6.11, which imply the total externality costs for 
new plants in Table A.10.6.1213. As expected, gas plants do best, with externality costs 
one third lower than the best coal plants. The externalities associated with the advanced gas 
plant based on IRCRGT are again a third lower than those of the currently commercial gas-
fired combined cycle. 

As explained in Appendix A.10.4, the New York system of externality adders represents 
the lower end of the range of adders used in U.S. regulatory practice. Significantly higher 
adders would result on the basis of the Masachusetts system. 

For comparison with the new-plant data, we also calculate the externality costs of air 
emissions from existing fossil central stations. Because of efforts to retrofit existing plants 

13 The externalities shown in Table A.10.6.12 are for the low cost case. See Table A.10.4.6 in Appendix 
A.10.4 for a presentation of the low and high case externality costs for all fossil-fired resources. 

A. 10.6.24 



5 

83 
< o 

S3 
8° 

s -

&8 

< o 
U Q 
I—I w 

L>3 

«3 

in *t v> m 

in in in in 

» t « n 

•n t in t 

in ^ in in 

f » »i « 

<2 

*• © M 

a l f 

M M » M r « r » > - M n 

n N N r o m w i O ' w r i 

m f M r - J t n m i n O ' r r i 

N N N n n - o - n 

r i r« r* m f i 

c i M f M r o t n i n O t 

n N N r t r t i n O t n 

I 

| 
s 
I 
s 
-o 
8 
3 
a 

I 
a 
a II & 
•s 

5 2 

3 a 
1 1 
c c 

g.4 
m » 
"g 'S. 

" •* e — 
I J 

* £ 
3 ? 

3 

•a 

*£ | . i 
11 

" -2 

I* 

5, 2 11 

< (3 o g 

A.10.6.25 



Table A.10.6.12: Total External Costs (Low Case) for New Fossil Power Plants 

Technology 

Combustion Turbine 
ACC 
IRCRGT 

ACC 

IGACC 
Steam 

Fuel 

Gas 
Gas 
Gas 

Oil #6 

Coal 
Coal 

Externality Cost Externality Cost 
1989</kWh 1989Pf/kWh 

0.25 0.50 
0.31 0.62 
0.19 037 

0.37 0.74 

0.41 0.82 
0.47 0.93 

(1) Externality costs calculated using the environmental component of 
the Consolidated Edison Company's bidding system for new power 
resources (New York State, USA). This system includes externalities 
affecting air, water, and land. The results are dominated by air emissions. 
(2) Source: NY PSC 1989 plus text and previous tables. 
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with pollution control equipment, emissions from these plants are a moving target. We 
calculate the externality cost that would apply for these plants once retrofitted to conform 
with the minimum requirements of the FRG regulations for large boilers (GFAVO). 

Comparison of the results (Table A. 10.6.13) with the externality costs of new plants show 
that even plants that have undergone substantial retrofitting, as is the case in the FRG and 
elsewhere, remain much dirtier than new plants: The external costs associated with air 
emissions from retrofitted coal and oil plants exceeds the total (air + water + land) external 
costs associated with new oil and coal plants. Air emission externalities add some 2 
Pf/kWh to the cost of electricity generation from existing oil- and coal-fired plants, but only 
0.4 Pf/kWh to gas plants.14 

E. RESULTS AND DISCUSSION 

The cost calculations and sensitivity cases are summarized in Table A. 10.6.14. 

1. Impact of externality costs and credits 

Application of monetized externality costs according to the New York system (see 
Appendix A.10.4) results in externality costs of 0.8-0.9 Pf/kWh for new coal plants, 
corresponding to less than a third of the maximum externality penalty under that system. It 
yields a modest (0.2-0.3 Pf/kWh) penalty for the coal-fired technologies compared to 
ACCs, and a somewhat larger penalty (0.4-0.5 Pf/kWh) relative to advanced gas plants. 
The relatively narrow range of environmental externality costs reflects the fact that effective 
clean-up technology is now available for classical (acid rain and particulates) emissions 
from coal and other fossil fueled plants. 

Among the various credits, the fuel flexibility credit for the advanced coal plants is 
potentially of greatest magnitude, and is important in compensating for the higher capital 
cost of these plants. 

14 The external cost calculated for existing natural gas plants is slightly lower than that calculated for new 
plants, because the land and water use effects have not been included in the calculation. 
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Table A. 10.6.13: Air Pollutant Emissions and Corresponding Externality 
Costs from Existing EC-5 Power Plants 

502 

NOx 

Particulates 

Total 

Total 

Total 

Heat Rale + T&D losses (fuel/elect.) 

Direct Emissions (g/kWh fuel) 
Indirect Emissions (g/kWh fuel) 
Total Emissions (g/kWhfuel) 

Total Emissions (g/kWh elect.) 

Externality Cost (DM/kWh elect.) 

Direct Emissions (g/kWh fuel) 
Indirect Emissions (g/kWh fuel) 
Total Emissions (g/kWhfuel) 

Total Emissions (g/kWh elect.) 

Externality Cost (DM/kWh elect) 

Direct Emissions (g/kWh fuel) 
Indirect Emissions (g/kWh fuel) 
Total Emissions (g/kWhfuel) 

Total Emissions (g/kWh elect.) 

Externality Cost (DM/kWh elect.) 

Externality Cost (DM/kWh elect.) 

EC-5 Electricity consumption (TWh) 

EC-5 Externality Cost (Billion DM) 

Natural Gas 

2.65 

0.002 
0.004 
0.005 

0.014 

0.0000 

0.353 
0.043 
0.396 

1.049 

0.0043 

0.004 

0.001 
0.004 

0.011 

0.0001 

0.0044 

77 

0.3 

#6 Oil 

2.86 

1.782 
0.065 
1.847 

5.290 

0.0112 

0.601 
0.061 
0.662 

1.898 

0.0078 

0.050 
0.004 
0.055 

0.157 

0.0007 

0.020 

119 

2.3 

Coal 

2.72 

0.842 
0.040 
0.883 

2.399 

0.0051 

1.082 
0.060 
1.143 

3.106 

0.0128 

0.065 
0.004 
0.069 

0.188 

0.0008 

0.019 

444 

8.3 

(1) External Costs of Air Emissions Implied by NY PSC bidding system are shown in Appendix A.10.4. 
(2) Indirect particulate emissions are equal to indirect emissions for new fuel cycle times two. 
(3) Sources: GEMIS. NY PSC 1989, Koomey 1990 
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Table A.10.6.14: Summary or baseload fossil generation costs at maximum 

Using average levelized prices 
Delivered cost 
Fuel flexibility credit 
Modularity credit 
Externality costs 
Total delivered cost 

Index VDEWcoal low, avg. levelized prices 

Using levelized prices for 1990-2020 
Delivered cost 
Fuel flexibility credit 
Modularity credit 
Externality costs 
Total delivered cost 

Index VDEW coal low. avg. levelized prices 

Using levelized prices for 2020-2050 
Delivered cost 
Fuel flexibility credit 
Modularity credit 
Externality costs 
Total delivered cost 

Index VDEW coal low, avg. levelized prices 

VDEW Coal Coal IGACC 
Low capital cost/coal price 

700 MW 

8.3 
0.0 
0.0 
0.9 
93 

100 

8.3 
0.0 
0.0 
0.9 
93 

100 

8.3 
0.0 
0.0 
0.9 
9.2 

100 

500 MW 

8.2 
-0.7 
-0.1 
0.8 
8.3 
90 

8.2 
-0.7 
-0.1 
0.8 
8.3 
90 

8.2 
-0.7 
-0.1 
0.8 
8.3 
90 

capacity factor (1989 Pf/kWh) 

VDEW Coal 
High capital 
700 MW 

9.8 
0.0 
0.0 
0.9 
10.7 
116 

9.1 
0.0 
0.0 
0.9 
10.0 
109 

10.2 
0.0 
0.0 
0.9 
11.2 
121 

Coal IGACC 
cost/coal price 

500 MW 

10.2 
-0.9 
-0.1 
0.8 
10.0 
109 

9.6 
-0.9 
-0.1 
0.8 
9.4 

102 

10.7 
-0.9 
-0.1 
0.8 
10.5 
114 

ACC IRCRGT 
Low gas price 

210 MW 

7.8 
0.0 
-0.3 
0.6 
8.2 
89 

7.5 
0.0 
-0.3 
0.6 
7.8 
85 

8.1 
0.0 
-0.3 
0.6 
8.4 
92 

U4MW 

6.5 
0.0 
-0.4 
0.4 
6.5 
71 

6.2 
0.0 
-0.4 
0.4 
6.2 
68 

6.8 
0.0 
-0.4 
0.4 
6.8 
74 

ACC IRCRGT 
High gas price 

210 MW 

10.9 
0.0 
-0.3 
0.6 
11.2 
/22 

9.1 
0.0 
-0.3 
0.6 
9.4 
102 

12.4 
0.0 
-0.3 
0.6 
12.7 
138 

114 MW 

9.4 
0.0 
-0.4 
0.4 
9.4 

102 

7.6 
0.0 
-0.4 
0.4 
7.6 
83 

10.7 
0.0 
-0.4 
0.4 
10.7 
116 

(1) Discount rate = 5% real. 



Modularity credits for the gas plants have a similar moderating impact on total costs for 
these plants. 

2. Intra-fuel technology comparison 

Coal-fired technologies 

The project cost differential between a conventional pulverized coal plant and a coal-
gasification ACC plant (IGACC) run at maximum capacity factor is on the order of 5 to 10 
percent in our calculation. The pulverized coal plant is cheaper on the basis of project costs 
alone, but the difference in MW ratings in our comparison needs to be taken into account 

Modularity credits and externalities give the IGACC plant a slight advantage, but the main 
advantage comes from the possibility of using lower grade coal. This fuel flexibility credit 
could make IGACC power up to seven percent cheaper than that from pulverized coal 
plants. The same observation would apply to PFBC plants, for which the IGACC costs 
are a reasonable proxy. 

These potential cost advantages of IGACC and PFBC plants under favorable fuel price 
assumptions must, of course, be weighed against significant remaining capital cost 
uncertainties, since only the demonstration plant stage has been reached. IGACC and 
PFBC technology would bring reduced carbon dioxide and other air pollution emissions 
relative to conventional coal plants. 

Gas-fired technologies 

The advanced gas plant has the potential of producing power for more than 15 percent less 
than the ACC plant, due principally to lower capital costs, higher efficiency, and lower 
clean-up costs. Because IRCRGT technology surpasses the environmental performance of 
ACC plants in the area of NOx control, it benefits from lower capital and operating costs 
and lower externality penalties. Modularity credits are virtually the same for both types of 
plants. 

3. Inter-fuel comparison 

Low fuel prices 

When including all applicable credits and externality costs, the results for the low fuel price 
regime (average levelized fuel prices) can be summarized as follows: 

• Gas-fired ACC baseload plants show a 6-11 percent cost advantage over 
VDEW coal-fired plants, and are slightly cheaper to cost competitive 
with IGACC plants. 

• Advanced gas-fired plants could achieve a robust (at least 10 to 20 
percent) cost advantage over advanced coal-fired plants, which are 
cheaper than conventional coal plants. 
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High fuel prices 

In the high fuel price case, levelized utility gas prices are 60 percent higher than in the low 
case, and levelized utility coal prices are 38 percent higher than in the low case (see 
Appendix A. 10.5). This differential increase in prices makes power from the gas-fired 
ACC plant about 5 percent more expensive than power from conventional coal plants. 

In the case of high coal prices and high capital costs for the IGACC plant, advanced gas-
fired generation based on IRCRGT technology retains a significant (5-7 percent) cost 
advantage. However, if low capital costs are realized for the coal plant, it gains a slight (2-
7 percent) advantage over the gas plant. 

Impact of commissioning date 

In the method for cost levelization described in Appendix A. 10.5, we calculate a simple 
average of the levelized fuel prices for plants commissioned in 1990, 2000, 2010, and 
2020. Table A. 10.6.14 shows for comparison the delivered cost of electricity based on the 
levelized price of fuel for commissioning dates of 1990 and 2020. These two dates 
represent the extreme cases, with the 1990 start date being the most favorable case for gas, 
and the 2020 start date being the most favorable date for coal (because of the lower fuel 
price escalation rates for coal than for gas). 

In the case where prices are levelized over the thirty year period starting in 1990, gas plants 
are cost-effective compared to coal plants in both high and low price cases. With 
commissioning in 2020, gas plants retain their cost advantage in the low price case. In the 
high price case, the advanced gas plant remains competitive with the coal plants. 

4. Maximum gas price based on IGACC backstop 

Based on the assumed power plant cost and performance parameters, we can calculate the 
maximum levelized price utilities should be willing to pay for natural gas if coal gasification 
plants are the backstop technology. For this calculation, we set the busbar cost of gas-fired 
ACC or IRCRGT technology equal to the busbar cost of IGACC technology (using low 
capital costs only and both low and high coal prices). We then solve for the gas price. 

As shown in Table A. 10.6.15, the levelized break-even gas price for the utility sector then 
ranges from about 123 percent of 1987 prices to 187 percent, depending on coal prices and 
performance assumptions. The average levelized price for our high gas price scenario, at 
174 percent of 1987 prices, is thus roughly compatible with a coal IGACC backstop 
assuming high coal prices. 

The low gas price scenario, in which the levelized 1987-2020 gas price remains at about 
109 percent of 1987 prices, is below the breakeven price (123 percent of 1987 prices) that 
results with low coal prices and the assumption of ACC gas-fired technology. In this 
scenario, gas prices are determined more by gas-on-gas competition and low oil prices than 
by the back-stop price of coal-based power generation. 
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Table A.10.6.15: Break-even levelized gas price, coal gasification backstop 

Low IGACC fuel price and capital cost 
Gas ACC 
Index (1987 gas price =100) 
Advanced gas plant (IRCRGT) 
Index (1987 gas price =100) 

High coal price, low IGACC capital cost 
Gas ACC 
Index (1987 gas price =100) 
Advanced gas plant (IRCRGT) 
Index (1987 gas price =100) 

Break-even levelized 
gas price (1989 Pf/kWh) 

5% discount rate 

3.03 
1.23 

3.84 
1.56 

3.72 
1.51 

4.59 
1.87 

(1) Based on IGACC delivered costs, excluding externality costs, 
and neglecting fuel flexibility and modularity credits. 
(2) EC-5 1987 gas price to the utility sector = 2.46 Pf/kWh.f 
(3) Discount rate = 5% real. 
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5. Conclusion 

The principal conclusion of our analysis is as follows: 

• Advanced gas-fired central station technologies could allow major 
reductions in carbon burdens at anywhere from distinctly negative to 
moderately positive societal cost 

Converting existing coal stations to gas at the time of refurbishment and repowering could 
be similarly attractive. The precise outcome will depend on future R&D and 
commercialization priorities, as well as on policies to limit gas demand through end-use 
efficiency improvements and increased cogeneration. The price of baseload power from 
gas-fired generation is thus largely in the control of governments. 

This means that with suitable policies, Western Europe could achieve significant reductions 
in the carbon and other pollution burdens of fossil-based electricity production, without 
increasing fossil baseload electricity costs, and possibly at a major economic saving. 

Moreover, upcoming opportunities could allow a swift implementation of these savings: 
over the next 20 years, a large number of coal plants built during the post-war boom years 
will be up for replacement, repowering or refurbishing. This replacement cycle offers a 
major opportunity to move to more efficient gas-fired baseload plants. 

Comparison with DGXVII reference scenario 

In the DGXVH reference scenario, gas (and oil) would represent no more than about 15 
percent each of 2010 primary energy inputs into the electricity sector, while coal (mostly 
imported) would continue to dominate with about 40 percent (CEC 1989,1990). This high 
share of coal power, along with low efficiency gains in the end-use of electricity, is a major 
driving force behind the significant overall rise in EC carbon emissions predicted in that 
scenario. 

Our above busbar cost analysis leads to an important observation regarding this scenario: 

• Based on DGXVITs own reference fossil fuel price projections, the 
DGXVII fossil fuel mix in the power sector is not a least-cost mix. 

DGXVTI's reference coal price projections are close to our high coal price scenario, but gas 
prices fall well below our high gas price assumptions. In the above analysis, we have 
found a robust cost advantage for baseload gas plants at low coal and gas prices. This cost 
advantage is robust when advanced coal and gas plants are considered. It exists even when 
coal plants are run at their maximum capacity factor, and increases at lower capacity 
factors. With high gas prices and low coal prices, coal plants could, of course, offer a 
significant cost advantage. 
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F. POLICY IMPLICATIONS 

One obvious policy implication of our electricity cost analysis is to ensure that sufficient 
low-cost and geographically diversified gas supplies are developed for Western Europe to 
allow the expansion of gas-fired electricity generation. Needed gas supply policies have 
already been discussed in Appendix A. 10.5. A second policy implication is to ensure that 
end-use efficiency and cogeneration investments are increased enough to contain gas 
demand. 

Beyond these broader policy implications, the regulatory and R&D measures discussed 
below could be taken to advance low-cost and low-carbon fossil generation sources. 

Environmental and technology regulation 

In the area of technology regulation, Western European governments could 

• Introduce a high legal efficiency standard (e.g., of 50 percent) for new 
baseload and intermediate-load powerplants, and establish a transparent 
periodic process of updating this standard. 

• Require special permits for plants that cannot meet this standard, and 
make the permit dependent on submission of long-range resource plans 
meeting specified environmental criteria, including significant carbon 
emissions reductions over time. 

Such a requirement would still allow utilities to build coal plants, but only if these have 
high efficiency and only if the utility's 20-year resource plan provides for significant 
carbon reductions through other investments, notably the early retirement of dirty existing 
plants and/or large programs for increasing demand-side efficiency. 

Another approach would be to apply monetized externality adders in the formulation of 
resource plan that are sufficiently high to discourage coal plants. The Massachusetts 
system of externality adders would easily have this effect, while the New York system 
would not necessarily ensure low-carbon choices in all cases. 

Finally, monetized externality adders could be replaced by an emission cap for carbon, 
which could be updated every five to ten years and moved toward more far-reaching carbon 
reductions. The advantage of this approach over monetized adders is that it gives utilities 
greater flexibility in combining existing and new resources and that it reduces the average 
cost of emission reductions (Krause et al. 1992). 

Another way of internalizing the risks of climate change would be to: 

• Force utilities buying new coal plants to take out special liability 
insurance against the economic losses that might result to ratepayers and 
society if changing global climate stabilization requirements should force 
the premature retirement or conversion of coal plant investments. 

Technology R&D programs 

Research and development of large central station turbine technology is orders of 
magnitude more expensive than R&D in the field of renewables and energy efficiency. The 
need for large upfront investments has led to a decades-old pattern of government-
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supported power plant R&D in which the winner was picked at the beginning of the 
program rather than as a result of the program. 

In the past, the chosen "winners" were first nuclear plants, and then coal plants, with 
expensive consequences. Nuclear R&D budgets still are dominant in a number of OECD 
countries. By the late 1970s, substantial "clean coal" programs were started both in the 
U.S. and in Europe, and a series of demonstration plants were built during the last 15 years 
at considerable public sector cost 

Meanwhile, commercial improvements in gas turbine technology have long overtaken those 
in steam turbine designs, and gas-fired units retain a substantial efficiency advantage even 
when advanced coal combustion technologies are paired with combined cycles or gas 
turbine cycles. Escalating environmental demands and a more secure and diversified gas 
supply picture have added further to the attractiveness of high-efficiency gas-fired plants, 
while concerns over global warming have made the term "clean coal" an oxymoron. 

Past R&D priorities also ignored the substantial differences in scale economies between 
large steam turbine plants based on coal and nuclear reactors, and the considerably smaller 
scale of high efficiency advanced gas turbine plants. For one and the same amount of R&D 
money, significantly more advanced gas turbine plants can be built and demonstrated than 
is the case for coal or nuclear plants. Finally, the economic advantage of the synergistic 
linkage of gas turbine developments with the highly dynamic defense-based and civil 
aircraft industry was not recognized. All these shortcomings have resulted in an 
economically and environmentally wasteful R&D process. 

The past development of coal gasification and fluidized bed technology does have a limited 
benefit for future renewables-based technology developments in that some of the 
experience is useful for developing highly efficient biomass-fired plants. However, even 
this synergism remains limited since it is vitally important to develop biomass-fired plants 
that are highly efficient at small scale. This feature is only offered by gas turbines, not by 
technologies involving steam turbines. 

The first priority for future power plant R&D therefore is to invert current budget 
relationships between conventional (coal and nuclear) power plants, and demand-side 
efficiency, fuel cell technology, and renewables as a group. Once the latter group has been 
given priority, remaining efforts in the area of turbine-based fossil central station 
technology should be focused on advanced gas turbines. Specifically, the following 
measures could be taken: 

• Redirect research funds now used in so-called clean coal programmes 
toward advanced gas turbine cycles such as aeroderivative IRSTIG and 
CRGT plants, as well as fuel cells, renewables, and demand-side 
efficiency technologies. 

• Ensure effective technological competition by undertaking R&D 
programs for aircraft engine manufacturers in addition to programs for 
conventional "big frame" gas turbine manufacturers that specialize in 
combined cycles. 

• Create threshold markets through pooled orders for advanced gas-fired 
plants that would allow the early commercialization of these 
technologies. 
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APPENDIX A.10.7 

FOSSIL-BASED COGENERATION 
TECHNOLOGIES 

A. OVERVIEW 

By using the waste heat of thermal power generation for process heat or space heating, 
cogeneration technologies deliver electricity at net heat rates that can be substantially lower 
than those of central power stations. This heat rate benefit is a principal benefit of 
cogeneration investments. The same feature can also make these technologies a powerful 
tool for reducing carbon emissions. 

There is considerable uncertainty regarding the magnitude of cost-effective cogeneration 
potentials. Regulatory banners, utility industry structures, and capital market failures have 
inhibited the full development of independent power production (see Section G). In the 
past, utilities have often discouraged independent power production by offering prices for 
purchased electricity that were far below long-run marginal costs. Low industrial electricity 
rates based, in part, on cross-subsidization from "captive" residential and small commercial 
customers has led to further capital allocation inefficiencies. In response, independent 
power producers in Europe have emphasized self-generation over generation for sale to the 
grid, or have abstained from cogeneration altogether. 

Serious imperfections also exist in the capital markets for cogeneration investments. 
Competing demands on capital and management resources lead industrial investors to 
routinely require payback times of less than five years, compared to 15 years or more for 
utility investments (see Section G). Compounding this payback gap, cogenerators are 
faced with significant real and/or perceived uncertainties regarding the future prices and 
availability of natural gas and other fuels. 

Our analysis in this appendix differs from other investigations of cogeneration potentials in 
that we take, as always in this report, a societal least cost perspective in calculating the 
internal costs and resource potentials of cogenerated electricity. This societal perspective 
transcends the constraints of existing regulatory regimes and capital market barriers. It thus 
differs substantially from the economic cost and risk perceptions of private investors 
operating under status quo conditions. 

With the societal cost-effectiveness of cogeneration technologies defined in an internally 
consistent manner (Section E), we construct a supply curve for Western Europe's 
cogeneration potential (Section F). This supply curve allows the integration of 
cogeneration plants into our overall least-cost analysis. From there, welfare-maximizing 
market-correcting policies and regulatory reforms can then be developed (Section G). 
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Apart from economics, we are also interested in the environmental impacts of cogeneration 
(Section C and D). While combined heat and power generation offers inherent fossil 
carbon savings (Section C), a more differentiated view must be taken of other air pollution 
impacts. We therefore calculate impacts on emissions not only for fossil carbon but also 
for sulfur dioxide and nitrogen oxides, which are the principal acid rain precursors (Section 
D). Here, we distinguish between global emission reductions and local and on-site 
impacts, which can be decisive in siting cogeneration plants. 

B. TECHNICAL PERFORMANCE OF COGENERATION TECHNOLOGIES 

1. Range of technologies 

Western European cogeneration plants include the following technologies: by far the most 
dominant are back pressure or condensing steam turbines (ST) fired by coal. These classic 
systems have been used since before World War II. To increase and vary power to heat 
ratios while retaining the ability to fire with coal, extraction-condensing steam turbine units 
were also developed. Since the 1960's, gas turbines (GT) fired with oil or gas have also 
become more widespread. They were followed by more sophisticated combined cycle 
(CC) units for larger (more than 20-30 MWe) applications. Since the 1970's, internal 
combustion (IC) engines (Diesels, two-stroke, or Otto engines) have entered cogeneration 
applications in smaller industrial and disuict heating applications. 

Most recently the cogeneration market in the US has spawned the commercialization of 
highly efficient and versatile steam-injection gas turbines (STIG) that are also meeting 
interest in the Netherlands and elsewhere in the EC. Advanced gas-fired combined cycle 
plants are already finding application in both industrial and district heating cogeneration.1 

Very small-scale (20 to less than 1000 kW) packaged cogeneration units are now entering 
some US markets with high electric rates, and have also been deployed in Western Europe. 

Fuel cells are under development in the US, Japan and Europe, and would add a further 
powerful system to the list of these small-scale, highly versatile cogeneration options. On 
account of its modest unit size (ca. 100-160 MW), the ISTIG and IRCRGT technology 
(see Appendix A.10.6) could also be used for district heating applications once 
commercialized. 

The newer technologies have revolutionized the economic possibilities of cogeneration. 
They allow the production of more power per unit of heat supplied, and thus greater fuel 
savings. Some technologies achieve electrical efficiencies at small scale that exceed those 
of conventional central stations. And they extend the range of feasible applications beyond 
the larger industrial or conventional district heating schemes. Small industrial loads and 
individual buildings and groups of buildings in the commercial and residential sector can 
now be supplied with highly efficient packaged cogeneration units, STIG systems, and 
neighborhood-scale stations. 

1 The Pegasus 12 ACC cogeneration district heating plant in Utrecht, Netherlands, achieved a world record 
52 percent efficiency in commissioning tests in 1990. 
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2. Performance measures for cogeneration technologies 

In evaluating cogeneration technologies, a number of complementary performance 
measures are commonly used. These are the overall fuel efficiency (first law efficiency) of 
the cogeneration system, the thermal efficiency of the cogeneration system, the electrical 
generator efficiency, the electricity production ratio, the net electric heat rate, and the fuel 
savings rate (Kahn 1988, Williams 1978). 

Overall fuel efficiency 

The fuel efficiency (overall first law efficiency) is the ratio of useful outputs from the 
cogeneration plant (electricity plus useful heat) to the fuel inputs. This measure indicates 
how well the system utilizes the heat available from the generator. In a system well 
matched to thermal loads, overall first-law efficiencies can be in excess of 85 percent. 
Efficiencies in excess of 90 percent can be achieved in neighborhood heating systems if 
exhaust gases are condensed to capture their latent heat (Hein 1979). In district heating 
applications, the chemically recuperated gas turbine (CRGT) allows for similarly high 
overall efficiencies (Janes 1992). 

Because many installations also use supplemental direct firing in peak boilers to adapt to 
steam load variations, actual efficiencies tend to be lower. For example, in district heating 
applications, the amount of heat supplied by peak boiler operation varies from as much as 
30 percent for older system designs based on large coal steam turbine central stations, to 
only a few percent in modern, low temperature heating systems operating at 40 degree C 
and supplying well-insulated buildings. 

Thermal efficiency 

The thermal efficiency of the cogeneration system is the ratio of useful heat outputs to total 
fuel inputs. Since the electrical output is not counted, this efficiency is always lower than 
the overall first law efficiency, and significantly lower than that of a standard boiler system. 
Moreover, the more efficient the electrical generator, the lower the thermal efficiency. 
Typical values for conventional cogeneration systems are in the neighborhood of 50-65 
percent. 

The inverse of the thermal efficiency is also called the cogenerator heat rate or the total heat 
rate (THR). This heat rate can be compared with the heat rate (inverse of the boiler 
efficiency) of a conventional steam generator or heating system. 

Electrical efficiency 

Like central stations, cogeneration technologies can be characterized by their net electrical 
efficiencies. For a cogeneration system, this efficiency is measured by the fuel fraction that 
is converted into electricity. A subtlety here is that the electrical efficiency varies with the 
thermal load that is being produced. As a reference efficiency, we use the efficiency that 
would be obtained if the unit were run in the electricity-only mode (condensing mode in the 
case of extraction-condensing units). 

For some technologies (notably steam turbine units and the chemically recuperated gas 
turbine), the electricity-only efficiency is somewhat higher than the electrical efficiency 
when supplying a heat load. The loss of electrical efficiency is measured by the power loss 
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ratio (the power lost per unit of extracted heat), which is typically about 0.15-0.25 for these 
types of plants. 

The reference efficiencies for cogeneration units differ from central station power plants of 
the same type in so far as cogeneration power plants tend to be significantly smaller in size. 
Most generating technologies exhibit a significant dependence of efficiency on unit size. 

Over the last decade, the efficiency differential between conventional steam turbine central 
stations of the several hundred MW size and smaller-scale technologies suitable for 
cogeneration has changed dramatically. Traditionally, cogeneration plants were 
significantly less efficient. Advanced gas-fired combined cycle, diesel, and STIG/ISTIG 
power stations offer significantly higher electrical efficiencies than conventional coal or 
nuclear plants, and do so at much smaller scale. 

With unit sizes of 33-200 MW, high efficiency ACC and aeroderivative STIG technologies 
are well-matched to many district heating and industrial applications. At smaller (1-25 
MW) unit scale, large ship and truck diesels, and STIG units based on industrial gas 
turbines now offer electrical efficiencies in excess of 40 percent. For electrical capacity in 
the 100 kW range, small diesels achieve efficiencies of up to about 35 percent 

New developments in smaller-scale generating technologies will increase these efficiencies 
further. Aircraft engines have only recently been introduced into cogeneration systems. 
Unlike industrial gas turbines, for which only modest improvements are anticipated, the 
turbines for aircraft are expected to make strides in increased efficiency, power boosting 
capabilities, and part-load versatility. The most efficient near-commercial aeroderivative 
designs offer efficiencies in excess of 60 percent (see Appendix A.10.6). 

Intercooled STIG machines with reheat based on current aircraft engines could achieve 52-
55 percent efficiencies (lower heating value), and these very high efficiencies could become 
available in plants with as little as about 80-100 MW capacity. Advanced diesel engines 
based on turbo-compounding and adiabatic designs could achieve efficiencies of 50 percent 
or more with the same benefit of mass production. 

Electricity production rate 

The electricity production rate (EPR) is the ratio of the electrical output to the useful thermal 
output QcWh.e/kWh.th). The EPR is a central parameter for cogeneration systems since it 
influences both the fuel savings rate of the plant and the net heat rate. 

The higher the thermodynamic quality of the generator cycle, the greater the electrical 
efficiency, and the more power can be produced per unit of thermal output. Because of 
their low electric generator efficiencies at small scale, conventional back-pressure steam 
turbines typically reach EPRs of 0.2-0.4, compared to values of 0.5-0.6 for gas turbines 
and 0.7 to 1.0 for diesels. EPRs considerably greater than 1.0 can be achieved with 
advanced diesels, high efficiency CC plants, or STIG/ISTIG plants, even when waste heat 
is fully utilized. 

Net electric heat rate 

The net heat rate is the amount of fuel needed to cogenerate a unit of electricity. It is 
analogous to the heat rate of central stations. The net electric heat rate is based on allocating 
to the electrical side all fuel inputs in excess of those that would be required in a 
conventional boiler to produce the same thermal output. It can be written as: 
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where 

THRcogen is the total heat rate of the cogenerator QcWh.fuel/kWh.th), and 

HRb is the heat rate of the conventional boiler OcWh.fuel/kWh.th). 

Whereas conventional coal central stations require typically 2.5-3.0 kWh of fuel per kWh 
of electricity, cogeneration systems can achieve net heat rates as low as 1.0-2.0, depending 
on load matching, total system efficiency and technology. 

In practice, the electric capacity of cogeneration systems is often deliberately designed to 
produce more power than a thermally optimized plant would deliver. This practice makes 
fuel requirements (and therefore net heat rates) higher than in designs for optimal overall 
thermal efficiency, but also reduces capital costs per unit capacity. 

As discussed in Krause et al. (1992) for a gas-fired combined cycle plant, the loss of fuel 
efficiency typically outweighs any gains in capital costs. Nevertheless, oversizing of 
electric capacity could be attractive when the cost of electricity cogeneration is significantly 
lower than the buy-back price in the standard offer contract or avoided cost tariffs of the 
utility. In that case, even an oversized cogenerator operating at a higher than optimum net 
heat rate could earn money from power sales, and oversizing would increase the 
profitability of the plant. 

This oversizing has become a common practice in the U.S. under its PURPA legislation for 
independent power production ("PURPA machines"). Here, weak standards for minimum 
efficiencies and significant cost advantages of cogeneration over long-run marginal utility 
costs inadvertantly encourage this societally and environmentally suboptimal design 
practice. 

Fuel savings rate 

The net heat rate is convenient for calculating the fuel costs per unit of cogenerated power, 
but it is an insufficient measure of the system's economic advantage. For example, back
pressure steam turbines have low net heat rates on account of a low Tc, but also have very 
low electricity production rates. As a result they do not produce many kWhs of electricity, 
and the aggregate fuel saving over separate generation of heat and power is small despite 
the low net heat rate. 

An informative complementary indicator of performance is the fuel savings rate (Williams 
1978). It measures the amount of fuel saved for each unit of process steam cogenerated. It 
is the difference between the central station heat rate HRU and the cogenerator net heat rate 
N, multiplied by the electricity production rate: 

" » B S r a a f g ) =(HR„-N,*EPR (2) 

Since this savings rate is proportional to the electricity production rate, it is highest for the 
higher quality thermodynamic cycles of diesels, combined cycles, and STTGs. Savings 
rates of more than one kWh fuel per kWh of useful heat can be achieved with these 
systems, while the savings rates for conventional steam turbines are at most 0.3-0.5. 
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Application to prototypical cogeneration systems 

Using the above indicators, the economic performance of cogeneration technologies can be 
calculated in a straightforward manner from their technical performance. We define a set of 
prototypical cogeneration applications and calculate their net heat rates under various 
operating modes. These net heat rates are then used in the calculation of delivered 
electricity costs. 

The net heat rate of the cogenerator is shaped by its operating mode, and so are the carbon 
savings relative to central station generation. Because cogeneration systems supply both 
electrical and thermal energy, they are operated under widely varying conditions, even 
when no power is sold to the grid. The range of possible operating modes widens further 
when power sales to the grid are included. 

Either way, economic optimization of cogeneration systems and their operation is complex 
and highly dependent on the regulatory context. For example, the relative values of 
electricity and thermal output shape the sizing of the generator, the maximum heat rate at 
which the plant is still economical, and the total hours per year for which the plant can be 
operated economically. 

To implement our societal least-cost perspective, we define several operating modes and 
annual operating hours that bracket both self-generation applications and electricity 
cogeneration for the grid. Here, we distinguish between industrial process applications and 
applications that serve thermal loads in buildings (district, neighborhood, or on-site 
heating/packaged cogeneration applications). 

2. Prototypical cogeneration systems 

The greatest carbon reduction benefits can be gained from gas-fired cogeneration systems. 
Where gas is not available, oil-fired systems would be the preferred choice. Since oil-fired 
and gas-fired cogeneration technologies are very similar in technical and capital cost terms, 
we focus on gas-fired units. We include, however, coal-fired systems as well since they 
can still result in significant C02 savings over central station generation, and could thus 
have a transitional role in climate stabilization. Also, coal-fired systems have a different 
cost structure from that of gas-fired units which makes them less sensitive to changes in 
fuel prices. 

Like other generating technologies, cogeneration systems show considerable economy of 
scale effects. These effects vary, however, substantially by the type of technology. The 
cost of systems based on steam turbines increases steeply below sizes of 20 MWe, 
followed by combined cycles, diesel engines, and finally gas turbines (US DOE 1984). 
To capture these effects in our stylized calculations, we compare for each technology, 
respectively, a small and a larger system. 

Industrial applications 

Tables A.10.7.1 and A.10.7.2 show the industrial and central heat and power (CHP) 
cogeneration systems analyzed in this study. The technologies differ somewhat in terms of 
the percentage of the generator waste heat that is utilized for process heat. 
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Table A.10.7.1: Performance of Industrial cogeneration technologies: 

Parameter 

Nominal capacity electric 

Max. capacity electric 

Equiv. operating availability 

Electricity-only mode 

System efficiency 

Heat rate 

Averaged mode TLF 

Full-heat load fraction 

Half-heat load fraction 

System 1st law efficiency 

Electrical efficiency 

Thermal efficiency 

Electricity production rate 

Net electric heat rate 

Index (coal plant = 100) 

Fuel savings rate 

Dimension 

MWe 
MWe 
%/100 

%/IOO 

kWh.fuel/kWh.e 

%noo 
%/100 
%/100 
%/100 
%/100 

kWh.e/kWh.th 
kWh.fueiykWh.e 

kWh.f.svd/kWb.th 

Back-press 
coal 

5 
5 

0.9 

0.11 
9.09 

0.50 
050 
0.82 
0.11 
0.72 
0.15 
1.00 

38% 
0.23 

thermal load following 

.ST 
coal 

25 
25 
0.9 

0.2 
5.00 

0.50 
0.50 
0.84 
0.19 
0.65 
0.30 
1.00 

38% 
0.46 

Industrial GT 
gas 

3.85 
3.85 
0.92 

0.27 
3.70 

0.50 
0.50 
0.73 
0.20 
0.53 
0.39 
1.85 

70% 
0.26 

gas 

33.1 
33.1 
0.92 

0.35 
2.86 

050 
050 
0.79 
0.29 
0.50 
0.58 
1.40 

53% 
0.65 

Large 
gas 

conv. 

5 
5 

0.92 

0.43 
2.33 

0.50 
0.50 
0.69 
0.43 
0.26 
1.68 
1.62 

61% 
1.52 

IC 
gas 
adv. 

25 
25 

0.92 

0.5 
2.00 

0.50 
050 
0.88 
0.50 
0.38 
1.32 
1.11 

42% 
1.88 

STIG turbine 
gas 

indusurial 

35 
5.6 
0.92 

0.38 
2.63 

050 
0.50 
0.78 
0.30 
0.48 
0.63 
1.46 

55% 
0.68 

gas 
aeroderiv. 

33.1 
51.4 
0.92 

0.42 
2.38 

0.50 
050 
0.83 
0.38 
0.45 
0.84 
1.23 

46% 
1.10 

(1) Reference coal plant efficiency for fuel savings rate is 395 percent. 
(2) Reference boiler efficiency is 85 percent for gas-fired cogeneration systems, 80 percent for coal-fired systems. 
(3) Technical performance data for STIG systems from Larson and Williams (1986), 
and from manufacturers (IPT, Palo Alto, California). 
(4) Other technical performance data from Sulzer (1987), Maier, Angerer et al. (1986), Suttor and Suitor (1986). OTA (1983). 
(5) Part-load performance of GT assumes no venting of steam to maximize fuel savings. 
(6) In all later calculations that use the net electric heat rate (N), we use the value for N from this table and neglect any variations of N caused by 
differences in efficiency between the reference boiler and the displaced boiler. The error introduced by this assumption is small. 



o 
- J 
00 

Table A.10.7.2: Performance of CHP cogeneration technologies: thermal load following 

Parameter 

Max. capacity electric 
Equiv. operating availability 

Electricity-only mode 
System efficiency 
Heat rate 

Averaged mode TLF 
Full-heat load fraction 
Half-heat load fraction 
Electrical efficiency 
Thermal efficiency 
Electricity production rate 
Net electric heat rate 
Index (coal plant =100) 
Fuel savings rate 

Dimension 

MWe 
%/100 

%/100 
kWh.fuel/kWh.e 

%/100 
%/100 
%/100 
%/100 

kWh.e/kWh.th 
kWh.fuel/kWh.e 

kWh.f.svd/kWh.lh 

Large CHP for District Heat 
coal coal-gasif. 
ST ACC 

100 100 
0.90 0.90 

0.33 0.43 
3.03 2.33 

0.70 0.70 
0.30 0.30 
0.26 0.41 
054 0.41 
0.46 0.93 
1.85 1.55 

67% 56% 
0.42 1.14 

gas 
ISTIG 

110 
0.92 

0.50 
2.00 

0.70 
0.30 
0.48 
0.36 
1.24 
1.45 

52% 
1.64 

On-site/neighborhood 
gas 

Otto 

0.3 
0.95 

0.32 
3.13 

0.70 
0.30 
0.32 
0.53 
0.56 
1.55 

56% 
0.69 

IC engine 
gas 

Diesel 

5 
0.95 

0.39 
2.56 

0.70 
0.30 
0.39 
0.45 
0.81 
1.53 

55% 
1.01 

(1) Reference central station efficiency for fuel savings rate is 395 percent. 
(2) Reference boiler efficiency for displaced central heating systems is 85 percent including in-building distribution. 
(3) Distribution losses for district heating systems (including transfer stations and in-building distribution) are 12 percent. 
(4) Distribution losses for neighborhood system is 8 percent (including transfer stations and in-building distribution). 
(5) Distribution losses for on-site cogeneration systems are 3 percent. 
(6) Fraction to useful heat includes grid and in-building distribution losses. 
(7) Total heat rate, EPR, net electric heat rate, and fuel savings rate include peak boiler output. 
(8) Performance data for ISTIG systems based on Larson and Williams (1986). 
(9) Performance data for IGACC based on Sulzer (1987). 
(10)Performance data for packaged cogeneration units and neighborhood diesels based on UTEC (1989). 



These differences, in combination with differences in electrical efficiencies, result in 
variations in the total system efficiency.2 

Back-pressure steam turbine (BPST). The back-pressure steam turbine is assumed to be 
coal-fired and is shown in a 5 MW and 25 MW size with corresponding electrical efficiency 
differences and EPRs. Under thermal part-load, electrical efficiencies decrease only 
minimally. Total fuel efficiency is highest among all the systems. 

The back-pressure turbine is also used in our analysis as a proxy for the more capital-
intensive steam turbine plants with condensing units that are widely used in industry 
(extraction-condensing units). Whereas the electrical output of back-pressure turbines 
decreases during thermal part-load conditions, extraction-condensing stations put out more 
power by condensing unneeded steam. EPRs arc as high as 0.7, and electrical efficiencies 
in the condensing mode reach about 40 percent 

Gas turbine (GT). For the gas turbine, we show two sizes and types. One is a ca. 4 MWe 
industrial gas turbine with a turbine inlet temperature (TIT) of 980 K, the other is a 33 
MWe aeroderivative turbine with a TIT of 1200 K (GE LM-5000). Under thermal part-
load, electrical efficiencies seriously deteriorate. Also, total fuel efficiency is usually lower 
than in the case of the BPST. 

Internal combustion engine (IC). Internal combustion (IC) systems are shown in a smaller, 
conventional and a larger advanced version. The plants have a 5 MW and 25 MW capacity, 
respectively, and consist of several medium-speed (500-1200 rpm) truck diesels or low-
speed (120-180 rpm) ship diesels. Efficiency under thermal part-load is virtually 
unchanged when multiple engines are used. 

Total fuel efficiency for the conventional IC plant is lowest among all the industrial 
cogeneration systems because only about 33 percent of the waste heat is available in the 
exhaust gases, where temperatures are sufficiently high to be used for steam raising. Heat 
dissipated into the cooling water and surrounding air has a temperature of less than 100° C. 
Though unsuitable for most industrial process heat applications, this heat could in principle 
be used for hot water or preheating purposes. 

Some engine designs for industrial applications operate the cooling water above the boiling 
point and/or use exhaust gas heat exchangers to boost the temperature level of the heat 
derived from the cooling system. These designs reach temperatures of as much as 180° C 
and can generate low pressure steam. 

The larger, advanced ship diesel has a very high fuel efficiency of 50 percent. The 
utilization fraction of waste heat is assumed to be 80 percent. This could be the case 
because the engine is an adiabatic diesel, or because hot water, space heating, preheating, 
and/or low temperature processes below 180° C are being served. 

Steam injection gas turbine (STIG) and combined cycle plants (CC). We show STIG 
cycles based on the above-mentioned industrial and aeroderivative gas turbines. Under 
thermal part-load, steam is re-injected into the turbine, which then becomes more efficient 

2 Data on performance characteristics arc adapted from Hutter et al. (1984), Sulzer (1987), OTA (1983), US 
DOE (1984). 
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and produces more power. Total fuel efficiencies are somewhat higher than those for 
simple gas turbines. 

Combined cycle plants could be operated with slightly higher efficiencies and in a similarly 
flexible manner. However, their capital costs increase significantly more with decreasing 
scale than those of gas turbine-based systems (US DOE 1984). Also, their capital cost and 
pollution control characteristics are somewhat less favorable (Larson and Williams 1986). 
In many applications, these differences may not be large. In these cases, the results 
obtained for STIG systems can serve as a proxy for combined cycle plants. 

Displaced boilers. The thermal efficiency of displaced steam boilers or other process 
equipment is taken as 80 percent for coal-fired units and 85 percent for oil- and gas-fired 
units. 

Cogeneration systems for district, neighborhood, and on-site heating 

Because of the potential for major reductions in space heating requirements (see Chapter 
n.12 and Appendix A. 12), we limit ourselves to intermediate-sized district heating systems 
served by plants no greater than about 100 MWe. To roughly balance thermal outputs, we 
compare a 50 MWe conventional coal-fired combined heat and power station with a 110 
MWe gas-fired ISTIG plant. As a third system, we also show a 100 MWe advanced 
combined cycle coal gasification plant (IGACC). 

The back-pressure unit is again used as a proxy for condensing-type steam turbine plants. 
The ISTIG plant illustrates, in first approximation, the performance that would be expected 
from an ACC plant but offers lower emissions of NOx and somewhat lower costs at the 
scale of CHP plants. The IGACC coal-fired plant serves as a proxy for other advanced 
coal-fired plants, such as pressurized fluidized bed technologies (see Appendix A.10.6). 

Two IC engine systems are analyzed. The smaller (250 kWe) system is a packaged 
cogeneration on-site system based on Otto gas-burning engines. The larger (5 MWe) 
system uses diesel engines and is a neighborhood station. Batteries of two or three engines 
are used to adjust to varying thermal loads. The plant is similar in performance to a STIG 
turbine, which could be used for the same purposes. 

Heat rate assumptions for CHP plants and displaced boilers 

The cogeneration performance for the coal plants and IC systems represent typical values 
for FRG district heating power stations.3 For the CHP plants, we use slightly lower 
electrical efficiencies than those used for central station applications in Appendix A.10.6. 

For both coal- and gas-fired district heating stations, transmission and distribution of the 
heat output is assumed to reduce the thermal efficiency of the plant by 12 percent. For 
neighborhood systems, losses due to distribution to the room register are assumed to be 8 
percent, and two percent for on-site systems. In all cases, the thermal efficiency of the 

3 A compilation of performance estimates and measurements from various literature sources is given in 
Fritsche et al. (1989). A compilation of IC engine cogeneration system efficiencies is found in UTEC 
(1989). 
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displaced conventional, fossil-fired heating system is assumed to be 85 percent (including 
in-building distribution losses of typically 2 percent).4 

3. Operating modes and operating hours 

Cogeneration systems can be operated to either follow thermal loads or electrical loads, or 
both at alternate times. In either mode, annual operating hours can vary widely depending 
on the type of heating process being served, the demands for power, and the conditions of 
power sale and purchase. 

The stylized operating modes represent not only sensitivity variations, but are also related 
to regulatory contexts and utility/cogenerator interactions. The thermal load following 
mode represents a limiting case where sale to the utility grid is not very lucrative, making 
cogeneration worthwhile only if its heat rate advantage is maximized. It applies in cases 
where the average thermal and electrical loads can be matched by the EPR of the 
cogeneration technology in question. 

The electrical-load following mode could result where such operation earns firm capacity 
credits from the utility or where the marginal fuel and O&M cost of power production 
beyond the hours of process operation is less than the utility buy-back rate. 

The electrical-load following mode as defined below is common in operating district 
heating plants. It is also widely practiced under the U.S. PURPA regulation, which 
encourages cogeneration without establishing strict minimum requirements for overall first-
law efficiency.5 

Thermal load following mode (TLF) 

In the thermal load-following mode, the thermal rather than electrical needs define the load 
level. The electrical output varies both in response to fuel input variations and according to 
the part-load characteristics of the generating technology. 

In the case of gas turbines and single IC engines, performance under thermal part-load is 
poor so that systems are typically designed to serve only the baseload portion of the 
process requirement, while peak boilers serve the rest. Alternatively, unusable steam is 
vented or heat-carrying water is drained while electricity production is maintained. In either 
case, net electric heat rates rise significantly under thermal part-load. 

The opposite pattern is obtained with the STIG machines, where unneeded steam is 
reheated and reinjected into the turbine under thermal part-load, resulting in increased 
electrical output. Similarly, combined cycle units use freed-up steam for increased 
electricity generation in the steam turbine portion of the plant. 

4 In calculating the net heat rate of the district heating plants, the peak boiler energy requirements are 
included, whereas they are excluded for the industrial systems. 

5 This shortcoming in the U.S. regulation has been recognized in recent legislation in Italy, which ties 
favorable buy-back tariffs to stricter efficiency requirements. See also Section G below. 
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To estimate average performance parameters for cogeneration under thermal load 
following, we assume a simple thermal load profile in which the cogenerator is operated 
half the time at 50 percent of full thermal load, and half the time at 100 percent The 
average thermal load is 75 percent. It is assumed that lower average load factors are 
avoided by designing the cogeneration unit to meet less than process or building peak 
thermal demand. Peak requirements are served by peak boilers or by means of 
supplemental firing of the steam generator. 

Electricity-only mode 

We show this figure because it defines the limiting case where cogenerators do not serve 
any heat loads at all. The resulting efficiencies and heat rates can be directly compared with 
those of central stations. Note that a number of small-scale cogeneration technologies have 
higher electrical efficiencies than large coal-fired district heating or conventional central 
stations. 

Electrical-load following mode (ELF) 

In this mode, the load being followed could be that of the industrial firm, the building, the 
district, or the load of the entire utility grid. We calculate performance indices for an ELF 
operating mode that approximates baseload generation for the grid, assuming the maximum 
feasible annual operating hours for the plant. This maximum is defined by the equivalent 
availability of the cogeneration unit. 

The ELF mode then works as follows: during part of the year, electricity generation occurs 
in the cogeneration mode, lowering the net electric heat rate for that period. The rest of the 
time, the performance factors for the electricity-only mode apply (see Tables A. 10.7.3 and 
A.10.7.4).« 

When running in the cogeneration mode and under thermal part-load conditions, electrical 
production from conventional back-pressure or gas turbine units will be less than under full 
thermal loads or during electricity-only operation. Industrial firms often mix condensing-
type steam turbines with back-pressure turbines to compensate for this effect. 
Alternatively, electrical output is maintained by venting steam or by designing the 
cogenerator to only serve thermal baseloads. STIG and combined cycle systems allow 
increases in electrical production under thermal part-load, by reinjecting steam. Large 
district heating plants increase electricity production in the warmer seasons by shifting to 
the condensation mode. 

For the purpose of our stylized calculations, we assume that during cogeneration hours, the 
system operates in the average TLF mode described above. A weighted average electricity 
production rate, total heat rate, and net electric heat rate can then be defined on the basis of 
the average TLF mode and the electricity-only mode. These weighted averages are used as 
inputs for the economic evaluation (see below). 

6 During the electricity-only portion of ELF operation, demands for cooling equipment and cooling water 
flows increase significantly. Where no suitable water body is available for receiving the cooling water, or 
where plumes would present an unacceptable impact on visibility, self-contained cooling systems will be 
needed, which increases capital costs. These aspects of ELF operation need to be taken into account when 
calculating total cogeneration potentials (see Section G). 
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Table A.10.7 J i Performance of industrial cogeneration technologies: electrical load following 

Parameter 

Nominal capacity electric 
Max. capacity electric 
Equiv. operating availability 

Operating modes 
ELF mode, high cogen 
Max. proc. operatg. hours 
Electricity-only operation 
Electricity production rate 
Net electric heat rate 
Index (coal plant =100) 
Fuel savings rate 

ELF mode, ave cogen 
Max. proc. operatg. hours 
Electricity-only operation 
Electricity production rate 
Net electric heat rate 
Index (coal plant =100) 
Fuel savings rate 

ELF mode, low cogen 
Max. proc. operatg. hours 
Electricity-only operation 
Electricity production rate 
Net electric heat rate 
Index (coal plant =100) 
Fuel savings rate 

Unit 

MWe 
MWe 
47100 

hrs/yr 
hrs/yr 

kWh.eAWh.th 
kWh.fuel/kWh.e 

kWh.f.svd/kWh.lh 

hrs/yr 
hrs/yr 

kWh.e/kWh.th 
kWh.ruel/kWhx 

kWhJ.svd7kWh.th 

hrs/yr 
hrs/yr 

kWh.e/kWh.th 
kWh.fuel/kWh.e 

kWh.f.svd/kWh.th 

Back-press 
coal 

5 
5 

0.90 

6000 
1884 
0.20 
2.93 

116% 
-0.08 

3500 
4384 
0.34 
5.50 

217% 
-1.01 

2000 
5884 
0.60 
7.04 

278% 
-2.70 

.ST 
coal 

25 
25 

0.90 

6000 
1884 
0.39 
1.96 

77% 
0.23 

3500 
4384 
0.68 
3.22 

72795. 
-0.47 

2000 
5884 
1.21 
3.99 

157% 
-1.75 

Gas turbine 
gas 

3.85 
3.85 
0.92 

6000 
2059 
0.56 
2.33 

92% 
0.11 

3500 
4559 
1.05 
2.90 

115% 
-0.39 

2000 
6059 
1.93 
3.24 

128% 
-1.38 

gas 

33.1 
33.1 
0.92 

6000 
2059 
0.81 
1.77 

70% 
0.62 

3500 
4559 
1.48 
2.22 
85% 
0.45 

2000 
6059 
2.67 
2.50 
99% 
0.10 

Large 
gas 

conv. 

5 
5 

0.92 

6000 
2059 
2^5 
1.80 

71% 
1.64 

3500 
4559 
3.86 
2.02 
80% 
1.97 

2000 
6059 
6.76 
2.15 

85% 
2.57 

IC engine 
gas 
adv. 

25 
25 

0.92 

6000 
2059 
1.78 
1.34 

53% 
2.12 

3500 
4559 
3.05 
1.61 

64% 
2.80 

2000 
6059 
5.34 
1.78 

70% 
4.01 

STIG turbine 
gas 

industrial 

3.5 
5.6 

0.92 

6000 
2059 
O.90 
1.76 

69% 
0.70 

3500 
4559 
1.66 
2.12 

84% 
0.68 

2000 
6059 
3.03 
2.34 

92% 
0.58 

gas 
aeroderiv. 

33.1 
51.4 
0.92 

6000 
2059 
1.16 
1.52 

60% 
1.17 

3500 
4559 
2.04 
1.88 

74% 
1.33 

2000 
6059 
3.64 
2.09 
83% 
1.59 

(1) Reference coal plant efficiency for fuel savings rate is 39.5 percent. 
(2) Reference boiler efficiency is 85 percent for gas-and oil fired systems. 80 percent for coal-fired systems. 
(3) Technology performance data from Table A. 10.7.1 (TLF performance). 
(4) Plants are operated in TLF mode during process operation, and in electrical baseload mode during remaining period of availability. 
(5) In all later calculations that use the net electric heat rate (N). we use the value for N from this table and neglect any variations of N caused by 
differences in efficiency between the reference boiler and the displaced boiler. The error introduced by this assumption is small. 
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Table A.10.7.4: Performance of CHP cogeneration technologies: electrical load following 

Parameter 

Max. capacity electric 
Equiv. operating availability 

Operating modes 
ELF mode, high cogen 
Max. proc. operatg. hours 
Electricity-only operation 
Electricity production rate 
Net electric heat rate 
Index (coal plant =100) 
Fuel savings rate 

ELF mode, ave cogen 
Max. proc. operatg. hours 
Electricity-only operation 
Electricity production rate 
Net electric heat rate 
Index (coal plant =100) 
Fuel savings rate 

Dimension 

MWe 
%/100 

hrs/yr 
hrs/yr 

kWh.e/kWh.th 
kWh.fuel/kWh.e 

kWh.f.svd/kWh.th 

hrs/yr 
hrs/yr 

kWh.e/kWh.th 
kWh.fuel/kWh.e 

kWh.f.svd/kWh.th 

Large CHP for District Heat 
coal coal-gasif. 
ST ACC 

100 100 
0.90 0.90 

5000 5000 
2884 2884 
0.85 1.60 
2.28 1.83 
82% 66% 
0.42 1.51 

4000 4000 
3884 3884 
1.09 2.01 
2.43 1.93 
88% 70% 
0.38 1.70 

gas 
ISTIG 

110 
0.92 

5000 
3059 
2.17 
1.66 

60% 
2.42 

4000 
4059 
2.72 
1.73 

62% 
2.85 

On-site/neighborhood IC engine 
gas 
Otto 

0.3 
0.95 

6000 
2322 
0.84 
1.99 

72% 
0.66 

2500 
5822 
2.02 
2.65 
95% 
0.25 

gas 
Diesel 

5 
0.95 

5000 
3322 
1.45 
1.94 

70% 
1.21 

3500 
4822 
2.07 
2.13 
77% 
1.34 

(1) Reference central station efficiency is 39.5 percent 
(2) Technology performance parameters from Table A. 10.7.2. 
(3) Plants are operated in TLF mode during process operation, and in electrical baseload mode during remaining period of availability. 



Operating hours in industrial applications 

High cogeneration hours. In the most favorable case, industrial process heat is generated 
for a three-shift industry. In that case, cogeneration periods could be in excess of 8000 
hrs/yr, limited only by the availability of the process equipmenL In practice, repairs to that 
equipment, batch process operation, and seasonal or business cycle fluctuation in product 
demand will reduce the process operating hours. We assume an average of 6000 hrs/yr for 
three-shift applications. 

Average cogeneration hours. In this case, we assume 3500 hours of annual cogeneration. 
This figure is somewhat lower than, but close to, a 2-shift operation. It represents our 
estimate of the weighted average operating hours of all industrial process and space heating 
loads for which heat could be cogenerated. 

Low cogeneration hours. Here, we assume 2000 operating hours per year. This mode 
would be expected in one-shift industries or in industries that have a highly seasonal need 
for process heat. 

This case is also instructive insofar as the net heat rates resulting from ELF operation with 
low thermal loads are roughly equivalent to the minimum efficiency requirements for oil-
and gas-fired plants under the U.S. PURPA law.7 The comparison of our larger-capacity 
plants when operating in this "ELF low" mode with the smaller plant of the same 
technology type operating in the "TLF high" or "ELF high" mode, we can gain insight into 
the cost-effectiveness (or lack thereof) of the so-called PURPA machines (see Section E 
below). 

Operating hours for heating applications 

In district, neighborhood, and on-site heating applications, the capacity factor for the 
cogeneration system is defined by the relationship between two kinds of thermal loads. 
One is the seasonal variation of the (usually dominant) space heating loads, which peak 
during winter. The second is the relative size of other thermal loads that show less 
seasonal variation and could also be served by the cogeneration system. Such loads are hot 
water and various process loads in small industries and commercial buildings, such as heat 
for dry cleaners, swimming pools, and absorption-type air conditioning and refrigeration 
systems. 

Satisfactory annual capacity factors for the installed cogeneration system heating capacity 
can be obtained by designing it to meet only a portion of the winter heating peak load. In 
conventional practice, this fraction is typically 50 percent. Loads in excess of this design-
point, which are taken as ten percent of total annual space heating energy requirements, are 
met by a peaking boiler.8 

7 The maximum net heat rates permitted for oil- and gas-fired units under PURPA are equivalent to net 
heat rates of about 2.2-2.4, see also Krause et al. (1992). 
8 The fraction of total heat output supplied from peak load boilers varies by technology. In many 
existing district heating schemes, where heat is derived from intermediate load condensing plants that 
mainly follow electrical rather than thermal loads, this fraction can be as high as 20 percent. In smaller-
scale district heating schemes that use combinations of back pressure and condensing units, it can be as 
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In the range of climates found in the EC-5 region, full-load equivalent operating hours for 
the design building heat loads (VDI 2067, see Appendix A. 12) of a large group of 
buildings or for a district are typically 1500-3000 hours per year after accounting for the 
coincidence factor (see Appendix A. 12). If the cogeneration system is designed to meet 
only 50 percent of the winter peak load, its full-load equivalent operating hours will thus be 
roughly 3000-6000 hours per year. 

The optimum cogenerated fraction of design space heating loads also is a function of the 
relative efficiency improvements in buildings, in water heating, and in any other non-space 
heating processes being served by the cogenerator. For example, once existing buildings 
have been retrofitted to cost-effective levels of thermal insulation (see Appendix A. 12), the 
heating season will contract Unless water heating loads are reduced even more, the winter 
peak will contain a smaller percentage of total (i.e. space heating plus non-space heating) 
building thermal loads. In that case, the fraction of design space heating loads served by 
the cogeneration system can be lowered, and the seasonal load curve for the cogenerator 
flattened, without affecting the fraction of total thermal energy requirements supplied by 
cogenerated heat. Also, annual full-load equivalent operating hours for the distributed-
heating system can be increased. 

For district heating applications, greater diversity of heat customers leads to higher 
operating hours than in neighborhood or on-site systems. To ensure that fixed costs are 
spread over a sufficient number of operating hours, neighborhood systems, and especially 
on-site cogenerators in buildings, are typically designed to meet a smaller fraction of peak 
thermal loads than district heating systems. This is reflected in our operating hour 
sensitivity cases: 

— In the high-hours cogen mode, we assume 5000 full-load equivalent 
operating hours for the electric capacity of both district heating plants 
and IC neighborhood plants. For on-site plants, we use 6000 hours, as 
is typical of hospitals and other intensely used buildings in the 
commercial and institutional sector. 

— In the average-hours mode, the corresponding operating hours are 4000 
(district heating), 2500 (on site), and 3500 hrs/yr (neighborhood). 

4. Results: net heat rates of cogeneration systems 

The net heat rate of cogeneration systems allows one to calculate the energy savings that 
would be obtained compared to separate generation of heat and power (Tables A. 10.7.1 
and A. 10.7.2, TLF mode): 

• When operated in the TLF mode, cogeneration systems can save 
anywhere from 40-60 percent of the fuel input required in conventional, 
condensing power generation. 

The percentage savings are lower in the electric load-following modes. Also, the more the 
electricity-only mode dominates in the ELF mode, the greater become the differences 
between technologies with low electrical efficiencies on the one hand (back-pressure 

little as 1-3 percent (Prinz 1981). In neighborhood units based on IC engines, it is typically of the order of 
10 percent (Hein 1979). 
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turbines, small industrial gas turbines) and those with higher efficiency on the other hand. 
If operated in the ELF low or average mode, the former technologies would not provide 
any energy savings and actually increase energy use relative to separate central station plus 
boiler systems. 

Comparison with field experience 

Actual operation of steam and gas turbine units in the field can deviate considerably from 
the pure TLF mode. Also, many existing cogeneration units are presently not optimized to 
achieve the high overall system efficiencies obtainable with new or refurbished units.9 As 
a result, net heat rates for GT and ST systems are often significantly higher in current 
cogeneration practice than those shown in our TLF analysis. 

What net heat rates are being realized in the field also depends on the regulatory context. 
Various analyses of U.S. experience find that projects built under that country's PURPA 
regulation may produce anywhere from 10 to 75 percent of the total heat loads they are 
capable of supplying (Kahn and Goldman 1987, Capehart and Capehart 1990). 

In Western Europe, where electricity production for the grid faces significant disincentives, 
heat rate variations are less extreme. For example, heat rates reported for industrial back
pressure turbines operated in Italy are about 1.25 kWhfuei/kWhe (ENEL 1986), close to the 
values calculated in Table A.10.7.1. Similarly, Maier, Angerer et al. (1986) estimate that 
the share of electricity-only operation in FRG cogeneration plants is no more than about 30 
percent for condensing-type steam turbine plants, and no more than about 10 percent for 
gas turbines. 

Our analysis brackets these performance parameters with our TLF assumptions on the one 
side, and with our calculations for the various ELF modes (high, average, low) on the 
other side. The data shown for the electricity-only mode provide an additional reference 
point. 

C. CARBON SAVINGS FROM COGENERATION 

1. Methodology 

The customary approach for analyzing cogeneration systems is to view them as steam 
generation or heating plants that produce electricity as a by-product. For the purpose of our 
electricity sector analysis, we take the inverse perspective, in which the heat output of the 
cogeneration system is treated as a by-product, and the plant is viewed as a power station. 

9 See, for example the EEC demonstration project at Dow Chemical Co. in Slade, FRG, in which an 
existing industrial GT system was repowered with an aeroderivative GT. Not only was the electrical 
efficiency improved; the total system first law efficiency also jumped from 68.4 percent to 86.6 percent 
(EEC 1987). 
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Thermal outputs are accounted for in the form of a credit equivalent to the fuel inputs, 
costs, and emissions of a stand-alone heating system or industrial boiler.10 

Inputs for emission calculations 

In cogeneration, net changes in fossil emissions depend on three sources: the carbon 
burden of the displaced central station fuels, the carbon burden of displaced fuels in the 
direct-fired boiler that the cogenerator displaces on the thermal side, and the carbon burden 
of the fuel used in the cogeneration plant. The fuels displaced in central station 
cogeneration, in turn, depend on the load segment being served by the cogeneration plant 

In addition to the carbon emission factors for the three fuels, the net heat rate N and the 
electricity production ratio EPR of the cogeneration system also enter the calculation, as 
well as the heat rate HRb of the boiler. 

Accounting for differences in cogenerator and boiler fuels 

When the fuel used by the cogeneration plant is different from the fuel used by the boiler or 
heating system whose thermal output is being displaced, the carbon emissions from the 
cogenerator need to be corrected for the difference in carbon burdens between the two 
fuels. The formula for the carbon emissions per unit of cogenerated electricity Ecogen then 
is: 

F - N *C - H R h * (Cb - Ccopen) n * 
c-cogen - N *-cogen * jgpR Pa; 

where 

N is the net heat rate of the cogenerator flcWhf/kWhe), 

EPR is the electricity production rate (kWhe/kWhui), 

HRb is the heat rate of the displaced boiler OcWhf/kWhm), and 

Cb and Ccogen are the total carbon burdens of the boiler and cogeneration fuels (g/kWhf). 

In the equation, the first term represents the net emissions if the cogeneration and boiler 
fuels are the same, whereas the second term provides a properly weighted correction if they 
are not 

Calculation of carbon savings 

Starting from standard formulations for the economic savings offered by cogeneration 

10 One inadvertent effect of our accounting produces percentage reductions in the carbon burden of 
electricity production that are larger than those obtained in other accounting systems, where the 
combination of electrical and thermal output is the basis of measurement. This effect is non-problematical, 
since we ensure consistency in our treatment of fuel switching in thermal applications (see Appendix A.12 
and A. 13), but is mentioned here to avoid cognitive dissonance. 
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(Kahn 1988), we develop an algebraic formula for carbon savings. We can write: 

100 * [HRU * Cu - N * Ccoge„ + KCh - C « ^ > * HRn1] 
SC = HR U *C U <3b) 

where 

HRU is the central station heat rate QcWhf/kWhe), 

N is the net heat rate of the cogenerator OcWhpkWhe), 

Sfj is the percent carbon savings per cogenerated kWhe, 

EPR is the electricity production rate QcWhe/kWhth), 

HRb is the heat rate of the displaced boiler (kWhf/kWhm), and 

Cu, Cb, and Ccogen are the total carbon burdens of the various fuels (g/kWhf). 

In the equation, the first two terms represent the savings in carbon burdens when the 
carbon burden of the displaced boiler fuel and the fuel used in the cogeneration plant are the 
same. The last term represents the correction for the case where the two fuels are different. 

The operating mode with the lowest carbon burden for cogenerated electricity is one in 
which the plant operates only when thermal loads can be served, and when these thermal 
loads are at the design point level. In the TLF mode, carbon savings are independent of the 
annual hours of operation. In the ELF mode, carbon savings vary significantly with the 
hours of cogeneration operation. The highest carbon burden occurs in the electricity-only 
mode, when no thermal loads are being served. 

2. Reference systems 

Percentage savings are given relative to six central-station-plus-separate-boiler reference 
cases: 

— A conventional coal-fired steam turbine (ST) central station (about 240 
gC/kWh without T&D losses); these power plants are dominant in 
Great Britain and West Germany. 

— A conventional oil-fired ST central station (about 200 gC/kWh without 
T&D losses); these power plants are dominant in Italy. 

— A conventional gas-fired ST central station (about 135 gC/kWh w/o 
T&D); gas-fired central stations are dominant in the Netherlands. 

— An advanced gas-fired combined cycle or intercooled steam injection 
turbine (about 100 gC/kWh); these plants represent the most efficient 
current technology fossil central station option (see Appendix A.10.6). 

— The 1985 average EC-5 carbon burden of electricity (168 gC/kWh). 

A.10.7.19 



— The 1985 average carbon burden of electricity generation in France (65 
gC/kWh); this comparison illustrates the relative carbon intensity of 
nuclear power-based grids and cogeneration systems. 

In interpreting the variations by boiler fuel, it is helpful to know that the 1985 average EC-5 
carbon burden of low temperature heating applications was almost exactly the same as that 
of fuel oil. The average potential carbon savings is thus indicated by the cases in which 
cogeneration replaces an oil-fired boiler. 

3. Results 

As a point of reference, Tables A. 10.7.5 and A. 10.7.6 show the carbon burdens of 
electricity from industrial and distributed-heating system (CHP) cogeneration. Tables 
A. 10.7.7 to A. 10.7.12 show the percent carbon savings per unit of cogenerated electricity 
for industrial systems in the TLF and ELF modes. Those for distributed-heating systems 
are found in Tables A.10.7.13 to A.10.7.18. 

Coal-fired versus gas-fired cogeneration 

As expected, coal-fired cogeneration is a less effective tool in reducing carbon emissions 
than gas-fired cogeneration: 

• Gas-fired cogeneration in the TLF mode (both industrial and 
district/neighborhood) achieves very large (about 70-85%) carbon 
savings relative to coal central stations plus oil-fired boilers. Even when 
the boiler fuel is already gas, carbon savings are about 60-70%. When 
the boiler fuel is coal, savings are as high as 80-90%. 

• In the ELF mode, carbon savings from gas-fired cogenerators remain 
high (40- 50%) for gas- and oil-fired central stations and all boiler fuels. 

• Coal-fired cogeneration does offer major (50-60%) emission reductions 
in industrial TLF applications when displacing conventional coal- or oil-
fired central stations plus coal fired boilers. 

• In district heating TLF applications, savings from coal-gasifier ACC 
plants are 15-25% compared to coal and oil power plants and oil fired 
boilers. 

• In the ELF mode, carbon savings from coal-fired cogeneration are small 
to strongly negative (i.e. the carbon burdens of electricity production 
increase relative to the reference power plant). 

In gas-fired industrial cogeneration, STIGs, large ICs, and the larger, aeroderivative GTs 
offer carbon savings that are quite comparable, though aeroderivative STIGs and advanced 
diesels are the superior systems. The outlier among the gas technologies is the 
conventional industrial gas turbine of small size.11 

11 The performance shown in the table for this technology is broadly representative of existing GT 
cogeneration systems of all sizes. Upgrading of existing GT applications with better machinery (EEC 
1987) would lead to lower net heat rates and carbon savings of about 25 percent 
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In gas-fired district heating, the district heating plants based on high efficiency ACC or 
ISTIG systems show significantly greater carbon savings than small on-site or 
neighborhood systems based on Otto or diesel engines. Here, the higher electrical 
efficiency of the advanced district heating plant is more than enough to offset the heat 
distribution losses in district heating. Nevertheless, carbon savings from these smaller IC 
systems are still significantly larger than those obtained with conventional GT systems in 
industrial applications. 

For the larger neighborhood stations, where more efficient truck diesels can be used, heat 
rates and carbon burdens are only slightly higher than for district heating plants. There is 
also little difference in carbon burdens between these technologies and the industrial STIG, 
IC, and advanced GT applications. 

For industrial coal-fired cogeneration systems, only the steam turbine technology (back
pressure or condensing) is widely available. Though coal-fired ST systems cannot 
compete with gas turbine and IC systems when it comes to carbon savings, the technology 
currently is the principal commercially available option for municipal solid waste burning 
plants, and could thus continue to have a role there.12 Because of the relatively low fossil 
carbon burden of municipal waste, these plants would still offer substantial carbon 
savings.13 

Coal-fired district heating systems would be attractive only if they were to replace electricity 
from coal-fired central stations. Even then, carbon savings would be modest at best. 
Within these overall limitations, IGACC plants would be superior to conventional steam 
turbine plants on account of their higher electrical efficiency. 

In the further discussion, we limit ourselves to observations based on the best gas-fired 
systems. Since carbon savings from distributed-heating and industrial applications are very 
similar for these systems, we make no further distinction by application. Unless otherwise 
stated, our quantitative observations assume that oil is the displaced boiler fuel. Other 
cases can be accessed through the accompanying tables. 

Savings relative to EC-5 average carbon burden 

Compared to the average 1985 EC-5 carbon burden of electricity, the picture is as follows 
(Tables A.10.7.11 and A.10.7.17): 

• In the TLF mode, best gas-fired cogeneration systems (both industrial 
and district/neighborhood heating) would reduce carbon burdens by 70-
80 percent when replacing oil-fired boilers. 

• Even in the least favorable ELF mode (cogen low), savings of 35-45 
percent could still be achieved. 

12 The combustible portion of municipal waste could be utilized with gas turbine technology if first 
gasified. See Appendix A. 10.9 for a discussion of biomass gasification technology. 
13 Fritsche et al. (1989) estimate that the carbon burden of municipal waste is generally only about 40 
percent of that for coal. However, no data are given on the fraction of the carbon burden that is fossil-based 
(i.e. from burning of plastics, etc.) as opposed to renewables-based. 
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Savings relative to gas-fired central stations (ST or ACC/ISTIG) 

For conventional gas steam turbine central stations, the results are as follows (Tables 
A. 10.7.9 and A. 10.7.15): 

• In the TLF mode, best gas-fired systems achieve 60-70 percent savings 
relative to oil-fired boilers. 

• In the least favorable ELF mode (cogen low), savings can still be 20-30 
percent. 

If the comparison is made with advanced gas-fired central stations, results change only 
moderately (Tables A. 10.7.10 and A. 10.7.16). In the TLF mode, savings would be 50-60 
percent In the ELF low cogen mode, they can be 10-20 percent. This result is important 
in the context of the findings of Appendix A.10.6 on the relative economic merit of 
alternative central station technologies: 

• Cogeneration continues to offer a carbon savings advantage even when 
central stations are gas-fired and use the highest-efficiency technologies. 

Savings relative to nuclear-dominated electricity production (France): 

Due to the high nuclear and significant hydro fraction in French power generation, the 
electricity carbon burden of French electricity is only about 40 percent of the EC-5 average. 
Carbon emissions are mostly due to the use of coal-fired plants for intermediate loads. 
These coal plants could be displaced at significant carbon benefit by cogeneration systems, 
for example district heating plants.14 

It is instructive to summarize how cogeneration would fare when compared against the 
average French electricity carbon burden (Tables A. 10.7.12 and A. 10.7.18). Should a 
major reactor accident force the shut-down of nuclear plants, gas-fired cogeneration 
operated in ELF mode would be a key substitute technology: 

• In the worst case (ELF, low industrial cogen), carbon burdens from 
switching to gas-fired cogeneration would rise by about 40-100 percent 

• In the best case (TLF), gas-fired cogeneration would offer carbon 
burden reductions of about 20-50 percent. 

This finding illustrates perhaps more graphically than any other calculation that gas-fired 
cogeneration technologies can be a powerful carbon substitution option even under the 
most demanding circumstances. 

14 In recent years, France has sought to purchase (coal-fired) power from neighboring countries to back up 
its nuclear plants. Interest in coal-fired power has been partly related to low river flows that limited cooling 
water availability for several nuclear plants. In addition, this interest reflects the difficulties of using 
nuclear plants to serve the high winter peak loads brought about by France's heavy reliance on electric 
heating. 
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4. Conclusions 

Overall, our comparison can be summarized as follows: 

• Care must be taken to account for national differences in the dominant 
fuels for baseload and intermediate load central station power plants. 
These differences can have a substantial impact on the magnitude of 
carbon savings from cogeneration. 

• From a climatic perspective, gas-fired cogeneration is a flexible, 
efficient, and attractive technology option. It offers carbon savings 
under virtually all circumstances. 

• Where gas is not available, moderately lower carbon savings can still be 
achieved with oil-fired cogeneration systems. 

• Coal-fired cogeneration could play a limited role in a carbon reduction 
strategy. 

— Coal-fired district heating could provide significant (about 50 percent) 
carbon savings if it is targeted toward displacing coal-fired electricity 
and coal- or oil-fired industrial boilers. 

— From a carbon savings perspective, coal-fired district heating is 
limited to applications where it displaces central station coal power. 

• Potential carbon savings from gas-fired cogeneration savings are higher 
than commonly realized and quite resilient against variations in the 
displaced reference systems. 

— In the best case (TLF mode, coal-fired central stations), gas-fired 
STIG and IC systems reduce carbon burdens of electricity production 
by 80-90 percent. In this case, carbon savings differ little from those 
obtained with nuclear or renewable non-fossil generating 
technologies. 

— On average (i.e. in the ELF average mode and when displacing 
heating oil and EC-5 average electricity), the same gas-fired 
technologies offer carbon savings of 40-60 percent. 

— Even when displacing power production dominated by nuclear 
baseload and hydro, as is the case in France, some carbon savings 
could be obtained through gas cogeneration. In the worst case, 
carbon burdens could increase relative to that of the French power 
mix. 

A. 10.7.23 
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Table A.10.7S: On-site net delivered electricity carbon burdens of 

Operating mode 

TLF 

ELF, cogen high 

ELF, cogen ave 

ELF. cogen low 

Boiler fuel 

coal 
oil 
gas 

coal 
oil 
gas 

coal 
oil 
gas 

coal 
oil 
gas 

Back-press. 
coal 

MWe 
5 

99 
220 
414 

290 
382 
528 

545 
597 
681 

697 
727 
774 

power from industrial cogeneration 

ST 
coal 

MWe 
25 

Gas turbine 
gas gas 

MWe MWe 
3.85 33.1 

Large IC engine 
gas gas 

conv. adv. 
MWe MWe 

5 25 

On-site net delivered electricity C burden (g-C/kWh.e 

99 -18 -3 66 28 
159 35 33 79 44 
255 109 82 96 66 

194 49 44 85 51 
239 86 69 94 63 
311 137 104 107 79 

319 124 98 107 79 
345 144 112 112 86 
387 171 131 120 95 

395 166 129 120 96 
409 177 137 123 100 
433 192 148 127 105 

STIG turbine 
gas 

industrial 
MWe 
5.6 

8 
41 
86 

49 
72 
104 

96 
108 
125 

122 
129 
138 

gas 
aeroderiv. 

MWe 
51.4 

14 
38 
72 

47 
65 
90 

87 
97 
111 

110 
116 
124 

(1) Carbon burdens include direct and indirect emissions as calculated from GEMIS data (Fritsche et al. 1989). 
(2) Operating modes as shown in Tables A.10.7.1 and A.7.10.3. Electrical T&D losses of 4 percent were added. 
(3) Industrial oil boilers are assumed to use 50 percent heavy fuel oil, 50 percent light fuel oil. 
(4) Coal-fired boilers are assumed to use 90 percent hard coal, 10 percent lignite on average (95 gC/kWh coal input). 
(5) On-site net carbon burdens exclude reductions in carbon emissions due to displacement of central station fuels. 
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Table A.10.7.6: On-site net delivered electricity carbon burdens from CHP cogeneration 

Parameter 

Max. capacity electric 
Equiv. operating availability 

Operating mode 

TLF average 

ELF, cogen high 

ELF, cogen ave 

Dimension 

MWe 
%/100 

Boiler fuel 

oil 
gas 

oil 
gas 

oil 
gas 

Large CHP for District Heat 
coal coal-gasif. gas 
ST ACC ISTIG 

100 100 110 
0.9 0.9 0.92 

On-site/neighborhood IC 
gas 
Otto 

0.3 
0.95 

On-site net delivered electricity C burden (g-C/kWh.e) 

240 185 68 
299 214 90 

259 202 90 
290 218 102 

268 208 96 
292 221 106 

44 
96 

89 
122 

148 
161 

engine 
gas 

Diesel 

5 
0.95 

54 
88 

96 
115 

114 
127 

(1) Carbon burdens include direct and indirect emissions as calculated from GEMIS data (Fritsche et al. 1989). 
(2) Operating modes as shown in Tables A.10.7.2 and A.7.10.4. Electrical T&D losses were added as described in the text. 
(3) On-site net carbon burdens exclude reductions in carbon emissions due to displacement of central station fuels. 
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Table A.10.7.7: Reduction of electricity C burdens from industrial cogeneration: reference power plant coal steam 

Operating mode 

TLF average 

ELF, cogen high 

ELF, cogen ave 

ELF, cogen low 

Boiler fuel 

coal 
oil 
gas 

coal 
oil 
gas 

coal 
oil 
gas 

coal 
oil 
gas 

Back-press. ST 
coal coal 

MWe MWe 
5 25 

61 61 
12 37 
-65 -2 

-16 23 
-52 5 
-110 -24 

-117 -27 
-138 -38 
-172 -54 

-178 -57 
-190 -63 
-209 -73 

Gas turbine 
gas gas 

MWe MWe 
3.85 33.1 

Large IC engine 
gas gas 

conv. adv. 
MWe MWe 

5 25 

Reduction in electricity C burden (%) 

107 101 73 89 
86 87 69 82 
57 67 62 74 

81 83 66 80 
66 72 63 75 
45 58 57 68 

50 61 57 68 
42 55 55 66 
32 48 52 62 

34 48 52 62 
29 45 51 60 
23 41 49 58 

STIG turbine 
gas 

industrial 
MWe 

5.6 

97 
84 
66 

81 
71 
59 

62 
57 
50 

51 
49 
45 

gas 
aeroderiv. 

MWe 
51.4 

95 
85 
71 

81 
74 
64 

65 
61 
56 

56 
54 
51 

(1) Carbon burdens include direct and indirect emissions as calculated from GEMIS data (Fritsche et al. 1989). 
(2) Operating modes as shown in Tables A.10.7.1 and A.7.10.3. 
(3) Coal-fired central stations are assumed to have a net efficiency of 39.5%. 
(4) Coal-fired systems are assumed to use 90 percent hard coal. 10 percent lignite on average (95 gC/kWh coal input). 
(5) Oil-fired industrial boilers are assumed to use 50 percent heavy fuel oil, 50 percent light fuel oil. 
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Table A.10.7.8: Reduction of electricity C burdens from industrial 

Operating mode 

TLF average 

ELF, cogen high 

ELF, cogen ave 

ELF, cogen low 

Boiler fuel 

coal 
oil 
gas 

coal 
oil 
gas 

coal 
oil 
gas 

coal 
oil 
gas 

Back-press. 
coal 

MWe 
5 

53 
-5 
-97 

-38 
-82 
-151 

-159 
-184 
-224 

-232 
-246 
-268 

cogenerat 

ST 
coal 

MWe 
25 

53 
24 
-21 

8 
-14 
-48 

-52 
-64 
-84 

-88 
-95 
-106 

on: reference power plant oil steam 

Gas turbine 
gas gas 

MWe MWe 
3.85 33.1 

Large IC engine 
gas gas 

conv. adv. 
MWe MWe 

5 5 

Reduction in electricity C burden (%) 

109 102 68 87 
83 84 62 79 
48 61 54 69 

77 79 60 76 
59 67 55 70 
35 50 49 62 

41 53 49 62 
31 47 47 59 
18 37 43 55 

21 39 43 54 
16 35 41 52 
9 30 39 50 

STIG turbine 
gas 

industrial 
MWe 

5.6 

96 
81 
59 

77 
66 
51 

54 
49 
40 

42 
39 
34 

gas 
aeroderiv. 

MWe 
51.4 

93 
82 
66 

78 
69 
57 

59 
54 
47 

47 
45 
41 

(1) Carbon burdens include direct and indirect emissions as calculated from GEMIS data (Fritsche et al. 1989). 
(2) Operating modes as shown in Tables A.10.7.1 and A.7.10.3. 
(3) Oil-fired central stations are assumed to have a net efficiency of 41 %. 
(4) Coal-fired boilers arc assumed to use 90 percent hard coal, 10 percent lignite on average (95 gC/kWh coal input). 
(5) Oil-fired industrial boilers are assumed to use 50 percent heavy fuel oil, 50 percent light fuel oil. 



Table A.10.7.9: Reduction of electricity C burdens from Industrial cogeneration: reference plant gas steam 

Back-press. ST 
coal coal 

MWe 
5 

MWe 
25 

Gas turbine 
gas gas 

MWe 
3.85 

MWe 
33.1 

Large IC engine 
gas gas 

conv. adv. 
MWe MWe 

5 5 

STIG turbine 
gas gas 

industrial aeroderiv. 
MWe MWe 

5.6 51.4 

o 
-4 

CO 

Operating mode 

TLF average 

ELF, cogen high 

ELF, cogen ave 

ELF, cogen low 

Boiler fuel 

coal 
oil 

coal 
oil 

coal 
oil 
gas 

coal 
oil 
gas 

Reduction in electricity C burden (%) 

30 
-56 
-193 

-106 
-171 
-274 

-286 
-323 
-383 

-394 
-415 
-449 

30 
-13 
-81 

-37 
-69 
-121 

-126 
-145 
-175 

-180 
-190 
-207 

113 
75 
23 

65 
39 
3 

12 
-2 

-22 

-18 
-26 
-36 

102 
77 
42 

69 
51 
26 

30 
20 
7 

8 
3 
-5 

53 
44 
32 

40 
33 
24 

24 
20 
15 

15 
13 
10 

80 
69 
54 

64 
55 
44 

44 
39 
32 

32 
29 
25 

94 
71 
39 

65 
49 
27 

32 
23 
11 

13 
8 
2 

90 
73 
49 

67 
54 
36 

38 
31 
21 

22 
18 
12 

(1) Carbon burdens include direct and indirect emissions as calculated from GEMIS data (Fritsche et al. 1989). 
(2) Operating modes as shown in Tables A.10.7.1 and A.7.10.3. 
(3) Gas-fired central stations are assumed to have a net efficiency of 42% (conventional steam turbine). 
(4) Coal-fired boilers are assumed to use 90 percent hard coal, 10 percent lignite on average (95 gC/kWh coal input). 
(5) Oil-fired industrial boilers are assumed to use 50 percent heavy fuel oil, 50 percent light fuel oil. 
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Table A.10.7.10: Reduction or electricity C burdens from industrial cogeneration: reference plant ACC/ISTIG 

Operating mode 

TLF average 

ELF, cogen high 

ELF, cogen ave 

ELF, cogen low 

Boiler fuel 

coal 
oil 
gas 

coal 
oil 
gas 

coal 
oil 
gas 

coal 
oil 
gas 

Back-press. ST 
coal coal 

MWe MWe 
5 25 

8 8 
-104 -48 
-284 -137 

-170 -80 
-254 -122 
-390 -189 

-406 -196 
-454 -221 
-532 -259 

-547 -266 
-575 -280 
-619 -302 

Gas turbine 
gas gas 

MWe MWe 
3.85 33.1 

Large IC engine 
gas gas 

conv. adv. 
MWe MWe 

5 5 

Reduction in electricity C burden (%) 

117 103 38 74 
67 70 27 59 
-1 24 11 39 

55 60 21 52 
20 36 13 41 
-27 3 1 27 

-16 9 1 26 
-34 -4 -4 20 
-59 -22 -11 11 

-55 -20 -11 11 
-65 -27 -14 7 
-78 -37 -18 2 

STIG turbine 
gas 

industrial 
MWe 

5.6 

93 
62 
20 

55 
33 
4 

11 
0 

-16 

-13 
-20 
-29 

gas 
aeroderiv. 

MWe 
51.4 

87 
64 
33 

56 
40 
17 

19 
10 
-3 

-3 
-8 

-15 

(1) Carbon burdens include direct and indirect emissions as calculated from GEMIS data (Fritsche et al. 1989). 
(2) Operating modes as shown in Tables A. 10.7.1 and A.7.10.3. 
(3) Gas-fired central stations are assumed to have a net efficiency of 55% (advanced combined cycle or ISTIG). 
(4) Coal-fired boilers are assumed to use 90 percent hard coal, 10 percent lignite on average (95 gC/kWh coal input). 
(5) Oil-fired industrial boilers are assumed to use 50 percent heavy fuel oil, 50 percent light fuel oil. 
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Table A.10.7.11: Reduction of electricity C burdens from Industrial cogeneration: reference EC-51985 power mix 

Operating mode 

TLF average 

ELF, cogen high 

ELF, cogen ave 

ELF, cogen low 

Boiler fuel 

coal 
oil 
gas 

coal 
oil 
gas 

coal 
oil 
gas 

coal 
oil 
gas 

Back-press. ST 
coal coal 

MWe MWe 
5 25 

43 43 
-26 9 

-137 -46 

-67 -11 
-119 -37 
-203 -79 

-212 -83 
-243 -98 
-291 -122 

-300 -126 
-317 -135 
-344 -148 

Gas turbine 
gas gas 

MWe MWe 
3.85 33.1 

Large IC engine 
gas 

conv. 
MWe 

5 

Reduction in electricity C burden (%) 

111 102 62 
80 81 55 
38 53 45 

72 75 51 
51 60 46 
21 40 39 

29 44 39 
17 36 36 
2 25 31 

5 26 31 
-2 21 29 

-10 15 27 

gas 
adv. 
MWe 

5 

84 
75 
62 

71 
64 
55 

55 
51 
45 

45 
43 
40 

STIG turbine 
gas 

industrial 
MWe 
5.6 

95 
77 
51 

72 
59 
41 

45 
38 
28 

30 
26 
21 

gas 
aeroderiv. 

MWe 
51.4 

92 
78 
59 

73 
63 
48 

50 
44 
36 

37 
33 
29 

(1) Carbon burdens include direct and indirect emissions as calculated from GEMIS data (Fritsche et al. 1989). 
(2) Operating modes as shown in Tables A.10.7.1 and A.7.10.3. 
(3) EC-5 fossil central stations are assumed to have an average net efficiency of 36 percent. 1985 carbon burden was 168 gC/kWh.e. 
(4) Coal-fired boilers are assumed to use 90 percent hard coal, 10 percent lignite on average (95 gC/kWh coal input). 
(5) Oil-fired industrial boilers are assumed to use 50 percent heavy fuel oil, 50 percent light fuel oil. 
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Table A.10.7.12: Reduction of electricity C burdens from Industrial cogeneration: French 1985 power mix 

Operating mode 

TLF average 

ELF, cogen high 

ELF, cogen ave 

ELF, cogen low 

Boiler fuel 

coal 
oil 
gas 

coal 
oil 
gas 

coal 
oil 
gas 

coal 
oil 
gas 

Back-press. ST 
coal coal 

MWe MWe 
5 25 

Gas turbine 
gas gas 

MWe MWe 
3.85 33.1 

Large IC engine 
gas gas 

conv. adv. 
MWe MWe 

5 5 

Reduction in electricity C burden (%) 

-46 -46 127 105 2 58 
-224 -134 48 52 -16 35 
-510 -276 -60 -21 -41 3 

-328 -185 28 36 -25 24 
-462 -252 -27 -2 -38 7 
-678 -359 -102 -54 -57 -17 

-703 -371 -83 -44 -57 -17 
-780 -409 -112 -65 -65 -27 
-904 -470 -153 -94 -76 -41 

-927 -482 -145 -90 -77 -42 
-971 -503 -161 -102 -81 -47 

-1041 -538 -183 -118 -88 -55 

STIG turbine 
gas 

industrial 
MWe 

5.6 

88 
40 
-26 

28 
-6 
-53 

-41 
-59 
-85 

-80 
-90 
-104 

gas 
aeroderiv. 

MWe 
51.4 

80 
44 
-6 

31 
4 

-32 

•28 
-43 
-64 

-63 
-71 
-83 

(1) Carbon burdens include direct and indirect emissions as calculated from GEMIS data (Fritsche et al. 1989). 
(2) Operating modes as shown in Tables A.10.7.1 and A.7.10.3. 
(3) Assuming an average net fossil central station efficiency of 36 percent and an average carbon burden of 65 gC/kWh.e. 
(4) Coal-fired boilers are assumed to use 90 percent hard coal, 10 percent lignite on average (95 gC/kWh coal input). 
(5) Oil-fired industrial boilers are assumed to use 50 percent heavy fuel oil, 50 percent light fuel oil. 
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Table A.10.7.13: Reduction of electricity C burdens from CHP cogeneration: reference plant coal steam 

Parameter 

Max. capacity electric 
Equiv. operating availability 

Operating mode 

TLF average 

ELF, cogen high 

ELF, cogen ave 

Dimension 

MWe 
%/100 

Boiler fuel 

oil 
gas 

oil 
gas 

oil 
gas 

Large CHP for District Heat 
coal coal-gasif. gas 
ST ACC ISTIG 

100 100 110 
0.9 0.9 0.92 

On-site/neighborhood IC 
gas 

Otto 

0.3 
0.95 

Reduction In electricity C burden (%) 

6 28 73 83 
-17 16 65 63 

-1 21 65 65 
-13 15 60 52 

-5 19 62 42 
-14 13 59 37 

engine 
gas 

Diesel 

5 
0.95 

79 
66 

62 
55 

55 
50 

(1) Carbon burdens include direct and indirect emissions as calculated from GEMIS data (Fritsche et al. 1989). 
(2) Operating modes as shown in Tables A.10.7.2 and A.7.10.4. 
(3) Coal-fired central stations are assumed to have a net efficiency of 39.5%. 
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Table A.10.7.14: Reduction of electricity C burdens from CHP cogeneration: reference power plant oil steam 

Parameter 

Max. capacity electric 
Equiv. operating availability 

Operating mode 

TLF average 

ELF, cogen high 

ELF, cogen ave 

Dimension 

MWe 
%/100 

Boiler fuel 

oil 
gas 

oil 
gas 

oil 
gas 

Large CHP for District Heat 
coal coal-gasif. gas 
ST ACC ISTIG 

100 100 110 
0.8 0.9 0.92 

On-site/neighborhood 
gas 
Otto 

0.3 
0.95 

Reduction in electricity C burden (%) 

-12 14 68 80 
-40 0 58 55 

-21 6 58 59 
-35 -2 52 43 

-25 3 55 31 
-36 -3 51 25 

IC engine 
gas 

Diesel 

5 
0.95 

75 
59 

55 
47 

47 
41 

(1) Carbon burdens include direct and indirect emissions as calculated from GEMIS data (Fritsche et al. 1989). 
(2) Operating modes as shown in Tables A. 10.7.2 and A.7.10.4. 
(3) Oil-fired central stations are assumed to have a net efficiency of 41%. 
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Table A.10.7.15: Reduction of electricity C burdens from CHP cogeneration: reference plant gas steam 

Parameter 

Max. capacity electric 
Equiv. operating availability 

Operating mode 

TLF average 

ELF, cogen high 

ELF, cogen ave 

Dimension 

MWe 
%/ioo 

Boiler fuel 

oil 
gas 

oil 
gas 

oil 
gas 

Large CHP for District Heat 
coal coal-gasif. gas 
ST ACC ISTIG 

100 100 110 
0.9 0.9 0.92 

On-site/neighborhcod IC engine 
gas gas 
Otto Diesel 

0.3 5 
0.95 0.95 

Reduction In electricity C burden (%) 

-67 -29 52 70 62 
-108 -49 37 33 39 

•80 -40 38 38 33 
-102 -52 29 15 20 

-86 -45 33 -3 21 
-103 -54 26 -12 12 

(1) Carbon burdens include direct and indirect emissions as calculated from GEMIS data (Fritsche et al. 1989). 
(2) Operating modes as shown in Tables A.10.7.2 and A.7.10.4. 
(3) Gas-fired central stations are assumed to have a net efficiency of 42% (conventional steam turbine). 
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Table A. 10.7.16: Reduction of electricity C burdens from CHP cogeneration: reference plant ACC/ISTIG 

Parameter 

Max. capacity electric 
Equiv. operating availability 

Operating mode 

TLF average 

ELF, cogen high 

ELF, cogen ave 

Dimension 

MWe 
%/100 

Boiler fuel 

oil 
gas 

oil 
gas 

oil 
gas 

Large CHP for District Heat 
coal coal-gasif. gas 
ST ACC ISTIG 

100 100 110 
0.9 0.9 0.92 

On-site/neighborhood 
gas 
Otto 

0.3 
0.95 

Reduction in electricity C burden (%) 

-119 -69 38 
-173 -95 18 

-136 -84 18 
-164 -99 7 

-144 -90 13 
-166 -102 4 

60 
13 

19 
-11 

-34 
-46 

IC engine 
gas 

Diesel 

5 
0.95 

51 
20 

12 
-4 

-4 
-15 

(1) Carbon burdens include direct and indirect emissions as calculated from GEMIS data (Fritsche et al. 1989). 
(2) Operating modes as shown in Tables A.10.7.2 and A.7.10.4. 
(3) Gas-fired central stations are assumed to have a net efficiency of 55% (advanced combined cycle or ISTIG). 
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Table A.10.7.17: Reduction of electricity C burdens from CHP cogeneration: reference EC-5 1985 power mix 

Parameter 

Max. capacity electric 
Equiv. operating availability 

Operating mode 

TLF average 

ELF, cogen high 

ELF. cogen ave 

Dimension 

MWe 
%/100 

Boiler fuel 

oil 
gas 

oil 
gas 

oil 
gas 

Large CHP for District Heat 
coal coal-gasif. gas 
ST ACC ISTIG 

100 100 110 
0.9 0.9 0.92 

On-site/neighborhood IC engine 
gas gas 
Otto Diesel 

0.3 5 
0.95 0.95 

Reduction in electricity C burden (%) 

-35 -4 62 76 70 
-68 -21 49 46 51 

-46 -13 49 50 46 
-63 -23 43 32 36 

-51 -17 46 17 36 
•64 -25 40 10 29 

(1) Carbon burdens include direct and indirect emissions as calculated from GEMIS data (Fritsche et al. 1989). 
(2) Operating modes as shown in Tables A.10.7.2 and A.7.10.4. 
(3) EC-5 fossil central stations are assumed to have an average net efficiency of 36 percent. 
(4) 1985 EC-5 carbon burden was 168 gC/kWh.e. 
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Table A.10.7.18: Reduction of electricity C burdens from CHP cogeneration: French 1985 power mix 

Parameter 

Max. capacity electric 
Equiv. operating availability 

Operating mode 

TLF average 

ELF, cogen high 

ELF, cogen ave 

Dimension 

MWe 
%/100 

Boiler fuel 

oil 
gas 

oil 
gas 

oil 
gas 

Large CHP for District Heat 
coal coal-gasif. gas 
ST ACC ISTIG 

100 100 110 
0.9 0.9 0.92 

On-site/neighborhood 
gas 
Otto 

0.3 
0.95 

Reduction In electricity C burden (%) 

-247 -168 1 
-333 -210 -31 

-274 -191 -30 
-319 -215 -47 

-287 -201 -39 
-322 -220 -53 

37 
-38 

-28 
-76 

-113 
-132 

IC engine 
gas 

Diesel 

5 
0.95 

22 
-27 

-39 
-66 

-65 
-83 

(1) Carbon burdens include direct and indirect emissions as calculated from GEMIS data (Fritsche et al. 1989). 
(2) Operating modes as shown in Tables A.10.7.2 and A.7.10.4. 
(3) Assuming an average net fossil central station efficiency of 36 percent and an average carbon burden of 65 gC/kWh. 



D. IMPACTS OF COGENERATION ON EMISSIONS OF NOx AND S0 2 

1. Points of reference for pollution control analysis 

Levels of pollution control 

We analyze the impact on emissions of the two major acid rain precursors on the basis of 
three levels of pollution control: 

• Current minimum emission control standards based on FRG new source 
performance regulations; 

• Typical practice in new installations, which often exceeds the minimum 
standards considerably; 

• Best control technology.15 

In Table A. 10.7.19, we show the FRG regulations by type and size of cogenerator for 
units of up to 300 MWe. FRG regulations (TA-Luft, 1. BImSchV, GFAVO, UMK) 
distinguish between several classes of technologies: boilers and furnaces, IC engines, and 
gas turbines. Within each technology class, further differentiations are made on the basis 
of the capacity size of the installation, as well as on the basis of the fuel used. 

The emission factors for IC engines, simple gas turbines, back-pressure steam turbines, 
and reference central stations, industrial boilers, and building heating systems are taken 
from the GEMIS data base. The data for the STIG, ISTIG, ACC, and IGCC technologies 
are based on Williams and Larson (1989) and CaEC (1990). 

Besides FRG standards, the table also shows typical emission factors in kg/TJ for current 
FRG practice in new installations, and emission factors for best control technology. In 
Tables A.10.7.20 to A. 10.7.22, we list emission factors in g/kWhe units for the 
cogenerators examined in our study and for the industrial boiler systems and heating 
systems they displace.16 

We calculate how cogeneration technologies will affect SO2 and NOx emissions compared 
to separate central stations and boilers conforming to typical FRG practice for new power 
plants. This comparison is consistent with our busbar calculations for central station 

15 The term best control technology is used here in its generic sense, and not in its more restricted legal 
meaning when control agencies define a best available control technology. 

16 Our treatment of NOx emission factors is simplified in that a full-load value is used for both TLF and 
ELF operating modes. For a number of the technologies investigated here, emission factors would be lower 
for the part-load portions of TLF operation. 

A.10.7.38 



Table A.IO.7.19: Emission standards and control technologic* lot 

Combustion source 

Steam boilers/b.p. turbines 

S02 
S02 
NOx 
NOx 
NOx 

Particulates 

Particulates 
Steam boilers/b.p. turbines 

S02 
S02 
NOx 
NOx 
NOx 

Particulates 

Particulates 
Steam boilers/b.p. turbines 

S02 
NOx 

Particulates 
Steam boilers/b.p. turbines 

S02 
NOx 

Particulates 
IC engines 

S02 
S02 
NOx 
NOx 

Particulates 
IC engines 

S02 
NOx 
NOx 
NOx 

Particulates 
Gas turbines (GT. CC, STIG) 

S02 
NOx 
NOx 

Particulates 
Gas turbines (GT. CC STIG) 

S02 
NOx 
NOx 

Particulates 

Fuel 

Hard coal 
Conv. 
Conv. 

Conv. 
Conv. 
Conv. 

all techs. 
all tech. 

Hard coal 
Fluid, bed 
Fluid, bed 
Fluid, bed 
Fluid bed 
Fluid, bed 
all techs. 

all tech. 
Oil 

Gas 

Oil 

Gas 

Gas 

Oil 

cogeneration systems 

FRG New Source standards 

Capacity 

S-50MW 

50-300 MW 
5-50 MW 

50-100 MW 

100-300 MW 
5-50 MW 

50-300 MW 

5-50 MW 
50-300 MW 

5-50 MW 
50-100 MW 
100-300 MW 

5-50 MW 

50-300 MW 
5-300 MW 

<10MW 

10-100 MW 

1-5 MW 

>5MW 
1-5 MW 
>5MW 

all 

al lMMW 
>5MW 
>1MW 
<1MW 

al lMMW 

aU 
<16MW 

>16MW 
aU 

aU 
<16MW 
>16MW 

all 

Maximum 
emissions 

mgmm3 

2000 
400 
500 
800 
200 
50 

400 
400 
300 
800 
200 
50 

1700 

450 
50 

None 

35 
200 
5 

400 
1700 

4000 
2000 
130 

35 
500 
500 
500 
5 

35 
500 
350 
5 

400 
350 
300 
50 

Oxyg. 

/Vol 

7% 

3% 

3% 

5 * 

5% 

15% 

15% 

Emission 
factor 

kg/TJin 

760 
152 
190 
280 
76 
19 
19 

152 
152 
114 
280 
76 
19 
19 

488 
129 
14 

10 
56 
1 

115 
115 
1292 
646 
42 

11 
157 
157 
157 
2 

29 
292 
250 
4 

115 
301 
258 
43 

New installations 

Typical 

Emission 
factor 

kg/rJin 

304 
106 
152 
142 
142 
15 
10 

152 
76 
152 
76 
76 
15 
10 

75 
57 
3 

0.3 
28 
0.1 

75 
75 

1200 
258 
42 

10 
125 
125 
63 
2 

0.3 
166 
83 
4 

75 
271 
232 
39 

Best current technology 

Approach 

dry gas clean-up, 80% 
scrubbers/limestone 

Low NOx firing system 
simple SNCR 
SNCR.SCR 

limestone 
limestone 

circulating FB 
circulating FB 
circulating FB 

none 
Low-NOx burners 

none 
3-way catalyst 

none 
none 

SNCR 
SCR 

none 
Lean-bum engine 

SCR 
CalaLconv. 

none 
STIG/SCR 

STIG/SCR 

none 
Steam/water mj. 
Steam/water in). 

Emission 
factor 

kg/TJin 

135 
71 
114 
76 
76 
8 
4 

135 
76 
114 
76 
76 
8 
4 

75 
28 
0.1 

0.3 
14 
0.1 

75 
75 
320 
145 
8 

10 
63 
63 
16 
2 

0.3 
20 
20 
2 

75 
150 
60 
9 

(1) Emission data for all but STIG from GEMIS (Fritsche et al. 1989). 
(2) Emissions for STIG and CC best technology from Williams and Larson (1989). 
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Table A.10.7.20 

S02 
Standards 
Typical 
Best 

NOx 
Standards 
Typical 
Best 

: Total S02 and NOx emissions from industrial cogeneration technologies (g/kWh.fuel input) 

Reference 
Power Plant 
Gas Steam 

0.106 
0.003 
0.003 

0.115 
0.065 
0.065 

Reference 
Power Plant 
Coal Steam 

0.524 
0.276 
0.146 

0.279 
0.257 
0.153 

Back-press. ST 
coal coal 

5 MWe 25 MWe 

2.756 2.756 
1.114 1.114 
0.506 0.506 

0.711 0.711 
0.574 0.574 
0.437 0.437 

Gas turbine 
gas gas 

3.85 MWe 33.1 MWe 

0.106 0.106 
0.003 0.003 
0.003 0.003 

1.065 0.914 
0.612 0.313 
0.086 0.086 

Large IC 
gas 

conv. 

0.041 
0.037 
0.037 

0.580 
0.464 
0.241 

engine 
gas 
adv. 

0.041 
0.037 
0.037 

0.580 
0.464 
0.241 

STIG turbine 
gas gas 

industrial aeroderiv. 

0.106 
0.003 
0.003 

1.065 
0.086 
0.086 

0.106 
0.003 
0.003 

0.914 
0.086 
0.086 

(1) Standards are based on minimum FRG requirements (TA-Luft, 1. BImSchV, GFAVO) w.o. consideration of best technology adjustment clauses. 
(2) Emission factors include indirect emissions from GEMIS (Fritsch et al. 1989), based on LHV. 
(3) Typical and best emission factors are based on GEMIS except for STIGs. 
(4) Emission factors for STIGs based on Williams and Larson (1989). 



Table A.10.7Jli Total S02 and NOx emission factors for 
industrial and space heating reference boilers 

S02 
Direct kg/TJ 
Indirect kg/TJ 
Total kg/TJ 

Total g/kWh.f 

NOx 
Direct kg/TJ 
Indirect kg/TJ 
Total kg/TJ 

Total g/kWh.f 

Industrial boilers 
Gas Oil 

0.3 284 
0.4 17 
0.7 301 

0.003 1.083 

56 96.5 
4 12 
60 108.5 

0.216 0.391 

Coal 

103.4 
5.6 
109 

0.392 

142 
7.4 

149.4 

0.538 

Space heating systems 
Gas 

0.4 
0.4 
0.8 

0.003 

25 
4 
29 

0.104 

Light oil 

75 
17 
92 

0.331 

40 
20 
60 

0.216 

(1) Best and typical practice in new FRG installations based on GEMIS (Fritsche et al. 1989). 
(2) Standards based on minimum FRG requirements (TA Luft, l.BImSchV, GFAVO), 
excluding best available technology adjustment clauses. 
(3) Industrial oil boiler emissions based on 50% light oil and 50% heavy oil mix. 
(4) Coal emissions based on 90% bard coal and 10% lignite mix. 
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Table A.10.7.22: Total S02 and NOx emission factors for distributed heat technologies (g/kWh.fuel input) 

S02 
Standards 
Typical 
Best 

NOx 
Standards 
Typical 
Best 

Reference 
Power Plant 
Gas steam 

0.106 
0.003 
0.003 

0.115 
0.065 
0.065 

Reference 
Power Plant 
Coal steam 

0.524 
0.276 
0.146 

0.279 
0.257 
0.153 

Large CHP for DH 
coal coal 

steam IGACC 
lOOMW.e lOOMW.e 

2.756 2.756 
1.114 0.146 
0.506 0.146 

1.035 0.437 
0.538 0.300 
0.300 0.300 

gas 
ISTIG 

HOMW.e 

0.106 
0.003 
0.003 

0.914 
0.086 
0.086 

IC engines 
gas 
Otto 

0.3 MW.e 

0.041 
0.003 
0.003 

0.580 
0241 
0.072 

gas 
Diesel 

5MW.e 

0.041 
0.003 
0.003 

0.580 
0.464 
0.241 

(1) Standards are based on minimum FRG requirements (TA-Luft, 1. BImSchV, GFAVO) w.o. consideration of 
best technology adjustment clauses. 
(2) Emission factors include indirect emissions from GEMIS (Fritsche et al. 1989), based on LHV. 
(3) Typical and best emission factors are based on GEMIS except for IGACC and ISTIG. 
(4) Emission factors for IGACC and ISTIG based on Williams and Larson (1989). 



technologies (Appendix A.10.6).17 For the cogeneration unit itself, we examine both 
"typical" and "best" technology levels of SO2 and NOx abatement. 

Best pollution control technology for cogeneration systems 

In defining best control technology for sulfur dioxide and nitrogen oxides, we follow 
Fritsche et al. (1989), supplemented by data from CaEC (1990), Williams and Larson 
(1989) and Sulzer (1987). 

For the coal-fired industrial back-pressure turbines, we assume dry-gas clean-up with 80 
percent SO2 removal and low-NOx firing systems or rotating fluidized bed technology with 
limestone injection. For the district heating plant, we assume 95 percent SO2 removal 
using fluidized beds and limestone injection. Circulating fluidized beds are used for NOx 
control. The coal gasification plant is equipped with hot gas clean-up technology. This 
involves additional costs for NOx removal (Williams and Larson 1989). 

For the gas-fired industrial GTs we assume water or steam injection plus SCR. STIG and 
ISTIG systems can reach very low emission levels without SCR, while ACC units would 
use a moderate-sized SCR system.18 The large IC engines in the industrial plants and in 
the neighborhood station are equipped with SCR (90 percent reduction), while the smaller 
on-site IC heating unit for building applications uses a relatively inexpensive automotive 
three-way catalyst. Industrial and central heating boilers conform with typical FRG 
practice in new installations as defined in GEMIS. 

Global versus local emission levels 

We distinguish in our acid rain emission calculations between global and local emissions. 
Cogeneration can greatly reduce global emissions but can increase local and on-site 
emissions. Higher on-site emissions in combination with minimum legally required stack 
technology could then increase ambient pollution levels in the local environment, even 
when emission controls on the cogenerator are better than new source performance 
standards. We therefore also calculate the changes in local emissions of NOx and SO2 for 
each technology and fuel switch. 

Formula for global emission savings 

The formula for calculating total (global) acid rain emission savings SAR due to 

17 In the case of coal-fired plants, comparing cogeneration systems with typical central station practice is 
a more stringent specification than applied in the EEC reference scenario. There, it is assumed that coal 
plants would conform to die equivalent of FRG new source performance standards for SO2 but not for NOx. 
Because selective catalytic reduction would not be used, NOx emissions would be about twice as high as 
those allowed in the FRG. In the case of oil and gas fired central stations, NOx control in the EEC 
reference scenario is assumed at levels that are comparable to the "typical" figures in Table A.10.7.19. 

18 For example, in the Los Angeles air basin in California, the Cheng cycle STIG of IPT Corp. has been 
licensed without SCR under a very strict 25 ppm limit for exhaust gas concentrations. 
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cogeneration is analogous to the one for carbon savings: 

100 * [HR U * Au - N * ACoge„ + ° ^ | § P i J 

S AR " HR U *AU <4> 

where 

HRU is the central station heat rate (kWhf/kWhe), 

N is the net electric heat rate OcWh|/kWhe), 

S A R is the percent savings in acid rain precursor emissions per cogenerated kWh e , 

EPR is the electricity production rate OcWhe/kWhth), 

HRb is the heat rate of the displaced boiler QcWhf/kWhth), and 

A u , Ab, and ACogen are the total acid rain precursor burdens of the respective fuels 
(g/kWhf). Negative numbers indicate that emissions increase relative to separate generation 
of heat and power.19 

Formula for local effects 

W e calculate on-site emission changes under the assumption that the displaced electrical 
output is produced entirely outside the local airshed. The reference point is the heat load 
(useful heat) served by the displaced industrial boiler or heating system. 

On-site acid rain emissions A from industrial boilers are calculated by multiplying the 
emission burden Ab of the boiler technology with the heat rate HRb of the boiler. On-site 
emissions from the cogenerator are calculated by multiplying the emissions burden Acogen 
of the fuel used in the cogenerator with the total heat rate THRcogen of the cogenerator. Tne 
savings S in acid rain emissions AR per unit of heat supplied (in percent) is then given by 

c 100 * [HRh * Ah - THRcoeen * AcogenJ f « 

*A = ( H R b * A b ) W 

where 

THRcoggn is the total heat rate of the cogenerator (kWhf/kWhth), 

HRb is the heat rate of the displaced boiler (kWhf/kWhih), and 
Ab and Acogen are the acid rain precursor burdens of the respective fuels (g/kWhf). 

19 Because acid rain precursor emissions vary by up to two orders of magnitude with the boiler fuel (e.g. 
S02 for oil versus SO2 for gas), the net value of the three-term bracket in equation (4) is often larger than 
the reference emission burden of the central station. In that case, percentage changes in excess of 100 
percent will occur within our electricity-based accounting. 
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2. Results for global emissions 

In interpreting the results of our calculations of acid rain precursor emissions, it is 
important to recognize that emissions from displaced boilers dominate these results. In 
general, boiler systems are subject to much less stringent emission controls than are central 
station power plants. In the context of our emissions comparisons relative to central station 
plants, the dominance of displaced boiler emissions can result in emissions reductions 
greater than 100% compared to some reference power plant Such results imply that the net 
emissions savings from cogeneration are greater than the total emissions associated with the 
displaced power plant, a result made possible because the displaced boiler emissions are 
often large. 

Industrial cogeneration 

Sulfur dioxide. Results are shown in Tables A. 10.7.23 and A. 10.7.24. Marginal 
investments in coal-fired cogenerators offer SO2 emission reductions only when displacing 
power from coal- or oil-fired central stations, and here only in one (statistically potentially 
significant) case: when operated in the TLF or ELF cogen high mode, when displacing oil-
fired boilers, and when using best abatement technology (dry gas clean-up, 80 percent 
removal rate). In all other cases, major increases in total SO2 emissions would result from 
the use of coal-fired cogeneration technologies. 

Gas-fired technologies would bring with them major reductions in global SO2 reductions in 
all applications when compared to coal-fired central stations. Savings would be realized 
even when displacing gas-fired central stations irrespective of boiler fuel, though there are 
some exceptions to this result (IC engines being the most notable example). 

Nitrogen oxides. Results are shown in Tables A. 10.7.25 and A. 10.7.26. Coal-fired 
cogenerators could achieve significant savings only when displacing coal-fired boilers 
(either coal- or gas- based central stations) in the TLF mode, and here only when applying 
best control technology. 

Gas-fired systems realize large reductions when using best control technology, irrespective 
of the operating mode and boiler fuel, and for all central station fuels. An exception are IC 
engines when displacing gas-fired central stations. Here, IC engines achieve consistent 
savings across all modes only when displacing coal-fired boilers. 

Cogeneration in distributed-heat systems 

We only analyze applications in which the boiler fuel is oil or gas since coal-fired 
residential and commercial heating systems are on the wane. 

Sulfur dioxide. Results are shown in Tables A. 10.7.27 and A. 10.7.28. When displacing 
coal-fired central stations, the only system that increases sulfur dioxide emissions is the 
coal-fired back-pressure turbine district heating plant. The gas systems and the coal 
gasification plant offer substantial savings even when equipped with only typical pollution 
control technology. 

Nitrogen oxides. Results are shown in Tables A. 10.7.29 and A.10.7.30. When 
displacing coal-fired central stations, best control technology for coal CHP units is required 
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to achieve emission reductions or approximately neutral results. Gas-fired ISTIG plants 
and IC engines using three-way catalysts also achieve substantial savings. 

When displacing gas-fired steam turbine central stations, only ISTIG plants and IC engines 
using three-way catalysts achieve savings. All other systems increase emission burdens. 

3. Results for on-site emissions 

Industrial cogeneration 

Sulfur dioxide. Results are shown in Table A. 10.7.31. Coal-fired cogeneration is 
beneficial only in the TLF mode when replacing oil-fired boilers and when using best 
control technology. In all other cases, significant to very large increases in SO2 emissions 
result on site. 

For gas-fired systems, large savings are realized against oil and coal-fired boilers in all 
operating modes, and for both typical and best pollution control technology. As expected, 
on-site emissions increase where displaced boilers were gas-fired. However, due to the 
low sulfur content of gas the absolute level of emissions remains very low, less than 10 
percent of legal standards. 

Nitrogen oxides. Results are shown in Table A. 10.7.32. Coal-fired systems cannot 
provide on-site savings in any mode, even when using best control technology. Only 
when displacing coal boilers are the on-site impacts small. 

Gas-fired gas turbines and STIG systems provide significant to modest on-site savings in 
virtually all cases, provided that best control technology (SCR or equivalent) is being used. 
In the case of internal combustion engines, on-site NOx emissions would increase 
anywhere from zero to three-fold. 

Cogeneration in distributed-heating systems 

Sulfur dioxide. When displacing oil-fired heating, systems, on site emissions are increased 
significantly by the coal-fired ST district heating plant (see Table A. 10.7.33). The coal 
gasification system brings approximately neutral results. The gas-fired systems all bring 
large reductions in on-site emissions. 

When displacing gas-fired heating systems, gas-fired cogenerators approximately double 
on-site emissions, while coal gasification and direct coal district heating plants would 
increase emissions by two orders of magnitude. In these cases, large stacks would be 
required to reduce local ambient air impacts. 

Nitrogen oxides. When displacing oil heating, gas-fired district heating plants using 
ISTlGs would achieve approximately neutral results (see Table A. 10.7.34). Remarkably, 
best IC engines (i.e. with three-way catalysts) would achieve some on-site reduction. The 
coal and coal gasification systems would increase on-site emissions several fold, and so 
would large IC engines using the less effective SCR technology. 
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4. Summary and conclusions: NOx and SO2 emissions 

Our calculations show the following: 

• Cogeneration systems can be environmentally highly advantageous from 
both a global and local perspective. Gas-fired cogeneration systems 
equipped with best pollution control equipment are by far the most 
attractive technology. 

• Gas-fired technologies using best control technologies will realize major 
savings in global NOx and SO2 emissions in almost all cogeneration 
operating modes and irrespective of the fuels being displaced in boilers 
and central stations. 

• Moreover, gas-fired cogeneration systems allow major on-site 
reductions in SO2 when displacing currently predominant oil- and coal-
fired boilers. 

• For NOx, on-site reductions are also achieved in industrial cogeneration 
based on gas turbines using SCR or ISTIG technology. 

• On-site NOx emission reductions are also feasible in distributed-heat 
applications. In displacing oil-fired building heating applications, 
ISTIG district heating plants achieve approximately neutral results, 
while IC engines using three-way catalysts reduce emissions. 

• Where global emissions are reduced but local emissions are increased, a 
positive ambient air quality result could, in many cases, nevertheless be 
obtained. Better stacks and better exit velocities of cogenerator exhaust 
gases compared to residential and commercial heating systems could 
more than offset the local impact of somewhat higher emissions in many 
cases. 

To reflect these findings in our cost-effectiveness estimates, we calculate busbar costs for 
cogeneration systems assuming best pollution control technologies. 
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Table A.10.723: Reduction of electricity S02 burdens from Industrial cogeneration: reference plant coal steam 

Operating mode 

TLF average 

ELF, cogen high 

ELF, cogen ave 

ELF, cogen low 

Boiler fuel 

coal 
oil 
gas 

coal 
oil 
gas 

coal 
oil 
gas 

coal 
oil 
gas 

Back-press. ST 
coal coal 

MWe MWe 
5 25 

Gas turbine 
gas gas 

MWe MWe 
3.85 33.1 

Large IC engine 
gas gas 

conv. adv. 
MWe MWe 

5 5 

Reduction in electricity S02 burden (%) 

-124 -50 291 228 131 145 
724 371 598 435 203 235 
-588 -281 99 99 87 89 

-237 -106 232 191 120 130 
402 212 446 338 173 198 
-587 -280 99 99 87 89 

-388 -180 170 149 106 113 
-20 3 283 230 137 152 
-589 -280 99 99 87 89 

-479 -225 137 127 98 103 
-270 -122 199 171 115 125 
-593 -282 99 99 87 89 

STIG turbine 
gas 

industrial 
MWe 
5.6 

216 
405 
99 

182 
315 
99 

144 
216 
99 

124 
163 
99 

gas 
aeroderiv. 

MWe 
51.4 

188 
329 
100 

164 
267 
99 

136 
194 
99 

120 
152 
99 

(1) S02 burdens include direct and indirect emissions as calculated from GEMIS data (Fritsche et al. 1989). 
(2) Operating modes as shown in Tables A.10.7.1 and A.10.7.3. 
(3) Coal-fired central stations are assumed to have a net efficiency of 393%. 
(4) Coal-fired systems are assumed to use 90 percent hard coal, 10 percent lignite on average (95 gC/kWh coal input). 
(5) Oil-fired boilers are assumed to use 50 percent heavy fuel oil, 50 percent light fuel oil. 
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Table A. 10.7.24: Reduction of electricity S02 burdens from industrial cogeneration: reference plant gas steam 

Operating mode 

TLF average 

ELF, cogen high 

ELF, cogen ave 

ELF, cogen low 

Boiler fuel 

coal 
oil 
gas 

coal 
oil 
gas 

coal 
oil 
gas 

coal 
oil 
gas 

Back-press. ST 
coal coal 

MWe MWe 
5 25 

-24391 -16311 
68364 29763 
-75233 -41566 

-36747 -22412 
33163 12324 
-75067 -41452 

-53258 -30562 
-13003 -10561 
-75322 -41525 

-63227 -35483 
-40401 -24142 
-75738 -41700 

Gas turbine 
gas gas 

MWe MWe 
3.85 33.1 

Large IC engine 
gas gas 

conv. adv. 
MWe MWe 

5 5 

Reduction in electricity S02 burden (%) 

20954 14115 3498 4989 
54648 36771 11323 14893 

22 41 -1322 -1111 

14531 10047 2259 3421 
37920 26179 8085 10795 

2 26 -1329 -1120 

7716 5509 755 1517 
20172 14367 4153 5819 

-22 7 -1338 -1132 

4166 3032 -148 375 
10931 7922 1794 2833 

-36 -5 -1344 -1139 

STIG turbine 
gas 

industrial 
MWe 

5.6 

12840 
33446 

39 

9052 
23581 

26 

4897 
12764 

11 

2679 
6988 

2 

gas 
aeroderiv. 

MWe 
51.4 

9686 
25199 

48 

7068 
18387 

36 

3996 
10396 

21 

2242 
5833 

12 

(1) S02 burdens include direct and indirect emissions as calculated from GEMIS data (Fritsche et al. 1989). 
(2) Operating modes as shown in Tables A.10.7.1 and A.10.7.3. 
(3) Gas-fired central stations are assumed to have a net efficiency of 42% (conventional steam turbine). 
(4) Coal-fired boilers are assumed to use 90 percent hard coal, 10 percent lignite on average (95 gC/kWh coal input). 
(5) Oil-fired boilers are assumed to use 50 percent heavy fuel oil, 50 percent light fuel oil. 
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Table A.10.7.25: Reduction of electricity NOx burdens from industrial cogeneration: reference plant coal steam 

Operating mode 

TLF average 

ELF, cogen high 

ELF, cogen ave 

ELF, cogen low 

Boiler fuel 

coal 
oil 
gas 

coal 
oil 
gas 

coal 
oil 
gas 

coal 
oil 
gas 

Back-press. ST 
coal coal 

MWe MWe 
5 25 

Gas turbine 
gas gas 

MWe MWe 
3.85 33.1 

Large IC engine 
gas gas 

conv. adv. 
MWe MWe 

5 5 

Reduction in electricity NOx burden (%) 

168 98 311 240 72 102 
-32 -1 225 182 53 78 
-259 -114 138 123 33 53 

-4 13 232 189 56 81 
-155 -62 172 147 42 63 
-326 -147 112 106 27 45 

-232 -100 147 131 36 56 
-319 -143 115 108 28 46 
418 -192 83 85 19 35 

-368 -168 102 99 24 41 
418 -192 84 87 19 35 
473 -220 67 74 14 29 

STIG turbine 
gas 

industrial 
MWe 

5.6 

225 
172 
119 

178 
140 
103 

126 
105 
85 

97 
86 
75 

gas 
aeroderiv. 

MWe 
51.4 

192 
152 
112 

158 
129 
100 

119 
102 
86 

96 
86 
77 

(1) NOx burdens include direct and indirect emissions as calculated from GEMIS data (Fritsche et al. 1989). 
(2) Operating modes as shown in Tables A. 10.7.1 and A.10.7.3. 
(3) Coal-fired centra] stations are assumed to have a net efficiency of 39.5%. 
(4) Coal-fired systems are assumed to use 90 percent hard coal, 10 percent lignite on average (95 gC/kWh coal input). 
(4) Oil-fired boilers are assumed to use 50 percent heavy fuel oil, 50 percent light fuel oil. 
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Table A.10.7.26: Reduction of electricity NOx burdens from industrial cogeneration: reference plant gas steam 

Operating mode 

TLF average 

ELF, cogen high 

ELF, cogen ave 

ELF, cogen low 

Boiler fuel 

coal 
oil 
gas 

coal 
oil 
gas 

coal 
oil 
gas 

coal 
oil 
gas 

Back-press. ST 
coal coal 

MWe MWe 
5 25 

Gas turbine 
gas gas 

MWe MWe 
3.85 33.1 

Large IC engine 
gas gas 

conv. adv. 
MWe MWe 

5 5 

Reduction in electricity NOx burden (%) 

370 92 939 655 -10 108 
423 -302 594 424 -86 12 
-1325 -750 251 193 -165 -88 

-314 -247 624 452 -75 26 
-912 -544 385 287 -131 45 
-1592 -882 146 123 -190 -120 

-1218 -694 286 223 -154 -74 
-1562 -865 159 133 -186 -115 
-1953 -1060 32 42 -221 -159 

•1758 -961 108 97 -201 -133 
-1953 -1058 38 47 -219 -157 
-2175 -1169 -31 -3 -239 -182 

STIG turbine 
gas 

industrial 
MWe 
5.6 

595 
384 
174 

408 
259 
111 

201 
121 
41 

89 
45 
2 

gas 
aeroderiv. 

MWe 
51.4 

465 
306 
148 

331 
216 
100 

174 
108 
43 

83 
46 
10 

(1) NOx burdens include direct and indirect emissions as calculated from GEMIS data (Fritsche et al. 1989). 
(2) Operating modes as shown in Tables A.10.7.1 and A. 10.7.3. 
(3) Gas-fired central stations are assumed to have a net efficiency of 42% (conventional steam turbine). 
(4) Coal-fired boilers are assumed to use 90 percent hard coal, 10 percent lignite on average (95 gC/kWh coal input). 
(4) Oil-fired boilers are assumed to use 50 percent heavy fuel oil. 50 percent light fuel oil. 
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Table A.10.727: Reduction of electricity S02 burdens from CHP cogeneration: reference plant coal steam 

Parameter 

Max. capacity electric 
Equiv. operating availability 

Operating mode 

TLF average 

ELF, cogen high 

ELF, cogen ave 

Dimension 

MWe 
%/100 

Boiler fuel 

oil 
gas 

oil 
gas 

oil 
gas 

Large CHP for District Heat 
coal coal-gasif. gas 
ST ACC ISTIG 
100 100 n o 
0.90 0.90 0.92 

On-site/neigbborbood IC 
gas 
Otto 
0.3 
0.95 

Reduction in electricity S02 burden (%) 

-99 101 146 198 
•220 40 100 100 

-100 80 125 164 
-166 46 99 99 

-103 75 120 125 
-154 47 99 99 

engine 
gas 

Diesel 
5 

0.95 

169 
100 

138 
99 

126 
99 

(1) S02 burdens include direct and indirect emissions as calculated from GEMIS data (Fritsche et al. 1989). 
(2) Operating modes as shown in Tables A.10.7.2 and A.10.7.4. 
(3) Coal-fired central stations are assumed to have a net efficiency of 39.5%. 
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Table A.10.728: Reduction of electricity S02 burdens from CHP cogeneration: reference plant gas steam 

Parameter 

Max. capacity electric 
Equiv. operating availability 

Operating mode 

TLF average 

ELF, cogen high 

ELF, cogen ave 

Dimension 

MWe 
%/100 

Boiler fuel 

oil 
gas 

oil 
gas 

oil 
gas 

Large CHP for District Heat 
coal coal-gasif. gas 
ST ACC ISTIG 
100 100 110 
0.90 0.90 0.92 

On-sitc/neighborhood IC engine 
gas gas 

Otto Diesel 
0.3 5 
0.95 0.95 

Reduction in electricity S 0 2 burden (%) 

-23034 229 5432 11488 8072 
-37084 -6927 43 53 51 

-23215 -2180 3002 7545 4507 
-30796 -6205 32 32 28 

-23573 -2866 2395 2968 3143 
-29467 -6070 29 1 18 

(1) S02 burdens include direct and indirect emissions as calculated from GEMIS data (Fritsche et al. 1989). 
(2) Operating modes as shown in Tables A.10.7.2 and A. 10.7.4. 
(3) Gas-fired central stations are assumed to have a net efficiency of 42% (conventional steam turbine). 
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Table A.10.7.29: Reduction of electricity NOx burdens from CHP cogeneration: reference plant coal steam 

Parameter 

Max. capacity electric 
Equiv. operating availability 

Operating mode 

TLF average 

ELF, cogen high 

ELF, cogen ave 

Dimension 

MWe 
%/100 

Boiler fuel 

oU 
gas 

oil 
gas 

oil 
gas 

Large CHP for District Heat 
coal coai-gasif. gas 
ST ACC ISTIG 
100 100 110 
0.90 0.90 0.92 

On-site/neighborhood IC 
gas 
Otto 
03 
0.95 

Reduction in electricity NOx burden (%) 

-19 9 100 130 
-63 -13 83 95 

•23 4 88 110 
47 -8 79 87 

•26 2 85 85 
45 -8 78 76 

engine 
gas 

Diesel 
5 

0.95 

44 
18 

29 
15 

23 
13 

(1) NOx burdens include direct and indirect emissions as calculated from GEMIS data (Fritsche et al. 1989). 
(2) Operating modes as shown in Tables A. 10.7.2 and A. 10.7.4. 
(3) Coal-fired central stations are assumed to have a net efficiency of 39.5%. 
(4) Emission factors as shown in Tables A.10.7.21 and A.10.7.22. 
(5) Negative numbers indicate increased emission burdens. 
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Table A.10.7 JO: Reduction of electricity NOx burdens from CHP cogeneration: reference plant gas steam 

Parameter 

Max. capacity electric 
Equiv. operating availability 

Operating mode 

TLF average 

ELF, cogen high 

ELF, cogen ave 

Dimension 

MWe 
%/100 

Boiler fuel 

oil 
gas 

oil 
gas 

oil 
gas 

Large CHP for District Heat 
coal coal-gasif. gas 
ST ACC ISTIG 
100 100 110 
0.90 0.90 0.92 

On-site/neighborhood IC 
gas 

Otto 
0.3 
0.95 

Reduction in electricity NOx burden (%) 

401 -283 99 228 
-587 -378 27 77 

420 -304 51 143 
-520 -357 12 44 

432 -313 38 37 
-510 -355 7 -2 

engine 
gas 

Diesel 
5 

0.95 

-138 
-244 

-198 
-257 

-226 
-267 

(1) NOx burdens include direct and indirect emissions as calculated from GEMIS data (Fritsche et al. 1989). 
(2) Operating modes as shown in Tables A. 10.7.2 and A. 10.7.4. 
(3) Gas-fired central stations arc assumed to have a net efficiency of 42% (conventional steam turbine). 
(4) Emission factors as shown in Tables A.10.7.21 and A.10.7.22. 
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Table A.10.731: Reduction of electricity S02 burdens from Industrial cogeneration (local effects) 

Operating mode 

TLF average 

ELF, cogen high 

ELF, cogen ave 

ELF, cogen low 

Boiler fuel 

coal 
oil 
gas 

coal 
oil 
gas 

coal 
oil 
gas 

coal 
oil 
gas 

Back-press. ST 
coal coal 

MWe MWe 
5 25 

Gas turbine 
gas gas 

MWe MWe 
3.85 33.1 

Large IC engine 
gas gas 

conv. adv. 
MWe MWe 

5 5 

Reduction in electricity S02 burden (%) 

44 -60 99 99 
45 39 100 100 

-23761 -26315 -61 -69 

-234 -145 99 99 
-28 6 100 100 

-55149 40402 -100 -88 

486 -258 99 99 
-125 -38 99 100 

-96798 -59094 -148 -111 

-637 -326 98 99 
-183 -64 99 99 

-121788 -70310 -177 -124 

70 80 
89 92 

4823 -3245 

73 81 
90 93 

4316 -3036 

77 83 
91 93 

-3700 -2782 

79 84 
92 94 

-3330 -2629 

STIG turbine 
gas 

industrial 
MWe 

5.6 

99 
100 
-79 

99 
100 
-90 

99 
100 
-104 

99 
100 
-112 

gas 
aeroderiv. 

MWe 
51.4 

99 
100 
-88 

99 
100 
-92 

99 
100 
-96 

99 
100 
-99 

(1) S02 burdens include direct and indirect emissions as calculated from GEMIS data (Fritsche et al. 1989). 
(2) Operating modes as shown in Tables A.10.7.1 and A.10.7.3. 
(3) Coal-fired boilers arc assumed to use 90 percent bard coal, 10 percent lignite on average. 
(5) Oil-fired boilers are assumed to use 50 percent heavy fuel oil, 50 percent light fuel oil. 
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Table A.l0.7.32: Reduction of electricity NOx burdens from industrial cogeneration (local effects) 

Operating mode 

TLF average 

ELF, cogen high 

ELF, cogen ave 

ELF, cogen low 

Boiler fuel 

coal 
oil 
gas 

coal 
oil 
gas 

coal 
oil 
gas 

coal 
oil 
gas 

Back-press. ST 
coal coal 

MWe MWe 
5 25 

Gas turbine 
gas gas 

MWe MWe 
3.85 33.1 

Large IC engine 
gas gas 

conv. adv. 
MWe MWe 

5 5 

Reduction in electricity NOx burden (%) 

9 -1 76 74 4 0 5 
-33 47 64 63 -105 -39 
-140 -166 36 33 -270 -151 

-110 -54 70 72 -25 11 
-208 -126 56 58 -84 -30 
457 -308 20 25 -232 -136 

-269 -125 62 68 -8 18 
-440 -230 45 53 -58 -20 
-876 496 1 16 -186 -117 

-364 -168 58 66 3 22 
-579 -292 39 50 4 3 -13 
-1128 -609 -11 10 -158 -105 

STIG turbine 
gas 

industrial 
MWe 
5.6 

73 
61 
29 

71 
58 
24 

69 
55 
18 

68 
53 
15 

gas 
aeroderiv. 

MWe 
51.4 

72 
58 
25 

71 
58 
23 

70 
57 
22 

70 
56 
20 

(1) NOx burdens include direct and indirect emissions as calculated from GEMIS data (Fritsche et al. 1989). 
(2) Operating modes as shown in Tables A.10.7.1 and A.10.7.3. 
(3) Coal-fired boilers are assumed to use 90 percent hard coal, 10 percent lignite on average. 
(4) Oil-fired boilers are assumed to use 50 percent heavy fuel oil, 50 percent light fuel oil. 
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Table A.10.7.33: Reduction of electricity S02 burdens from CHP cogeneration Oocal effects) 

Parameter 

Max. capacity electric 
Equiv. operating availability 

Operating mode 

TLF average 

ELF, cogen high 

ELF, cogen ave 

Dimension 

MWe 
%/100 

Boiler fuel 

oil 
gas 

oil 
gas 

oil 
gas 

Large CHP for District Heat 
coal coal-gasif. gas 
ST ACC ISTIG 
100 100 n o 
0.90 0.90 0.92 

On-site/neighborhood 
gas 

Otto 
0.3 
0.95 

Reduction in on-site S02 burden (%) 

-170 2 98 
-30963 -11195 -121 

-215 6 98 
-36160 -10733 -94 

-231 7 98 
-37962 -10573 -85 

99 
47 

99 
-65 

98 
-93 

IC engine 
gas 

Diesel 
5 

0.95 

99 
-69 

98 
-76 

98 
-79 

(1) S02 burdens include direct and indirect emissions as calculated from GEMIS data (Fritsche et al. 1989). 
(2) Operating modes as shown in Tables A.10.7.2 and A.10.7.4. 
(3) Emission factors as shown in Tables A.10.7.21 and A. 10.7.22. 
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Table A.10.734: Reduction of electricity NOx burdens from CHP cogeneration (local effects) 

Parameter 

Max. capacity electric 
Equiv. operating availability 

Operating mode 

TLF average 

ELF, cogen high 

ELF, cogen ave 

Dimension 

MWe 
%/100 

Boiler fuel 

oil 
gas 

oil 
gas 

oil 
gas 

Large CHP for District Heat 
coal coal-gasif. gas 
ST ACC ISTIG 
100 100 n o 
0.90 0.90 0.92 

On-site/neighborhood 
gas 
Otto 
03 
0.95 

Reduction In on-site NOx burden (%) 

-146 -209 -1 44 
408 -540 -109 -16 

-187 -197 11 37 
493 -514 -83 -30 

-201 -192 16 27 
-523 -505 -75 -52 

IC engine 
gas 

Diesel 
3 

0.95 

-116 
-347 

-125 
-365 

-128 
-372 

(1) NOx burdens include direct and indirect emissions as calculated from GEMIS data (Fritsche et al. 1989). 
(2) Operating modes as shown in Tables A. 10.7.2 and A.10.7.4. 
(3) Emission factors as shown in Tables A.10.7.21 and A.10.7.22. 



E. BUSBAR COSTS OF COGENERATED ELECTRICITY 

1. Methodology 

Cost accounting 

In calculating the busbar costs of cogenerated power, we allocate all savings or extra costs 
on the heating side to the cost of electricity. Three such items need to be addressed: 

— The difference in fixed costs F for providing the heat output through the 
cogeneration system and, where applicable, heat distribution grid, as 
opposed to through a separate boiler or heating system. 

— The difference in variable operating and maintenance (O&M) costs 
between the cogeneration system and the displaced steam generators or 
heating systems. 

— The difference in fuel prices FP between the cogeneration fuel and the 
displaced boiler fuel. 

Following Kahn (1988) we can write: 

BBcogen = [F + OM + N*FP]Cogen - [ ( F | | M | + ° M h g a t +
EpRheat' ^ w ) ^ (6) 

Where 

BB is the busbar cost of cogenerated electricity (Pf/kWh.e), 

HRb is the heat rate of the displaced boiler or heating system (kWhf/kWhth), 

N is the net heat rate of power cogeneration (kWh.f/kWh.e), 

OM is the variable O&M costs, 

FP is the fuel price (Pf/kWh.f), and 

F is the capital and other fixed costs of the system. 

The first bracket represents the cost of the cogeneration unit as built, the second bracket 
represents credits for displaced boilers and heating systems. 

2. Capital and O&M costs of cogeneration systems 

As with fossil central stations, we base our estimates on costs for turnkey plants, with 
separate line items for pollution control, interest during construction, and start-up costs and 
land. The turnkey costs include equipment costs, installation costs, and electric and 
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thermal grid connection costs.20 In many cases, separate buildings are required for 
installation, and these are included as well. 

No separate costs for land are included in the case of industrial systems. It is assumed that 
the cogeneration plant will require approximately the same amount of space as the boiler 
systems they replace. In the case of district heating and neighborhood systems, on the 
other hand, land costs are included, notably since costs for land in Western Europe's urban 
areas are quite high. 

Capital costs for district heating systems also include peak boilers and short-term storage, 
while costs related to these auxiliary systems are assumed to cancel in the case of industrial 
cogeneration. 

Variable O&M costs for cogeneration plants are higher than for central stations of the same 
technology type, reflecting both scale effects and the greater variability of operating 
conditions in cogeneration applications. 

Capital costs for some technologies may be somewhat higher when designed to run in the 
ELF mode than in the TLF mode, since additional cooling equipment would be required. 
On the other hand, variable operating costs could be lower. We neglect these effects in our 
calculations. 

Due to the interaction of heating and electrical demands, cogeneration costs are quite 
project-specific. Following the approach of our stylized performance calculations, the cost 
estimates given below are illustrative, limiting, and averaging cases. These limiting and 
averaging cases are intended for the approximate resource cost assessment of this study, 
and do not necessarily conform with the usual cogeneration project evaluation 
methodologies in all respects. 

Cogeneration investment costs are also influenced by imperfections in the capital market 
Kahn and Goldman (1987) find on the basis of data obtained from U.S. cogeneration 
developers that the use of third-party financing rather than utility financing can add 
anywhere from 20-50 percent to first costs. This effect is neglected here, since it could be 
avoided through policy measures aimed at removing capital market barriers, but must be 
kept in mind when comparing our results with cost estimates from other sources. 

Capital cost escalation rates 

Because construction times are short, project scales are for the most part modest, and the 
systems rely heavily on well-established, mass-produced modular technology components, 
cogeneration technologies have largely been spared the rapid capital cost escalation 
experienced by some central station technologies (see Appendix A. 10.10). Technical 
improvements in efficiency and in availability factors have somewhat counteracted the cost 
pressures from increased pollution control requirements. 

However, the stagnation and decline in the West European cogeneration market during the 
past fifteen years has kept capital costs higher than they would be once the dispersed 

20 As pointed out in OTA (1983), grid interconnection costs for systems as large as 5 MWe or more 
become a minor component of capital costs (of the order of 1 percent). In industrial cogeneration 
applications, dedicated transformers often already exist. 
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generation market is opened up through regulatory reform. While core machinery like 
turbines and engines are relatively inexpensive, costs for assembling the whole system are 
still much higher than necessary. With an expanding market, a wide variety of 
predesigned, packaged systems could be developed. These packaged systems would have 
significantly lower total costs than units that are largely erected in the field. 

While the costs of the more traditional technologies have remained relatively stable, some 
of the newer systems are producing declining first costs with growing markets. Small 
packaged cogeneration capital costs have already shown negative escalation rates, and can 
be expected to drop further. 

The US Gas Research Institute (GRI), which sponsors development and monitoring 
activities on these systems, projects a 33% decline in capital costs within the next 15 years. 
For systems above 700 kW, costs and efficiencies projected in the mid 1980's for 1990 
were already available in the US market by 1988 (Kostrzewa & Davidson 1988). 
Significant cost declines are also being projected in the European market (Sulzer 1987). 

For small IC packaged systems, significant reductions in grid connection costs are also 
expected once utility requirements are codified. The US Electric Power Research Institute 
and other organizations are currently developing such codes. With this unification, mass 
manufacture of grid connection components can begin. 

The costs for STIG systems also reflect the current narrow market for these machines. 
Room for improvement is apparent when one compares the current system cost of STIGs 
with the cost of gas turbines and heat recovery boilers.21 

Pollution control 

As discussed in Section D above, we assume that "best technology" emission control is 
used. This implies selective catalytic reduction (SCR) and equivalent technologies for all 
but the STIG and ISTIG gas-fired systems, and circulating fluidized beds with limestone 
injection for coal-fired systems. The fluidized bed and limestone system first costs are 
captured in the overall capital cost for the circulating fluidized bed plant, except that this 
type of plant is assumed to be somewhat more expensive at smaller scale than conventional 
steam turbine units. 

For SCR equipment, costs are quite variable. The longer-term durability of many catalysts 
is still uncertain and/or dependent on fuel quality and operation. EPRI (1989) quotes $ 55-
100/kW for large pulverized coal central stations, plus 0.3-0.6 0/kWh variable operating 
costs. CaEC (1990) reports $72-87/kW and 0.3 0/kWh O&M for retrofits of gas-fired 
plants. We assume a DM 150/kWe first cost for the larger plants, DM 200/kWe first cost 
for small gas turbines, and DM 300/kW for IC engine plants, with variable operating costs 
of 0.6 Pf/kWh in all cases. 

Gas turbines 

Our cost estimates for simple gas turbine cogenerators in the 5-50 kW range reflect 
estimates in the literature of typically 2000-1000 DM/kWe installed (Sulzer 1987, BEB 

21 Larson and Williams (1985, 1987) estimate that STIGs based on the LM 5000 would cost about 
$500/kW if produced in large numbers. By comparison, they cost about $700/kW in the current market. 
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1989). We add the SCR cost. The cost we use for the small Cheng cycle STIG machines 
of about 5 MWe are based on offers by US manufacturers of about $850/kWe (1989 
dollars) on a turnkey basis.22 

The larger units based on GE LM 5000 aircraft turbines have turnkey capital costs of about 
$ 700-750/kWe, or 1400-1500 DM/kWe.

23 One paper company reports $600/kW (1987 
prices) excluding land and owner's cost. With a better developed market, this lower figure 
could become the norm. We use an intermediate value of DM 1400/kWe. 

For the gas-fired ISTIG district heating plant, we use our assumptions from Appendix 
A. 10.6, corrected for peak boilers and storage. The resulting capital costs are close to but 
somewhat lower than the estimates for ACC district heating plants by Sulzer (1987) and 
Prognos (1989). 

Variable operating and maintenance costs for STIG systems are taken to be the same as 
those for simple cycle gas turbines as given in Sulzer (1987). Gas plants can be operated 
in a highly automated manner. We estimate personnel requirements of 0.2-0.15 
persons/MWe for smaller and larger plants, respectively. 

Coal-fired plants 

Capital costs for conventional back-pressure and condensing-type steam turbine plants 
show strong economy-of-scale effects. Our assumptions are based on Sulzer (1987), 
Hutter et al. (1984), and Brachetti et al. (1983). The assumptions for district heating coal 
gasification stations are taken from Appendix A.10.6, corrected for the smaller (100 MW) 
scale of the plant. Small coal-fired plants typically have relatively high variable operating 
costs and considerable staffing requirements. Personnel costs are based on 0.6-1.5 
persons/MWe. 

Small IC engines 

Among presently commercial technologies, small packaged cogeneration units promise 
significant further cost reductions with increasing market penetration. The market diffusion 
of this technology is only beginning. Well over 300 small-scale packaged cogeneration 
systems had been installed in the US by 1987, mainly in the commercial sector. As of 
1988, seven manufacturers had been in business for four years or more, and several were 
entering each year. 

In the US, where a significant small power market is developing in the commercial sector, 
package costs for hot water producing units now range from $ 1400/kWe ($1000/kWe for 
induction units) for the smallest synchronous 20 kW engines to less than $ 600/kWe for 
both synchronous and induction units of 200-300 kWe (in 1987 dollars). Scale economies 
beyond this size are small (Kostrzewa & Davidson 1988). 

22 Costs for the smaller Cheng cycle units are based on information from IPT, San Jose. Eight 5.2 MW 
systems have been installed in California since 1986. 

23 See CaEC (1990) for discussion of various field cost and manufacturer quotes for the LM-5000 system. 
The higher estimate by EPRI (1988a) includes cost items unique to that scoping study. After adjusting for 
these, EPRI cost estimates fall in line with lower estimates from other sources. 
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To this one must add significant installation costs for the smaller units, of $ 150-300/kWe, 
for gas piping, hot water circuits, and electrical runs. Currently, many projects show costs 
even higher than this, but this can be attributed to a transitory "fear factor" on the part of 
contractors who often still include costs for the traditional project managers, installation 
designers, and consulting engineers into their bids though these are not needed for 
packaged cogeneration plants. As the market builds and the units become just another 
appliance, installation costs are expected to stabilize at the indicated level. 

Unlike the larger industrial or district heating applications, small packaged units also have 
significant grid connection costs. These add another $ 50-250-/kWe, depending on the 
requirements imposed by the utility. Costs for synchronous units and for induction units 
using emerging power electronics fall into the low end of this range. 

Activity has also been significant outside the US. For example, in the FRG some 230 IC 
cogeneration stations of less than 1000 kW capacity had been installed by 1986 by private 
investors, municipal utilities, and public bodies — without the benefit of PURPA-type 
reforms. Before 1980, only a handful of units were in existence. A number of truck and 
automotive engine manufacturers have become active in the field. 

Where no separate building for the unit is required, installed costs including grid 
connection for packaged systems in the FRG currently range from more than DM 
2700/kWe for less than 100 kW to about DM 1800/kWe for plants built with engine units in 
the 1 MW range (UTEC 1989). Buildings add approximately 200-300 DM/kW. 

Our capital cost estimate for the on-site IC system is based on a gas motor with three-way 
catalyst. Pollution control using three-way catalysts is relatively inexpensive and is 
assumed to be included in the above capital cost. The unit is placed on-site in a heating 
room that would otherwise be required for a conventional system, so that there is no cost 
for a building. 

Larger engines for industrial applications have somewhat lower specific costs. Above 2 
MWe, systems built with large truck engines or low-speed ship diesels cost in the 
neighborhood of 1200-1500 DM/kW including buildings and installation (Hutter et al. 
1984, UTEC 1989), but best pollution control technology (90 percent removal SCR 
equipment) adds significant further costs. For the larger neighborhood diesel station, the 
cost for a separate plant building is included. Nitrogen oxides are SCR-controlled, which 
is estimated to add DM 300/kWe. 

Preventative maintenance costs are captured by the 1.5 percent charge on the initial 
investment. For the variable O&M cost, estimates range from 4 Pf/kWh for the smallest 
(less than 100 kW) units to 1.7 Pf/kWh for larger (more than 1 MW) units (UTEC 1989). 
We use values of 3.0 and 1.8 Pf/kWh, respectively. Like other gas-fired systems, IC 
engines can be operated in a highly automated manner. We assume the same staffing 
requirements of 0.15-0.2 persons/MWe as for gas turbine systems. 

Peak boilers and storage 

Based on Prognos (1989) and Roth et al. (1980), peak boilers for district heating plants are 
estimated to cost DM 120/kWui, or about DM 180/kWth including short-term storage in the 
10 MW range, and about DM 140/kWu, in the 100 MW range. 
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Lead times 

Building a site-constructed cogeneration facility will usually take 1-3 years. Packaged gas 
turbine or internal combustion engine systems can be put up in a matter of months. With 
some packaged units, platforms and sound proofing are supplied as part of the unit, further 
reducing on-site preparations. 

In the case of larger-scale district heating systems, lead times of up to ten years may be 
involved until all available buildings are connected. However, the typical practice now is to 
create small neighborhood systems based on IC engines or other very small stations that 
can be flexibly adapted to the micro structure of thermal demands. When the larger district 
heating plant is built, these islands are then interconnected. 

Plant availability. 

The availability factors of cogeneration units are generally very high. Availability factors 
above 90 percent are routinely achieved in conventional industrial and district heating 
systems, and they apply to state-of-the-art small-scale packaged units as well. Field 
performance tests sponsored by the Electric Power Research Institute (EPRI 1988b) are 
bearing out a recent trend of significant improvements as commercial experience with small 
installations grows. The main cause of outages in the small reciprocating engine units were 
failures in the cooling and control systems. Maintenance contracts were found to 
significandy improve availability. 

3. System integration issues 

System benefits versus system integration costs 

Cogeneration units are usually much smaller than central stations; they are located near or 
in load centers; and some technology offer significant operating benefits. As such, they 
offer major system benefits (see Section F.4 below). At the same time, die integration of 
cogeneration units into the utility system may be associated with system integration costs. 
Utility concerns over large-scale penetration of dispersed cogeneration systems, notably 
units not owned by utilities, are long-standing and are both technical, economic, and 
political in nature. Beyond the desire to minimize the market share of independent power 
producers, one can discern the following legitimate technical-economic issues: 

— Impacts on load factor and voltage maintenance 

— Impacts on system stability and dispatch 

— Accounting for utility back-up costs 

— Increased utility fixed costs due to loss of large industrial and other 
loads. 

The technical factors are no longer a significant issue. With proper interconnection 
facilities, cogeneration units can be integrated into the utility grid without negative impacts 
on system stability, dispatching, and power quality requirements (OTA 1983). Advances 
in power electronics have further improved the picture. 

More important for the utility is whether it has dispatch and curtailment control over the 
units. Dispatch control is of particular interest in peak demand situations, where the 
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possibility of a sudden loss of power may lead to increased back-up costs. Curtailability is 
of particular interest in low load situations where an inflexible "must buy" provision could 
lead to energy dumping or increased dynamic operating costs. The main system integration 
issues are therefore economic. 

Accounting choices for system integration costs 

The common "must buy" arrangements found in U.S. utility contracts with independent 
cogenerators are an outflow of the stipulations of the PURPA legislation obligating utilities 
to buy the power from qualifying facilities (QFs). They make cogeneration resources 
appear to be non-dispatchable. Moreover, cogeneration output could be intermittent, due to 
production-related fluctuations in steam requirements. But despite the fact that they serve 
two "masters," i.e., both heat and electric demand, cogeneration units are technically highly 
adaptable to electrical loads by using plant technologies and designs that allow a rapid 
shifting of the ratio of thermal and electric output. Even if economic considerations on the 
part of the cogenerator put limits to such operations, cogeneration units are at least partially 
dispatchable. If the right mix of cogeneration units is acquired, system requirements could 
be met without significant system penalties (see below). 

Under status quo conditions, transaction costs for making independently owned 
cogeneration units more dispatchable may be high for the utility that has signed a "must 
buy" contract. Regulatory reforms can minimize these transaction costs, for example, by 
unbundling the power purchase offers of utilities while ensuring that long-run marginal 
costs are made the overall avoided cost basis. Some jurisdictions in the U.S. have 
introduced competitive bidding scoring systems or unbundled buyback rates to give explicit 
value to such system-related features as on-peak dispatch, minimum annual capacity factor, 
and curtailability. These specifications can be used to ensure that cogenerated power 
optimally serves the utility system. 

For example, a utility may require industrial cogenerators to guarantee a minimum annual 
on-peak availability for them to receive firm capacity credits. To obtain these credits, it 
may be worthwhile for the industrial firm to operate the cogeneration unit beyond the hours 
of thermal load requirements in its process plants. This shift towards ELF operation will 
somewhat increase the average heat rate, but it will somewhat reduce cogenerator fixed 
costs. 

Conversely, if a cogenerating firm agrees to curtail its output during certain hours, this may 
mean (e.g. for a unit normally operated in the TLF mode) that more process heat will have 
to be produced directly, e.g. through supplemental firing. Again, the average heat rate of 
cogenerated pow^r over the course of the year decreases somewhat. In addition, the fixed 
costs per kWh may increase somewhaL 

From a societal perspective, it does not matter whether system impacts from cogenerators 
are accounted for on the utility side, or whether they are reflected on the cogenerator side, 
so long as the overall resource mix is optimized within the broader boundaries of both 
electrical and thermal energy service needs. Cogenerator-based adjustments could come in 
the form of adjustments to the net heat rate of the cogenerator, to the capital costs for 
thermal peak boilers and thermal storage, and to impacts on cogenerator operating costs. 

In our analysis, we account for possible system costs of cogeneration on the cogeneration 
side. We attempt to bracket these costs by calculating busbar costs for a range of operating 
modes that could be used to adapt to system requirements under utility dispatch. These are 
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the TLF mode (low net heat rates) and the ELF mode (higher net heat rates). A further 
sensitivity is introduced by using high, average, and low annual operating hours. 

By itself, the choice of an accounting convention does not ensure a societal least cost 
solution. Rather, it is also necessary to investigate whether the provision of electric plus 
thermal energy services is being optimized. Utilities have an incentive to pursue this 
optimization when operating district heating or other utility-owned cogeneration units 
themselves. From a societal perspective, independent cogenerators should be included in 
the same optimization as well. If these independent producers represent the least-cost 
choice over a wide range of penetration levels, the utility system as a whole should be 
reoptimized. 

Options and strategies for minimizing system integration costs 

System integration costs (caused, in our accounting system, by high-heat rate operating 
modes for cogenerators) could be minimized to the extent that the more expensive 
cogeneration operating modes can be avoided. This can be done by acquiring different 
kinds of cost-effective cogeneration resources in the right kind of mix. 

Electrical and thermal loads are highly correlated in Western Europe, both on a seasonal 
and on a diurnal basis. In a strategy aimed at taking advantage of such synchronicities, 
distributed-heating cogeneration units operating mostly in the TLF mode would meet 
intermediate electrical loads in the winter months, while district heating units operating 
mostly in the ELF mode could provide power year-round. 

Industrial cogeneration systems would mainly provide power on a year-round basis. Units 
running in the TLF mode with average or low operating hours could provide intermediate 
daily loads, while units running in the TLF mode with high operating hours would provide 
baseload power. 

Used this way, cogeneration units could well constitute a major fraction or even the bulk of 
the national utility system.24 With the right mix of both kinds of plants, and with the 
necessary dispatch arrangements, utilities would neither have to maintain large amounts of 
central station capacity to back up cogeneration units, nor would they have to reduce 
baseload central station operating hours to accommodate TLF cogeneration outputs. 
Moreover, the small size of cogeneration units could improve system reliability. 

TLF mode. In terms of seasonal peak load requirements, the TLF mode in distributed-
heating systems is well-matched to the intermediate load needs of winter peaking utilities in 
Western Europe. The seasonal electrical system peaks are in parallel with thermal 
requirements. The average coincidence factor for cogenerated power (i.e. the fraction of 
rated cogeneration power output contributing to system peak) can therefore be considered 
high. 

In Southern Europe, where utilities have to deal with growing summer loads, TLF 
cogeneration could be similarly beneficial despite lower heating requirements, e.g. when 

24 For example, Denmark is already generating more than 40 percent of its power needs, and is planning to 
provide more than fifty percent, from cogeneration power plants (mostly district healing plants) by the year 
2000. 
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supplying both summer cooling loads (e.g. with absorption chillers) and winter heating 
loads. 

A conflict may arise with daily electrical requirements. When integrating district heating 
into an existing system, cogeneration plants typically compete with capital-intensive 
baseload plants. Since heating requirements are more or less continuous during winter 
weekends and nights, the TLF mode would conflict with dispatch requirements on the 
electrical side. Utilities would have to turn down cheaper baseload plants or push district 
heating plants into a daily intermediate load cycle . Assuming the latter, the gaps in heat 
output could be accommodated in one of several ways: 

— Increase the capacity of thermal storage units. 

— Increase the fraction of heat demand served by the peak boiler. 

— Improve the thermal integrity of buildings to increase thermal storage in 
the building itself, and promote night-time temperature setbacks. 

The former two options have been analyzed by Rukes and Winsdorfer (1986). The latter 
option is, in essence, a load management strategy that brings the thermal load patterns more 
into congruence with electrical patterns. This option has not been given much attention. Its 
economic potential should be investigated more closely. Up to a certain level, improved 
thermal integrity is cost-effective by itself (see Chapter 11.12 and Appendix A.12), and it 
greatly extends the time periods over which buildings cool when the heating system is shut 
off." 

In industrial cogeneration, the TLF mode can be expected to be compatible with both 
electrical and heat requirements whenever daily power production from the cogenerator is 
broadly synchronous with overall daily commercial and industrial business activities and 
the associated electrical load shapes. That such synchronicity is not uncommon is borne 
out by case studies of district heating schemes based on industrial cogeneration plants or 
industrial waste heat resources.26 Again, increased seasonal heat loads during the winter 
are well-matched with electrical load increases during the winter season. 

ELF mode. To help meet system requirements, a certain fraction of cogeneration plants 
could be run on a year-round basis and used for baseload service. This duty cycle is 
approximated by the ELF mode. District heating plants are often operated this way, with 
some derating during the summer months. 

When producing electricity on a year-round basis for the grid, power output from district 
heating plants based on condensing steam turbines or CC and STIG units would still vary 
somewhat with heat requirements. Notably in winter, these reductions in power output 
may coincide with high demand periods and could thus lead to somewhat reduced load 

25 This effect, and its impact on the effective cogenerator plus peak boiler heat rate, could increase the 
optimum level of building insulation when evaluated against district heating costs. 
26 For example, case studies in the city of Bremen found that the load shape of industrial cogeneration 
outputs is often quite compatible with system requirements (BEB 1989). 
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carrying capabilities. Several compensation options exist: 

- Differences between electricity peak demand and cogeneration power 
production during peak winter days can be compensated for by 
switching a greater than normal share of thermal output to peak boilers 
and short-term storage capacity. 

- Power plant turbines can be designed to minimize the loss of power 
output when putting out steam (e.g. by means of asymmetrical 
extraction-condensing turbines). 

- Supplementary power can be provided from other central station units 
(the conventional back-up purchase option). 

- Back-up power could be provided by cogeneration plants operating in 
the TLF mode. 

In all cases, the cost trade-offs are complex and should be studied in detail using suitable 
simulation models, such as Simulachron, DESS, and ELDYN.27 

4. Operating, modularity, and siting benefits 

Peak capacity and other operating benefits 

Cogeneration plants could potentially provide significant peak and load-following capacity 
that would otherwise have to be provided from more expensive plants. Cogeneration 
plants could even reduce spinning reserve requirements if central dispatch is implemented 
for plants with fast ramp rates and short start-up times (EPRI 1987). IC engines and fuel 
cells can be started within seconds. These potential system operating benefits could be 
particularly significant when integrating large amounts of power from wind and solar 
sources (see Appendix A. 10.9). 

Providing operating flexibility in cogeneration plants usually involves a trade-off between 
extra capital investments that allow greater variability of power to heat ratios, such as the 
use of extraction-condensing turbines with asymmetrical configurations versus extra 
thermal storage or peak boiler capital and fuel costs. These trade-offs, in turn, are shaped 
by the load duration curve for heat demand, and by the marginal heat rates for power 
production and heat production of each cogeneration system.28 

STIG and combined cycle advantages. The availability of small high efficiency 
cogeneration systems, notably of STIGs, means that industrial, commercial, and municipal 
operators can adjust the output of steam and power independently over a wide range of 
requirements, while maintaining significantly better than utility efficiencies throughout. 
Notably the marginal heat rates of power production are improved, leading to interesting 
options for providing peak power (Larson & Williams 1986): 

27 Descriptions of estimating methodologies and simulation models for these problems are found, for 
example, in Verbruggen (1983), Rukes and Winsdorfer (1986), Gronheit (1990), and Gronheit and 
Verbruggen (1990). 

28 See, e.g. Verbruggen (1983) and Rukes and Winsdorfer (1986). 
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Suppose an industrial firm is using a 5 MW STIG unit, sized to meet its internal electrical 
needs and its maximum steam needs. Because of the high electricity to steam ratio of the 
turbine, it will likely be producing excess electricity for sale to the grid. Assume further 
that the steam needs are highly variable. 

With a conventional gas turbine, meeting (relatively) steady internal electrical demands and 
highly fluctuating steam demands means that unneeded steam has to be vented during part-
load operation. This leads to heat rates substantially higher than calculated for the TLF 
mode. Alternatively, storage systems or peak boilers have to be provided. 

STIG units could greatly increase operating flexibility at very favorable marginal cost by 
reinjecting unneeded steam during thermal part-load conditions into the turbine. For only a 
small increment of fuel for reheating of the recycled steam, the power output of the unit can 
be raised by 50 percent or more. 

The excess electricity can now be sold to the utility, at the minimum price equal to the 
short-run marginal fuel cost of the utility. But the incremental power output from this 
steam recycling and reheating costs only of the order of 1 kWh of extra fuel per kWh of 
electricity. At a cost of 4 Pf/kWh for gas, this translates into a marginal cost of 4 Pf/kWh 
for the incremental electricity -- a cost that is far lower than running the utility's own peak 
units. The same low-cost incremental power can be obtained from coal-fired extraction-
condensing steam turbine units (Gronheit and Verbruggen 1990), but these machines have 
higher capital costs and higher emissions. 

At the other end of the spectrum of operating conditions, an industrial producer may 
encounter a period of design point steam demand while the utility is encountering its system 
peak. The STIG owner could generate extra steam through supplemental firing capacity 
which is built into his system, and inject this steam into the turbine to raise its power output 
and efficiency. Here, the incremental fuel requirement would be about 4 kWh.f/kWh.e, 
comparable to the efficiency of gas peaking turbines used by utilities. STIG owners could 
contract to the utility for peak capacity provision at the utility's request, and thus garner a 
large capacity credit while still being able to meet their own heat and power demands.29 

In practice, these operating benefits could offset or exceed the system integration costs of 
cogeneration. However, such trade-offs would be highly utility-system specific, and 
determining their importance is complex. As a crude approximation, we assume that the 
two effects would about cancel each other in the context of a long-term least-cost 
optimization of the utility sector. We therefore include neither operating flexibility credits 
nor system integration costs in our calculations. 

Modularity credits 

Like smaller scale central stations, cogeneration units offer significant modularity benefits. 
Utilities could obtain these benefits by building cogeneration systems themselves, as in the 
case of district heating; through their own leasing companies or subsidiaries; or through 

29 If this credit were based on utility avoided peak capacity costs, it alone could pay for most of the 
higher investment cost of the STIG unit compared to a simple gas turbine system (Baken & van den Haspel 
1987). 
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competitive resource auctions for specified increments of power with near-term delivery 
dates.30 

To account for the greater annual variability of cogeneration applications when operated in 
the thermal load following mode, and the possibility of system penalties, we adjust the 
modularity credit for TLF operation downward.31 For ELF operation, modularity credits 
are calculated as for central stations (see Appendix A.10.4). 

District heating build-up costs 

District heating cogeneration systems offer advantages of small scale and short lead times 
on the electrical side, while also bringing with them significant financing costs until the 
desired market penetration is reached on the heating side. When district heating plants are 
evaluated as heating sources, this build-up related cost typically adds anywhere from five to 
25 percent to the cost of delivered heat, with about half of this extra cost due to the heating 
grid, and the other half due to electrical efficiency losses when operating a steam turbine 
district heating plant instead of a large central station (BMFT 1977). 

In the case of modern IGACC or ISTIG plants, such electrical efficiency losses would, 
however, be largely avoided, since they can be highly efficient at the smaller scales that 
would be used in district heating. We therefore neglect these fuel efficiency penalties in 
our calculations, but incorporate grid-related build-up costs in the calculation of heating 
system credits (see below). 

Siting flexibility credit 

As discussed in Appendix A.10.4, we apply a siting flexibility credit to plants smaller than 
100 MWe only. The three district heating plants are assumed to be located on existing sites 
or on new sites that require average system-wide T&D investments. For plants below the 
100 MW size limit, the maximum available T&D credit is assumed to be DM 300/kWe. 
This conservative figure, which is only about half of what case studies suggest,32 reflects 
diminishing returns with greater penetration of smaller units, and also takes into account 
those instances where reinforcements of the 20 kV/110 kV intermediate grid would be 
needed to handle local power station outflows. 

30 When cogeneration units are not utility-owned, they do present some planning uncertainty. Utilities 
can minimize these uncertainties by offering fuel price adjustment clauses that insulate cogenerators from 
unforeseen price increases for their fuels, and by "front-loaded" contracts that pay a constant levelized 
avoided cost over the whole contract period. See e.g. Kahn et al. (1989). 

31 Cogeneration in the thermal load following mode is more or less comparable to intermediate load 
operation. For intermediate loads, utilities tend to already use smaller-scale and more flexible power 
stations, e.g. combined cycle plants or smaller and older coal-fired steam turbine plants. 

To account for this difference, the modularity and siting credits for TLF operation are multiplied by the 
capacity factor of the TLF mode. This results in a 32 to 77 percent ("high" to "low" mode) reduction of the 
credits for TLF operation. 

32 See, e.g. TrOscher (1979) and the discussion in Appendix A.10.4. 
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The formula used for calculating the siting credit is as follows: 

c v n ...... .... 300 DM/kWe x (100 MWe - MWcogen) 
SiUng flexibility credit = inriMW— ^ ^ (7) 100 MW 

Electrical T&D energy losses 

We assume an average six percent distribution loss across all voltage levels. In some 
Western European countries, losses are significantly higher.33 Based on the six percent 
total, we credit industrial cogeneration units in the 10-100 MWe range with a one 
percentage point loss reduction. Units in the 1-10 MWe range receive a two percentage 
point reduction, and the 0.3 MWe on-site system is credited with a four percentage point 
reduction. 

5. Cost credits for displaced boilers and heating systems 

An important aspect of many cogeneration installations is that they displace investments on 
the thermal side. In absence of the cogeneration system, producing industrial steam would 
still have required a steam boiler or other system for generating process heat, as well as fuel 
storage, fuel feeding, and O&M for that system. Industrial cogeneration systems earn a 
fixed cost, fuel cost, and O&M cost credit for the boiler capacity they displace. Peak 
boilers and thermal storage and reserve capacity are usually required as before. 

District and neighborhood healing plants earn similar credits for displaced boilers and 
furnaces in individual buildings and their often considerable O&M costs. However, they 
require heat distribution grids and, in the case of larger systems, building transfer stations. 
In-house distribution lines for hot water and room radiators are required as before. 

Capital cost and O&M credits 

Various industrial steam plants cost about 150-300 DM (1982) per kW of thermal output, 
compared to 600-800 DM/kW.th for a gas turbine cogeneration plant that would replace 
them (Hutter et al. 1984). For gas turbines and coal-fired steam turbines, the typical 
reductions of capital costs due to shared first costs are as high as 30-50 percent (Hagler, 
Bailly and Co. 1982, Hutter et al. 1984). 

Shared cost credits are important in establishing initial market beachheads, particularly for 
packaged cogeneration applications. The US Gas Research Institute (GRI) is currently 
developing and testing three systems specifically designed for this "value added" approach: 
a supermarket refrigeration unit, a chiller unit, and an engine with supplemental firing 
abilities to avoid the need for separate boilers. The net installed cost for the supermarket 
system is estimated to be $ 800/kWe. For the chiller, the effect can be particularly 
pronounced, reducing the extra cost of cogeneration to only $ 150-300/kWe (Kostrzewa & 
Davidson 1988). 

Assumptions for the cost of displaced steam boilers vary considerably depending on what 
size and kind of boiler is being displaced. Our boiler cost assumptions are adapted from 
Sulzer (1987), Hutter et al. et al. (1984), and Meier, Angerer et al. (1986). We distinguish 

33 For example, losses in Italy are reported to be 10 percent on average. 
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between costs for high pressure steam systems and low pressures steam/hot water heating 
plants. For residential systems, we use data from Roth et al. (1980), who provide 
disaggregated data for both district heating and conventional oil and gas heating systems 
(see Appendix A.12).34 

Capital costs are converted into fixed costs per unit of useful energy delivered at the 
process site or room register. These costs per unit of thermal energy are then converted 
into costs of electricity using the average electricity production ratio of each technology and 
mode. 

Fuel price credits 

In industrial cogeneration, the fuel price for the cogenerator may be substantially higher 
than that for the existing steam boiler if that boiler had been fired with low-cost coal or 
heavy fuel oil and the cogenerator uses gas or light fuel oil. Given the base year mix of 
industrial boiler fuels, industrial cogenerators would, on average, displace oil-fired boilers, 
but there are significant national differences. For industrial systems using imported coal 
rather than domestic coal, fuel price credits can substantially reduce busbar costs. For the 
purpose of our stylized calculation, we assume that the boiler fuel credit is zero. 

In the case of district heating, fuel for the cogenerator is purchased at the utility price, while 
the displaced boiler fuels are purchased at typically much higher residential and commercial 
sector rates. Only in the case of on-site packaged cogeneration systems or very small 
neighborhood systems would cogenerator fuel prices approach residential and commercial 
rates. Even here, utility ownership would be feasible, which would result in price 
differentials. 

In our distributed-heat calculations, fuel price credits are based on displacing heating oil in 
residential and commercial applications. Fuel prices are taken from Appendix A. 10.5. 

Heat distribution grids 

The costs for distributing heat are based on field experience in the FRG (Bracchetti 1983) 
and on the discussions in Appendix A.12. Major building shell efficiency improvements 
(of the order of 50 percent) are accounted for in our calculations. We increase the weighted 
average district heating grid cost of 3 Pf/kWh useful heat by 15 percent to account for the 
transitional costs of district heating build-up. The neighborhood system is assigned a 
lower distribution costs due to the feasibility of less expensive pipe laying methods and of 
fine-tuning the siting of the station. For the on-site system, distribution costs do not apply. 

Write-off costs of existing gas grids 

Besides the costs of building up heating grids, many district heating projects'would have 
additional costs for the write-off of already existing gas grids. The impact of such write
offs will be less significant when new district heating plants are gas-fired and can make use 
of the transmission infrastructure. The fact that gas grids are substantially cheaper than 

34 It is assumed (hat central systems are in place, or desired anyway for social equity and comfort reasons. 
When converting room- or apartment heaters to central heating systems, the additional cost of in-house 
distribution is therefore not counted as part of the district heating cost, but as an unrelated welfare gain. 
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heat grids also limits the impacts of such write-offs. An order of magnitude estimate for 
these costs is provided as a sensitivity analysis below. 

6. Environmental externality costs 

We calculate environmental externality costs of cogeneration technologies using the 
externality ranking system described in Appendix A.10.4. Tables A. 10.7.35 and 
A. 10.7.36 show our assignments for the points associated with each type of cogeneration 
unit, calculated for thermal load following and electrical load following (cogen. average) 
modes. Like our busbar cost calculations, these assignments of points reflect best pollution 
control technology for the cogeneration unit The resulting externality costs are shown in 
Table A. 10.7.37 (in 1989 Pf/kWh). 

The coal cogeneration technologies fare less well than gas plants in our ranking system, 
garnering externalities of between 0.74 and 1.4 Pf/kWh. All gas-fired technologies have 
externalities of between 0.2 and 0.44 Pf/kWh. These figures bear out in monetized terms 
what the emission reduction calculations showed in Section C and D above: gas-fired 
cogeneration technologies represent a substantial environmental improvement over both 
coal- and gas-fired central station technologies (see Appendix A.10.6). 

7. Results 

The results of our calculations are shown in Tables A. 10.7.38 to A.10.7.43. These tables 
show that cogenerated power is less expensive than central station power for a wide range 
of fuel prices and technologies. The results are shown for low and high fuel prices. 

In interpreting the findings below, it is important to remember that our stylized, averaging 
calculations are much too coarse to provide definitive answers on the relative merit of 
alternative cogeneration technologies that would apply to all situations. In-depth 
evaluations of individual applications and projects could arrive at different costs and cost 
relationships among the various technology options. 

TLF versus ELF costs 

When comparing the figures for the TLF and the ELF mode, industrial and distributed-heat 
cogeneration show divergent patterns. For the industrial systems, TLF high operation 
tends to be slightly cheaper than ELF high operation, while TLF average tends to be 
slightly more expensive than ELF average. 

In the case of distributed-heat systems, the same general pattern holds for the neighborhood 
and on-site IC engine systems. However, the TLF high case is always cheaper than the 
ELF high case, and the ELF average case is always cheaper than the TLF average case. 
The inclusion of peak boilers in our efficiency calculations for distributed-heat cogenerators 
makes the heat rate differences between TLF and ELF modes smaller than for industrial 
systems. Also, the additional costs of the district heating grid diminish the offsetting 
impact of heating system credits on capital costs. 

Overall, the cost differences between electricity-only operation and cogeneration operation 
are, however, always significant. At low fuel prices, the advantage of cogeneration over 
electricity-only operation is at least 5 to 15 percent (district heating plants) and can reach 70 
to 75 percent (STIG industrial system, TLF high). 
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Industrial cogeneration 

Low fuel prices. In the industrial applications, the STIG gas turbines are the clear winners 
under the low price scenario. Due to their lower capital costs, gas-fired cogenerators are 
relatively immune to changes in operating hours, whereas back-pressure turbines show a 
greater sensitivity to the process operation capacity factor. In the ELF mode and in the 
electricity-only mode, diesels and advanced simple cycle gas turbines fare relatively well 
compared to the low electrical efficiency back pressure turbine. 

The calculations show that the small coal-fired steam turbine system is closest to cost-
competitiveness when operated in the TLF high mode, but it is still expensive.35 The larger 
coal unit is competitive in the TLF and ELF high modes. When the considerable 
environmental externality costs of these systems are taken into account, even the large size 
turbine operating at the high TLF and ELF modes cannot compete with the gas fired STIG 
units. In the ELF mode, which provides more operating hours to cover their capital costs, 
the coal-fired units lose competitiveness due to their low electrical efficiency and their 
higher externality costs. 

Overall, industrial cogeneration systems could provide very cost-effective intermediate load 
generation (TLF modes) and cost-effective to cost-competitive baseload generation (TLF 
high and ELF modes). 

High fuel prices. Gas-fired industrial cogeneration in the TLF modes remains cost-
effective or competitive with power from coal-fired central stations. The most efficient 
systems (STIG units) retaining a 15 percent cost advantage over a coal-fired IGACC central 
station plant under high coal prices (see also Appendix A.10.6). In the ELF high mode, 
STIG cogeneration remains competitive. 

With the high gas price, the larger coal-fired back-pressure steam turbine shows a cost 
advantage over the most favorable gas-fired systems (i.e. the STIG units) for both the TLF 
high and the ELF high modes. However, when externality costs are added in, the cost 
advantage over the STIG systems becomes smaller. 

Overall, industrial cogeneration systems could still provide cost-effective intermediate load 
generation (TLF modes) and a more limited amount of cost-effective (TLF high) to cost-
competitive (ELF high) baseload generation. 

Distributed-heat cogeneration 

Low fuel prices. The gas-fired ISTIG district heating plant offers the most uniformly low 
cost electricity generation for this price scenario. Costs for ELF operation are comparable 
to or somewhat more favorable than TLF operation, but both operational modes are cost-
effective against the coal-fired district heating plants and very cost-effective against coal-
fired central stations. 

35 Due to the low electricity production ratio of the small system, its economics as a power plant are 
particularly sensitive to assumptions about the boiler credits. Because of this feature, die results for the 
small coal-fired turbine are less suited for cost-ranking it with other technology alternatives than are those 
for die larger unit. 
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The gas-fired on-site IC engine does well in the TLF mode if it can operate 4500 hours/yr 
or more, but it is unclear how many potential applications with such favorable operational 
characteristics are available. In the ELF high mode, its low electrical efficiency pushes up 
costs somewhat, but it is still cost-effective compared with central station electricity based 
on coal. 

The gas-fired neighborhood station shows slightly lower costs in the ELF average mode 
than in the TLF average mode. When operated in the ELF mode, it can compete with 
central station power based on coal. 

The coal-fired plants are cost-effective compared to their central station equivalents. 

High fuel prices. The approximately 50 percent increase of the gas price relative to the 
reference scenario translates into almost as high an increase in power costs. The gas-fired 
ISTIG district heating plant remains cost-competitive with coal-fired central stations in this 
scenario, but has somewhat higher electricity costs than an IGACC plant using imported 
coal. 

Power from the IC engine systems operated for the assumed average amount of hours 
becomes 3-4 Pf/kWh more expensive than central station power. On-site systems for 
hospitals, public swimming pools, and similar facilities with high year-round thermal 
baseloads would still be cost-effective to cost-competitive with central station power. 

In the high fuel price case, the cost of coal-fired district heating plants is 20-25 percent 
lower than coal-fired central station power. The higher capital cost of coal-fired central 
stations is offset by growing fuel price credits as the price of residential fuels increases. 

Sensitivity analyses 

Tables A. 10.7.44 and A.10.7.4536 summarize our stylized analyses for high operating 
hours and for the most favorable mode (TLF for industry, ELF for large district heating, 
TLF for on-site/neighborhood CHP). The tables show the sensitivity of cogeneration 
power costs to variations in fuel price, operating hours, and capital costs. The impact of 
externalities is also shown.37 

Overall, the tables indicate that the fuel price is the dominant factor. They also show that 
externalities have a significant effect on the cost of coal-fired cogeneration systems. As 
expected, modularity and siting credits significantly improve the costs of the industrial 
technologies. 

The differential between district heating fuel cost and heating system or boiler cost is also 
very important. In the reference scenario this differential is modest, but in the high fuel 
price scenario, it widens. As a result, the heating fuel credit increases significantly for all 

36 In addition to the gas-fired CHP ISTIG plant, we calculate costs for a 110 MW CHP ACC plant using 
an overnight capital cost of 1300 DM/kW, plus 150 DM/kW to account for NOx control. Other parameters 
are identical to the CHP ISTIG plant. The results of tins busbar calculation are shown in the Executive 
Summary to this volume (ES.3C). 
37 The externalities shown are for the low cost case. See Table A.10.4.6 in Appendix A.10.4 for a 
presentation of the low and high case externality casts for all fossil-fired resources. 

A. 10.7.76 



cogeneration systems, but the effect is greatest for coal-fired systems. A 25 percent 
increase in the residential heating fuel price would reduce electricity costs from district 
heating by as much as 20 percent for coal-fired systems, and by more than 10 percent for 
gas-fired district heating plants. 

Finally, it is worth noting what influence write-off costs for existing gas grids would have 
on district heating costs. Assuming that such write-offs increase the cost of heat 
distribution grids by one third, the increase in busbar costs for gas-fired district heating 
plants would be of the order of five percent (high fuel price scenario). 

Major conclusions 

Our analysis shows that cogeneration technologies afford major reductions in carbon 
emissions (and in global acid rain emissions) at approximately zero or at negative cost 
relative to fossil central station generation. Specifically, the following observations can be 
made: 

• Best gas-fired industrial cogeneration technologies offer major 
reductions in electricity carbon burdens while also decreasing electricity 
costs. In the low fuel price scenario, they can compete with central 
station baseload power, and in the high fuel price case, they are a highly 
cost-effective alternative to intermediate load central station generation. 
Either way, they can provide carbon reductions at negative cost. 

• Best gas-fired district heating plants also offer major carbon reductions 
while either decreasing baseload electricity costs (low fuel price 
scenario) or while remaining competitive with the coal-fired baseload 
central stations of the reference scenario (high fuel price case). 

• Gas-fired neighborhood and on-site plants can in some cases compete 
with central station baseload power. More often, they could be a cost-
competitive to cost-effective source of generation for intermediate loads. 

• Coal-fired industrial cogeneration technologies also offer reductions in 
carbon burdens. They are cost-effective when displacing intermediate 
load central station generation and can be cost-competitive with central 
station baseload power where process operating hours are high. 
However, carbon reductions are significantly smaller and environmental 
impacts in other areas are greater than for gas-fired systems. 

• In the high fuel price scenario, power from district heating plants based 
on coal gasification would have lower costs than district heating plants 
based on gas. However, the carbon reduction benefits would be 
substantially reduced. 

• On balance, use of best gas-fired cogeneration technologies would, even 
under the high fuel price scenario, result in significant reductions in 
intermediate load generation costs, and would result at least in no 
increases in baseload generation costs. At the same time, carbon and 
acid rain reductions would be maximized. 

A. 10.7.77 
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Table A.10.735: Environmental points for NY PSC bidding system, 
assigned by cogeneration technology (thermal load following mode [cogen. avg.]) 

Air Emissions (Subtotal) 
SOx 

NOx 
C02 

Particulates 

Water Effects (Subtotal) 
Cooling H20 

Fish Protection 

H20 Quality 

Land Effects (Subtotal) 
Acreage Required 

Terrestrial 
"•"niai Aesthetics 

Transmission 
Noise 

Solid Waste Disposal 
Solid Waste as Fuel 

Fuel Delivery Mechanism 
Km from sensitive receptors 

TOTAL WEIGHTED POINTS 

CHP CHP 
coal ST coal-gash*. 

ACC 
88 135 
2 5 
3 4 
5 5 
3 4 

10 10 

4 4 
0 0 
2 2 

26 26 
3 3 
2 2 
2 2 
3 3 
3 3 
1 1 
0 0 
1 1 
3 3 

124 171 

CHP 
gas 

ISTIG 
155 

5 
5 
5 
5 

10 

4 
0 
2 

41 
3 
2 
2 
3 
3 
5 
0 
4 
3 

206 

CHP 
gasIC 

otto 
155 

5 
5 
5 
5 

20 
5 
5 
5 

47 
5 
2 
4 
4 
3 
5 
0 
4 
3 

222 

CHP 
gasIC 
diesel 
136 

5 
4 
5 
5 

20 
5 
5 
5 

46 
4 
2 
4 
4 
3 
5 
0 
4 
3 

202 

IND 
coalb.p 

ST5MWe 
114 

5 
3 
5 
2 

10 
4 
0 
2 

J5 
4 
4 
4 
4 
3 
1 
0 
1 
3 

157 

IND 
coal b.p 

ST 25 MWe 
134 

5 
4 
5 
3 

10 
4 
0 
2 

« 
4 
4 
4 
4 
3 
1 
0 
1 
3 

177 

WEIGHT 

9 

19 
2 
1 

2 
1 
1 

1 
1 
1 
2 
2 
3 
1 
1 
1 

240 

(1) A non-polluting resource would be assigned 5 points in each category. CHP = central heat and power (i.e., district heating). IND = industrial. 
(2) Externality costs are calculated by multiplying the points assigned to a particular technology 
by the weighting factor for a particular environmental insult. The sum of these weighted 
points is then used in the following formula: 
Externality Cost (eTkWh) = (240 Points • Weighted Points))/240 Points) * 1.40/kWh 
(3) Air emissions used to rank technologies incorporate the avoided boiler emissions (CHP boilers: 50% oil and 50% gas; industrial boilers: 100% oil). 
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Table A.10.735 (continued): Environmental points for NY PSC bidding system, 
assigned by cogeneration technology (thermal load following mode [cogen. avg.]) 

Air Emissions (Subtotal) 
SOx 
NOx 
C02 

Particulates 

Water Effects (Subtotal) 
Cooling H20 

Fish Protection 
H20 Quality 

Land Effects (Subtotal) 
Acreage Required 

Terrestrial 
Visual Aesthetics 

Transmission 
Noise 

Solid Waste Disposal 
Solid Waste as Fuel 

Fuel Delivery Mechanism 
Km from sensitive receptors 

TOTAL WEIGHTED POINTS 

IND IND IND 
Gas CT Gas CT Gas IC 

3.85 MWe 33 MWe Conv. 

155 155 136 
5 5 5 
5 5 4 
5 5 5 
5 5 5 

20 20 20 
5 5 5 
5 5 5 
5 5 5 

48 48 48 
4 4 4 
4 4 4 
4 4 4 
4 4 4 
3 3 3 
5 5 5 
0 0 0 
4 4 4 
3 3 3 

223 223 204 

IND 
GasIC 
Adv. 
136 

5 
4 
5 
5 

20 
5 
5 
5 

48 
4 
4 
4 
4 
3 
5 
0 
4 
3 

204 

IND 
Gas STIG 
5.6 MWe 

155 
5 
5 
5 
5 

10 
4 
0 
2 

48 
4 
4 
4 
4 
3 
5 
0 
4 
3 

213 

IND 
Gas STIG 

aero SIMWe 
155 

5 
5 
5 
5 

10 
4 
0 
2 

48 
4 
4 
4 
4 
3 
5 
0 
4 
3 

213 

WEIGHT 

9 
19 
2 
I 

2 
1 
1 

1 
1 
1 
2 
2 
3 
1 
1 
1 

240 

(1) A non-polluting resource would be assigned 5 points in each category. CHP = central heat and power (i.e., district heating). IND = industrial. 
(2) Externality costs are calculated by multiplying the points assigned to a particular technology 
by the weighting factor for a particular environmental insult. The sum of these weighted 
points is then used in the following formula: 
Externality Cost (tf/kWh) = (240 Points - Weighted Points))/240 Points) * 1.4*/kWh 
(3) Air emissions used to rank technologies incorporate the avoided boiler emissions (CHP boilers: 50% oil and 50% gas; industrial boilers: 100% oil). 
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Table A.10.736: Environmental points for NY PSC bidding system, 
assigned by cogeneration technology (electricity load following mode 

Air Emissions (Subtotal) 
SOx 
NOx 

C02 
Particulates 

Water Effects (Subtotal) 
Cooling H20 

Fish Protection 
H20 Quality 

Land Effects (Subtotal) 
Acreage Required 

Terrestrial 
Visual Aesthetics 

Transmission 
Noise 

Solid Waste Disposal 

Solid Waste as Fuel 
Fuel Delivery Mechanism 

Km from sensitive receptors 

TOTAL WEIGHTED POINTS 

CHP CHP 
coal ST coal-gaslf. 

ACC 
88 126 

2 4 
3 4 
5 5 
3 4 

10 10 
4 4 
0 0 
2 2 

26 26 
3 3 
2 2 
2 2 
3 3 
3 3 
1 1 
0 0 
1 1 
3 3 

124 162 

[cogen. avg]) 

CHP 
gas 

ISTIG 
155 

5 
5 
5 
5 

10 

4 
0 
2 

41 
3 
2 
2 
3 
3 
5 
0 
4 
3 

206 

CHP 
gasIC 

otto 
136 

5 
4 
5 
5 

20 
5 
5 
5 

47 
5 
2 
4 
4 
3 
5 
0 
4 
3 

203 

CHP 
gasIC 
diesel 
136 

5 
4 
5 
5 

20 
5 
5 
5 

46 
4 
2 
4 
4 
3 
5 
0 
4 
3 

202 

IND 
coalb.p 

ST 5 MWe 
95 
5 
2 
5 
2 

10 
4 
0 
2 

JJ 
4 
4 
4 
4 
3 
1 
0 
1 
3 

138 

IND 
coalb.p 

ST 25 MWe 
115 

5 
3 
5 
3 

10 

4 
0 
2 

33 
4 
4 
4 
4 
3 
1 
0 
1 
3 

158 

WEIGHT 

9 
19 
2 
1 

2 
1 
1 

1 
1 
1 
2 
2 
3 
1 
1 
1 

240 

(1) A non-polluting resource would be assigned 5 points in each category. CHP = central heat and power (i.e., district heating). IND = industrial. 
(2) Externality costs are calculated by multiplying the points assigned to a particular technology 
by the weighting factor for a particular environmental insult The sum of these weighted 
points is then used in the following formula: 
Externality Cost (£/kWh) = (240 Points - Weighted Points))/240 Points) * 1.4?/kWh 
(3) Air emissions used to rank technologies incorporate the avoided boiler emissions (CHP boilers: 50% oil and 50% gas; industrial boilers: 100% oil). 
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Table A.10.736 (continued): Environmental points 
assigned by cogeneration technology (electricity load 

Air Emissions (Subtotal) 
SOx 

NOx 
C02 

Particulates 

Water Effects (Subtotal) 
Cooling H20 

Fish Protection 
H20 Quality 

Land Effects (Subtotal) 
Acreage Required 

Terrestrial 
Visual Aesthetics 

Transmission 
Noise 

Solid Waste Disposal 

Solid Waste as Fuel 
Fuel Delivery Mechanism 

Km from sensitive receptors 

TOTAL WEIGHTED POINTS 

IND 
GasCT 

3.85 MWe 
155 

5 
5 
5 
5 

20 

5 
5 
5 

48 
4 
4 
4 
4 
3 
5 
0 
4 
3 

223 

for NY PSC bidding system, 
following mode [cogen. avg]) 

IND IND 
Gas CT Gas IC 
33 MWe Conv. 

155 136 
5 5 
5 4 
5 5 
5 5 

20 20 

5 5 
5 5 
5 5 

48 48 
4 4 
4 4 
4 4 
4 4 
3 3 
5 5 
0 0 
4 4 
3 3 

223 204 

IND 
GasIC 
Adv. 
136 

5 
4 
5 
5 

20 

5 
5 
5 

48 
4 
4 
4 
4 
3 
5 
0 
4 
3 

204 

IND 
Gas STIG 
5.6 MWe 

155 

5 
5 
5 
5 

10 

4 
0 
2 

48 
4 
4 
4 
4 
3 
5 
0 
4 
3 

213 

IND 
Gas STIG 

aero 51 MWe 
155 

5 
5 
5 
5 

10 
4 
0 
2 

48 
4 
4 
4 
4 
3 
5 
0 
4 
3 

213 

WEIGHT 

9 
19 
2 
1 

2 
1 
1 

1 
1 
1 
2 
2 
3 
1 
1 
1 

240 

(1) A non-polluting resource would be assigned 5 points in each category. CHP = central heat and power (i.e., district heating). IND = industrial. 
(2) Externality costs are calculated by multiplying the points assigned to a particular technology 
by the weighting factor for a particular environmental insult. The sum of these weighted 
points is then used in the following formula: 
Externality Cost (eTkWh) = (240 Points - Weighted Points))/240 Points) * 1.4i/kWb 
(3) Air emissions used to rank technologies incorporate the avoided boiler emissions (CHP boilers: 50% oil and 50% gas; industrial boilers: 100% oil). 



Table A.10.7.37: External costs associated with cogeneration technologies 

Technology 

Combined heat and power 
Coal steam 

Coal-gasifier ACC 
Gas ISTIG 

Gas IC engine-Otto 
Gas IC engine-Diesel 

Industrial cogeneration 
Coal back-pressure steam 
Coal back-pressure steam 

Gas combustion turbine 
Gas combustion turbine 

Large IC engine conventional 
Large IC engine advanced 

Gas STIG industrial 
Gas STIG aeroderivative 

Electric 
Capacity 

MWe 

100 
100 

no 
0.3 
5 

5 
25 

3.85 
33.1 

5 
25 
5.6 

51.4 

TLF Cogen. 
Average Mode 

Pf/kWh 

1.35 
0.81 
0.40 
0.21 
0.44 

0.97 
0.74 
0.20 
0.20 
0.42 
0.42 
0.32 
0.32 

ELF Cogen. 

Average Mode 
Pf/kWh 

1.35 
0.91 
0.40 
0.43 
0.44 

1.19 
0.% 
0.20 
0.20 
0.42 
0.42 
0.32 
0.32 

(1) Sources: NY PSC 1989 and Tables A. 10.7.35 and A. 10.7.36. 
(2) Totals include air emissions savings due to replacement of typical space 
heating or industrial boilers with more highly controlled cogeneration plants, though if net emissions 
are negative (i.e., boiler savings outway cogen emissions), we do not assign an externality credit. 

A.10.7.82 



Table A.l 0.7.38: Boiler system credits for Industrie 

Thermal capacity 
Efficiency 

Technical life 

Construction lead time 

Cost parameters 

Capital recovery factor 

Capital cost, HPS 
Capital cost, HW 
Capital cost, weighted 

Annual capital cost 

Fixed O&M 
Admin, and insurance 
Total annual fixed costs 

Unit fixed costs/useful heat 

cogen high 

cogen ave 
cogen low 

Variable O&M costs 
Fuel price credit 

Total unit credit 

cogen high 
cogen ave 

cogen low 

Unit 

MW.th 
%/100 

years 

years 

DM/kW.th 

DM/kW.th 
DM/kW.th 

DM/kW.th/yr 

DM/kW.lh/yr 

DM/kW.th/yr 
DM/kW.th/yr 

Pf/kWh.th.u 

Pf/kWh.th.u 

Pf/kWh.th.u 

Pf/kWb.tb.u 

cogeneration systems 

Back-press. ST 
coal 

32 
0.8 

25 

1 

0.071 
471 

147 
228 

16.2 
3.4 

2.3 
21.9 

0.61 

1.04 
1.82 

1.86 
0.00 

2.46 
2.90 

3.68 

coal 

80 
0.8 
25 

2 

0.071 

396 

141 
205 

14.5 
3.1 
2.0 

19.7 

0.55 
0.94 

1.64 

1.24 

0.00 

1.78 
2.17 

2.88 

Industrial GT 

gas 

7 
0.85 
25 

1 

0.071 

589 

203 
300 

21.3 
4.5 

3.0 
28.8 

0.75 

1.29 
2.26 

0.87 
0.00 

1.62 
2.16 

3.12 

gas 

46 
0.85 

25 

1.5 

0.071 

377 

147 
204 

14.5 
3.1 
2.0 
19.6 

0.51 
0.88 

1.54 

0.37 

0.00 

0.88 
1.25 

1.91 

Large 
gas 

conv. 

3 
0.85 

25 

1 

0.071 
584 

226 
316 

22.4 

4.7 

3.2 
30.3 

0.79 

1.36 
2.38 

0.87 

0.00 

1.66 

2.22 
3.24 

IC 

gas 
adv. 

19 
0.85 
25 

1 

0.071 
552 

170 
265 

18.8 
4.0 

2.7 
25.4 

0.67 

1.14 

2.00 

0.87 

0.00 

1.53 
2.01 

2.86 

STIG turbine 

gas 
industrial 

7 
0.85 
25 

1 

0.071 
589 

203 
300 

21.3 

4.5 
3.0 
28.8 

0.75 

1.29 
2.26 

0.87 
0.00 

1.62 
2.16 
3.12 

gas 
aeroderiv. 

44 
0.85 
25 

1 

0.071 
377 

147 
204 

14.5 

3.1 

2.0 
19.6 

0.51 

0.88 
1.54 

0.37 
0.00 

0.88 
1.25 

1.91 

(1) Displaced boiler thermal capacities calculated on basis of design-point EPRs. 
(2) Boiler system capital costs based on Sulzer (1987), Prognos (1989), and Suitor (1984). 

(3) Share of displaced high pressure steam and low pressure steam/hot water systems is 25% and 75%, respectively. 
(4) Boiler system fixed and variable O&M costs from Sulzer (1987). 
(5) HPS denotes high pressure steam, HW is low pressure steam and hot water. 
(6) Boiler efficiency is 80% for coal, 85% for oil and gas. 
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Table A.10.7.39: Busbar cost < 

Parameter 

Nominal capacity electric 
Max. capacity electric 
Equiv. operating availability 
Equiv. unplanned outage rate 
Cogen. equiv. oper. availty. 
Technical life 
Construction lead time 

Capital Recovery Factor 
Capital cost overnight 
Pollution control (NOx) 
Interest d. constr. 

Total capital requirement 

Modularity credit (max) 
Siting flexibility credit (max) 
Net capital cost ELF (min) 

Annual capital cost (min) 
Fixed O&M 
Admin, and insurance 
Personnel 
Capability ratio 
Reserve margin cost 
Total annual fixed cost (min) 

Gross fixed costs per kWh 
TLF, cogen high 
TLF, cogen ave 
TLF, cogen low 
ELF, cogen high 
ELF, cogen ave 
ELF, cogen low 

Electricity-only mode 

Boiler credit 
TLF, cogen high 
TLF, cogen ave 
TLF, cogen low 
ELF, cogen high 
ELF, cogen ave 

1 ELF, cogen low 

jf power from Industrial cogeneration technologies 

Dimension 

MWe 
MWe 
%/IOO 
%/100 
%/100 

yrs 
yrs 

DM/kW.e 
DM/kW.e 
DM/kW.e 
DM/kW.e 

DM/kW.e 
DM/kW.e 
DM/kW.e 

DM/kW.e/yr 
DM/kW.e/yr 
DM/kW.e/yr 

DM/kW.e/yr 
DM/kW.e/yr 

Pf/kWh.e 

Pf/kWh.e 

Back-press. ST 
coal 

5 
5 

0.9 
0.060 
0.940 

25 
I.J 

0.071 
9000 

incl. above 
112 

9112 

-496 
-285 
8331 

591 
137 
91 
113 

1.064 
6.6 

938 

21.8 
38.0 
67.3 
15.0 
13.5 
12.8 
11.9 

-16.7 
-19.6 
-24.9 
•12.6 
-8.5 
-6.1 

coal 

25 
25 
0.9 

0.060 
0.940 

30 
2.5 

0.065 
3071 

incl. above 
116 

3187 

-479 
-225 
2483 

162 
48 
32 
60 

1.065 
6.6 
308 

7.3 
13.1 
23.6 
4.9 
4.4 
4.2 
3.9 

-6.0 
-7.3 
-9.7 
-4.5 
-3.2 
-2.4 

low fuel price case 

Industrial GT 
gas 

conv. 

3.85 
3.85 
0.92 
0.043 
0.957 

20 
1 

0.080 
1900 
200 

0 
2100 

-497 
•288 
1315 

105 
32 
21 
15 

1.045 
5.4 
178 

5.3 
9.9 
18.3 
3.1 
2.7 
2.4 
2.2 

-4.2 
-5.6 
-8.0 
-2.9 
•2.1 
•1.6 

gas 
aeroderiv. 

33 
33 

0.92 

0.03 
0.97 
30 

1.5 

0.065 
1300 
150 
18 

1468 

-473 
-201 
794 

52 
22 
15 
12 

1.031 
4.5 
105 

3.0 
5.7 
10.6 
1.8 
1.5 
1.4 
13 

-1.5 
-2.2 
-3.3 
-1.1 
-0.8 
-0.7 

Large IC 
gas 

slow-speed 

5 
5 

0.92 
0.043 
0.957 

20 
1 

0.080 
1700 
300 

0 
2000 

-496 
-285 
1219 

98 
30 
20 
15 

1.045 
5.4 
168 

4.1 
7.8 
14.4 
2.6 
2.3 
2.2 
2.1 

-1.0 
-1.3 
-1.9 
-0.7 
-0.6 
-03 

gas 
advanced 

25 
25 

0.92 
0.043 
0.957 

25 
1.5 

0.071 
1500 
300 
22 

1822 

-479 
-225 
1118 

79 
27 
18 
15 

1.045 
5.4 
145 

3.5 
6.6 
12.2 
2.2 
2.0 
1.9 
1.8 

-1.2 
-1.5 
-2.2 
-0.9 
-0.7 
-0.5 

STIG turbine 
gas 

industrial 

3.5 
5.6 

0.92 
0.03 
0.97 
20 
1 

0.080 
1700 

0 
0 

1700 

-497 
-290 
913 

73 
26 
17 
15 

1.031 
4.5 
135 

3.0 
5.7 
10.7 
1.9 
1.8 
1.7 
1.7 

-2.6 
-3.4 
-4.9 
-1.8 
-1.3 
-1.0 

gas 
aeroderiv. 

33.1 
51.4 
0.92 
0.03 
0.97 
30 
1.5 

0.065 
1400 

0 
17 

1417 

-472 
-201 
744 

48 
21 
14 
11 

1.032 
4.5 
100 

2.3 
4.4 
8.2 
1.4 
1.3 
1.3 
1.2 

-1.0 
-1.5 
-2.3 
-0.8 
-0.6 
•03 
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TABLE A.10.739 CONTINUED 
Variable Costs 
Incremental O&M 
Pollution control (NOx) 
Fuel price 
Fuel cost 

TLF mode 
ELF, cogen high 
ELF, cogen ave 
ELF, cogen low 

Electricity-only mode 

T&D adjustment (electr.) 

Total unit costs 
TLF, cogen high 
TLF, cogen ave 
TLF, cogen low 

ELF, cogen high 
ELF, cogen ave 
ELF, cogen low 

Electricity-only mode 
El.-only mode, 65% cap. f. 

Env. externality cost, TLF ave. 

Env. externality cost, ELF ave. 

Modularity credits (already in 
TLF, cogen high 
ELF, cogen high 
ELF, cogen ave 

Siting credits (already include 
TLF, cogen high 
ELF, cogen high 
ELF, cogen ave 

Pf/kWh.e 
Pf/kWh.e 

Pf/kWh.fiiel 
Pf/kWh.e 

Pf/kWh.e 
Pf/kWh.e 

eluded in total i 
Pf/kWh.e 
Pf/VWh.e 
Pf/kWh.e 

d in total unit c< 
Pf/kWh.e 
Pf/kWh.e 
Pf/kWh.e 

3.5 
0.0 
1.52 

1.5 
4.5 
8.4 
10.7 
13.8 

1.04 

10.5 
24.4 
49.3 

10.8 
17.5 
21.7 

30.4 
35.1 

0.97 

1.19 

•nit costs abc 
-0.64 
-0.59 
-0.53 

ists above) 
-0.37 

-0.34 
-030 

3.0 
0.0 
1.52 

13 
3.0 
4.9 
6.1 
7.6 

1.04 

6.1 
10.7 
19.2 

6.6 
9.5 
11.3 

15.1 
16.6 

0.74 
0.96 

ve) 
-0.57 
-0.52 
-0.47 

-0.27 
-0.24 
-0.22 

1.5 
0.6 
3.01 

5.6 
7.0 
8.7 
9.8 
11.1 

1.04 

9.1 
12.5 
18.6 

9.7 
11.9 
13.2 

15.5 
16.4 

0.20 

0.20 

-0.83 
-0.72 
•0.62 

-0.48 

-0.42 
-0.36 

1.0 
0.6 
3.01 

4.2 
5.3 
6.7 
7.5 
8.6 

1.04 

7.5 
9.7 
13.6 

7.9 
9.3 
10.2 

11.3 
11.9 

0.20 
0.20 

-0.61 
-0.54 
-0.47 

-0.26 
-0.23 
-0.20 

1.8 
0.6 
3.01 

4.9 
5.4 
6.1 
6.5 
7.0 

1.04 

10.8 
14.3 

20.5 

10.0 
10.7 
11.0 

11.3 
12.2 

0.42 
0.42 

-0.68 
-0.63 
-0.58 

-0.39 
-0.36 
-0.33 

1.8 
0.6 
3.01 

3.3 
4.0 
4.9 
5.4 
6.0 

1.04 

8.4 
11.3 
16.5 

8.1 
9.0 
9.5 

10.0 
10.8 

0.42 
0.42 

-0.59 
-0.54 
-0.49 

-0.28 
-0.25 
-0.23 

IJ 
0.0 
3.01 

4.4 
53 
6.4 
7.0 
7.9 

1.04 

6.6 
8.6 
12.2 

7.2 
8.7 
9.6 

11.5 
12.3 

0.32 

0.32 

•0.61 
-0.58 
-0.55 

-0.35 
-0.34 
-0.32 

1.0 
0.0 
3.01 

3.7 
4.6 
5.7 
6.3 
7.2 

1.04 

62 
7.9 
11.0 

6.5 
7.7 
8.4 

9.8 
10.3 

0.32 
0.32 

-0.49 
-0.46 
-0.43 

•021 
-0.20 
-0.18 

(1) Capital costs are for turnkey plants incl. buildings and land. 
(2) Capital and O&M costs for simple-cycle GTs based on Sulzer (1987), Larson and Williams (1987). Prognos (1989). 
Pollution control is SCR. 
(3) Capital and O&M costs for standard IC systems from Suttor (1984), Maier, Angerer et al. (1986), UTEC (1989), Sulzer (1987). 
Pollution control is SCR. 

(4) Capital and O&M costs for advanced ICs based on OTA (1983) and authors' estimates. Pollution control is SCR. 
(5) Capital cost for small STIG based on turnkey cost packaged units offered by U.S. manufacturers. Pollution control: steam injection. 
(6) Capital and O&M costs for large STIG based on turnkey price offers by US manufacturers (CEC 1990). 
(7) Capital and O&M cost estimates for coal-fired plants from Sulzer (1987) and Sutler (1984). 
Pollution control is rotating fluidized bed and limestone injection. 
(8) Boiler credit assumes same fuel price for cogenerator and displaced boiler. 
(9) Fixed O&M costs other than personnel are 1.5%/yr of investment costs. 
(10) Administration and insurance costs are 1%/yr of investment costs. 
(11) Personnel costs are DM 75,000/person-yr. 
(12) Externality costs from Table A.10.7.37. 
(13) See text on assumptions for siting and modularity credits. 
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Table A.10.7.40: Busbar cost of power from industrial cogeneration technologies-

Parameter 

Nominal capacity electric 
Max. capacity electric 
Equiv. operating availability 
Equiv. unplanned outage rate 
Cogen. equiv. oper. availly. 
Technical life 
Construction lead time 

Capital Recovery Factor 
Capital cost overnight 
Pollution control (NOx) 
Interest d. constr. 

Total capita] requirement 

Modularity credit (max) 
Siting flexibility credit (max) 
Net capital cost ELF (min) 

Annua] capital cost (min) 
Fixed O&M 
Admin, and insurance 
Personnel 
Capability ratio 
Reserve margin cost 
Total annual fixed cost (min) 

Gross fixed costs per kWh 
TLF, cogen high 
TLF, cogen ave 
TLF, cogen low 
ELF, cogen high 
ELF, cogen ave 
ELF, cogen low 

Electricity-only mode 

Boiler credit 
TLF, cogen high 
TLF, cogen ave 
TLF, cogen low 
ELF, cogen high 
ELF, cogen ave 
ELF, cogen low 

Dimension 

MWe 
MWe 
%/100 
%/100 
%/100 

yrs 
yrs 

DM/kW.e 
DM/kW.e 
DM/kW.e 
DM/kW.e 

DM/kW.e 
DM/kW.e 
DM/kW.e 

DM/kW.e/yr 
DM/kW.e/yr 
DM/kW.e/yr 

DM/kW.e/yr 
DM/kW.e/yr 

Pf/kWh.e 

Pf/kWh.e 

Back-press 
coal 

5 
5 

0.9 
0.060 
0.940 

25 
1.5 

0.071 
9000 

.ST 
coal 

25 
25 
0.9 

0.060 
0.940 

30 
2.5 

0.065 
3071 

incl. above incl. above 
112 

9112 

-496 
-285 
8331 

591 
137 
91 
113 

1.064 
6.6 
938 

21.8 
38.0 
67.3 
15.0 
13.5 
12.8 
11.9 

-16.7 
-19.6 
-24.9 
-12.6 
-8.5 

I -6.1 

116 
3187 

-479 
-225 
2483 

162 
48 
32 
60 

1.065 
6.6 
308 

7.3 
13.1 
23.6 
4.9 
4.4 
4.2 
3.9 

-6.0 
-7.3 
-9.7 
-4.5 
-3.2 
-2.4 

high fuel price case 

Industrial GT 
gas 

conv. 

3.85 
3.85 
0.92 
0.043 
0.957 

20 
1 

0.080 
1900 
200 
0 

2100 

-497 
•288 
1315 

105 
32 
21 
15 

1.045 
5.4 
178 

5.3 
9.9 
18.3 
3.1 
2.7 
2.4 
2.2 

-4.2 
-5.6 
-8.0 
-2.9 
-2.1 

| -1.6 

gas 
aeroderiv. 

33 
33 

0.92 
0.03 
0.97 
30 
1.5 

0.065 
1300 
150 
18 

1468 

-473 
-201 
794 

52 
22 
15 
12 

1.031 
4.5 
105 

3.0 
5.7 
10.6 
1.8 
1.5 
1.4 
1.3 

-1.5 
-2.2 
-3.3 
-1.1 
-0.8 
-0.7 

Large 
gas 

slow-speed 

5 
5 

0.92 
0.043 
0.957 

20 
1 

0.080 
1700 
300 
0 

2000 

-496 
-285 
1219 

98 
30 
20 
15 

1.045 
5.4 
168 

4.1 
7.8 
14.4 
2.6 
2.3 
2.2 
2.1 

-1.0 
-1.3 
-1.9 
-0.7 
-0.6 
-0.5 

IC 
gas 

advanced 

25 
25 

0.92 
0.043 
0.957 

25 
1.5 

0.071 
1500 
300 
22 

1822 

-479 
-225 
1118 

79 
27 
18 
15 

1.045 
5.4 

145 

3.5 
6.6 
12.2 
2.2 
2.0 
1.9 
1.8 

-1.2 
•13 
-2.2 
-0.9 
-0.7 
-03 

STIG turbine 
gas 

industrial 

3.5 
5.6 

0.92 
0.03 
0.97 
20 

1 

0.080 
1700 

0 
0 

1700 

-497 
-290 
913 

73 
26 
17 
15 

1.031 
4.5 
135 

3.0 
5.7 
10.7 
1.9 
1.8 
1.7 
1.7 

-2.6 
-3.4 
-4.9 
-1.8 
-1.3 
-1.0 

gas 
aeroderiv. 

33.1 
51.4 
0.92 
0.03 
0.97 
30 
1.5 

0.065 
1400 

0 
17 

1417 

-472 
-201 
744 

48 
21 
14 
II 

1.032 
A3 

too 

23 

4.4 
8.2 
1.4 
1.3 
1.3 
1.2 

-1.0 
-1.5 
-2.3 
-0.8 
-0.6 
-0.5 
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TABLE A.10.7.40 CONTINUED 
Variable Costs 
Incremental O&M 
Pollution control (NOx) 
Fuel price 
Fuel cost 

TLF mode 
ELF, cogen high 
ELF, cogen ave 
ELF, cogen low 

Electricity-only mode 

T&D adjustment (electr.) 

Total unit costs 
TLF, cogen high 
TLF, cogen ave 
TLF, cogen low 

ELF, cogen high 
ELF, cogen ave 
ELF, cogen low 

Electricity-only mode 
El.-only mode, 65% cap. f. 

Env. externality cost. TLF ave. 
Env. externality cost, ELF ave. 

Modularity credits (already inclu 
TLF, cogen high 
ELF, cogen high 
ELF, cogen ave 

Siting credits (already included it 
TLF, cogen high 
ELF, cogen high 
ELF, cogen ave 

Pf/kWh.e 
Pf/kWh.e 

Pf/kWh.fuel 
Pf/kWh.e 

Pf/kWh.e 
Pf/kWh.e 

ded in total ui 
Pf/kWh.e 
Pf/kWh.e 
Pf/kWh.e 

1 total unit en 
Pf/kWh.e 
Pf/kWh.e 
Pf/kWh.e 

3.5 
0.0 
2.05 

2.1 
6.0 
11.3 
14.4 
18.6 

1.04 

11.1 
24.9 
49.8 

12.4 
20.6 
25.6 

35.4 
40.2 

0.97 
1.19 

3.0 
0.0 
2.05 

2.1 
4.0 
6.6 
8.2 
10.3 

1.04 

6.6 
11.3 
19.7 

7.7 
11.3 
13.5 

17.8 
19.4 

0.74 
0.96 

nit costs above) 
-0.64 
-0.59 
-0.53 

Is above) 
-0.37 
-0.34 
-0.30 

-0.57 
-0.52 
-0.47 

-0.27 

-0.24 
-0.22 

1.5 
0.6 
4.61 

8.5 
10.7 . 
13.4 
15.0 
17.1 

1.04 

12.2 
15.6 
21.7 

13.5 
16.7 
18.6 

21.6 
22.6 

0.20 
0.20 

-0.83 
-0.72 
-0.62 

-0.48 
-0.42 
-0.36 

1.0 
0.6 
4.61 

63 
8.2 
10.3 
11.5 
13.2 

1.04 

9.9 
12.0 
15.9 

10.9 
13.0 
14.4 

16.1 
16.7 

0.20 
0.20 

-0.61 
-0.54 
-0.47 

-0.26 
-0.23 
-0.20 

1.8 
0.6 
4.61 

7.5 
8.3 
9.3 
9.9 
10.7 

1.04 

13.5 
17.0 
23.2 

13.0 
14.0 
14.6 

15.2 
16.1 

0.42 
0.42 

•0.68 
•0.63 
•0.58 

-0.39 
-0.36 
-0.33 

1.8 
0.6 
4.61 

5.1 
6.2 
7.4 
8.2 
9.2 

1.04 

10.3 
13.2 
18.3 

103 
11.7 
12.5 

13.3 
14.1 

0.42 
0.42 

-0.59 
-0.54 
-0.49 

-0.28 

-0.25 
-0.23 

1.5 
0.0 
4.61 

6.7 
8.1 
9.8 
10.8 
12.1 

1.04 

9.0 
11.0 
14.6 

10.1 
12.2 
13.5 

15.9 
16.6 

0.32 
0.32 

-0.61 
-0.58 
-0.55 

-0.35 
-0.34 
-0.32 

1.0 
0.0 
4.61 

5.7 
7.0 
8.7 
9.7 
11.0 

1.04 

8.2 
9.9 
13.1 

9.0 
10.8 
11.9 

13.7 
14.3 

032 
0.32 

-0.49 
-0.46 
-0.43 

-0.21 
-0.20 
-0.18 

(1) Capital costs are for turnkey plants incl. buildings and land. 
(2) Capital and O&M costs for simple-cycle GTs based on Sulzer (1987), Larson and Williams (1987), Prognos (1989). 
Pollution control is SCR. 
(3) Capital and O&M costs for standard IC systems from Suitor (1984), Maier. Angerer et al. (1986). UTEC (1989), Sulzer (1987). 
Pollution control is SCR. 

(4) Capital and O&M costs for advanced ICs based on OTA (1983) and authors' estimates. Pollution control is SCR. 

(5) Capital cost for small STIG based on turnkey cost packaged units offered by U.S. manufacturers. Pollution control: steam injection. 
(6) Capital and O&M costs for large STIG based on turnkey price offers by US manufacturers (CEC 1990). 
(7) Capital and O&M cost estimates for coal-fired plants from Sulzer (1987) and Suttor (1984). 
Pollution control is rotating fluidized bed and limestone injection. 
(8) Boiler credit assumes same fuel price for cogenerator and displaced boiler. 
(9) Fixed O&M costs other than personnel are 13%/yr of investment costs. 
(10) Administration and insurance costs are I %/yr of investment costs. 
(11) Personnel costs are DM 75,000q)erson-yr. 
(12) Externality costs from Table A 10.737. 
(13) See text on assumptions for siting and modularity credits. 
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Table A.10.7.41: Heating system credits for distributed heat cogeneration: low fuel price case 

Displaced heating system 
Thermal capacity 
Efficiency 
Technical life 
Capital recovery factor 

Htg. system credits 
Capital cost, oil central 
Capital cost, gas central 
Capital cost, weighted 
Capital cost on-site distr. htg. 

Annual capital cost 
Fixed O&M cntrl htg. system 
Fixed O&M on-site distr.htg. 
Total annual fixed costs 

Unit fixed costs/useful heat 
cogen high 
cogen ave 

Heat T&D debit incl. build-up 
Fuel price credit 

Total unit credit 
cogen high 
cogen ave 

Unit 

MW.th 
%/100 
years 
years 

DM/kW.th 
DM/kW.th 
DM/kW.th 
DM/kW.th 

DM/kW.th/yr 
DM/kW.th/yr 
DM/kW.th/yr 
DM/kW.th/yr 

Pf/kWh.th.u 

Pf/kWh.th.u 
Pf/kWh.th.u 

Pf/kWh.th.u 

Large CHP for District Heat 
coal 
ST 

325 
0.85 

15 
0.096 

410 
155 
283 
-150 

12.8 
20.0 
-10.0 
22.8 

0.71 
0.89 

-3.45 
6.02 

3.28 
3.46 

coal-gas if. 

ACC 

169 
0.85 
15 

0.096 

410 
155 
283 
-150 

12.8 
20.0 
-10.0 
22.8 

0.71 
0.89 

-3.45 
6.02 

3.28 
3.46 

gas 
ISTIG 

140 
0.85 

15 
0.096 

410 
155 
283 
-150 

12.8 
20.0 
-10.0 
22.8 

0.71 
0.89 

-3.45 
4.50 

1.76 
1.94 

On-site/neighborhood IC engine 
gas 
Otto 

1 
0.85 

15 
0.096 

320 
120 
220 
0 

21.2 
20.0 
-10.0 
31.2 

0.98 
1.22 

0.00 
4.10 

5.08 
5.32 

gas 
Diesel 

10 
0.85 
15 

0.096 

410 
155 
283 
-150 

12.8 
20.0 
-10.0 
22.8 

0.71 
0.89 

-2.00 
4.10 

2.81 
2.99 

(1) Displaced heating system capacities calculated on basis of design-point EPRs. 
(2) Capital and O&M costs for displaced heating systems based on weighted averages for oil and gas 
central heating systems as given by Roth et al. (1980), excluding in-house distribution. 
(3) On-site capital and O&M cost of district heating system is for transfer station and hook-up 
excluding radiators and in-house distribution. Figures based on Roth et al. (1980). 

(4) T&D cost based on major building efficiency improvements and low cost pipe technology (sec Appendix A.12). 
(5) T&D costs include 15% carrying charge during build-up of the grid. On-site system has zero T&D costs. 
(6) Operating hours for cogeneration mode as shown in Table A.10.7.2. 
(7) Heating system efficiency is 85% including in-house distribution losses. 
(8) Fuel price credit is based on displacement of 50% oil/50% gas in the residential sector. 
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Table A.10.7.42: Busbar cost of distributed heat cogeneration: 

Parameter 

Capacity electric 
Displaced htg. system cap. 
Equiv. operating availability 
Equiv. unplanned outage rate 
Cogen. equiv. oper. availty. 
Technical life 
Construction lead time 

Capital Recovery Factor 
Overnight capital cost 
Pollution control (NOx) 

Interest d. constr. 
Start-up, inventory, land 
Total capita] requirement 

El. modularity credit (max) 
Siting flexib. credit (max) 
Net capital cost (min) 

Annual capital cost (min) 
Fixed O&M 
Admin, and insurance 
Personnel 
Capability ratio 
Reserve margin cost 
Total ann. fixed cost (min) 

Gross fixed costs per kWh 
TLF, cogen high 
TLF, cogen ave 

ELF, cogen high 
ELF, cogen ave 

Electricity-only mode 

Heating system credit 
TLF, cogen high 
TLF, cogen ave 

ELF, cogen high 
ELF, cogen ave 

Dimension 

MWe 
MW.th 
%/100 
%/100 
%/10O 

yrs 
yrs 

DM/kW.e 
DM/kW.e 
DM/kW.e 
DM/kW.e 
DM/kW.e 

DM/kW.e 
DM/kW.e 
DM/kW.e 

DM/kW.e/yr 
DM/kW.e/yr 
DM/kW.e/yr 

DM/kW.e/yr 
DM/kW.e/yr 

Pf/kWh.e 

Large 
coal 
ST 

100 
325 
0.9 

0.060 
0.940 

30 
3 

0.065 
3216 

low fuel price case 

CHP for District Heat 
coal-gasif. 

ACC 

100 
169 
0.9 

0.060 
0.940 

30 
3 

0.065 
3120 

incl. above 150 
163 
181 

3561 

-417 
0 

3144 

205 
53 
18 
26 

1.064 
6.6 
309 

8.6 
10.8 
4.7 
43 
3.9 

-7.2 
-7.6 
-3.9 
-3.2 

166 
196 

3632 

-417 
0 

3216 

209 
54 
18 
26 

1.064 
6.6 
315 

8.2 
10.4 
4.6 
4.5 
4.0 

-3.5 
-3.7 
-2.1 
-1.7 

gas 
ISTIG 

no 
140 

0.92 
0.043 
0.957 

30 
3 

0.065 
922 

incl. above 
47 
106 
1075 

-408 
0 

667 

43 
16 
5 
7 

1.045 
5.4 
77 

2.2 
2.9 
1.1 
1.1 
1.0 

-1.4 
-1.6 
-0.8 
-0.7 

On-site/neighborhood 
gas 
Otto 

03 
0.8 
0.95 
0.03 
0.97 
20 
1 

0.080 
2561 

incl. above 
0 
50 

2611 

-500 
-299 
1812 

145 
39 
13 
13 

1.031 
43 
215 

5.0 
133 
3.1 
2.8 
2.6 

-9.0 
-9.4 
-6.0 
-26 

IC engine 
gas 

Diesel 

5 
10 

0.95 
0.043 
0.957 

20 
1.5 

0.080 
1517 
300 
23 
126 
1966 

-496 
-285 
1185 

95 
29 
10 
12 

1.045 
5.4 
152 

43 
6.9 
2.1 
2.0 
1.8 

-3.5 
-3.7 
-1.9 
-1.4 
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TABLE A.10.7.42 CONTINUED 
Variable Costs 
Incremental O&M 
Incr. O&M NOx control 
Fuel price 
Fuel cost 

TLF mode 
ELF, cogen high 
ELF, cogen ave 

Electricity-only mode 

T&D adjustment (electr.) 

Total unit costs 
TLF, cogen high 
TLF, cogen ave 

ELF, cogen high 
ELF, cogen ave 

Electricity-only mode 
El.-only at 65% cap. fctr. 

Env. externality costs TLF ave 
ELF ave 

Modularity credits (already include 
TLF, cogen high 
TLF, cogen avg 

ELF, cogen high 
ELF, cogen ave 

Siting credits (already included in t 
TLF, cogen high 
TLF, cogen avg 
ELF, cogen high 
ELF, cogen ave 

Pf/kWh.e 
Pf/kWh.e 

Pf/kWh.fuel 
Pf/kWh.e 

A in total unit cos 
Pf/kWh.e 
Pf/kWIue 
Pf/kWh.e 
Pf/kWh.e 

ital unit costs abo 
Pf/kWh-c 
Pf/kWh.e 
Pf/kWh.e 
Pf/kWh.e 

13 
0.0 
138 

2.6 
3.2 
3.4 
4.2 

1.06 

6.8 
8.8 

6.8 
7.6 

11.2 
12.8 

135 
1.35 

is above) 
-0.49 
-0.49 
-0.43 
-0.42 

ve) 
0.00 
0.00 
0.00 
0.00 

1.0 
0.6 
1.38 

2.1 
2.5 
2.7 
3.2 

1.06 

8.9 
11.0 

7.1 
7.4 

9.3 
11.0 

0.81 
0.91 

-0.46 
-0.46 
-0.42 
-0.41 

0.00 
0.00 
0.00 
0.00 

1.0 
0.0 
2.67 

3.9 
4.4 
4.6 
53 

1.06 

6.0 
6.5 

6.1 
63 

7.7 
8.2 

0.40 
0.40 

-0.44 
-0.44 
-0.40 
-039 

0.00 
0.00 
0.00 
0.00 

3.0 
0.0 
3.01 

4.7 
6.0 
8.0 
9.4 

1.02 

3.7 
11.8 

6.1 
113 

153 
16.5 

0.21 
0.43 

-0.63 
-0.63 
-0.59 
-0.53 

-038 
-0.38 
-0.35 
-0.32 

1.8 
0.6 

3.01 

4.6 
5.8 
6.4 
7.7 

1.04 

8.4 
10.6 

8.7 
9.7 

12.4 
133 

0.44 
0.44 

-0.64 
•0.64 
•037 
-035 

-037 
-0.37 
-0.33 
-032 

(1) Capital costs are for turnkey plants including peak boilers, installation and buildings. 
(2) Capital and O&M costs for back-pressure steam turbine based on Sulzer (1987) and Suitor (1984). 

Pollution control is rotating fluidized bed/limestone injection. 
(3) Capital and O&M costs for IC systems based on UTEC (1989). Pollution control is SCR for 

larger unit, three way catalyst for smaller engines. 
(4) Capital and O&M costs for IGACC coal plant from Appendix A.10.6. 

Pollution control is hot gas clean-up/SCR. 
(5) Capital and O&M costs for ISTIG plant from Appendix A.10.6. NOx control through steam injection. 
(6) Costs for heat distribution accounted for in calculation of heating system credit (see Table A.10.7.4I). 
(7) Displaced boiler fuel is 50 percent oil, 50 percent gas at residential prices. 
(8) Fixed O&M costs other than personnel are 1.5%/yr of investment costs. 
(9) Administration and insurance costs are 1 %/yr of investment costs. 
(10) Personnel costs are DM 75,000/person-yr. 
(11) Electrical T&D losses adjusted to reflect 20 kV/0.4 kV distribution for output of smaller units. 
(12) Externality costs from Table A.10.737. 
(13) See text for assumptions on modularity and siting adjustments. 
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Table A.10.7.43: Busbar cost of distributed heat cogeneration: high fuel price case 

Parameter 

Capacity electric 
Displaced htg. system cap. 
Equiv. operating availability 
Equiv. unplanned outage rate 
Cogen. equiv. oper. availty. 
Technical life 
Construction lead time 

Capital Recovery Factor 
Overnight capital cost 
Pollution control (NOx) 

Interest d. constr. 
Start-up, inventory, land 
Total capital requirement 

El. modularity credit (max) 
Siting flexib. credit (max) 
Net capital cost (min) 

Annual capital cost (min) 
Fixed O&M 
Admin, and insurance 
Personnel 
Capability ratio 
Reserve margin cost 
Total ann. fixed cost (min) 

Gross fixed costs per kWh 
TLF, cogen high 
TLF, cogen ave 

ELF, cogen high 
ELF, cogen ave 

Electricity-only mode 

Heating system credit 
TLF, cogen high 
TLF, cogen ave 

ELF, cogen high 
ELF, cogen ave 

Dimension 

MWe 
MW.th 
%/100 
%/100 
%/100 

yrs 
yrs 

DM/kW.e 
DM/kW.e 
DM/kW.e 
DM/kW.e 
DM/kW.e 

DM/kW.e 
DM/kW.e 
DM/kW.e 

DM/kW.e/yr 
DM/kW.e/yr 
DM/kW.e/yr 

DM/kW.e/yr 
DM/kW.e/yr 

Pf/kWh.e 

Pf/kWh.e 

Large CHP for District 
coal 
ST 

100 
325 
0.9 

0.060 
0.940 

30 
3 

0.065 
3216 

incl. above 
163 
181 

3561 

-417 
0 

3144 

205 
53 
18 
26 

1.064 
6.6 
309 

8.6 
10.8 
4.7 
4.5 
3.9 

-9.9 
-103 
-53 
-4.3 

coal-gasif. 
ACC 

100 
169 
0.9 

0.060 
0.940 

30 
3 

0.065 
3120 
150 
166 
196 

3632 

-417 
0 

3216 

209 
54 
18 
26 

1.064 
6.6 
315 

8.2 
10.4 
4.6 
43 
4.0 

-4.9 
-5.1 
-2.8 
-2.3 

Heat 
gas 

ISTIG 

no 
140 
0.92 
0.043 
0.957 

30 
3 

0.065 
922 

incl. above 
47 
106 
1075 

-408 
0 

667 

43 
16 
5 
7 

1.045 
5.4 
77 

2.2 
2.9 
1.1 
1.1 
1.0 

-1.4 
-1.6 
-0.8 
-0.7 

On-site/neighborhood 
gas 
Otto 

0.3 
0.8 
0.95 
0.03 
0.97 
20 
1 

0.080 
2561 

incl. above 
0 
50 

2611 

-500 
-299 
1812 

145 
39 
13 
13 

1.031 
4.5 
215 

5.0 
13.3 
3.1 
2.8 
2.6 

-9.0 
-9.4 
-6.0 
-2.6 

IC engine 
gas 

Diesel 

5 
10 

0.95 
0.043 
0.957 

20 
1.5 

0.080 
1517 
300 
23 
126 
1966 

-496 
-285 
1185 

95 
29 
10 
12 

1.045 
5.4 
152 

4.5 
6.9 
2.1 
2.0 
1.8 

-3.5 
-3.7 
-1.9 
-1.4 
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TABLE A.10.7.43 CONTINUED 
Variable Costs 
Incremental O&M 
Incr. O&M NOx control 
Fuel price 
Fuel cost 

TLF mode 
ELF, cogen high 
ELF, cogen ave 

Electricity-only mode 

T&D adjustment (electr.) 

Total unit costs 
TLF, cogen high 
TLF, cogen ave 

ELF, cogen high 
ELF, cogen ave 

Electricity-only mode 
El.-only at 65% cap. fctr. 

Env. externality costs TLF ave 
ELF ave 

Modularity credits (already included 
TLF, cogen high 
TLF, cogen avg 

ELF, cogen high 
ELF, cogen ave 

Siting credits (already included in tot 
TLF, cogen high 
TLF, cogen avg 
ELF, cogen high 
ELF, cogen ave 

Pf/kWh.e 
Pt7kWh.e 

Pf/kWhJuel 
Pf/kWh.e 

in total unit costs 
Pf/kWh.e 
Pf/kWh.e 
Pf/kWh.e 
Pf/kWh.e 

al unit costs abov 
Pf/kWh.e 
Pf/kWh.e 
Pf/kWh.e 
Pf/kWh.e 

2.5 
0.0 
1.91 

3.5 
4.4 
4.6 
5.8 

1.06 

5.0 
7.0 

6.6 
7.8 

12.9 
14.5 

135 
1.35 

above) 
-0.49 
-0.49 
-0.43 
-0.42 

e) 
0.00 
0.00 
0.00 
0.00 

1.0 
0.6 
1.91 

3.0 
33 
3.7 
4.4 

1.06 

8.4 
10.5 

73 
7.9 

10.6 
123 

0.81 
0.91 

-0.46 
-0.46 
•0.42 
-0.41 

0.00 
0.00 
0.00 
0.00 

1.0 
0.0 

4.27 

6.2 
7.1 
7.4 
8.5 

1.06 

8.5 
9.0 

8.9 
9.3 

11.1 
11.5 

0.40 
0.40 

-0.44 
-0.44 
•0.40 
-039 

0.00 
0.00 
0.00 
0.00 

3.0 
0.0 

4.61 

7.1 
9.2 
12.2 
14.4 

1.02 

63 
14.4 

9.4 
15.7 

20.4 
21.6 

0.21 
0.43 

-0.63 
-0.63 
-0.59 
-033 

-0.38 
-038 
-0.35 
-032 

1.8 
0.6 

4.61 

7.0 
9.0 
9.8 
11.8 

1.04 

10.9 
13.2 

12.0 
13.3 

16.7 
17.6 

0.44 
0.44 

-0.64 
-0.64 
-0.57 
-035 

-037 
-0.37 
-0.33 
-032 

(1) Capital costs are for turnkey plants including peak boilers, installation and buildings. 
(2) Capital and O&M costs for back-pressure steam turbine based on Sulzer (1987) and Suitor (1984). 

Pollution control is rotating fluidized bed/limestone injection. 
(3) Capital and O&M costs for IC systems based on UTEC (1989). Pollution control is SCR for 

larger unit, threeway catalyst for smaller engines. 
(4) Capital and O&M costs for IGACC coal plant from Appendix A.10.6. 

Pollution control is hot gas clean-up/SCR. 
(5) Capital and O&M costs for ISTIG plant from Appendix A.10.6. NOx control through steam injection. 
(6) Costs for heat distribution accounted for in calculation of heating system credit (see Table A. 10.7.41). 
(7) Displaced boiler fuel is 50 percent oil, 50 percent gas at residential prices. 
(8) Fixed O&M costs other than personnel ore 13%/yr of investment costs. 
(9) Administration and insurance costs are 1%/yr of investment costs. 
(10) Personnel costs are DM 75,000/person-yr. 
(11) Electrical T&D losses adjusted to reflect 20 kV/0.4 kV distribution for output of smaller units. 
(12) Externality costs from Table A10.737. 
(13) See text for assumptions on modularity and siting adjustments. 
(14) Delivered cost of coal CHP is lower in high gas price case because residential gas 
prices are higher and the fuel price credit (which reduced delivered cost) is consequently higher. 
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Table A.10.7.44: Electricity costs from industrial cogeneration systems: sensitivity analysis 

With high fuel prices and 
No externalities or credits 

With externalities 
W. externalities and siting 

W. extern., siting, and modul. 

With low fuel prices and 
No externalities or credits 

With externalities 
W. externalities and siting 

W. extern., siting, and modul. 

Mode 

Pf/kWh 

Pf/kWh 

Back-press. ST 
coal coal 

5MW 25 MW 
TLF high TLF high 

12.1 7.5 
13.0 8.2 
12.7 7.9 
12.0 7.4 

11.5 6.9 
12.5 7.6 
12.1 7.4 
11.5 6.8 

Industrial GT 
gas gas 

conv. aeroderiv. 
TLF high TLF high 

13.5 10.7 
13.7 10.9 
13.2 10.7 
12.4 10.1 

10.4 8.4 
10.6 8.6 
10.1 8.3 
9.3 7.7 

Large IC 
gas 

slow-speed 
TLF high 

14.6 
15.0 
14.6 
13.9 

11.9 
12.3 
11.9 
11.2 

gas 
advanced 
TLF high 

11.2 
11.6 
11.3 
10.7 

9.3 
9.7 
9.5 
8.9 

STIG turbine 
gas 

industrial 
TLF high 

9.9 
10.2 
9.9 
9.3 

7.5 
7.8 
7.5 
6.9 

gas 
aeroderiv. 
TLF high 

8.9 
9.2 
9.0 
8.5 

6.9 
7.2 
7.0 
6.5 

(1) Sources: Table A.10.7.39 and A.10.7.40. 
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Table A.10.7.45: Electricity cost from distributed heat systems: sensitivity analysis 

With high fuel prices and 
No externalities or credits 

With externalities 
With externalities and siting 

With extern., siting, and moduL 

With low fuel prices and 
No externalities or credits 

With externalities 
W. externalities and siting 

W. extern., siting, and modul. 

Mode 

Pf/kWh 

Pf/kWh 

Large CHP for District Heat 
coal coal-gasif. 
ST ACC 

ELF high ELF high 

7.0 7.7 
8.4 8,6 
8.4 8.6 
7.9 8.2 

7.3 7.5 
8.6 8.4 
8.6 8.4 
8.2 8.0 

gas 
ISTIG 

ELF high 

9.3 
9.7 
9.7 
9.3 

6.5 
6.9 
6.9 
6.5 

On-site/neighborhood IC engine 
gas 
Otto 

TLF high 

7.3 
7.5 
7.1 
6.5 

4.7 
4.9 
4.6 
3.9 

gas 
Diesel 

TLF high 

11.9 
12.4 
12.0 
11.4 

9.4 
9.8 
9.5 
8.8 

(1) Sources: Tables A.10.7.42 and A.10.7.43. 
(2) cost of coal-fired cogeneration decreases in high fuel price case 
because residential gas prices are higher, which increases the size of the 
heating system/fuel price credit. 



F. COGENERATION POTENTIALS AND SUPPLY CURVES 

1. Factors influencing cogeneration potentials 

Available estimates of cogeneration potentials vary widely. A comparison of U.S. 
industrial potential estimates found differences of as much as a factor of ten (OTA 1983). 
Policy-makers trying to determine how much cogeneration could be cost-effectively 
mobilized in a carbon reduction strategy are faced with the task of understanding what 
estimates, if any, are applicable for their particular policy goals and criteria. This requires 
an understanding of the factors and assumptions that shape the various cogeneration 
potential estimates. 

For a given level of thermal energy demand, the technical potential of cogeneration is 
determined by two factors: 

— the fraction of total industrial and building thermal demand that can be 
associated with power generation, and 

— the electricity production ratios of the cogeneration technologies. 
Technically, all production of low temperature heat could be supplied from cogeneration 
units.36 For topping cycle cogeneration, in which the waste heat of electricity production 
processes supplies thermal demand, the available fraction of heat loads is entirely a function 
of the process temperature requirements and the ability of the cogeneration unit to deliver 
heat of the required temperature. The potential for bottoming cycle cogeneration is mainly 
determined by the availability of waste heat of a sufficiently high temperature to drive 
generating cycles. 

One of the major sources of uncertainty in assessing the technical potential of cogeneration 
are inadequate data about the temperature spectra of required process heat and available 
waste heat resources. Other factors contributing to uncertainty are widely varying 
projections of growth and structural changes in industrial production, and a range of 
anticipated efficiency improvements in industrial processes. 

The economic potential of cogeneration, on the other hand, depends on many more 
factors. These include: 

— the size and spatial distribution of thermal loads 

— the daily and seasonal variability of thermal loads 

— the relative fuel prices paid by utilities, cogenerators, and consumers of 
fuels for direct production of heat; 

36 The technical potential as used below is itself based, in part, on economic factors. The definition of 
technologically viable applications usually involves some pre-screening for economic viability. 
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— the economics and resource potentials of competing conventional central 
station technologies, and, in integrated least-cost analyses, also of 
dispersed renewables-based technologies; 

— the choice of cogeneration technologies; 

— the ownership of cogeneration facilities, and the related financing 
capabilities and payback requirements; 

— differences in tax treatment of cogeneration and central station 
generation; 

— the prices at which utilities buy electricity from cogenerators not owned 
by them, and the distribution of risks in power purchase contracts; 

— the electricity rates potential cogenerators have to pay when not 
cogenerating, and the price of back-up and supplementary power from 
the utility when cogenerating; and 

— the relative price risks associated with alternative fuels. 

All but the first three of these factors are strongly influenced by regulatory policies. As 
discussed below and elsewhere, current regulatory policies in the power sector do not 
adequately implement the societal least cost perspective. As a result, estimates of the 
economic potential of cogeneration that are made within the regulatory status quo context 
will often fail to adequately represent the cost-effective potential of cogeneration. The 
picture is further compounded by data uncertainties regarding the size distribution and 
variability of building loads and notably industrial loads. 

In the discussion below, we review both previous cogeneration potential estimates and 
develop our own resource estimates for the EC-5 region. We separately deal with 
industrial process loads and building loads. 

2. Industrial heat loads suitable for cogeneration 

Estimation procedures 

Most industrial analyses begin by estimating the fraction of process heat in the base year 
that can be cogenerated in each major industrial group or sector. Suitable thermal loads are 
either identified through detailed thermal analyses of the major processes, or by using 
statistics on industrial process energy delivered as steam. Space heating requirements, 
which are a significant portion of total heat loads in the secondary manufacturing 
industries, may or may not be included in the process heat potential for each group. 

Further corrections to the estimated heat load potential are made to take into account the 
variability of heat demand. This variability is usually associated with batch processes. 
Where this variability is large, cogeneration units will be complemented by peak boilers 
and/or storage systems. The fraction of process heat loads provided by cogeneration is 
then less than 100 percent even for those loads that have suitable temperature requirements. 
The annual operating hours for the process equipment (number of shifts, possibly seasonal 
variations) is also taken into account. 

Next, the distribution of this heat load by the size of individual process capacity is 
investigated, since the size of thermal loads determines which technologies are most 
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suitable. Differences in economies of scale among alternative cogeneration technologies, 
and technology preselection based on existing regulatory regimes, become a factor here. 
Typically, estimates are based on crude approximations that derive the size of heat loads on 
the basis of the number of employees or other statistics about industrial firms. 
Alternatively, only steam loads above a minimum boiler capacity are considered suitable for 
cogeneration. 

Some studies (Hutter et al. 1984, US DOE 1982) directly examine large numbers of 
individual firms or industrial sites and make extrapolations on that basis. To complement 
data based on the size of firms, some estimates have also drawn on statistics on smaller 
(less than 1 MWij,) boiler installations. 

Finally, industrial process heat requirements are projected for future years based on 
assumptions about sectoral growth and energy efficiency improvements. 

Gross available potentials. A simple way of expressing the fraction of total process heat 
that is potentially available for cogeneration is to compare end use data differentiated by 
temperature spectra or steam load statistics with the total amount of final fuels used in 
industry. Because of uncertain data, values for this fraction reported in the literature show 
a wide range. 

Various U.S. studies reviewed in OTA (1983) that estimate base year process steam loads 
for the 1976-1980 period arrive at gross totals ranging from 25 to more than 50 percent of 
total industrial direct fuel consumption. 

Several European analyses (RWI1985, FfE 1977, ENI1978, ENI 1986) estimate the low-
and medium temperature fraction of industrial process heat requirements irrespective of 
whether they are steam loads, direct heating loads, or space and water heating loads. 
Based on these estimates, about 35 -50 percent of direct industrial fuel consumption is for 
low- and medium temperature applications (less than 300° C). 

Net available potentials. Of the total steam loads identified in the U.S. studies, anywhere 
from 25 percent to 70 percent were found technically suitable and economically attractive 
for cogeneration under the applied economic criteria (OTA 1983). These results reflect net 
economic or technical potentials, since size distributions, load variability, and economic 
factors such as utility buyback rates and minimum required payback periods or returns on 
investment were taken into account. Those cogeneration penetration analyses that come 
closest to a technical potential estimate imply a net steam load fraction available for 
cogeneration that is equivalent to about 20-40 percent of total industrial direct fuel 
requirements. 

When space heating and low temperature non-steam applications are included as well, net 
available heat load potentials are somewhat higher. In the FRG, an analysis of bottoming 
cycle applications based on high temperature waste heat potentials in the steel industry 
found that 3.5-4 TWh of electricity could be cost-effectively produced each year from that 
source alone, equivalent to 400-600 MW of baseload power (Hutter et al. 1984). The same 
analysis found that in brick firing, 30-40 percent of process heat requirements could be 
supplied with gas turbine exhaust heat 

Reflecting these non-steam applications as well as space heating opportunities, an analysis 
of industrial cogeneration potentials in Switzerland (Sulzer 1987) found that overall, about 
39-45 percent of industrial direct fuel use could be technically displaced by cogeneration 
facilities, after discounts for load variability had been applied. 
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Because consistent estimates for each or all of the EC-5 countries are not available, we 
employ a highly simplified estimating procedure. We begin with the sectoral temperature 
spectrum of industrial process and space heating loads as given in RWI (1985). For each 
industrial sector, we indicate the approximate fraction of total direct fuel use that is used for 
thermal applications requiring less than 500° C.37 This is the gross potential of heat loads 
available for cogeneration (Table A. 10.7.46). 

We then make various adjustments. Following previous analyses (Sulzer 1987, Hutter et 
al. 1984), we apply adjustments for batch process and other thermal load variabilities, and 
for applications above 250° C, where electricity production ratios or total system 
efficiencies decline for many systems. Given the availability of the flexible STIG units that 
have high electrical efficiencies in the electricity-only mode and produce relatively high 
temperature waste heat, these adjustments represent a conservatism. 

Finally, we indicate the estimated average process operating hours for each industry sector. 
This parameter determines the classification of TLF cogeneration as base load or 
intermediate load. 

Characteristics of key industries 

The most steam-intensive industries are refineries, chemicals, and pulp and paper 
manufacturing. Large amounts of steam and hot water are also used in the food and textile 
industries. In machinery, transport equipment, and other manufacturing, space 
conditioning is significant, while process heat often involves other than steam applications, 
such as metal treating, for which gas firing or electrical heating is needed. Direct heat from 
gas turbines can be used in brick and some ceramics manufacturing. The steel and cement 
industries also offer potentially significant high temperature waste heat resources for 
bottoming cycle cogeneration. 

An overview of direct fuel use, estimated available fractions, and adjustment factors is 
given in Table A. 10.7.46. The column labeled displaceable fraction of useful heat from 
direct fuel consumption reflects the share of process requirements at less than 500° C before 
variability adjustments are made. The adjustment factor in the next column is for variability 
or relatively high temperature requirements. 

Operating hours are typically very high in the pulp and paper, chemicals, and refining 
industries, of the order of 6000-8000 hrs/yr. Three-shift operation is also common in other 
primary materials industries. 

In textiles and leather industries, two shifts are the rule, with 3500 to 4000 hours per year. 
We assume 3500 hr/yr for our calculations. 

The food and tobacco industry comprises both single shift industries (e.g. breweries) and 
three-shift branches (e.g. production of fats). Some industry production is quite seasonal 
(e.g. sugar). We conservatively assume an average one-shift profile (2000 hours) for these 
industries. 

37 As shown in the temperature distribution analyses cited above, the temperature spectrum of industrial 
process heat is basically bimodal, with concentrations in the 60-400° C range and in tiie 800° C plus range. 
Almost all heat loads within the 60-500° C bracket are below 400°C, and the great bulk is below 250° C. 
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Table A.10.7.46: Industrial heat loads potentially available for cogeneruUon in the EC-5 region: 
Demand level and industrial mix as in 1987 

Sector 

Refineries 
Chemicals 
Non-ferrous metals 
Non-metallic minerals 
Iron and Steel 

Pulp and paper 
Textile/leather 
Food/Tobacco 

Other 

TOTAL displaceable usef. heat fr. ind. fuels 
Total usef. heat fr. ind. fuels 

Displacable fraction 

W. high operating hours 

W. average operating hours 
W. low operating hours 

Total displaceable heat w. 2020 Adj. factors 
W. growth+energy efficiency 

Displacable 
fraction of 

usef. ht. fr. fuels 

0.90 
0.66 
0.10 
0.10 
0.02 

1.00 
0.80 
1.00 

0.50 

Growth factor 
1.13 

Adjustmen 
factor 

1 
0.6 
1 
1 
1 

0.85 
0.6 
0.5 

1 

Operating 
hours 

High 
High 
High 
High 
High 

High 
Average 

Low 

Avg/Low 

Efficiency factor 
0.48 

France 

27.8 
26.6 
1.9 
3.2 
1.3 
0.0 
10.4 
3.4 
13.3 

15.6 

104 
294 

0.35 

0.69 

0.11 

0.20 

56 

Net potential displacement of useful 

heat from 

FRG 

51.8 
30.0 
l.i 
5.1 
2.8 
0.0 
16.0 
6.0 
14.6 

28.1 

156 
454 

0.34 

0.69 

0.13 

0.18 

84 

Italy 

34.9 
19.7 
0.2 
6.5 
1.2 
0.0 
8.5 
5.1 
6.9 

16.5 

99 
282 

0.35 

0.71 

0.13 

0.15 

54 

industrial fuels (TWh) 

Netherlands 

19.3 
21.0 
0.1 
0.7 
0.4 
0.0 
3.0 
0.6 
6.3 

5.7 

57 
131 

0.44 

0.78 

0.06 

0.16 

31 

UK 

44.2 
23.3 
0.7 
3.0 
1.2 
0.0 
10.4 
4.3 
13.2 

35.4 

136 
323 

0.42 

0.61 

0.16 

0.23 

73 

TOTAL/ 
Average 

177.9 
120.7 
4.0 
18.6 
6.9 
0.0 
48.4 
19.4 
543 

101.4 

552 
1484 

0.37 

0.68 

0.13 
0.19 

298 

(1) 1985 final industrial fuel consumption from IEA statistics; excludes non-energy uses and feedstocks. 
(2) Final energy converted to useful heat assuming 80% efficiency for coal boilers and 85% efficiency for oil and gas boilers. 
(3) Gross availability fractions based on process temperature spectrum as estimated in RWI 1985. 
(4) Adjustment factor reflects portion of heat produced with direct fuels. 
(5) High operating hours are 6000 hrs/yr, average hours are 3500 hrs/yr, low hours are 2000 hrs/yr 
(6) Operating hours for other industries are assumed to be 50 percent average and 50 percent low. 
(7) Growth factor based on reference case industrial fuel demand growth relative to 1985. 
Efficiency factor based on the MINR/100% case for industrial fuels and is relative to the reference case. 
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The available heat loads in the remaining industries are evenly split between average (3500 
hrs/yr) and low (2000 hrs/yr) operation, while an average 50 percent of heat loads is 
assumed to be available for cogeneration. 

Estimate of available industrial heat loads in the EC-5 region 

Table A. 10.7.46 shows the resulting estimate of total heat loads (in TWh of useful energy) 
that could be cogenerated. On the whole, available heat loads as a fraction of direct fuel use 
are anywhere from 34 to 44%, with an EC-5 average of 37%. These results are crude, but 
are in the same range as findings from the various in-depth studies discussed above. 

If one assumes that industrial growth would increase heat load energy service demand by 
50% over thirty years while efficiency improves by a conservative 33%, the calculated heat 
load potential would be approximately the same as in the base year. The same result would 
be obtained with a doubling of production and a 50% improvement in efficiency. 

As shown in our industrial sector analysis (Part 6, Appendix A. 13), business-as-usual 
growth of fuel consumption is projected to be much lower than in these examples. 
Structural changes among and within industries are a major factor, notably in the decisive 
primary materials industries. For example, in a carbon reduction strategy that emphasizes 
natural gas and efficiency improvements, refinery production would be mainly determined 
by transport sector energy needs. Compared to present output levels, refinery process heat 
requirements would then shrink even before transport sector efficiency improvements are 
considered. Higher than average primary industry growth is expected for the pulp and 
paper industry and for the organic chemicals industry, which represent a large block of low 
temperature process heat requirements. On average, non-electric energy service 
requirements for all sectors are expected to grow 13% by 2020 assuming frozen energy 
intensities per unit energy service or physical output. In our MINR/100% case, process 
innovations, together with heat cascading, heat pumps, other conventional efficiency 
measures, and materials recycling and reuse would reduce energy intensities by 52% over 
the same period. 

In Section F.4 below, we calculate cogeneration potentials based on available heat loads in 
1985, adjusted to reflect 13% growth in heat-based energy service requirements and a 52% 
reduction in energy intensity relative to reference case levels. These assumptions reduce 
industrial heat loads by 46% below 1985 levels, and ensure that our cogeneration potentials 
are consistent with the maximum efficiency potentials calculated in Appendix A. 13 and thus 
do not overestimate the available cogeneration resources. 

3. Building heat loads potentially available for cogeneration 

Factors influencing district heating potentials 

Theoretically, the principal factors in determining what fraction of space conditioning loads 
is potentially available for cogeneration in district heating grids is the spatial density of 
heating loads. This density, which is typically measured in MWrVkm2, depends on 
building shell efficiencies, on the type of settlement, and on the fraction of customers that 
will join the grid. That fraction can be very high if utility programs provide the necessary 
incentives and effectively promote the advantages of a "hands-off' central heating system, 
but may involve writing off existing gas distribution grids. 

The theoretically central role of heat load densities is the fact that district heating involves 
significant costs for heat distribution grids. These costs, in turn, vary with the size of the 
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power plant and with the distance to heat load centers, with the pipe technology used, and 
with the method of laying the lines. 

As discussed below and in Appendix A.12, it turns out in practice that heat distribution 
costs do not vary with heat load densities as expected, but are in fact quite flat, i.e. 
independent of those load densities. This finding from field experience has great 
significance for a strategy that emphasizes both district heating and building efficiency. 

Findings from previous studies 

Within the EC-5 region, the FRG is most active in district heating, though its efforts pale in 
comparison to those in Scandinavia or Eastern Europe. Interest in district heating 
cogeneration has remained high in the FRG because that country's utility industry 
comprises a large number of smaller municipal utilities. Many municipal utilities see 
district heating as an important means of providing superior service to their customers and 
of remaining competitive with the dominant interregional electric utilities. A brief review of 
FRG district and neighborhood heating analyses is therefore instructive. 

The first major district heating cogeneration study in the FRG was sponsored by the 
Ministry of Technology and Research (BMFT 1977) in conjunction with the various utility 
industry associations. It based its analyses on large urban district heating schemes supplied 
by conventional, intermediate load (4000-4500 hours per year) coal-fired condensing steam 
plants of up to several hundred megawatt size. 

This study found that the costs for heat transmission and distribution of heat from such 
central stations limited the viability of district heating to areas with heat load densities of at 
least about 40 MWth/km2. Also, the assumed size of the combined heat and power stations 
meant that such heat load densities had to occur in sufficiently large agglomerations. These 
requirements were met only in inner-urban areas of cities. Town house suburbs in large 
urban areas and all neighborhoods in the many mid-sized and smaller towns outside these 
areas did not qualify. In total, about 25 percent of all low temperature heating demand was 
found "district heating worthy." 

Many municipal utilities found this assessment far too low. Some of them had successfully 
built district heating schemes in towns and settlements considered "unworthy" by these 
standards. For example, the municipal cogeneration leader in the FRG, the town of 
Flensburg, achieved a 95 percent penetration of district heating over twelve years despite 
the fact that heat demand densities in its territory ranged only from 20-33 MWih/km2, with 
an average of 23 MWu,/km2. Other municipal utilities had been able to extend district 
heating grids to communities with heat load densities of less than 10 MWth/km2 (Bracchetti 
et al. 1983).38 

The Flensburg municipal utility was able to close down all gas heating in its territory in 
favor of cheaper district heating. Following the Scandinavian example, the town used 
cheaper grid laying technologies than assumed in the BMFT analysis. The problem of 
start-up losses was circumvented by building up heat islands based on small modular 

38 Bracchetti et al. (1983) report that the municipal utility of Wolfsburg was able to connect a village with 
an average heat load density of 6.5 MW/km2 at a cost of about 700 000 DM/MWQ,. This is equivalent to 
about 3 Pf/kWh in 1989 DM. 
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plants. Mid-sized plants were used instead of one large-scale plant. If the Flensburg 
example were extrapolated, most towns of 40,000 inhabitants or more would be 
economically serviceable by such smaller district heating schemes. 

The discrepancies between this field experience and the BMFT findings were clarified by a 
detailed analysis of heating grid distribution costs as actually incurred by FRG utilities 
(Bracchetti 1983). This study found that these costs vary between 2 and 3 Pf/kWh 
irrespective of the heat load density of the area, for a range of anywhere between about 10 
to 100 MWu,/km2. The latter value is typical of rural villages, the former of the most 
densely built up inner cities. 

This finding meant that previous assumptions about the dependence of district heating on 
high heat load densities was erroneous. What had been overlooked in the earlier 
conceptualizations of the problem was that in high density inner city areas, municipal 
utilities were encountering grid installation costs that were much higher than expected per 
unit length. These higher costs are due to the many obstacles encountered from already 
existing underground facilities, and due to the need to ensure high load carrying capability. 
In suburban and other low density areas, on the other hand, utilities found that they could 
use cheap prefabricated systems at low pipe laying cost, which canceled the effect of lower 
heat load densities. 

These effects uad been partially incorporated in two earlier assessments of national district 
heating potentials by Roth et al. (1980) and Buechel et al. (1982). Buechel et al. estimated 
that with a lower, 20 MWuVkm2 threshold heat load density as realized in Flensburg, some 
35% of all FRG industrial, commercial, and residential floor space could be supplied with 
district heat. In the residential sector alone, 12% of single family home floor space and 
55% of multifamily home floor space were found suitable, or an average of 30%. 

High potential penetrations are also reported in more recent resource planning analyses. A 
study of district heating potentials in the city of Bremen (BEB 1989) found that about 50% 
of the city's building heat loads could be cost-effectively supplied with district heating 
grids. An additional 7% were found suitable for cogeneration based on neighborhood-
scale IC engines. 

In a similar analysis of the city of Bremerhaven, 58% of the city's space heating needs was 
found suitable for cogeneration heating. Of these 58%, 87% were potentially suited for 
district heating, and 13% for neighborhood stations (BEB 1989). 

Estimates and field experience in other countries 

Perhaps the best testimony to the viability of district heating is the already implemented 
level of combined heat and power supply in Denmark, which is the district heating leader in 
Western Europe. Utilities and municipalities there have achieved a 33% share of district 
heating cogeneration in the space heating market, and are in the process of bringing that 
fraction closer to 50%. A similar goal is being approached in Finland. 

In Eastern Europe, the Soviet Union has traditionally supplied more than half of urban 
dwellings with district heat. Cogeneration thermal capacity per capita is about two to three 
times higher in the Soviet Union and in Czechoslovakia than in the FRG. However, unlike 
the Scandinavian countries, Eastern European countries have done little to improve building 
insulation and lack end-use metering and pricing and billing practices that would ensure 
efficient use of district heat 
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The potential for district heating is significant even for Italy, the country with the mildest 
average climate in the EC-5 region. A study based on the district heating experience in 
Brescia in Northern Italy (2555 degree-days, minimum winter temperature -7° C), which 
owns about two thirds of that country's district heating grid capacity, found that about 8-10 
million inhabitants, or about 14-18 percent of Italy's population, could be economically 
supplied with district heating grids (ATI 1983). 

Most of these systems would be located in northern Italy. Because of the cooler climate of 
that region, the share of total Italian space heating energy needs that would be displaced by 
district heating would be significantly higher than the indicated share of the total 
population. Furthermore, in the warmer climates of Southern Europe, it is also possible to 
apply cogeneration-based district cooling systems using chillers operating with steam. 

Estimate of available building heat loads in the EC-5 region 

In Table A. 10.7.47, we correct 1985 space heating demand to account for a reduction of 
1.4% in demand by 2020 relative to 1985, and we further reduce demands by 45% relative 
to the reference case to reflect MINR/100% savings (just as for industrial). We estimate 
that a 50% share of space heating needs could be cogenerated in district heating plants in 
the three more northern countries, and a 20 and 30% share, respectively, in Italy and 
France. We further estimate that another 10-15% of space heating requirements could be 
cogenerated with neighborhood stations and with on-site systems in large buildings. 

4. Technical potential and supply curves 

Criteria for supply curve construction 

Our analyses in the previous sections can be used to construct cogeneration electricity 
supply curves using three competing criteria: 

— maximizing carbon reductions, 

— maximizing electricity production, and 

— minimizing costs. 

We compile our cogeneration supply curves as follows: 

— We assume the ELF operating mode (i.e. baseload power generation) 
when ELF cogeneration is cheaper than TLF cogeneration (e.g. district 
heating plants), or when the cost of ELF generation is lower than centrai 
station power from coal-fired plants.39 

— Cogeneration systems in industries with average or low process 
operating hours are assumed to run in the TLF mode, and so are 
neighborhood and on-site building cogeneration systems. 

3 9 This rule is applied even when TLF operation would be cheaper, as in various industrial cogeneration 
cases. 
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Table A.10.7.47: Residential and commercial space heating loads 
potentially available for cogeneration in the EC-5 region 

Sector 

Total useful space heat demand 
Base year 1983/1985 
Residential 
Commercial 
Total 

2020 
W. growth+energy efficiency 

Fraction displaceable w. 
District heating 

Available useful heat load 

Fraction displaceable w. 
Neighborhood systems 

Available useful heat load 

Onsitc heating 
Displaceable fraction 

Available useful heat load 

Average displaceable fraction 
Total avail, usef. heat load 

Adjustment 
factor 

Efficiency fctr. 
0.546 

0.67 

0.90 

1.00 

Operating 
hours 

Growth lets. 
0.986 

4k-5k hrs. 

3.5k-5k hrs. 

2.5k-6k hrs. 

trance 

228 
180 
408 

219 

0.30 
44.1 

0.15 
29.6 

0.10 
21.9 

0.44 
96 

Net potential displacement of useful heat 
from space heating fuels (TWh) 

FRG 

311 
260 
572 

308 

0.50 
103.0 

0.15 
41.5 

0.70 
30.8 

0.57 
175 

Italy 

159 
134 
293 

158 

0.20 
21.1 

0.10 
14.2 

0.05 
7.9 

0.27 
43 

Netherlands 

71 
56 
127 

68 

0.50 
22.9 

0.15 
9.2 

0.10 
6.8 

0.57 
39 

UK 

217 
159 
375 

202 

0.50 
67.7 

0.75 
27.3 

0.10 
20.2 

0.57 
115 

TOTAL/ 
Average 

986 
788 
1775 

955 

0.40 
258.8 

0.14 
121.8 

0.09 
87.6 

0.49 
468 

(1) Baseline and future residential and commercial space beating demand based on Chapter II.12 and Appendix A.12. 
Growth factor is that associated with growth in final fuel demand in the reference case in 2020 relative to 1985. 
Efficiency factor is that associated with the MINR/100% case for space heating fuels and is relative to the reference case. 
(2) Final energy consumption converted to useful heat assuming 75% heating system efficiency. 
(3) Adjustment factors reflect assumed rate of penetration within cogeneration-supplied districts or neighborhoods. 
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In constructing our supply curve, we choose gas-fired over coal-fired 
cogeneration even if coal-fired cogeneration is cheaper. This 
assumption is designed to reflect environmental constraints that would 
limit the construction of coal-fired systems to less than the share they 
might otherwise achieve. 

Among gas-fired systems, the technology wilh the lowest busbar cost is 
assigned most of die heat load potential, even though other gas-fired 
technologies with only moderately higher costs may have lower carbon 
burdens. These other technologies are included with small potential 
shares to reflect expected site- and project-specific variations in relative 
cost-effectiveness. 

In the pulp and paper industry, it is assumed that cogeneration occurs 
with steam turbine technology to allow the utilization of bark, black 
liquor, and other waste fuels.40 

Results 

Tables A. 10.7.48 to A. 10.7.51 show the estimated cogeneration potentials and their costs 
for the low and high fuel price scenarios.41 

The calculations can be summarized as follows: 

• Industrial cogeneration alone could supply the equivalent of about a 
quarter of 1985 EC-5 electricity requirements; 

• Cogeneration of heat for buildings could by itself supply the equivalent 
of about three-quarters of 1985 electricity consumption; 

• All in all, cogeneration could supply about as much power as was 
consumed in the EC-5 region in 1985. 

Cogeneration systems would produce both baseload and intermediate load power. The 
ratio of the two depends mainly on the duty cycle for the district heating plants. As a 
reference point, we assume that baseload power constituted 82 percent of total power 
requirements in 1985 (see Appendix A. 10.4, Table A. 10.4.1). We can then observe: 

• Of the total electricity that could be cogenerated in industrial and 
building applications, 80 percent would be baseload power if all district 
heating plants were run in the ELF mode. 

40 In practice, a mixture of steam turbines and of other technologies with higher EPRs could be expected 
when waste fuels are complemented by natural gas. Also, biomass gasification technology might be used 
in the future to make use of these industry wastes in high-EPR cogenerators (Larson 1991). 

41 In calculating potentials for the low fuel prices we ignore, for the moment, that the substitution of 
large amounts of coal and oil with gas may have feedback effects on the relative prices of these fuels that are 
not reflected in that price scenario. 
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Table A.10.7.48: Supply curve of electricity production from Industrial cogeneration: 

Duty cycle 
technology 

Baseload (ELF high) 
STIG, gas-fired, large 

small 
Simple GT, gas-tired large 

small 
IC engine, gas-fired large 

small 
Back-press. ST, waste-fired 

Intermediate load (TLF avg) 
STIG, gas-fired, large 

small 
Simple GT, gas-fired large 

small 
IC engine, gas-fired large 

small 
Back-press. ST, waste-fired 

Intermediate load (TLF low) 
STIG. gas-fired, large 

small 
Simple GT, gas-fired large 

small 
IC engine, gas-fired large 

small 
Back-press. ST, waste-fired 

Avg. EPR 
kWh.e/ 

kWh.th.u 

1.12 
0.87 
0.78 
0.54 
1.71 
2.16 
0.38 

0.81 
0.61 
0.56 
0.38 
1.27 
1.62 
0.29 

0.81 
0.61 
0.56 
0.38 
1.27 
1.62 
0.29 

Avg. on-site 
net C burden 

g/kWh 

65 
72 
69 
78 
63 
63 
72 

38 
41 
33 
35 
44 
79 
48 

38 
41 
33 
35 
44 
79 
48 

Share of 
heat 
load 

0.35 
0.35 
0.05 
0.05 
0.05 
0.05 
0.10 

0.35 
0.40 
0.05 
0.05 
0.05 
0.10 
0.00 

0.35 
0.40 
0.05 
0.05 
0.05 
0.10 
0.00 

France 

15 
12 
2 
1 
3 
4 
1 

2 
1 
0 
0 
0 
1 
0 

3 
3 
0 
0 
1 
2 
0 

low fuel 

FRG 

23 
18 
2 
2 
5 
6 
2 

3 
3 
0 
0 
I 
2 
0 

4 
4 
0 
0 
1 
3 
0 

price case, TLF/ELF 

Potential net generation from 
industrial cogeneration (TWh) 

Italy Netherlands UK 

15 9 17 
12 7 14 
1 1 2 
1 1 1 
3 2 4 
4 3 5 
1 1 2 

2 1 3 
2 0 3 
0 0 0 
0 0 0 
0 0 1 
1 0 2 
0 0 0 

2 1 5 
2 1 4 
0 0 0 
0 0 0 
1 0 1 
1 1 3 
0 0 0 

TOTAL/ 
Average 

79 
62 
8 
5 
17 
22 
8 

11 
9 
1 
1 
2 
6 
0 

16 
14 
2 
1 
4 
9 
0 

Avg. deliv. 
electr. cost 

P0kWh 

6.5 
7.2 
7.9 
9.7 
8.1 
10.0 
6.6 

7.9 
8.6 
9.7 
12.5 
11.3 
14.3 
10.7 

11.0 
12.2 
13.6 
18.6 
16.5 
20.5 
19.2 

Avg. deliv. 
electr. cost 
w/extem. 
Pf/kWh 

6.8 
7.5 
8.1 
9.9 
8.5 
10.5 
7.6 

8.2 
8.9 
9.9 
12.7 
11.7 
14.7 
11.5 

11.3 
12.5 
13.8 
18.8 
16.9 
20.9 
19.9 1 
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Table A.10.7.49: Supply curve of electricity production from industrial cogeneration: high fuel 

Duty cycle 
technology 

Baseload (TLF/ELF high) 
STIG, gas-fired, large (ELF) 

srnaUfTLF) 
Simple GT, gas large (TLF) 

small (TLF 
IC engine, gas large (TLF) 

small (TLF) 
Back-press. ST, waste-fired (ELF) 

Intermediate load (TLF avg) 
STIG, gas-fired, large 

small 
Simple GT, gas-fired large 

small 
IC engine, gas-fired large 

small 
Back-press. ST, waste-fired 

Intermediate load (TLF low) 
STIG, gas-fired, large 

small 
Simple GT, gas-fired large 

small 
IC engine, gas-fired large 

small 
Back-press. ST, waste-fired 

Avg EPR 
kWh.e/ 

kWh.tb.u 

1.12 
0.61 
0.56 
0.38 
1.27 
1.62 
0.38 

0.81 
0.61 
0.56 
0.38 
1.27 
1.62 
0.29 

0.81 
0.61 
0.56 
0.38 
1.27 
1.62 
0.29 

Avg. on-site 
net C burden 

g/kWh 

65 
41 
33 
35 
44 
79 
72 

38 
41 
33 
35 
44 
79 
48 

38 
41 
33 
35 
44 
79 
48 

Share of 
heat 
load 

0.35 
0.35 
0.05 
0.05 
0.05 
0.05 
0.10 

0.35 
0.40 
0.05 
0.05 
0.05 
0.10 
0.00 

0.35 
0.40 
0.05 
0.05 
0.05 
0.10 
0.00 

France 

15 
8 
1 
1 
2 
3 
1 

2 
1 
0 
0 
0 
1 
0 

3 
3 
0 
0 
1 
2 
0 

FRG 

23 
12 
2 
1 
4 
5 
2 

3 
3 
0 
0 
1 
2 
0 

4 
4 
0 
0 
1 
3 
0 

price case, TLF/ELF 

Potential net generation from 
industrial cogeneration (TWh) 

Italy Netherlands UK 

15 9 17 
8 5 9 
1 1 1 
1 0 1 
2 2 3 
3 2 4 
1 I 2 

2 1 3 
2 0 3 
0 0 0 
0 0 0 
0 0 1 
1 0 2 
0 0 0 

2 1 5 
2 1 4 
0 0 0 
0 0 0 
1 0 1 
1 I 3 
0 0 0 

TOTAL/ 
Average 

79 
43 
6 
4 
13 
16 
8 

11 
9 
1 
1 
2 
6 
0 

16 
14 
2 
1 
4 
9 
0 

Avg. deliv. 
electr. cost 

Pf/kWh 

9.0 
9.0 
9.9 
12.2 
10.3 
13.5 
7.7 

9.9 
11.0 
12.0 
15.6 
13.2 
17.0 
11.3 

13.1 
14.6 
15.9 
21.7 
18.3 
23.2 
19.7 

Avg. deliv. 
electr. cost 
w/extem. 
Pf/kWh 

9.4 
9.3 
10.1 
12.4 
10.7 
13.9 
8.7 

10.3 
11.3 
12.2 
15.8 
13.6 
17.4 
12.0 

13.4 
14.9 
16.1 
21.9 
18.7 
23.6 
20.4 
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TABLE A.10.7.49 CONTINUED 
Total baseload (high cogen) 
Total interm. load (avg cogen) 
Total interm. load flow cogen) 

TOTAL base + interm. loads 

1985 Electricity use (TWh) 
Fraction potentially fr. cogen 

0.98 
0.93 
0.93 

0.96 

57 
47 
47 

54 

32 
5 
9 

46 

249 
0.18 

48 
9 
12 

69 

350 
0.20 

32 
6 
7 

44 

174 
0.25 

20 
2 
4 

25 

61 
0.42 

37 
9 
13 

60 

243 
0.25 

169 
30 
45 

245 

1076 
0.23 

9.6 
12.1 
16.3 

11.1 

9.9 
12.5 
16.6 

11.5 

(1) Cogenerators assumed to be operated in either TLF or ELF mode, based on most cost effective operational mode. 
(2) Electricity costs for each technology are average of small and larger prototypes and include T&D losses. 
(3) Pulp and paper heat loads cogenerated by ST plants burning 70% waste fuels, 30% coal. 
(4) Pulp and paper waste fuel assumed to cost same as coal. 
(5) Costs include modularity and siting credits. 

o 
to 
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Table A.10.7 JO: Supply curve of electricity production from distributed heat cogeneration: low fuel price case 

Duty cycle 
technology 

Baseload (ELF mean) 
ISTIG gas (mean) 

IGACC, coal (mean) 
Nghbrhd IC or STIG, gas (high) 

On-site IC, gas (high TLF) 

Intermediate load (TLF mean) 
ISTIG, gas-fired 

IGACC, coal-fired 
Nghbrhd IC engine, gas-fired 

On-site IC engine, gas-fired 

Total baseload 
Total intermediate load 
TOTAL cogeneration 

1985 Electricity use (TWh) 
Fraction potentially fr. cogen 

Avg. on-site 
net C burden 

g/kWh 

98 
212 
113 
70 

79 
200 
71 
70 

99 
45 
89 

Average 
EPR 

2.54 
1.88 
1.50 
0.59 

1.28 
0.97 
0.84 
0.59 

France 

112 
0 
4 
0 

0 
0 
22 
13 

116 
35 
152 

249 
0.61 

FRG 

262 
0 
6 
0 

0 
0 
31 
18 

268 
49 
318 

350 
0.91 

Potential net generation 
from CHP cogeneration (TWh) 

Italy Netherlands UK 

54 58 172 
0 0 0 
2 1 4 
0 0 0 

0 0 0 
0 0 0 
11 7 21 
5 4 12 

56 60 176 
15 11 32 
71 71 209 

174 61 243 
0.41 1.16 0.86 

TOTAL! 
Average 

658 
0 
18 
0 

0 
0 
92 
51 

676 
144 
820 

1076 
0.76 

Avg. deliv. 
electr. cost 

Pf/kWh 

6.2 
73 
9.2 
3.7 

6.3 
10.0 
9.5 
7.8 

6.3 
9.5 
6.8 

Avg. deliv. 
electr. cost 
w/extem. 
Pf/kWh 

6.6 
8.2 
9.7 
3.9 

6.7 
10.8 
9.9 
8.0 

6.7 
9.9 
7.2 

(1) District heating plants assigned to ELF mode when cheaper than central station baseload power. 
(2) Coal gasification is assigned zero contribution to maximize carbon savings. 
(3) Mean operating hours defined as the simple average of "high" and "average" operating hours (defined in Tables A.10.7.2 and A.10.7.4) 
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Table A.l0.7.51: Supply curve of electricity production from distributed heat cogeneration: high fuel price case 

Duty cycle 

technology 

Baseload (ELF mean) 

ISTIG gas (mean) 
IGACC, coal (mean) 

Nghbrhd IC or STIG, gas (high) 
On-site IC, gas (high TLF) 

Intermediate load (TLF mean) 
ISTIG, gas-fired 

IGACC, coal-fired 
Nghbrhd IC engine, gas-fired 

On-site IC engine, gas-fired 

Total baseload 
Total intermediate load 
TOTAL cogeneration 

1985 Electricity use (TWh) 
Fraction potentially fr. cogen 

Avg. on-site 
net C burden 

g/kWh 

98 
212 
113 
70 

79 
200 
71 
70 

99 
45 
89 

Average 
EPR 

2.54 
1.88 
1.50 
0.59 

1.28 
0.97 
0.84 
0.59 

France 

112 
0 
4 
0 

0 
0 
22 
13 

116 
35 
152 

249 
0.6 

FRG 

262 
0 
6 
0 

0 
0 
31 
18 

268 
49 
318 

350 
0.9 

Potential net generation 
from CHP cogeneration (TWh) 

Italy Netherlands UK 

54 58 172 
0 0 0 
2 1 4 
0 0 0 

0 0 0 
0 0 0 
11 7 21 
5 4 12 

56 60 176 
15 11 32 
71 71 209 

174 61 243 
0.4 1.2 0.9 

TOTAL/ 
Average 

658 
0 
18 
0 

0 
0 
92 
51 

676 
144 
820 

1076 
0.8 

Avg. deliv. 
electr. cost 

Pf/kWh 

9.1 
7.6 
12.6 
6.3 

8.7 
9.4 
12.1 
10.3 

9.2 
12.1 
9.7 

Avg. deliv. 
electr. cost 
w/extem. 
Pf/kWh 

9.5 
8.5 
13.1 
6.5 

9.1 
10.2 
12.5 
10.5 

9.6 
12.5 
10.1 

(1) District heating plants assigned to ELF mode when cheaper than central station baseload power. 
(2) Coal gasification is assigned zero contribution to maximize carbon savings. 
(3) Mean operating hours defined as the simple average of "high" and "average" operating hours (defined in Tables A.10.7.2 and A. 10.7.4) 



• Power from industrial cogeneration applications with high operating 
hours would alone produce the equivalent of 19-23 percent of 1985 
baseload power requirements. 

The average cost of cogenerated baseload power would be as follows: 

• The weighted average delivered cost of baseload industrial cogeneration 
power (without externalities) would be 7.4 Pf/kWh for low fuel prices 
and 9.6 Pf/kWh for the high fuel price case. 

• The weighted average cost of baseload power from cogeneration 
systems supplying building heat loads (without externalities) is 6.3 
Pf/kWh for low fuel prices and 9.2 Pf/kWh for the high fuel price case. 

These costs compare to central station generation as follows: 

• Industrial baseload cogeneration power appears cost-competitive with 
coal-fired central station electricity in the low and high fuel price cases 
and with gas-fired ACC/ISTIG central station technology in the low fuel 
price case. It is cost-effective against gas-fired central station 
ACC/ISTIG technology in the high fuel price case. 

• The cost of cogeneration power from gas-fired ISTTG district heating 
plants is cost effective relative to both gas and coal-fired central stations 
in the low and high fuel price cases. 

This approximate cost equivalence means that the choice between gas-fired cogenerators 
and gas-fired central stations could be made on the basis of criteria other than economics, 
notably carbon emissions. 

When the displaced fuel is oil, carbon emissions differ as follows: 

• Compared to central station ISTIG or ACC plants, industrial baseload 
(ELF high) cogeneration reduces carbon emissions by about 35 percent 

• Compared to central station ISTIG or ACC plants, district heating 
ISTIG plants reduce carbon emissions by about 10 percent 

Sensitivity analysis: degree of optimization 

In terms of minimizing the average carbon burden of cogeneration resources, our 
estimating procedure comes close to the optimum. Coal technologies are not considered 
and the cheapest gas-fired industrial systems are also those with the lowest net carbon 
burdens. Depending on what other carbon reducing resources are available at favorable 
cost, some fraction of cogenerated power could be derived from coal-fired technologies, 
notably coal gasification district heating plants. 

In terms of maximizing the amount of electricity produced from cogeneration systems, our 
procedure is more middle-of-the-road. On the one hand, using gas turbine and diesel 
technologies increases electricity production rates several fold over the traditional steam 
turbine. But among gas-fired technologies, economic considerations lead us to emphasize 
the STIG units over die diesels, which would yield more power. 

We also neglect a significant additional potential electricity resource. For low to moderate 
gas prices, the lower cost industrial technologies could be run in the ELF mode even in 
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industries with lower operating hours, without pushing generating costs beyond those of 
central stations. ELF operation in these industries could as much as double the industrial 
cogeneration power output calculated for all industries. 

Similarly, industrial STIG or diesel neighborhood stations could be competitive in the ELF 
mode with central station coal power in the low fuel price case. Total power cogenerated 
from distributed and on-site heating systems would increase by about ten percent 

In terms of minimizing average cogeneration power costs, our procedure represents a 
compromise in so far as industrial systems are typically cheaper when run in the TLF high 
mode than when run in the ELF high mode. Power costs would have been lower had we 
assumed the TLF mode for industries with high process operating hours. 

Comparison with other estimates 

To illustrate the relationship of our economic potential analysis with other work, we 
compare our potential estimates for the FRG with the results obtained from various other 
studies for Germany. The early official FRG district heating assessment (BMFT 1977) 
estimated a potential of 15.5 GWe, equivalent to about 80 TWh of cogenerated electricity at 
5000 hrs/yr of operation. A reassessment of district heating potentials in the FRG found 
that the potential electrical capacity from district heating would be about 25 GWe (Buehler 
et al. 1982), equivalent to about 125 TWhe/yr. This estimate was based on the field 
experience of leading municipal utilities. It arrived at this higher magnitude even though it 
assumed a 30 percent efficiency increase in space heating from demand-side investments. 

Estimates of the economic potential of neighborhood systems in the FRG range from 8-15 
GWe for the FRG (Roth et al. 1980, Kohler et al. 1987), equivalent to a power output of 
about 30-60 TWhe/yr at 4000 hours of operation. 

At 55 TWhe/yr, our estimates for neighborhood and on-site cogeneration potentials in the 
FRG is at the upper bound of previous estimates. Our district heating potential is about 
twice as high as the previous estimates. This difference is easily explained by the much 
higher electricity production rate of 1.2-2.7 for the ISTIG plants, compared to values of 
about 0.4-0.6 for conventional, steam turbine district heating technology. Once the 
difference in technological base is accounted for, the estimates are in rough agreement. 

Estimates of industrial power generation potentials vary even more widely than those for 
building heat load cogeneration, as again illustrated by analyses for the FRG. An early 
study on industrial efficiency opportunities arrived at a potential of 45 TWhe/yr (FBI 
1977). After the second oil shock, the federal government commissioned a national 
estimate of industrial cogeneration potentials which arrived at up to 120 TWhe/yr (Hutter et 
al. et al. 1984). This was followed by a regional update commissioned by the state 
government of Hessen. Extrapolation of its findings to the national scale suggests a 
national potential of 180 TWhe/yr (Suttor and Suttor 1986, Kohler et al. 1987). Based on 
our above-described generic estimating procedure, our estimate for the FRG industrial 
sector of 69-78 TWhe/yr is well below the latter two estimates. Our assumption of 
significant increases in industrial efficiency is more stringent than the assumptions made in 
previous studies, which may explain why our potential is lower than expected for the FRG. 

In summary, our industrial and building heat load cogeneration potentials show good 
agreement with previous analyses once differences in technological performance between 
modern high efficiency, high EPR technologies and traditional steam turbine technologies 
are taken into account 
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G. IMPLEMENTATION POLICIES 

1. Barriers to cogeneration 

The barriers to implementing the economically and/or environmentally advantageous 
potential of cogeneration fall into two groups: 

— Barriers that are mostly related to the internal organization and overall 
business or institutional mission of potential cogenerators. 

— Barriers that mostly stem from the regulatory framework and structure 
of the electric power industry. 

A given regulatory framework also produces different kinds of barriers for industrial 
producers, small-scale cogenerators operating in large buildings or other commercial sector 
facilities, and local public entities. 

We begin our review with the barriers encountered within firms and institutions, which can 
be considered generic to all EC-5 countries. These barriers are often overlooked in 
proposals to use utility reform to promote cogeneration and other forms of independent 
power production. We then move to consider how existing power industry structures and 
regulatory systems create additional barriers of market access and asymmetrical pricing. 

2. Barriers within potential cogenerating firms 

Even if the electricity supply market were unencumbered by the barriers that currently make 
entry for independent power producers such as industrial cogenerators and municipal 
utilities difficult, it is likely that only a portion of societally cost-effective cogeneration 
investments would occur. Within industrial and commercial firms, the following internal 
barriers to cogeneration investments are at work (ENERWA/EWI/ISI et al. 1989, Kaier et 
al. 1989, Suttor and Suttor 1988, and Jochem et al. 1986): 

— For an industrial firm to invest in cogeneration means tying up 
significant amounts of capital in auxiliary plant that is not central to the 
firm's business. 

— Investments in manufacturing process innovations and in product 
quality improvements often promise shorter payback times and higher 
profits than investments in cogeneration plants. The use of payback 
times in establishing project viability puts cogeneration facilities with 
their longer useful lives at a disadvantage compared to alternative 
investments in core production activities.42 

42 Opinion surveys of industrial managers in Germany show that the willingness on the part of firms to 
invest in power production is significantly lower than to invest in industrial production facilities (Kaier et 
al. 1989). 
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— Cogeneration investments are associated with significant fuel price risks 
for individual industrial firms. The modern, high EPR technologies that 
can accommodate the trend toward higher ratios of electric to thermal 
energy requirements at flexible scale (see Section B) can only be 
operated with gas or oil (or, in favorable circumstances, biomass 
wastes), while utility central stations can rely on a more diversified pool 
of plants that includes coal stations as well.45 

— The predominant mentality of industrial firms is that obtaining heat and 
power is a matter of purchasing fuels and electricity, and thus a task that 
should receive as little attention as possible. 

— Small and medium-sized private firms lack the technical expertise to 
design optimal cogeneration plants. 

— Capital rationing within industrial firms tends to discourage 
cogeneration investments. 

— Start-up requirements for planning are high and licensing procedures 
bring the risk of long delays. 

— Firms may face major problems finding licensable plant sites. In 
particular, they risk being denied the use of available sites on the firm's 
land for cogeneration plants, due to growth of residential communities 
in surrounding areas. 

— Industrial cogeneration plants must meet the same emission standards as 
boilers that are operated without cogeneration. Avoided emissions in 
thermal applications are not rewarded. 

The above barriers are even more pronounced for small firms or institutions that could 
greatly benefit from on-site packaged cogeneration systems. 

Special issues arise for municipal governments and local and regional distribution utilities: 

— Municipal governments and their utilities are not legally obligated to 
provide district heating, and thus tend to give first priority to other 
business priorities and investment tasks. 

— While electricity and gas delivery grids are strongly supported by right-
of-way legislation, no such legal mandate and priority exists for district 
heating grids. 

— Small and medium-sized municipal utilities lack the staff and technical 
expertise to design optimal cogeneration plants. 

4 

— If a municipal utility enters the district heating business, this may result 
in internal competition among different departments if the utility sells 
gas as well, or in competition on the outside with gas companies. 

4 5 In the case of larger district heating plants, coal gasification ACCs can be used to circumvent this 
problem. 
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— Many municipal entities are highly indebted and shy away from capital-
intensive entrepreneurial projects such as district heating developments. 
They may also encounter difficulties in raising capital for combined heat 
and power investments, which typically have long gestation periods. 

— Local governments that have ceded the ownership and right of way for 
the distribution grid to large interregional utilities receive risk-free 
concessionary payments that are a disincentive for communal energy 
initiatives.44 

— Informal relationships between the staff of municipal utilities and their 
counterparts in regional and interregional electricity supply companies 
tend to discourage municipal self-generation. 

3. Current power industry structure and regulatory systems 

The regulatory system and structure of the power industry varies considerably from 
country to country, and the barriers to cogeneration are partially a function of these 
differences. Within the EC-5 region, both Great Britain and Holland have seen major 
utility reforms during the 1980s. The European Commission has also attempted to take 
influence on developments in the EC overall by proposing a common carrier structure for 
the internal electricity market (CEC 1988). 

The five countries examined in our study can be ordered along a continuum ranging from 
the traditional industry structure in which large, vertically integrated electricity companies 
supply closed service territories under cost-plus price regulation, to a far-reaching 
deregulation of the generation business, with separation of the transmission business from 
generation and final distribution, and conventional cost-plus regulation limited only to the 
transmission and distribution entities. 

National utility industry structure and regulation 

France. Along this continuum, France represents one extreme, with the predominance of 
one national, publicly owned electric utility company (EDF) operating as a vertically 
integrated monopoly under the direct control of the ministry of industry. There is no 
obligation to buy, and an independent power generation industry is almost non-existent. 
What district heating systems do exist are purely thermal, without power generation. 

Germany. The FRG has several large interregional electricity companies in mixed public 
and private ownership, plus many smaller regional and municipal utilities that may or may 
not own their own powerplants. Again, the conventional, vertically integrated utility 
structure is dominant. 

A small regulatory body exists in the ministry of economics of each state that is responsible 
for regulation. Access to the power supply market is government controlled through a 
reporting and approval requirement. As in all forms of traditional utility regulation, price 
regulation is the focus of government activity. Ii occurs purely ex post, without any 
integrating link to the planning process for new powerplant investments. 

4 4 In the FRG, some 80 percent of the country's roughly 410 municipal utilities fall into this category 
(so-called class B municipalities). 
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FRG cogenerators have no legal right for exporting power to the grid, and there is no legal 
obligation on the part of the utilities to purchase cogenerated power. The conditions for 
selling power to the grid are fixed in a negotiated agreement between the trade associations 
of industrial producers and electric utilities, with a mild oversight by the federal antitrust 
regulators (see below). 

Italy. Like France, Italy runs its power system through one national utility (ENEL) owned 
by the national government and overseen by the ministry of industry. Industrial 
cogenerators have to sell excess power to ENEL, or to a number of small municipal utilities 
that also have some generating capacity of their own. An obligation to buy cogenerated 
electricity was introduced in 1991, modeled after the U.S. PURPA legislation. 

The Netherlands. In the Netherlands, a major reform of the power industry was 
undertaken in 1989. Generation, transmission and distribution are now separated, with 
one national transmission company (SEP) performing the system integration function for 
the entire grid. Both generation, transmission, and local distribution companies are 
publicly owned and operate on a non-profit basis. They are overseen by the Ministry of 
Economic Affairs. 

SEP buys all central station electricity from a national power pool consisting of four large 
generating companies. The price of electricity is set by SEP. The bulk tariff is negotiated 
as a power pool price based on fuel costs and other criteria. Overheads for the generating 
companies and for transmission are added in, and the electricity is then sold to about 50 
provincial and local distribution utilities. 

The distribution companies are legally required to purchase cogenerated power. 
Cogenerated power from large facilities is purchased by SEP. Prices are set on the basis of 
a uniform national tariff reflecting the bulk supply tariff avoided costs. Distribution 
companies may themselves engage in local cogeneration schemes and other smaller-scale 
independent power projects. For projects greater than 25 MW, approval by SEP is 
required, which is responsible for investment planning. The maximum size cogeneration 
plant that can be built by local distribution companies is 50 MW. 

United Kingdom. In Great Britain, the privatization of the former national utility in 1989 
has created two privately owned, basically unregulated generating companies, a 
government-owned nuclear generating company, a national grid company, and twelve 
regional distribution companies. The grid and distribution companies are regulated on a 
rate of return/cost-plus basis, while the prices charged by generators are unregulated.45 

The electricity price is to be determined by a daily spot price mechanism that is to establish 
market competition between the large generating companies, generating plants owned by 
the distribution companies themselves, industrial autoproducers, other independent 
producers, and electricity imports from France and elsewhere. 

Capacity credits are to be paid to generators on the basis of loss of load probabilities and a 
monetized value for lost load. Cogenerators can compete in this system like anyone else, 
and thus have the right to ship power to the national grid, to other customers in the local 
distribution company's territory, or to distant customers that contract with them. 

4 5 For a summary of the provisions of Britain's electricity reform, see James Cape! & Co. (1990). 
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To subsidize the government-owned nuclear generating company, a levy is charged on the 
output from all fossil-fired generating plants. Renewables-based generation is exempted 
from this levy. 

4. Barriers under conventional industry structures 

The barriers encountered by cogenerators under traditional regulation are found to one 
extent or another in all the countries where vertically integrated utilities operate as 
monopolies in geographically designated franchises. Within the EC-5 region, the countries 
that best illustrate these barriers are France, Germany, and until recently, Italy. 

Among these three countries, the German situation is particularly illustrative. Unlike Italy 
and France, the country has a significant municipal power generation industry. Regional 
and local distribution companies are engaged in a variety of arrangements that have bearing 
on their ability to engage successfully in cogeneration projects. The ongoing struggle 
between the municipal and industrial power generation industries on the one hand and the 
established interregional electricity supply industry on the other hand has led to an 
extensive literature on barriers to cogeneration. 

Below, we summarize several recent analyses (ENERWA/EWI/ISI et al. 1989, Kaier et al. 
1989, Suttor and Suttor 1988, Jochem et al. 1986, Hennicke et al. 1985) that apply not 
only to the FRG in particular but also to any country with vertically integrated utility 
franchises operating under conventional regulation. Prevailing barriers have also been 
acknowledged by the European Commission (CEC 1988a), and have been part of its 
motivation for proposing a common carrier approach (CEC 1988b). Policies to reduce 
these barriers, and recent steps in this direction, are discussed below. 

Legal restrictions on self-generation of power 

While the right to self-generation exists in all EC countries, self-generators (including 
cogenerators) are restricted in some countries to certain maximum capacity levels, or to the 
use of certain fuels. An example of the latter type of restriction are rules in the FRG 
prohibiting the use of oil and gas in powerplants larger than 10 MW, even when they are 
cogeneration plants. Because coal-fired plants are typically not economically competitive at 
sizes below about 30 MW, this regulation blocks all cogeneration in the 10-30 MW range. 
Similarly, FRG cogeneration plants are forced to buy expensive domestic coal even in die 
case of small plants, though this rule contributes little to total coal sales in the FRG. 

Lack of obligation to purchase surplus electricity from self-generators 

While a legal obligation to buy surplus electricity now exists in some EC countries, 
cogenerators have less secure access to the electricity market in others. For example, in 
Germany, cogenerators must rely on negotiated agreements between the German 
manufacturers association (BDI), the association of industrial power producers (VIK), and 
the association of electric utilities (VDEW). The resulting formal agreements 
(VDEW/VIK/BDI 1979, 1985, 1988) came about only as a result of rulings by the 
country's anti-trust commission. In some cases, utilities have refused to purchase 
electricity during off-peak periods (CEC 1988). 
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Lack of regulatory oversight based on least-cost planning 

Traditional utility regulation in Europe does not provide for public review of proposed 
powerplant investments before they are built. There is no formal link between the function 
of capacity planning and the regulation of electricity prices, which involves an ex post 
review of plants already built. Thus, conventional utility central station projects can 
proceed without a least-cost comparison with alternative cogeneration investments or other 
independent powerplants. 

Because of this lack of organized competition, the traditional utility planning process also 
ignores the system benefits of cogeneration and renewable plants in terms of their 
contribution to fuel diversity, modularity, operating flexibility, etc. Nor are their 
environmental advantages being properly accounted for. These benefits can only be 
realized if power sector planning follows a comprehensive least-cost approach that 
integrates all resource options (LCP or IRP). 

Finally, because conventional utility resource plans seek to meet uncertain and slower 
growth of demand with large blocks of capacity, the utility system ends up in a state of 
excess capacity most of the time (see Appendix A.10.4). Under Europe's weak regulatory 
systems for vertically integrated utilities, the cost of this chronic planning and investment 
failure is externalized onto ratepayers who pay for excessive fixed costs through higher 
rates. This transfer of the cost of failed investments to the ratepayers at large blocks 
cheaper cogeneration investments by keeping marginal costs chronically low. 

Lack of transparency in determining costs of service 

Under traditional regulation, price oversight is performed by a small unit within the 
ministry of industry (Italy, France) or economics (FRG, Holland). These government 
departments are understaffed to enforce and oversee a proper cost-of-service approach to 
ratemaking. As a result, cross-subsidization of special contract customers in industry by 
captive residential and commerical customers is rampant 

Even if the significant demands of cost-ofservice analysis could be met, such status-quo 
based analysis would still not capture the subtle effects on utility cost structures that arise 
entirely from the historical business strategy of electric utilities, which was to eliminate 
competition from cogeneration through anti-competitive uses of their monopoly positions 
and through the scale economies of power station centralization (Hennicke et al. 1985). 

Unjustifiably low buy-back rates 

From a societal least-cost perspective, the proper measure of the worth of a cogeneration 
investment is its avoided cost Determining avoided costs is a complex enterprise, but 
several important guidelines have emerged from U.S. PURPA implementation and least-
cost planning practice (Krause and Eto 1988). Above all, avoided costs must be defined 
over the time horizon of utility resource plans, which cover typically 15 to 20 years. By 
contrast the conventional definition of avoided costs used by electric utilities in developing 
buy-back tariffs is based solely on the short-run marginal costs of operating existing 
capacity. 

For example, according to the agreements on buy-back rates used in the FRG 
(VDEW/VIK/BDI1979,1985,1988), capacity payments are granted to cogenerators only 
if the utilities deem themselves capacity-short Because utilities are not required to present 
long-term resource plans for advance approval in a public proceeding, the point in time 
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when new capacity becomes necessary never is transparently defined. Left to their own 
devices, utilities are protected from cogenerators by excess capacity and seemingly low 
marginal costs. 

Even short-run marginal costs are commonly defined in a manner that disfavors 
independent power producers. Usually they include only fuel costs, while avoided 
operating and maintenance costs and avoided system costs are ignored. 

More fundamentally, if a cogeneration plant is commissioned during a period of sufficient 
or excess capacity, that capacity excess would be expected to vanish at some point, either 
because of demand growth, because of retirements of existing capacity, or both. At that 
point, the avoided cost of the utility increases because independent power production now 
defers the construction of new capacity. The true economic benefit of a cogeneration plant 
is therefore measured by the (levelized or total) net present worth of avoided costs over the 
utility resource planning horizon, i.e., 15 to 20 years. The avoided cost of a cogeneration 
plant is thus significantly higher than acknowledged in tariffs based on fuel costs or short-
run marginal costs, even if excess capacity exists in the short-run. 

Lost opportunities 

For manufacturers, one of the most cost-effective points in time to invest in cogeneration is 
when they plan and build new production facilities. After the factory has been built, adding 
a cogeneration facility will be more cumbersome and expensive. If manufacturers cannot 
obtain a long-term contract for power sales to the utility at the time they expand their 
production facilities, they may well forego the cogeneration investment entirely. 

A similar effect could result under a competitive bidding approach for marginal supplies, if 
the vertically integrated firm has total control over the timing of power auctions. Excess 
capacity could then result in too large a time interval between auctions to provide a timely 
opportunity for cogeneration investments. 

Discriminatory charges for complementary and back-up power 

Charges demanded by utilities for spinning and scheduled reserve are highly non-
transparent and often arbitrary. Effective oversight over these charges requires 
sophisticated cost-of-service analyses by a suitably staffed regulatory body. Such 
oversight does not exist in any European country. 

In some instances, cogenerators are still faced with complementary-power tariffs that are 
higher than the tariffs enjoyed by firms that forego self-generation. Even where this 
grossly discriminatory practice is absent, complementary-power rates may still show lower 
price reductions over time than have been common in industrial sector rates at large. 

Back-up rates are often based on the fixed, capacity-related term of the utility's standard 
tariff. But the manner in which the utility distributes average charges among capacity and 
energy prices has little relationship with the marginal back-up costs related to cogenerators. 
Also, field experience shows that cogeneration powerplants achieve very high average 
equivalent availabilities that are often superior to those of large central stations. As a result, 
cogenerators face excessive back-up charges. 
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Anti-competitive contracting practices 

Among the instruments utilities often use to stifle cogeneration investments are various 
clauses in the special contracts that govern electricity supplies and prices to large 
customers. They include: 

— Contracts that obligate industrial firms with surplus electricity to refrain 
from supplying other customers in the utility's service territory with that 
electricity, or to buy power from other suppliers. 

— Requirements that the industrial customer or municipal utility must buy 
all of its power, or at least a certain minimum amount of power from the 
utility. 

— Favorable electricity prices that are granted only on the condition that the 
firm or municipal utility refrain from self-generation. 

— Lower electricity prices for firms that purchase very large amounts of 
electricity from the utility, thus establishing a disincentive for reducing 
purchases in the future on account of cogeneration investments. 

— Offers of lower prices for firms that have registered their intention to 
construct a cogeneration plant with the siting agencies of the 
government. 

These types of contractual clauses and price interventions are now the predominant method 
for discouraging cogeneration, since explicit clauses forbidding self-generation are 
considered illegal in most countries. The use of low prices for suppressing cogeneration 
projects heavily depends on the utility's ability to cross-subsidize these lower rates with 
higher rates for captive customers in the residential and small commercial sector. 

Because monopoly commissions do not have sufficient staff to monitor contracts with 
industrial customers, and because European regulators have not developed detailed 
accounting systems for cost-of-service analyses and cost allocations among customer 
classes, utilities are in effect allowed to use dumping strategies to eliminate competition 
from self-generators. 

Obstruction of wheeling of power 

This practice takes the form of outright refusal to wheel cogenerated power over utility-
owned transmission facilities, or of excessive transmission charges. In the FRG, the 
cogenerator must obtain permission to wheel, and the utility may refuse with impunity, 
even when power is to be transmitted to another facility owned and operated by the 
cogenerating firm. 

5. Deregulation, privatization, and least-cost planning 

Some energy economists believe that the break-up of vertically integrated, franchised 
utilities and the introduction of a common carrier transmission system (deregulation in 
short-hand), combined with the privatization of the generating assets of existing utilities, 
would eliminate most barriers to independent power production, and thus to cogeneration. 
Before proposing specific policy measures to remove market barriers for cogeneration it is 
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thus useful to examine the extent to which fundamental power industry reform in the above 
sense might be effective. 

Reform models 

In the discussion on structural reform in the utility sector, two interrelated but competing 
sets of motives are at work. One thrust of reform arises from certain environmental and 
resource policy goals, such as the efficient use of primary energy and the minimization of 
fossil fuel consumption. These goals translate, among other things, into a preference for 
cogeneration. This preference clashes with the status quo, under which barriers to market 
entry in the power generation industry create a pattern of suboptimal cogeneration 
investments. Where governments seek to promote least-cost generating mixes, 
cogeneration is thus promoted through incentives, regulations, and pricing measures. 
Comprehensively pursued, these derivative policies may result in major shifts in the terms 
of competition in the power industry. 

A second thrust of reform arises from the goal of promoting economic efficiency through 
market competition. This motive is not related to any preferences for particular energy 
resources or technologies, but stems from the belief that full market competition in the 
power generation sector will be economically advantageous, irrespective of the number and 
size of competing firms. Such a laissez-faire deregulation of the supply industry creates 
inadvertant shifts in the fortunes of alternative resource options. If these shifts, in turn, 
negatively impinge on energy policy goals related to diversity of supply, energy efficiency, 
and fossil fuel conservation, corrective measures will presumably have to be taken ex post 

Implementation of these two competing approaches for increasing economic efficiency has 
led to four broad models of power sector reform: 

— The U.S. least-cost planning reforms, which started from a vertically 
integrated utility industry already largely owned by private investors and 
introduced competitive resource bidding at the margin; 

— The Danish model, which retains the vertically integrated structure and 
uses government policy to strongly orient resource choices toward 
national environmental and supply security objectives. 

— The British reform, which broke up and privatized the national vertically 
integrated industry in one step along the lines of the common carrier 
model; 

— The Dutch reform, which also restructured the industry along a common 
carrier model, but retained public ownership and non-profit status for 
the utility industry throughout. 

Models for promoting efficient primary energy use and therefore cogeneration, are found in 
the following major policy initiatives: 

— The U.S. PURPA reform which established tax subsidies and favorable 
wheeling and more favorable legal power purchase and wheeling 
conditions for private cogeneration and small power producers. 

— The Danish reform, which steered powerplant investments toward local 
power production and cogeneration district heating through a national 
planning process. 
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We begin with a review of the PURPA reform and its recent competitive bidding variants in 
the U.S. 

The PURPA reform 

The fundamental perception underlying proposals for breaking up the utility industry is that 
power generation no longer shows the economies of scale that had made it appear to be a 
natural monopoly in the past. Indeed, the experience to date with competitive bidding 
auctions in the U.S. provides strong empirical evidence on this point 

PURPA established a partially deregulated market for cogeneration and small (less than 80 
MW) renewables-based powerplant investments at the margin. It obligated utilities to buy 
independently produced power at the cost utilities would have incurred if they had supplied 
the same amount of power on their own. Facilities that qualified for such contracts under 
the provisions of the law (QFs) also enjoyed certain tax and regulatory advantages. 
Individual states implemented the law in various forms, and in some cases added further 
subsidies or avoided cost regulations of their own. 

By about 1987, the following developments had occurred:46 

• Within eight years after passage of PURPA, the cogeneration and small 
power capacity in the U.S. doubled, from 10-12 GW (almost entirely 
industrial self-generation) in the late 1970s to 24 GW in 1987. About 
three quarters of this capacity was cogeneration, and about 60 percent of 
this cogeneration capacity was gas-fired. 

• Including planned projects and projects under construction, PURPA had 
triggered about 50 GW in active projects by 1987. 

• By the late 1990s, about 40-50 GW of cogeneration capacity are 
projected to be in place, providing about 10 percent of total power 
production. The share of small, packaged cogeneration capacity for on-
site uses is projected to rise to about half of this total. 

While the ability to sell power to the grid was a major incentive for this development, a 
significant portion of cogenerated power in the U.S. is still produced for consumption on-
site.47 This pattern reflects both regional differences in avoided costs and differences in the 
way individual states defined and implemented the avoided cost regulations of PURPA. 

Competitive bidding 

In California, particularly high avoided costs were encountered in the early 1980s because 
of significant oil-fired capacity and a situation of capacity shortage. In addition to higher 
avoided costs, QF producers benefitted from state investment tax credits and an attractive 

4 6 Statistics on the exact amount of cogeneration capacity is uncertain. The following figures draw on 
databases compiled by Hagler, Baiilly &Co., Edison Electric Institute (EEI), and the Gas Research Institute 
(GRI). These are summarized in IRT (1988). 

4 7 Estimates for the fraction of total cogeneration power production in the mid-1980s that was being sold 
to the grid range from a low of 24 percent to a high of 84 percent (IRT 1988). 
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standard offer based on long-term contracts. The long-term contract (20 years or more) 
eliminated the price risk for an initial period of ten years, during which a front-loaded 
Oevelized) tariff was available. 

The response to this standard offer was overwhelming. Annual rates of growth in 
cogeneration capacity exceeded 15 percent per year between 1979 and 1985. As a result 
avoided costs soon dropped, and the standard offer was suspended. This experience and 
other considerations led a number of states to introduce periodic competitive bidding 
auctions for marginal decrements of needed capacity. 

Experience to date with competitive bidding in the U.S. suggests that cogeneration projects 
are indeed cheaper than baseload powerplants utilities might have built with savings 
ranging from as little as a few percent to as much as fifteen percent While a statistically 
reliable database of competitive bids is still evolving, these results do lend credence to the 
assertion that power generation is no longer (and, as some cogeneration advocates have 
argued, never was)48 a natural monopoly in the sense of offering marked economies of 
scale. 

Limits and risks associated with complete deregulation 

Given our above list of barriers to independent power production, it is easy to see how the 
break-up of vertically integrated, franchised utilities and the introduction of a common 
carrier transmission system could greatly improve market access for cogenerated power. 
However, the long-term viability of a fully deregulated, competitive model for the 
generating industry is still unproven. Moreover, the mobilization of cogeneration plants 
under deregulation may be very incomplete, due to the above-mentioned barriers within 
firms and institutions. 

For example, it is not clear that the highly decentralized cogeneration power industry that 
has emerged in the U.S. under PURPA will remain viable over time as consolidation sets 
in and independent power production comes to be dominated by larger plants put up by 
generating equipment manufacturers. If these players are allowed to externalize the greater 
environmental effects of non-cogenerating powerplants to the same extent as in the past, 
and if they are otherwise able to use their market power to stifle competition, total 
cogeneration investments could remain well below their economic and environmentally 
desirable potential. 

Second, vertically integrated firms offer economies in the area of long-term transmission 
planning and coordination that are likely to be lost in a dis-integrated structure (Kahn 
1988). The deregulation of generation will probably lead to duplicative and therefore 
suboptimal transmission expansion investments. This inefficiency could at least partially 
offset any economic gains from competition in generation. 

To ensure competition on the generation side and to achieve coordinated system security, it 
also is important that the distribution companies achieve a minimum size, i.e., that their 
number is not too different from the number of generating companies (Kahn 1988). This is 
already the case in Britain and in Holland, but not in Germany. Without mergers among 
municipal and regional distribution utilities, market power abuses similar to those found in 
the current vertically integrated suucture may well arise. 

48 See Hennicke et al. (1985). 
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Even if collusion and excessive concentration can be overcome, a competitive generation 
industry leads to greater risks for individual investors. This greater risk, along with the 
for-profit nature of unregulated private generating companies, could offset some of the 
efficiency gains from competition. The new market could lead to significant costs of 
hedging against the economic risks of fluctuating power prices, and thus to higher rate of 
return requirements and higher electricity rates. 

For cogenerators, a fully deregulated power generation environment may represent a 
disproportionate increase in investment risks on account of the internal barriers they face 
within their firm, and because of price uncertainties. If investment risks were already an 
important barrier for industrial firms before, as pointed out above, the new environment 
may increase these barriers, or at least reduce them less decisively than expected. 

Bilateral negotiations of long-term contracts for firm power and electricity futures contracts 
for non-firm power could, in principle, limit price risks for powerplant investors. 
However, any market for electricity futures may simply collapse if the generating 
companies with dominant market power exercise that power to stifle price fluctuations. 
Indeed, this is a likely outcome under the British industry structure (Amundsen and Singh 
1992). 

The British experience 

The potential for market power abuses under deregulation is illustrated by the results of the 
British reform. The British reform has so far failed to produce any independent power 
generation industry that would even remotely resemble the highly competitive, diversified 
industry created by the PURPA boom in die U.S. Instead, it has established a duopolist 
generation industry dominated by only two very large generating companies. The absence 
of significant independent power investments suggests that major barriers to market entry 
remain, and/or that the transition costs of the British model are large. 

Instead of reducing electricity prices, deregulation and privatization in the UK has been 
followed by a rise in average electricity prices by 15 percent in real terms between 1990 and 
1992. To put this figure into perspective, the increase in electricity prices was 21 percent 
higher than expected under pre-deregulation trends.51 This rise in tariffs occurred even as 
the price for powerplant fuels declined significantly. Meanwhile, the rate of return of the 
two large private generating companies has risen to ten percent in real terms, far above the 
profits typically allowed under rate-of-return regulation.52 

The official defense of the privatization and deregulation reform is that the observed 
problem of few new market entrants is only a transitory one, due to ample capacity and the 
low marginal cost of running existing capacity. It is claimed that the problem will vanish 
once existing excess capacity is soaked up or plant replacements are needed. However, 
there is no assurance of such an outcome, and in the intervening years, British customers 
are paying the higher rates of return demanded by private generating companies without 
any benefits from competition. 

51 Personal communication, Tim Wolf, Tellus Institute, Boston, Massachusetts, USA. 
52 Private communication, David Olivier, Energy Advisory Associates, Credenhill, Herefordshire, UK. 
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Given that two large companies own almost all generating assets, it is questionable whether 
a competitive industry structure will ever arise in the future. Newberry and Green (1991) 
suggest on the basis of detailed market modeling exercises that British policy makers have 
grossly underestimated the degree to which the present industry structure will undermine 
the functioning of an elecuicity spot or futures market. 

Deregulation problems in the context of the EC internal market 

A number of special problems arise if large amounts of electricity are to be traded over long 
distances, as has been implied in proposals for an EC-wide common carrier structure 
(Pfaffenberger and Scheele 1990). Among the most important are the potential for rampant 
cross-subsidization practices to attract large foreign customers at short-run marginal costs 
while shifting fixed costs to captive domestic customers; and the lack of harmonized 
environmental policies that allow some countries to achieve comparative advantages by 
externalizing environmental costs and risks. A prime example for this practice is the export 
of nuclear power from France into Italy, where a nuclear moratorium is in effect 

Alternative approaches for improving the independent power market 

In view of these difficulties and uncertainties, it should be noted that there are economically 
efficient alternatives to the complete and rapid deregulation and privatization of electric 
power generation. These alternative approaches promise to avoid some of the overlooked 
diseconomies of deregulation while still bringing substantial improvements in economic 
efficiency over the status quo. 

Diseconomies in narrowly economic terms may arise because the electricity supply system 
is part of the national infrastructure which must satisfy requirements for reliability, fuel 
diversity, and social and environmental compatibility in addition to minimum price. In 
short, while there is agreement on the need for utility reform, it is disputed which methods 
for increasing the efficiency of electricity production might work best in satisfying these 
multiple objectives. 

The U.S. example illustrates an evolutionary approach to opening up the generation 
market. There, competitive bidding is being embedded into already existing regulatory 
frameworks based on least-cost planning. The practice of competitive bidding is still 
undergoing important modifications and is in need of refinements (Rothkopf et al. 1987, 
NIEP 1990). Here, the least-cost planning framework is proving advantageous in 
providing a public policy forum for dealing with the non-price factors that enter the 
competition among resource options (Kahn et al. 1989). 

In this evolutionary approach, the vertically integrated utilities will continue to hold most 
generating resources for a long time to come and are only gradually transformed into 
distribution companies. In the meantime, competitive bidding for marginal resources puts 
pressure on the regulated sector to become more efficient. Improved transmission access 
and wheeling options are pursued through regulatory oversight, and the coordination 
efficiency in system operation and transmission planning is maintained. 

The Dutch reform aims at achieving economic efficiency gains through the restructuring of 
the industry along British lines, but retains public ownership of the entire power industry. 
Plans exist for gradually introducing a competitive element on the supply side. Power 
sector planning and coordination rests with the transmission entity. Integration with 
environmental policies and goals is facilitated by this arrangement. Recent energy plans 
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suggest that this approach can produce an increase in economically advantageous 
cogeneration as well.51 

Finally, as illustrated by Denmark, which cogenerates a greater fraction of power than any 
other EC country, a shift toward more efficient, lower-cost cogeneration power sources can 
be achieved entirely within a vertically integrated industry structure (Munksgaard 1990). 
The Danish model of cooperative planning, as well as the efforts of pioneering 
municipalities in Germany, Italy, the Netherlands, Switzerland, and elsewhere show that a 
tradition of strong decentralized planning authority and municipal energy initiatives can 
offer an alternative to complete deregulation (Grohnheit and Verbruggen 1990, Hennicke et 
al. 1985). In effect, Danish policy merged existing infrastructures and local initiatives into 
a national strategy. 

6. Specific policy options to promote low-carbon cogeneration 

In the context of a carbon reduction strategy, an important goal is to achieve a market share 
for cogeneration that is both commensurate with its economic competitiveness and with its 
potential for reducing carbon emissions. This means that policy measures should not only 
be designed to promote cost-effective cogeneration per se, but to promote high-efficiency 
cogeneration plants fired by natural gas or biomass fuels. Finally, any policies supporting 
cogeneration must not impede demand-side investments that could provide carbon 
reductions al lower cost 

Below, we list a range of measures that could be taken to promote cogeneration. The exact 
combination of measures that would be most effective will need to be established through 
experimentation, and also depends, in part, on the assumed regulatory context. 

Providing a level playing field 

Where the power industry consists of vertically integrated utilities operating as regulated, 
franchised monopolies, the following reforms can foster cost-effective levels of 
cogeneration: 

• An obligation to buy cogeneration power, based on standard-offer 
tariffs that provide full avoided costs, and/or based on a competitive 
bidding auction under regulatory oversight for larger increments of 
marginal power supplies. 

• Ensure transmission access for cogenerators on a fair, cost-plus basis. 

• Introduce regulatory review procedures to ensure that utility buy-back 
rates are based on long-run marginal generating costs for both central 
and cogeneration plants. 

• Establish detailed procedures for cost accounting and avoided cost 
calculations. Make sure that these avoided costs include not only short-

51 The Dutch SEP's 10-year electricity plan foresees an increase of 1500 MW in cogeneration capacity by 
2002. 
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term avoided fuel costs, but also avoided capacity costs, O&M costs, 
externalities, transmission costs, and other system costs. 

• Provide a similar regulatory review of tariffs for back-up power. 
Eliminate discriminatory energy tariffs for large industrial customers that 
engage in self-generation. 

If a competitive bidding system is introduced, the following regulatory measures and 
practices should accompany this approach: 

• Actively review power purchasing contracts, and provide close 
regulatory oversight for utility-sponsored auctions and bid evaluations. 

• Ensure that opportunities for obtaining contracts for cogeneration, 
whether on a standard-offer basis or on a competitive bidding basis, are 
provided with sufficient frequency to allow industrial manufacturers to 
incorporate cogeneration into the planning for new production facilities. 

• Complement the competitive bidding process by avoided-cost based 
standard offers for smaller cogeneration projects and enterprises for 
whom participation in such auctions would be too burdensome. 

Overcoming other barriers to cogeneration 

Once the barriers to cogeneration are removed in the areas of utility system access and 
pricing, a number of further incentive policies should be considered to overcome non-utility 
barriers. For industrial and other non-utility projects, these options include the following: 

• Establish and bank sites for cogeneration plants by incorporating them 
in advance into into regional land-use plans. 

• Provide special regulations that facilitate the construction of 
cogeneration plants on existing industrial sites. 

• Offer heat-rate based contracts for gas-fired cogeneration units that 
insulate cogenerators against risks from unexpected gas price 
fluctuations, in a manner similar to the fuel price adjustments that 
utilities are granted by regulators. 

• Offer front-loaded contracts for cogeneration plants that pay levelized 
avoided costs in all years and assure an earlier return of investments in 
such plants. 

• Establish government-sponsored regional energy efficiency agencies 
that provide, among other things, one-stop shopping for cogeneration 
support services. The agencies would advise industrial firms, 
commercial firms, and public institutions on cogeneration opportunities, 
prepare or finance feasibility studies, deal with siting and licencing 
issues, arrange for innovative plant financing, and provide credit 
guarantees for smaller and medium-sized companies. 

• Facilitate the establishment of a third-party financing industry. 
Third-party firms provide financing and project planning to small and medium-size 
industrial firms, commercial firms, and institutions on the basis of shared revenues. This 
approach has proven effective in the U.S., where a significant part of cogeneration 
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investments are undertaken by third party firms, and has also gained ground in Western 
Europe. 

However, a third party financing industry merely circumvents barriers such as 
imperfections in the capital markets and grossly inefficient licensing and siting processes; it 
does not eliminate them. In many instances, it may be societally far more efficient to 
remove such barriers through combinations of the policy actions listed above. 

Policies to promote cogeneration based on district heating 

Special policies are needed to promote combined heat and power production in towns and 
cities: 

• Involve energy policy agencies and utility regulatory bodies in land-use 
planning at an early stage. Establish and bank sites for cogeneration 
plants by incorporating them in advance into regional land-use plans. 

• Develop regional heat and power plans. Designate urban areas and 
neighborhoods for either district heating or gas based on an integrated 
assessment of energy service requirements and cost-effective energy 
efficiency improvements in all relevant end-uses. 

• Establish strong right-of-way legislation and other provisions for district 
heating that now only support the expansion of electric and gas grids. 

• Offer financial incentives through the local utility covering the cost of 
converting heating systems in homes and businesses to neighborhood or 
district heating. 

New environmental regulations 

Under a complete break-up and deregulation of die generating industry, new environmental 
measures are especially important to assure the implementation of cost-effective 
cogeneration. Among the options are the following: 

• Define cogeneration as a "best available control technology" for all new 
thermal powerplants, building heating systems, and industrial boilers. 

• Require builders of thermal powerplants, of large buildings, and of new 
industrial process facilities to undertake full-scale feasibility studies as a 
condition for issuing required licences and permits for non-cogenerating 
systems, and give preferential licensing treatment to cogenerators. 

• Establish and periodically update legal limits on the carbon emissions of 
fossil-fired powerplants that will ensure the use of cogeneration 
technologies, notably when coal is the proposed generator fuel. 

Recently introduced financial incentives for cogeneration 

Recently, some of the EC-5 countries or regions have introduced special financial 
incentives for cogeneration. For example, in Germany the state government of Schleswig 
Holstein is providing a 25 percent investment subsidy for neighborhood-scale district 
heating plants, and 33 percent for heat distribution grids. Customers switching their 
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heating systems from electricity, coal, oil, or gas to district heating are provided a 
conversion incentive of DM 1500-2500, which just about covers the entire customer cost 

Several state governments (Saarland, Hessen, Schleswig-Holstein, and Niedersachsen) 
have established state energy financing and advisory agencies whose mission is, among 
other things, to promote and facilitate cogeneration i.ivestments. 

In Italy, a 1991 law makes a big step toward promoting cogeneration. It obliges ENEL to 
buy independently produced power at its avoided cost.52 The avoided cost is based on 
building a new combined cycle plant. The avoided cost tariff also incorporates a subsidy 
designed to reflect the environmental benefits of thermally optimized cogeneration. These 
subsidies are tied to minimum requirements for the first-law efficiency of the plant. The 
minimum efficiencies required to obtain subsidies are significantly higher than those in the 
U.S. PURPA legislation. This feature, which provides disincentives for building 
"PURPA machines," is a significant improvement over the U.S. legislation. 

In the Netherlands, the distribution companies have established an environmental levy of 
up to 2% of customer bills. This levy is designed to finance a broadly defined 
Environmental Action Plan. Besides incentives for demand-side efficiency investments, 
support for local cogeneration projects can be provided under the plan. 
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APPENDIX A.10.8 

CARBON SCRUBBING TECHNOLOGIES 

A. INTRODUCTION 

There are two ways in which CO2 scrubbing can be pursued. One is the removal of CO2 
from exhaust gas streams. At present, commercial technology for the removal of C02 
from exhaust gas streams can only be applied to large stationary sources. The method also 
presents problems regarding the final storage of carbon dioxide in reservoirs that are 
permanently isolated from the atmosphere. 

The other approach is to remove CO2 from the atmosphere after it is emitted, by planting 
trees or by other measures that increase carbon storage in biological systems. This 
Appendix briefly discusses these proposals, presenting estimated costs and potential CO2 
removed. 

B. C02 SCRUBBING OF STATIONARY SOURCES 

1. Scrubbing technologies and storage options 

Several methods are technically available or have been proposed for removing carbon from 
the fossil fuel combustion process: 

— Chemical absorption from the exhaust gas using monoethanolamine 
(MEA). 

— Chemical shift removal from coal gasification syngas 

— Cryogenic distillation of the combustion gas 

— Cracking of fossil fuels to produce hydrogen and particulate carbon 

— Membrane separation of flue gases 
Besides these scrubbing options, various disposal options have been proposed. They 
include the following storage media: 

— the deep ocean 

— depleted natural gas fields 
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— underground aquifers 

In all cases, the gas would be pumped into the storage site in compressed form, using a 
pipeline. A small amount of carbon dioxide could be reused, for example in enhanced oil 
recovery, horticulture, and chemical industries. 

Of the above scrubbing options, chemical absorption from flue gases and coal gasification 
shift reactors are two approaches that merit further discussion. Other technologies are 
either more expensive (cryogenic pumping) or currently technically unavailable 
(membranes). 

Chemical absorption 

The principal presently commercial technology for CO2 removal from stack gases is that 
based on chemical absorbents. Scrubbers filled with the chemical would be used to absorb 
carbon dioxide. Several authors have described the use of monoethanolamine as a carbon 
dioxide scrubbing agent (Mustacchi et al. 1978; Steinberg et al. 1980). More recently, 
Steinberg et al. (1984) recommended the use of alkanolamine-based solvents for extracting 
CO2 from the stacks. 

The disadvantage of this approach, which would be most suitable to power plants and other 
large stationary sources, is its large impact on power generation costs. Though a number 
of variations on this scheme have been proposed, none so far hold out much promise for 
reducing costs (Wolsky and Brooks 1985). 

The first source of the negative cost impact has to do with the loss of power plant 
efficiency, which results in a loss of net plant capacity.1 As estimated by Blok et al. 
(1989), this efficiency loss would increase the capital cost per unit of net capacity by about 
15 to 40 percent for a 90 percent CO2 removal. 

Secondly, the costs for the absorption unit and for the compressor would increase power 
plant costs by a further 50 to 75 percent (Blok et al. 1989). In combination, the cost per 
unit of installed net capacity would rise by about 120 percent for a coal plant, and by about 
80 percent for a gas-fired combined cycle plant 

For a conventional coal plant, the capital and O&M cost increase per kWh of delivered 
electricity would be about 4 Pf/kWh (1989 DM), the fuel-related cost increase would be 
about 1.5 Pf/kWh, and the total including most favorable disposal would be about 6 
Pf/kWh. This represents a 60 percent increase over the delivered electricity cost from a 
standard coal plant (see Appendix A.10.6). 

For a gas-fired ACC plant, the cost impact would be more moderate. Here, O&M and 
capital cost penalties would add 1.9 Pf/kWh, while fuel costs increase by about 0.8 
Pf/kWh. Together with disposal in an empty gas field, the total of 3.3 Pf/kWh would 
represent about a 40 percent increase in delivered electricity costs (see Appendix A.10.6). 

* Steam bled from the low pressure portion of the power plant cycle would be used 10 desorb CO2 from 
the scrubbing agent. The impact on net capacity is greater in the case of a coal-fired steam plant and 
smaller in the case of a gas-fired ACC plant. 
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Coal gasification/syngas shift reaction 

A potentially cheaper method for removing carbon dioxide from coal-fired plants is to 
integrate a water gas shift reactor into the gasification plant. Coal gasification produces a 
syngas in which carbon exists as carbon monoxide. The shift reactor, which is 
commercially available, converts the carbon monoxide to carbon dioxide. A chemical 
absorption process is then used to separate the carbon dioxide from the hydrogen. 

According to Blok et al. (1989), efficiency would drop by about 12 percent, capital costs 
would increase by 1.4 Pf/kWh, and fuel costs by 0.5 Pf/kWh. Including the cost of 
storage in a gas field, the total increase would be 2.5 Pf/kWh, or about 25 percent of 
power from a reference coal gasification plant (see Appendix A.10.6). 

2. Costs of alternative storage options 

Gas field storage 

For disposal in an existing gas field, a pipeline, well-head compressor, and new well 
linings would be needed. Blok et al. (1989) estimate that disposal in fields 100 km from 
the power plant would add a further 0.6 Pf/kWh to electricity costs. Depending on the 
location of the power plant, disposal in gas fields would cost 0.2-0.6 Pf/kWh in countries 
like Holland. 

In special cases, captured C02 could be pumped into oil and gas wells for secondary and 
tertiary recovery, to force more fuel out of depleted fields. Enhanced gas recovery has 
been studied in Holland. The net economic benefit of such gas recovery would, however, 
be small, of the order of 0.1-0.2 Pf/kWh (Dutch Shell 1990). 

Deep ocean storage 

Unfortunately, abandoned gas fields are not available in most of Western Europe. An 
alternate storage method, such as liquefying and pumping the carbon dioxide to the bottom 
of the ocean, would be required in most circumstances. The deep ocean currendy is the 
only potential storage medium of sufficient size to contain the volume of CO2 that would be 
scrubbed every year. 

However, this storage option would be significantly more expensive than use of abandoned 
natural gas fields. For example, Gluckman (1989) found in an analysis assuming deep 
ocean storage that removing CO2 from the stacks of every existing coal-fired power plant 
in the U.S. would approximately double the delivered cost of power from coal (from 
5e7kWh to 100/kWh). 

Deep ocean storage would be very cosdy in Europe as well. The deep storage option 
requires ocean depths of significandy more than 500 meters. Most of Western Europe is 
separated from such waters by continental shelves, and transportation distances of the order 
of 1000 km could be expected. At an expected pipeline cost of about DM 1500/km for each 
tonne of C02 to be transported per hour, this option would increase disposal costs by 
about a factor of five. It would thus be economically unattractive even before ecological 
aspects and uncertainties about storage effectiveness are taken into account. Construction 
of such an infrastructure could also result in currently unforeseen environmental side 
effects. 
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Other storage possibilities 

An entirely different approach has been proposed in which fossil fuels are cracked to 
produce hydrogen gas and particulate carbon. The latter could be stored as solid waste. 
The process, which relies on current hydrogen production technologies, is unfortunately 
even less economically competitive: a major portion (up to 75 percent) of the energy 
content of the fossil fuel remains in the carbon and cannot be used, while large capital 
investments for process equipment have to be amortized. The costs of delivered hydrogen 
fuel would be at least fourfold higher than that of conventional delivered fossil fuel costs. 

Aquifers and salt domes 

Underground water bodies (aquifers) have been proposed as a storage medium. The 
storage potential strongly depends on whether carbon dioxide in solution would be able to 
reach the surface. If this possibility exists, sealing caprock and structural or stratigraphic 
traps would have to be available to prevent eventual leakage into the atmosphere. 
Assuming such a requirement, TNO (1990) estimates on the basis of geothermal aquifer 
research that about 100 to 400 Gton of carbon dioxide could be stored in Western Europe. 

C. MEASURES TO INCREASE BIOSPHERIC CARBON STORAGE 

1. Tree planting 

As shown in detail in Volume One (Chapter 1.3), tree planting as a means to combat global 
warming is likely to be limited by land area and by logistic constraints. Volume One 
analyzed several targets for tree planting, considering the amount of available land, the need 
for agricultural production, and the potential logistic constraints in planting large numbers 
of trees. It concluded that "merely rendering the biosphere neutral and maintaining 
terrestrial carbon pools at approximately current levels is itself an ambitious target and will 
require unprecedented policies and action". Nevertheless, tree planting can be a locally or 
regionally significant temporary carbon abatement method. 

Krause and Koomey (1989) compare the cost of sequestered carbon from rural trees to the 
cost of saved carbon from energy efficiency investments. The mid-range estimates they 
consider for the cost of carbon sequestration for Third World and U.S. rural trees would 
add 0.7-0.8 0/kWh respectively (1.4-1.6 Pf/kWh) to average U.S. electricity prices. Tree 
planting is thus likely to be cheaper in many cases than CO2 scrubbing. 

Krause and Koomey (1989), and Akbari et al (1989) analyze the cost of urban trees, which 
both sequester carbon and reduce carbon emissions by shading buildings and reducing air 
conditioning loads. Akbari et al. calculated that a typical urban tree in the U.S. saves 10 to 
15 times more carbon than a rural tree sequesters. While urban trees (like many other 
conservation measures) save carbon at negative net cost, their application is probably 
limited by siting constraints. In some areas, particularly parts of Southern Europe, they 
may be able to contribute significant carbon savings, and research on siting constraints is 
needed for those regions. 
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2. Other proposals 

A panel of the U.S. National Academy of Sciences has begun to explore the possibility of 
enhancing biological productivity in the oceans of the Southern Hemisphere. There is 
apparently a much smaller concentration of iron in these waters than in the Northern 
oceans, and this iron deficiency restricts growth of algae (i.e., iron is the limiting factor for 
this growth). Southern oceans are therefore less productive, and hence sequester less CO2 
than Northern oceans. Some have proposed seeding a large section of ocean with iron, to 
increase its productivity to levels found in the Northern oceans, and sequester a significant 
fraction of fossil carbon emissions (Booth 1990, Heller 1990). 

While this scheme might seem superficially desirable because of its low cost (~$1 
billion/year) and its apparent simplicity, it raises difficult questions about large-scale 
modifications of biospheric systems. Uncontrolled experimentation with the biosphere on 
a local scale (e.g., air and water pollution) has yielded disastrous results in the past It is 
not clear that controlled experimentation will be any better in effect, since our 
understanding of the links between complex ecological systems is still rudimentary, and is 
likely to remain so for the foreseeable future. The concept is worth studying, but is likely 
to be too risky for implementation within the time frame considered in this report. 

D. CONCLUSIONS 

The scrubbing/C02 removal schemes considered in this Appendix offer potentially useful 
supplemental opportunities for carbon abatement, but appear to be too high in cost and/or 
too low in potential to provide an alternative to low carbon energy strategies: 

• Scrubbing CO2 from power plant exhaust gases is costly, adding 
between 2 and 10 Pf/kWh to the delivered cost of electricity from fossil 
plants. The more optimistic cost estimates assume a disposal method 
(filling exhausted natural gas fields) that would not be available in many 
areas of the world. 

• Deep ocean or geothermal aquifer disposal may not represent safely 
permanent removal from the biosphere, and could be associated with 
unforeseen environmental side effects. 

• Planting trees, while less costly than CO2 scrubbing, would be land 
constrained and only of temporary effectiveness. However, new 
forestry policies will need to be developed on account of other 
problems, and such synergisms could enhance the role of tree planting 
in carbon dioxide abatement. 

• Urban trees, which both sequester carbon and save carbon by shading 
buildings and reducing air conditioning loads, are by far the most cost-
effective scrubbing measure, but are limited by siting constraints. 
Further research is needed to estimate the potential carbon savings from 
urban trees in the European (particularly Southern European) context 
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• Enhancing biospheric (particularly oceanic) net primary productivity 
may be fraught with perils, since the consequences of such large-scale 
manipulation of the biosphere are difficult to predict. 

Scrubbing/C02 removal schemes should be studied more carefully, and should be 
exploited where economically cost-effective and ecologically sound. Urban and rural tree 
planting should probably be pursued even in the absence of concern about global warming. 
However, in total, these opportunities do not appear to be a substitute for aggressive 
policies to shift to low-carbon energy resources 
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