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PREFACE AND ACKNOWLEDGMENTS 

In the debate over future energy R&D priorities, utility industry restructuring, and 
regulatory reform, government renewables programs are under scrutiny in a number of 
OECD countries. The debate over renewables policies involves a series of issues ranging 
from technical questions about the reliability of electric service, to deregulation of the 
power sector, to the longer-term economic benefits of environmental improvements and the 
potential contribution of government renewables programs to industrial competitiveness. 

Many of those arguing for a policy of expanded support for renewables are motivated by 
the need to reduce global greenhouse gases — acknowledged by now in international 
treaties. Economic considerations are equally prevalent. Technologists in the field point to 
a track record of major technical improvements. They foresee large cost reductions if 
suitable market-creating policy programs are initiated. Others emphasize the economic 
benefits of lower fossil fuel prices and improved trade balances because diversification into 
renewable energy sources would reduce demand for imported fuels relative to business-as-
usual levels. To still others, the great industrial opportunities offered by a shift to 
sustainable energy sources stand out, including the creation of jobs with a long-term future. 

Those arguing against new policy initiatives often have fiscal budget problems in mind. 
Others see a danger of overestimating the potential role of renewables or of underestimating 
the economic costs of promoting them. Arguments from this latter perspective include 

— The claim that the share of electricity generation supplied by renewable 
sources cannot be increased significantly above present levels without 
substantially raising the costs of electricity supply and/or causing 
unacceptable land-use impacts. 

— The contention that past and current fiscal and regulatory policies to 
promote renewables have proven economically inefficient or would 
become unnecessary once the electricity generating industry is 
restructured along a competitive market model. 

— The proposition that past R&D support for renewables has not yielded 
promised returns and should be scaled back, either selectively, or as 
part of cutbacks in government-supported R&D as a whole. 

It is important to examine these claims from a historical perspective. Did the historic policy 
and market environment adequately promote economically efficient technology 
development? If not, how might renewables fare once R&D support, regulatory policies 
and markets are reshaped to provide a level playing field? How can new programs avoid 
causing new distortions? What is an economically efficient R&D approach anyway? 

Besides reviewing several of these policy issues, the present report provides above all the 
necessary engineering-econonomic underpinning for answering these important questions. 
It also develops the differentiated estimates of renewable power cost and resource potentials 
needed for our scenario analyses in Parts 2 and 3A of the IPSEP study. These companion 
reports contain a broader analysis of the potential role of renewables in climate stabilization. 
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APPENDIX A.10.9 

TECHNOLOGIES FOR POWER GENERATION 
FROM RENEWABLE ENERGY SOURCES 

A. INTRODUCTION 

OVERVIEW OF RENEWABLE ELECTRICITY SOURCES 

In 1990, renewable energy met 10 percent of electricity demand in the European 
community, 3.3% of the demand for heat, and 4.3% of primary energy demand. The 
greatest opportunity for increasing the share of renewables in Europe's energy mix is in the 
electricity sector. This report analyses the following options: 

wind power turbines; 

solar photovoltaic (PV) cells; 

solar-thermal power stations; 

hydroelectric power; 

thermal power plants based on waste biomass or refuse; and 

biomass-fired thermal plants based on energy crops. 
Geothermal, tidal power and ocean wave power are not analyzed in this report Wave and 
tidal power have small potentials in France and the UK (of the order of 1-2 TWh/yr each). 
Geothermal electricity production has a significant medium-term potential only in Italy, 
where 10-12 TWh/yr are estimated to be economically exploitable (ESD 1993).1 

For reviews of tbe status of geothermal power in the US, see Short III (1992) and US DOE (1991). 
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Commercial status 

The different renewable power options are at different stages of commercialization and 
technological maturity. Of the options investigated, only hydroelectric power plants play a 
significant role in current power generation in Europe. The potentials and costs of 
additional electricity production from presently commercial renewables technologies is best 
represented by wind and hydroelectric power technology, as well as by conventional 
municipal and biomass waste burning plants. Solar thermal power has reached the 
commercial threshold in regions with high insolation. Various other thermal power stations 
fired by biomass (potentially co-fired with natural gas), and improved wind turbines are 
important near-commercial technologies. PV technology is already in wide commercial use 
outside the utility sector, and could become a cost-competitive generating technology within 
the time horizon of our analysis. 

ISSUES IN DEFINING RENEWABLES COSTS AND POTENTIALS 

In the current report, the costs and resource potentials of renewable power technologies are 
developed as an input for the modeling of climate stabilization policies and their costs. 
Meaningful estimates of the cost of carbon reductions in Western Europe require an 
assessment of the costs of renewable energy as a function of supply. Once a supply curve 
has been defined for each renewable resource, these resources can then be integrated into 
an overall least-cost or minimum carbon scenario for the electricity sector. 

In defining the necessary input data, several issues arise: 

— How can the costs and benefits of intermittent, non-dispatchable 
resources be compared with conventional dispatchable ones? 

— How should the technical, economically attractive, and achievable 
potentials of each resource option be defined and estimated, given 
possible constraints of power system reliability or other practical 
constraints? And 

— How would utility regulatory reforms and accelerated development 
policies affect the economically attractive penetration levels of these 
resources in the total electricity resource mix? 

Correlation between policies and costs 

Because of the wide differences in current commercialization status and technical maturity, 
the future cost of renewable electricity options depends strongly on the kinds of policies 
governments will choose to promote them. A series of market, regulatory, and institutional 
barriers inhibit the penetration of these technologies, despite their environmental advantages 
and large potential for swift cost reductions. Experience with programs to date suggests 
that most of these barriers can be lowered or eliminated through suitably targeted policy 
measures. 
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Regulatory and capital market barriers 

Our analysis takes a societal cost perspective that goes beyond current regulatory systems 
and market conditions. A number of assessments of renewable power costs have been 
shaped by the assumption that these resources would be developed under essentially status 
quo policy conditions, i.e., by private investors selling to vertically integrated utilities and 
operating under the same kinds of capital market barriers and/or inadequate utility buy-back 
rates that hamper cogeneration investments (see Part 3C, Appendix A 10.7). At the same 
time, the monetizable environmental benefits of renewable resources and the market-
distorting subsidies to conventional energy sources were not taken into account, and the 
strong feedback between government R&D and commercialization support and technology 
costs was largely ignored. 

Not surprisingly, these cost-effectiveness assessments resulted in small economic resource 
potentials. Such calculations are instructive for estimating business-as-usual outcomes or 
for private investors considering near-term projects, but they are entirely inadequate for 
setting the basic direction of energy policy. A welfare-maximizing societal least-cost 
perspective on renewable energy sources must consider the economics of these resources in 
a dynamic context of optimized policies and improved technologies. 

Influence of system requirements and storage costs on capital costs 

While conventional fossil-fired generating options pose the greatest economic risk due to 
unpredictable fuel costs, renewables pose economic risks mainly due to uncertain capital 
costs. For example, inaccurate information on available wind fluxes may lead to 
significantly lower power output than expected. Fluctuating wind, run-off, and insolation 
conditions may create a special storage problem or utility system costs when reaching large 
penetrations on the utility grid, which increases the effective generating cost from 
intermittent renewables. 

Environmental constraints 

Early exploratory estimates of renewable potentials were often based on purely technical 
and economic considerations that ignored important land-use, aesthetic, and ecological 
factors. They reflected an optimistic view that renewables would not be restricted by public 
acceptance issues and environmental impacts even if massively applied. While this may be 
true for some particularly convivial technologies such as solar photovoltaics, important 
environmental issues can arise in the exploitation of hydro, wind, and biomass resources. 

Comparing the cost of intermittent resources to the cost of conventional 
resources 

In comparing dispatchable power sources among each other, costs per kWh of electricity 
based on project cost analysis allow a straightforward comparison for screening purposes 
or other simplified calculations, since the capacity factor can be specified and thus 
normalized across options. Apart from modularity-related costs and benefits, power 
system integration issues need not be considered. 
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However, power generation based on intermittent, non-dispatchable energy sources such 
as wind and solar radiation cannot be compared with conventional baseload or intermediate 
load generation on a normalized basis without addressing system integration issues. For 
the most rigorous quantitative treatment, hourly load modeling exercises using production 
cost models are needed to simulate the total utility system with and without the intermittent 
resource. 

Following established practice for exploratory long-term analysis of utility resource plans, 
this study uses a screening curve approach in which power plant options are compared on 
the basis of levelized production costs per kWh of delivered electricity (see Part 3A). To 
account for system costs within this modeling framework, it is necessary to develop 
approximate corrections for them (see also Part 3C). 

B. METHODOLOGY 

TREATMENT OF FEEDBACKS BETWEEN POLICY ASSUMPTIONS AND COSTS 

Though resource costs and potentials strongly depend on policy choices, this 
interdependence can be quantified only in an approximate manner. In this report, we 
pursue this quantification through several dimensions of sensitivity analysis. For 
technologies that have not yet reached commercial maturity or are still undergoing 
significant technological development, i.e., most renewables other than hydro power, we 
distinguish between current and advanced technologies and costs. We then develop high 
and low costs for both current and advanced technologies. 

In first approximation, the impact of promotional policies can be pictured as a shift from 
higher costs to lower costs, and from current to more advanced designs — so long as the 
deployment is not so extensive that it creates upward pressures on the price of the 
necessary inputs, such as suitable land or biomass fuels. 

A second dimension of our analysis of policy feedbacks is the use of availability factors for 
renewable power options when these are integrated into an electric resource plan. The 
availability factor is 0%, 25%, 50%, 75%, or 100%, and indicates the degree to which 
policies are assumed to be effective in mobilizing the resource potentials of the various 
renewables-based technologies. Under least-cost integration, the contribution of 
renewables to the total power mix rises with higher availability levels — provided that they 
are economically advantageous when compared to other resource options. 

Higher resource contributions, in turn, mean faster growth rates and greater cumulative 
experience, which, in turn, makes greater cost reductions plausible. This correlation is 
explicitly quantified in our analysis of future costs of electricity from solar photovoltaics 
(PV). Here, we adopt an experience curve analysis in which a more explicit connection is 
made between policy context and costs. R&D and regulatory policies are translated into 
faster growth in PV installations. Sales trajectories are combined with typical learning 
curves to predict the date by which advanced technology targets could be reached. The 
year 2020 potential generating contribution from PVs at a certain price is then calculated. 
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Here, high and low cost figures arise from alternative assumptions about the speed of 
industrial and technological learning. 

In our analysis, then, the shift toward improved economic competitiveness can be 
represented both by a shift from conventional to advanced technology, and within each 
technology level by a shift from the high end to the low end of the cost ranges we develop. 
The results of this integrated resource planning (IRP) analysis for the EC-5 region are 
described in Part 3A of our study. 

POWER SYSTEM INTEGRATION OF INTERMITTENT RESOURCES 

Based on their technical potential alone, intermittent renewables such as wind and solar 
photovoltaics could supply all Western European power needs. But the economically 
attractive penetration of intermittent renewable resources is limited in practice by power 
system operating constraints. As intermittent resources increase their contribution to total 
system output, the value of these resources tends to decrease, while the cost of maintaining 
system reliability may increase. In formulating a least-cost or low-carbon electricity 
strategy, it thus becomes important to examine how and at what additional system cost 
utilities could increase the share of intermittent renewable resources in their generating mix. 

Past analyses of this question were largely shaped by one or several of the following 
assumptions: 

— the integration of intermittent renewables was examined within utility 
systems limited to local, regional, or at best national service territories; 

— the regulatory status quo in the power sector, and notably in the area 
of transmission access, was assumed to persist; and 

— intermittent capacity was assumed to be added to existing or otherwise 
fixed utility systems. A complete least-cost re-optimization of 
conventional capacity and operating modes was not undertaken. 

Based on these assumptions, many studies arrived at estimates that wind or other 
intermittent renewables could contribute no more than about 5-15 percent to total utility 
system output before cost and control problems would become excessive.2 

The above assumptions and conclusions are subject to challenge, in view of these factors: 

• the possibility for greater geographic integration of power sector 
systems, notably in the context of European economic integration; 

• the impact of transmission access reform and new power markets on 
storage capacity investments, even before intermittent renewables are 
considered; 

2 See for example the analysis for the FRG by Goy, Jager et al. 1987. 
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• the opportunities for power system re-optimization, especially over the 
longer time horizon needed for implementing a least-cost resource mix 
or a carbon reduction strategy; and 

• the need to shift to more flexible, gas-fired fossil generating capacity 
under a carbon reduction strategy, and the impact of this shift on the 
operating characteristics of the thermal resource mix, even before 
intermittent renewables are considered. 

Review of potential system integration costs 

The typical approach for calculating the system costs for intermittent renewable power 
sources is to analyze the revenue requirements of a given utility system and a given level of 
reliability and service with and without die intermittent resource in question. Any 
difference in revenue requirements in excess of the simple busbar costs of the renewable 
resource can then be considered the system cost of the resource. 

If the contribution of intermittent resources in meeting total system loads is low, and if 
intermittent output is completely uncorrelated with demand, the intermittents can be treated 
as a completely reliable plant with capacity equal to the average annual output (Grubb 
1991). 

The following review is concerned with the case where the contribution to system load is 
significant. In that case, correlations between intermittent output and system peak have 
direct bearing on the effective load carrying capability (ELCC). The greater the penetration 
of the intermittent resource, the lower its ELCC, the greater the requirements for 
compensatory operation of dispatchable capacity, the greater the chance for power 
production at a time when it is not needed, and the lower the average avoided costs that 
further additions of renewable capacity will bring. 

Power system control requirements 

The integration of intermittent sources poses special power system operating problems. 
Utility system operators need to be concerned over the day-to-day, hour-to-hour and 
minute-to-minute fluctuations of intermittent supplies relative to fluctuations in existing 
loads for which they already have to make provisions. To track sudden changes in solar or 
wind fluxes, the power system must provide: 

_ back-up capacity with sufficient load-following capability, and/or 

— spinning reserve capacity, and/or 

— energy storage capacity. 
These units, in turn, should be suitable for 

— reasonably efficient part-load operation; 

— frequent shut-downs and start-ups; and 

— fast ramping up. 
The mix of power plants in existing utility systems can provide these functions only to a 
limited extent, and only at increased system operating cost As the penetration level of 
intermittent resources increases, these dynamic operating costs are augmented by additional 
capital costs for spinning reserve and other load-following capacity that will need to be 
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added to the existing system in order to ensure system control and reliability.3 Finally, at 
still higher penetration levels, some of the intermittent output may have to be "dumped" 
during low load periods. Here, the term "dumping" is to be understood in the economic 
sense; a secondary market for such surplus power would likely arise. 

Besides these back-up, energy spillage, and dynamic operating penalties, there is another 
factor affecting the economics of high intermittent power penetration levels: as more output 
is displaced from existing plants, the fuels saved by intermittent generation become less 
valuable,4 

These factors are by now widely recognized. What is still being contested is the 
penetration level at which these factors become important enough to make additional 
intermittent power generation unattractive. Unfortunately, calculating these additional costs 
is a very complex undertaking that depends on many parameters. These include the 
configuration of the grid, the variability of system loads, the existing share of pondage 
hydro power in the system, the mix and type of other existing power plants, and the 
geographic distribution of wind and solar resources. 

In the following paragraphs, we summarize some of the key parameters that determine at 
what penetration levels system penalties could become significant. Results from detailed 
modeling analyses for the potential contributions of wind are discussed below. 

Dynamic operating cost penalties 

Using existing peaking capacity for system control during non-peak conditions involves 
more frequent start-ups, and the one-time costs of these start-ups. It also increases wear 
and tear, and therefore maintenance costs. Furthermore, thermal peaking and cycling 
facilities are less efficient than baseload plants and/or use more expensive fuels. 

Load following with baseload and intermediate load plants also involves significant cost 
penalties. The electrical efficiency of conventional steam turbine, combined cycle, and 
combustion turbine plants deteriorates when operated significantly below maximum 
capacity, thus increasing fuel costs. In the case of large coal steam plants, the start-up 
operation often involves co-firing with oil or gas, which are both more expensive than coal. 
In both cases fuel costs increase. 

Ramp rate requirements 

The diversity of intermittent resource outputs can be expressed in terms of the probability 
of a given rate of change in net system demand. This percentage change (usually expressed 
in MW/minute or % of rated capacity per minute) is equivalent to a load change. In first 
order, the maximum load change due to renewable resource fluctuations is proportional to 
the penetration of intermittent sources in the generating mix. So long as the ramp rate of 

3 Spinning reserve capacity is typically provided by large blocks of conventional plant run at their 
minimum load factor. Often, any type of power plant that can ramp up or start up within about 10-20 
minutes is referred to as spinning reserve. A rule of thumb is that a conventional utility system requires of 
the order of 6 percent of spinning reserve capacity. Alternatively, the minima such capacity is set equal 
to the largest block in the system. 

4 This constraint applies when intermittent resources compete against existing thermal capacity. 
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the system is higher than the maximum rate of system load change, load-following 
capability is assured. The higher the intermittent penetration, the higher the required ramp 
rate of the utility system. 

The ramp rates of conventional central-station technologies are limited, in part because of 
the inherent inertia of the predominant steam boiler technology, and in part because of the 
large size of these units. The average response rate of large generating units is roughly 1% 
to 3% of rated capacity per minute (EPRI1983). Large (>400 MW) power plants with 
drum type boilers can sustain ramp rates of 1% to 2% of rated capacity per minute.5 

Besides the physical ramp rate limits imposed by these power plant technologies (see 
below), start-up time requirements and the organization of dispatch in the system must also 
be taken into account. Large baseload and intermediate load steam turbine units are 
typically dispatched with a ten to twelve hour lead time. They could contribute to 
intermittent renewables load following only insofar as weather forecasts and long-term 
measurements allow a reasonably accurate prediction of likely intermittent power outputs 
half a day ahead. Because such predictions are always limited in their accuracy, sufficient 
spinning reserve capacity must be at hand to respond to hour-by-hour load fluctuations. 

As an illustration of intermittent penetration limits when no additional load-following 
capacity is installed, let us assume a 1%/minute average system ramp rate capability, and a 
0.5%/minute maximum rate of load change in the absence of intermittent generation.6 Let 
us further assume that the maximum hour-to-hour fluctuation of intermittent power output 
is 60 percent.7 With these assumptions, the maximum intermittent penetration would be 
50 percent before additional spinning reserve capacity would be required. 

If the minute-to-minute fluctuation is greater than the average one percent change implied in 
the hourly rate, the corresponding maximum penetration level would be lower. For 
example, a 2%/minute fluctuation would result in a 25% penetration limit Minute-to-
minute fluctuations can be minimized by dispersing generation sites over a sufficiently large 
geographic region. 

It is important also to understand that these fluctuations are both a demand-side and a 
supply-side issue. Minute-to-minute fluctuations likely to be imposed on utility systems by 
widely dispersed renewables can be less severe than fluctuations in demand in certain end-
uses that have been heavily promoted by the utilities themselves. In the UK the electric 
system faces load changes of -3GW/minute just from electric kettles being switched on 
after a popular television program ends. Utilities seriously concerned about the ability of 

5 In specifying ramp rates for individual power plants, it is important to distinguish between short-term 
ramp rates over seconds or minutes, and ramp rates that can be sustained over a longer time period. The 
latter are typically significantly smaller. 

6 These load change rates can be influenced by load management, and vary due to climatic and many other 
national and local factors. The maximum rate of load change in conventional power systems is typically 
less than one percent of peak load per minute. For U.S. utility systems, EPRI (1989a) indicates a typical 
maximum rate of load change of 0.6%/minute. 

7 These orders of magnitude are typical of the wind resource in many regions. See e.g. Wijk (1990), who 
gives transition probability functions one hour ahead for various output levels for the Netherlands. 
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dispatchable technologies to meet minute-to-minute demands should look for opportunities 
on both the demand-side8 and the supply-side. 

Power spillage 

During low load periods, it may be that energy from intermittent resources beyond a certain 
amount cannot be absorbed because storage is insufficient, because the load following 
capability of the remaining plants in operation is insufficient, or because the part-load 
capability of the operating plants is technically and/or economically limited.9 When these 
operating constraints are in conflict with the available intermittent output, excess 
intermittent electricity is dumped, leading to lower effective capacity factors for the capital 
investment in the intermittent resource. Alternatively, additional storage capacity would 
have to be provided to assure the utilization of such outputs. 

Options for minimizing system integration costs 

Having listed the generic factors that could potentially lead to higher system costs, we now 
review the strategies that can be used to minimize these effects. In a subsequent section, 
we also review several independent system-related benefits of dispersed generating 
technologies that lead to the application of certain credits. A quantitative analysis of some 
of these strategies is provided further below in the sections on wind energy and on solar 
photovoltaics. 

The most obvious approach for addressing the above system control issues is to invest in 
storage and other types of back-up capacity. However, there are at least five other options 
that can help reduce system operation costs or problems: 

• Reducing the variability of intermittent power production by 
geographically dispersing generation among many sites, and by 
integrating intermittent wind, and solar resources with each other and 
with existing hydro power resources; 

• Improving the forecasting ability for available wind and solar 
generation outputs; 

• Using load management programs to free peak capacity for load 
following; 

• Introducing more flexible operating procedures for conventional 
plants; 

• Re-optimizing the power supply system, which could, among other 
things, result in a greater emphasis on more flexible baseload and 
intermediate-load generating technologies, and thus to an improved 
average ramp rate of the system; 

8 End-uses that result in such fluctuations can often be replaced by gas or by load shifting technologies. 

" For example, a typical operating constraint on nuclear and baseload plants is that output be at least 35 
percent of rated capacity, and at least 25 percent for coal cycling units. 
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• Providing partial dispatchability by means of on-site fossil-renewable 
hybrid technologies. 

Geographic dispersion of intermittent generating sites 

The power output of geographically dispersed wind and solar power generation is much 
more predictable and steady than that from an individual site. These averaging effects can 
be used to reduce load-following requirements in several ways: 

• Li the case of wind and solar power generation, weather conditions in 
one part of a service territory may compensate for those in other parts. 
For example, there is no minute-to-minute correlation between wind 
fluctuations more than about 1 km apart, and even hourly correlations 
are weak for sites more than about 50 km apart (Grubb 1988a, 
1988b); 

• Cloudy weather that reduces insolation may be accompanied by 
increased wind activity, and vice versa; and 

• Winds in Continental Western Europe are highest in the winter when 
run-of-river hydro output is low. At other times, greater hydro and 
solar availability may compensate for lower winds. 

The probability and frequency of these coincidences and synergisms can be predicted from 
long-term meteorological measurements. Based on such data, individual utilities or groups 
of them could acquire a regional portfolio of intermittent resources that makes optimum use 
of differences in the wind and weather patterns of their service territories. Until now, most 
utilities have failed to actively seek out these portfolio-based opportunities for making 
intermittent resources more valuable for them. 

Case studies for the UK electricity system (Grubb et al. 1988a) and for generic systems 
modeled after the largest privately owned utility in the U.S. (Kelly and Weinberg 1993) 
show that intermittents can contribute more than 30-35 percent of electricity generation 
without requiring any additional storage investments to maintain system reliability. 
Findings from case studies of operating cost penalties are discussed further below. 

Load management 

Load management is being widely practiced by utilities to reduce system operating costs, 
but its potential is far from exhausted. An interesting form of load management has 
emerged in parts of the U.S. and Europe, where some industrial firms have formed load 
management cooperatives in exchange for incentive payments from utilities. Utilities have 
been able to interest industrial firms in such curtailment agreements at costs that were 
substantially below those of marginal peaking capacity. 

System re-optimization with more flexible central stations 

Gas turbine units, hydro units, and small steam turbine units generally have higher ramp 
rates than the large steam generating units~up to 5% of rated capacity per minute. Among 
thermal power stations, combustion turbine plants have the best ramp rates but are 
comparatively inefficient, and require higher-priced oil or gas for operation. 

The ramp rate of pumped storage hydro can, in some cases, exceed 50% of rated capacity 
per minute (EPRI 1989a). The fitting of existing dams with over-sized turbines 
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(overpowering) could provide additional such capacity at attractive cost in the course of 
modernizing existing dams (see Section F below). 

Internal combustion engines also have very high ramp rates. Emergency back-up diesels in 
the industrial and commercial sector or unused modules of multi-engine cogeneration plants 
could be dispatched to help deal with intermittent output lulls. Even better are fuel cells. 
An ICF 40 kW fuel cell can go from zero to full power in 30 milliseconds. Larger plants of 
11 MW can provide a step change of 1 MW per second between 30% and 100% of their 
full load capacity (Rahman and Tam 1988). Cogeneration steam, STIG/ISTIG and CC 
turbines can provide spinning reserve capacity as well, for example, by switching thermal 
loads to peak boilers or thermal storage units while using the freed up steam to increase 
power output10 

To take advantage of the ramp rate capabilities of these technologies, utilities would have to 
rely on such technologies for a greater portion of their loads. They would also have to 
incorporate these power generation aspects into buy-back arrangements to allow for utility 
dispatch of cogeneration units owned and operated by industry or third parties. 

Synergisms with least-cost and carbon reduction policies 

Introducing these more flexible plants would not necessarily result in higher average costs 
of electricity production. As shown by our power sector analysis as a whole (Part 3A), 
and as further discussed in Section C on wind power, the mere application of least-cost 
planning would result in greater use of these more flexible technologies than envisioned in 
current resource plans. For example, large penetration levels of cost-competitive or cost-
effective intermittent wind power would force a system re-optimization toward larger 
fractions of less capital-intensive thermal plants, which also happen to be more flexible (see 
below and Section C). Such a shift in the supply mix may appear to be associated with 
additional costs in the short-term, due to the availability of excess capacity with unfavorable 
ramp rates, but could in fact result in a cheaper resource mix than conventional resource 
plans when long-run marginal costs are considered. 

A carbon reduction strategy could similarly lessen the cost of providing load following 
capability below conventional estimates. The reference scenario for the EC power system 
envisages large new additions of coal-fired central stations. These are most susceptible to 
start-up time and ramp rate limitations. By contrast, a carbon reduction strategy would lead 
to an emphasis on advanced gas-fired combined-cycle or aeroderivative gas turbine central 
stations with superior ramp rates. As pointed out above, these technologies have shorter 
start-up times, partly due to their 5-10 times smaller size. Also, combined cycle and STIG 
technologies offer certain inherent part-load operating advantages over steam turbine 
technology. These could reduce dynamic operating penalties. 

As pointed out in Part 3A, a carbon reduction strategy would also lead to a heavy emphasis 
on gas-fired cogeneration plants. These would further improve system flexibility. 
Combined heat and power (CHP) district heating plants and industrial cogeneration 
systems are typically equipped with peak boilers and short-term storage capacity to 

10 Over the course of the year, multiple periods of this operation would lead to a somewhat higher net heat 
rate of cogenerated power. But given the significant heat rate advantages of cogeneration over central station 
generation, this form of cogeneration dispatch could lead to lower dynamic operating cost penalties than 
load-following with conventional plants. See Appendix A. 10.7 for a quantitative discussion of the fuel 
requirements and marginal costs of the STIG/peaking option. 
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accommodate varying electrical and thermal demands (see Part 3C, Appendix A. 10.7). 
This same capacity could also be used to supply load-following capacity for the power 
system at large. 

Fossil-renewable hybrids 

Integration of wind, solar, and hydro resources with conventional, fossil-based power 
stations on a European scale would bring advantages on a macro-scale similar to those 
being realized on a micro-scale by a number of fossil/renewable hybrid technologies. 

In the Southwest U.S., more than 300 MW of solar-thermal power has been built using a 
fossil-fired gas turbine as an on-site back-up, and a number of utilities are planning further 
projects for use as intermediate load sources (see Section E below). 

J0rgensen et al. (1986) describe a combined renewables and cogeneration system for a 
Danish island in which wind power can supply 25-30 percent of total generation before any 
special grid measures are needed. Small plants such as the LOCUS (Local Cogeneration 
Utility System) combining wind power, diesel engines, heat pumps, and short-term heat 
storage devices have been developed to implement this approach (Ilium 1988). 

For solar PV systems, diesels are being used in a similar fashion. Here, a combined 
PV/fuel cell cogeneration system could be particularly attractive. Fuel cells have ramp-up 
times that are ideally matched to the sudden variability of the solar resource that can occur at 
one particular site (see above). Furthermore, such cells could burn hydrogen produced 
from PV plants. 

Reduction of integration costs under EC integration and regulatory reform 

EC integration may lead to significant restructuring of the power sector. Among other 
things, regulatory reform proposals such as power market integration aim at opening 
transmission systems for the wheeling of power across service territories and national 
borders. This will allow the linking of geographically remote resources in new ways. At 
the same time, the reform of transmission access is likely to lead to major private 
investments in storage capacity, as is already evident in the U.S. 

As pointed out by Kahn (1990), such storage capacity would simply represent arbitrage 
investments that take advantage of the significant institutional barriers to large-scale power 
planning coordination among utilities that are likely to persist in the future. These 
investments are likely to occur long before renewables reach levels at which the need for 
storage capacity becomes an issue. The mobilization of intermittent renewables would 
start from a small base. Even if pursued vigorously, wind generators and solar cells would 
not reach a dominant share of power production for at least two decades. 

These two trends portend the following opportunities for integrating larger amounts of 
intermittent power sources: 

• Under geographic integration and open-access regulation of 
transmission systems within Europe, the large storage capacity of 
existing hydro dams in the Alpine countries could be re-optimized to 
partially serve as back-up for wind and solar power capacity in 
regions and countries that are lacking such facilities; and 
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• If transmission access reform leads to large arbitrage investments in 
storage facilities, this storage capacity will be available for integrating 
larger amounts of intermittent renewables as well. This storage 
capacity would largely be a sunk cost, and thus would not add to the 
societal cost of intermittent renewables. 

These arbitrage opportunities for greater economic efficiency could be utilized under a wide 
variety of policies, ranging from the break-up of vertically integrated utilities and the 
establishment of power markets to negotiated institutional arrangements. 

Conclusions 

The important point of our generic review is that many opportunities and synergistic effects 
exist that mitigate against increased system costs from large intermittent contributions, and 
that these opportunities and synergisms have not been sufficiently taken into account in past 
assessments of the potential contribution of intermittent renewables to European power 
needs. Even before concrete case studies are examined, these overlooked options suggest 
that 

• the system penalties of high intermittent penetration levels are likely to 
be much smaller than what conventional wisdom holds, and storage 
costs attributable to such penetration might also be very small. 
Consequently, 

• intermittent sources could potentially meet much larger shares of 
Western European power needs than conventionally estimated. 

In view of these findings, claims that intermittent renewables could not contribute a 
significant share of generation cost-effectively must be seen as mainly reflecting the 
disincentives for utilities to seek out cost-effective integration options when they 
themselves are not constructing intermittent generating capacity. 

EFFECTIVE LOAD CARRYING CAPABILITY AND BACK-UP COSTS OF 
INTERMITTENT RESOURCES 

One way of capturing the above effects for economic analysis is to calculate the effective 
load carrying capability (ELCC) of wind and photovoltaic generators. The ELCC indicates 
how much investment in conventional thermal capacity can be avoided by intermittent 
capacity while maintaining system reliability at the specified level (see Part 3C, Appendix 
A. 10.4). 

Values for the ELCC of wind and solar sources under typical system configurations and 
varying penetration levels are available from a number of modeling studies and from field 
measurements. These are discussed below. 
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ELCCs of wind power generation 

Field experience and detailed modeling studies show that the effective load carrying 
capability of wind farms can vary greatly from utility to utility, from climate to climate, and 
from site to site. Most U.S. applications are in summer-peaking utilities, while most 
European applications would be in winter peaking utility systems. 

As a general rule, the wind ELCC increases with the capacity factor and decreases with 
growing wind power penetration in the system generating mix.11 However, the degree of 
this degradation depends on the overall system configuration and on the geographical 
distribution of the wind sites (Kahn 1979, Grubb 1988a, Wijk 1990). 

A review of recent ELCC studies is found in Lilienthal (1990). Analyses in the U.S. for 
14 geographically diverse utilities calculated ELCCs for assumed penetration levels of five 
to 20 percent. At the five percent penetration level, Pacific Gas and Electric, the world's 
largest utility purchaser of wind power, reports average ELCCs of 40 percent and 20 
percent from the Altamont wind farm for 1987 and 1988 (Smith et al. 1988).12 Another 
major California utility, Southern California Edison (SCE), calculated ELCCs of about 25 
percent for assumed penetration levels of 10 percent. In the other U.S. studies, the various 
ELCC values ranged from close to twenty to more than 40 percent 

At the twenty percent penetration level, the range of ELCCs was from a little more than five 
percent to about 30 percent. A 20 percent ELCC was found in a modeling study of large 
2.5 MW units sited in the midwest, at a penetration fraction of 17 percent 

European studies arrive at broadly similar results. An Irish study of an island utility system 
found ELCCs in excess of ten percent for penetration levels greater than 50 percent. The 
Dutch analysis by Wijk (1990) found that ELCC drops from 28 percent to about 10-15 
percent at 15-20 percent penetration. The Danish utilities estimate a load carrying capability 
of 25 percent for a wind power contribution of 10 percent (Danish Ministry of Energy 
1987). 

Geographic dispersion accounts for 18 percent of the capacity credit obtained from the 
Dutch modeling analysis by Wijk (1990), and is also found to be significant in the analysis 
by Grubb (1988b) for the UK 

Modeling results for large systems 

A detailed picture of wind power system integration costs emerges from a capacity 
expansion analysis of potential wind power contributions in the UK (Grubb 1988b). The 
study was based on a Monte Carlo type analysis using probability factors and many 
modeling runs. 

1 1 Typically, penetration levels are specified as percent of peak load rather than as percent of annual 
electricity generation, but references are not always consistent on this point. 

1 2 A nearby demonstration site for a MOD-2 turbine had an ELCC of 74-83%, comparable to the most 
highly reliable thermal central stations. Such good peak coincidence is probably a rare exception. 
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Grubb's analysis had several important features: 

• It covered the very large utility system of what was then called the 
Central Electricity Generating Board (CEGB), which means that wind 
power sites were integrated on a national scale. 

• It took into account the cost of additional high voltage transmission 
capacity investments, since only 4 to 30 percent of the wind power 
produced in the six high potential regions of the UK would be 
consumed locally. 

• It examined penetration levels reaching more than 50 percent of 
system energy loads, a level of wind power contribution not examined 
in most other studies. 

• The study evaluated wind power on the basis of re-optimizing the 
entire power system along a long-term capacity expansion path. Many 
studies have treated wind generation only as an incremental addition to 
an existing system. 

Grubb finds that for a large utility system such as that of the CEGB, fundamental economic 
limits to wind power penetration do not become significant until wind power contributes 
about half of system energy loads. At that penetration level, system penalties are estimated 
to exceed ten percent of wind energy costs. At a 25 percent energy penetration level, 
system penalties were found to represent about five percent of total wind power costs. 
Overall, wind power capacities up to 60 GW led to reduced revenue requirements over the 
reference plan without wind power. 

It is worth discussing this outcome in terms of the above-mentioned parameters and factors 
related to system penalties. A key factor is the dispersion of wind power over many sites, 
and the integration of all national high potential regions. In the UK, wind speeds between 
the east and west coast, and between southern England and Northern Scotiand, are not well 
correlated. This diversity reduces the probability that wind output is at its maximum while 
system demand is low. As a result, the wind power spillage problem is not significant 
except at very high wind penetration levels. 

A second factor is that the rate of power variation in such a large integrated system, 
measured by the frequency with which each wind power level is crossed each day, results 
in a 1-2 day time scale for these fluctuations. This time scale suggests that control 
problems will usually be modest 

A detailed modeling analysis of 1000 MW of dispersed wind capacity in Holland by Wijk 
(1990) leads to similar findings. There, the maximum load changes from geographically 
dispersed wind power in two successive hours never exceeded 40 percent over ten years, 
and reached 30-40 percent only four times in the same ten-year period. Furthermore, the 
probability that the same power level would persist between successive hours was always 
greater than 32 percent 
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These findings imply that spinning reserve requirements for accommodating large wind 
power fractions would not be unmanageable.13 Furthermore, the emergency dispatch of 
large amounts of fast-ramping plant would be a rare occurrence. As a result, system 
operating cost penalties would be low. 

As to the declining value of fuel savings, Grubb's analysis finds that this value declines 
steeply only after wind power contributes more than 35 percent of total system energy. 

A further notable finding of the UK analysis was that increasing wind capacity shifted the 
least-cost thermal plant mix away from capital-intensive baseload sources: from nuclear to 
coal, and from coal steam turbines to gas-fired combined cycle and peaking turbines. This 
shift occurs because increasing wind energy contributions reduce the time for which 
thermal units are required to operate. As a result capital-intensive thermal plants become 
less valuable than fuel-intensive plants. 

This shift in the least-cost mix of thermal plants has been widely overlooked in other wind 
power evaluations, including in the former British CEGB's own analysis of integration 
effects.14 There, the substantial capacity credit of wind power was typically neglected. 
Capital-intensive thermal baseload plants were assumed as a given, either as sunk 
investments in existing systems, or as unquestioned planning propositions. The resulting 
energy "dumping" problem was counted as a cost of wind power, not as a cost of a sub-
optimal thermal/renewable capacity mix.15 

ELCCs of photovoltaic power generation 

PV output is best matched to summer peaking utility systems, because the time of peak 
insolation is also correlated with high air conditioning demand. Detailed measurements by 
California utilities and various modeling studies suggest that solar photovoltaics, when 
dispersed over many sites in a summer peaking utility system, can have ELCCs that are in 
the 60-80% range (Lilienthal 1990, Mintzer 1983). This pattern of high ELCCs was also 
found applicable to summer-peaking utilities in areas with less available insolation. 

13 A highly simplified calculation may illustrate this point. Assuming that minute to minute fluctuations 
are totally uncorrelated among sites, these findings imply that the maximum required additional system 
ramp rate for a SO percent penetration level is of the order of (50% x 40%)/60 min = 0.33%/min. If met by 
peaking, cycling, and other back-up capacity with ramp rates of five percent on average, load following 
capacity equivalent to 100 x 0.33/5=6.6% of system load would be needed to deal with this contingency. 

1 4 The CEGB and other European utilities argued on the basis of such analyses that little of the wind 
energy potential identified in the analysis of the European Commission (Selzer 1986) could be realized in 
practice. 

1 5 For example, an early FRG study by Jarass (1980), which examined the integration of wind power with 
the existing thermal capacity mix, found that the energy dumping problem became substantial when wind 
capacity represented 40 percent or more of conventional capacity (28.5 percent of total capacity). Similarly, 
a subsequent analysis by Goy, Jager, et al. (1987) arrived at a 25 percent limit for the wind snare in total 
system capacity. The equivalent energy penetration level is about 10 percent, much lower than those found 
feasible under system reoptimization as analyzed by Grubb (1988b). 
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Compared to the case of wind power, penetration levels have a smaller effect on ELCC, 
with the same asymptotic pattern observed at higher penetrations. In a winter peaking 
system, the ELCC of PVs can be expected to be much lower, due to the timing of winter 
peak loads and/or lower insolation levels. 

Treatment of operating and back-up cost impacts in this study 

In our electricity resource integration analysis in Part 3 A, we derive total resource mixes on 
the basis of levelized production cost comparisons for four load segments (unconstrained 
baseload, constrained baseload, intermediate, and peaking), using each plant's availability 
for the unconstrained baseload segment, and an average capacity factor for the other 
segments. The busbar costs used for each load duration curve (LDC) segment do not 
capture system-level effects related to the intermittent nature of wind and PV when these 
resources contribute significantly to meeting system load. 

To represent system integration costs in our levelized-cost analysis, we add to the busbar 
costs of wind and photovoltaics a capital charge for the conventional capacity needed to 
convert an intermittent resource into the equivalent of a baseload plant (i.e., supplying 
make-up energy, see Part 3C, Appendix A. 10.4). 

The capacity charge for make-up energy depends on the type of dispatchable reference plant 
from which that energy is to be derived. Our choice of reference plant is a gas-fired 
combined cycle (ACC) plant. This choice reflects the fact that for the average capacity 
factors such make-up plants would achieve, ACC plants are the most economical (see Part 
3C). It is also consistent with die results of our scenario analysis for optimized resource 
mixes in Part 3 A. According to these results, advanced gas-fired technologies are the most 
economical central stations when resource mixes are developed on the basis of a least-cost 
oriented integrated resource planning approach.16 

The back-up costs for the relevant range of effective wind and solar load carrying 
capabilities are shown in Tables A.10.9.1 and A 10.9.2, respectively. The capacity charge 
for make-up energy rises with the penetration level of the intermittent resources, since 
higher penetration levels reduce their electric load carrying capability (ELCC). 

The application of this charge is limited to scenarios with high penetration levels of 
intermittent resources (i.e., more than 20 percent). For penetration levels up to 20 percent, 
we assume that back-up costs are zero. Here, all dynamic system operating penalties 
associated with intermittent resources are offset by operating cost savings from reduced use 
of intermediate and peaking plants. This assumption conservatively reflects the findings 
from the modeling studies discussed above, especially when taking into account additional 
synergisms and options for minimizing system impacts that were described above but were 
not reflected in the cited case studies. 

16 As shown in Part 3 A, a least-cost approach that integrates demand-side resources has the likely effect of 
lowering gas prices below conventional projections. ACC plants reduce back-up costs by more than half 
compared to coal plants on account of their much lower fixed costs. 
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Table A.10.9.1: Back-up costs for wind systems as a 
function of effective load carrying capability 

Effective load carrying 

capability for wind 

% of rated capacity 

20% 
10% 
5% 
0% 

Back-up cost 

PffkWh 

0.58 
0.89 
1.05 
1.20 

(1) Back-up costs calculated using the annualized fixed cost of an 
advanced combined-cycle plant (see Part 3C, Appendices A. 10.4 and A.10.6). 
(2) Back-up cost calculations based on Friedrich et al. (1989). 
(3) Back-up cost calculated for highest windspeed regime (Zone 0) 
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Table A.10.9.2: Back-up costs for solar PV systems as 
a function of effective load carrying capability 

Effective load carrying 
capability for PVs 
% of rated capacity 

50% 
40% 
30% 
20% 
10% 
0% 

Northern and Central European 
Back-up cost 

Cap. Fctr-12% 
Pf/kWh 

N/A 
N/A 
N/A 
N/A 
0.30 
1.20 

Southern European 
Back-up cost 

Cap. Fctr=J9% 
Pf/kWh 

N/A 
N/A 
N/A 

• 0.06 
0.63 
1.20 

(1) Back-up costs calculated using the annualized fixed cost of an 
an advanced combined-cycle plant (see Appendices A.10.4 and A.10.6). 
(2) Back-up cost calculations based on Friedrich et al. (1989). 
(3) N/A indicates negative numbers. We assign PVs with nigh 
effective load carrying capabilities a backup cost of zero. 
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SYSTEM-RELATED CREDITS FOR DISTRIBUTED GENERATING TECHNOLOGIES 

As with the conventional generating options in Parts 3C and 3E of our study, we correct 
the levelized production costs of renewables for modularity-related planning and siting 
flexibility benefits. Conservative generic values are derived for these corrections based on 
in-depth case studies using production cost models. A discussion of the relevant literature 
is found in Part 3C, Appendix A. 10.4. 

Modularity credits 

Both intermittent and dispatchable renewable power sources offer modularity benefits in 
that they can help better match gradual changes in energy demand with discrete "lumpy" 
additions of capacity. Our assumption of modularity credits for smaller-scale technology 
options has to be understood in the context of a "business-as-usual" electricity resource 
scenario that is heavily dominated by very large conventional thermal plants (see Part 3 A). 

Treatment in this study 

Dispatchable renewables, such as biomass gasification STIGs, are assigned modularity 
credits following the formula given in Part 3C, Appendix A. 10.4. In the case of 
intermittent resources and hydro, we assume that at significant penetration levels, 
modularity benefits are canceled by system penalties. As a conservative simplification, this 
assumption is used independent of the penetration level. 

Siting flexibility credits 

Siting flexibility credits apply whenever the renewable resource can be developed near 
existing load centers. Wind farms could, in many instances, be placed close to load 
centers, but off-shore wind farms or other remote locations cause some transmission 
investment. For example, in Southern California, intense development of some of the best 
sites is causing occasional transmission bottlenecks. For these reasons, wind power is 
assigned no siting flexibility credit in our analysis. 

For central station PV plants, the average siting flexibility credit is likely to be significant, 
and of similar magnitude as the roughly 2 Pf/kWh found in case studies for fuel cell 
applications (see Part 3C, Appendix A. 10.4). 

This credit can be substantially larger, and net costs can be substantially lower, when PVs 
are deployed in a strategic fashion to bolster those portions of a utility distribution system 
that are experiencing slow load growth while beginning to show thermal overload. PV 
credits for feeder locations, which would also apply to many on-site installations in 
buildings, are different and significantly larger than those available at larger central station 
PV sites chosen without regard to the details of distribution grid investment needs. 
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An analysis for Pacific Gas and Electric Co. (Shugar 1990) finds that placement of 500 kW 
PV modules into substation feeders with these characteristics results in major system cost 
credits. The methodology makes full use of the company's data on individual customer 
load patterns to capture the distribution capacity benefits of distributed generation in small 
PV stations. The credits calculated in PG&E's analysis (Shugar 1990) include not only 
avoided costs for transmission capacity, transformer upgrade deferral, kVAR support, and 
avoided T&D energy losses and O&M costs (see also Part 3C, Appendix A. 10.4), but also 
customer losses due to outages. 

Shugar (1990) finds that after these benefits are taken into account, PV costs as projected 
for 1995 would be matched by the sum of all PV system benefits. All in all, system level 
benefits other than energy and capacity credits would offset as much as 64 percent of the 
costs of the PV system. Here, about thirty percentage points are from avoided customer 
outage losses due to faster re-establishment of service in the feeder. Even if these "soft" 
benefits are discounted, a cost reduction of roughly 35 percent remains. 

Treatment in this study 

In our analysis of photovoltaic systems, we consider levels of system credits separately for 
central stations (plant scale in the 1-10 MW range) and distributed applications (plant scale 
in the 10-100 kW range). The former have inherently smaller system level benefits than the 
latter, but these vary with penetration levels in both cases. 

So long as the penetration of central station PVs is small, siting credits can be fully 
realized. Once the penetration of central station PVs and other modular power plant 
technologies has become considerable, these credits are diminished. For distributed 
systems, analogous considerations apply, but credits are larger, due to additional cost 
savings not realized by central stations. Quantitative details are given in Section D below. 

The siting of biomass-fired power plants depends on the availability of suitable land areas 
for biomass fuel production. In many cases, such plants would be sited near towns and 
integrated with food processing or district heating systems to cogenerate heat and power, 
thus earning siting credits in addition to the above-mentioned modularity credits. To be 
conservative, we neglect siting credits for these plants. Hydro resources are treated in the 
same manner, since dams are often of necessity located at some distance from load centers. 

INDIRECT CARBON EMISSIONS AND MONETIZATION OF ENVIRONMENTAL 
EXTERNALITY COSTS 

Emission levels 

Table A. 10.9.3 shows the carbon emissions from renewables, taken from San Martin 
(1989) and Fritsche et al. (1989). Biomass is assumed to be harvested sustainably, 
resulting in net direct emissions of zero. Direct emissions for other renewables are also 
zero, while indirect emissions are associated with the construction and fabrication of the 
renewable facilities. These indirect emissions can vary strongly depending on what type of 
technology is being assumed (e.g., thin film photovoltaics versus conventional silicon 
crystal cells, cogeneration facilities displacing boilers in addition to power plant 
installations, recycling of energy-intensive materials, etc.). When best systems are used, 
the carbon emissions of renewables are always very small compared to those of fossil-fired 
plants. 
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Table A.10.9.3: Carbon emissions from renewables 

Modernized and existing hydro 
New large hydro 
New small hydro 
Wind 
Photovoltaics 
Solar thermal 
Biomass ST 
BIG/STIG 
BIG/ISTIG 
Landfill & sewer gas-Low, ELF avg 
Landfill & sewer gas-High, ELF avg 
Municipal solid waste, ELF avg 
Industrial waste-Low, ELF avg 
Industrial waste-High, ELF avg 

Direct 
g/kWh.e 

0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 

100 
76 
76 

Indirect 
g/kWh.e 

0.1 
0.9 
2.9 
2.1 
1.6 
1.0 
3.6 
2.6 
2.2 
•46 
-43 
-91 

-219 
-219 

Total 
g/kWh.e 

0.1 
0.9 
2.9 
2.1 
1.6 
1.0 
3.6 
2.6 
22 
-46 
-43 
9 

-143 
-143 

(1) Source: San Martin 1989, except for biomass, which is from GEMIS (Fritsche et al. 1989). 
(2) Biomass assumed to be harvested sustainably, yielding zero net direct carbon emissions. 
(3) Carbon emissions expressed in grams per kWh of delivered electricity, including 6% T&D losses. 
(4) Cogenerator carbon emissions account for avoided fuel from boilers. Calculations assume that 
avoided boiler fuel is half light oil and half gas for the CHP units (Landfill & Sewer plants 
and MSW plants) and light oil for industrial wastes. Emissions calculated using method from 
Part 3C, Chapter A. 10.4. Net heat rates and Electricity Production Rates reflect typical 
operation for biomass-fired cogenerators, and are in most cases identical to those, 
parameters calculated for fossil-fired units in Chapter A. 10.4. 
(5) Direct emissions for Landfill & sewer gas-fired plants are assumed to be zero because the methane 
would have been emitted and eventually oxidize to C02 anyway. Direct emissions from combustion 
of MSW are 27.S g/kWh.f, taken from Krause et al. (1992). Direct emissions from industrial wastes 
are calculated assuming half of industrial refuse resembles MSW and half is wood and black liquor 
waste from the paper and pulp industries with a net direct carbon burden of zero. 
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The same holds true when indirect SO2 and NOx emissions that arise in the manufacture of 
non-thermal renewable generating technologies are compared with the direct plus indirect 
emissions that arise in the case of conventional fossil-fired power plants. Biomass-fired 
thermal plants can do reasonably well if based on fluidized beds with their lower 
temperatures and NOx emissions or denox technologies for steam turbine plants. Many 
biomass plants also earn emission credits from displacing sulfur and NOx emissions 
through cogeneration of heat and power. At the same time, the cost of controlling NOx 
emissions in these smaller-scale plants is higher than in large central stations, especially 
when they are fired with municipal or industrial waste. 

Other environmental impacts are less easily compared, and some can be more substantial. 
The aesthetic impacts of wind power are contested, but can be geographically more 
widespread than those of a large power station. Wind turbines cause a certain amount of 
bird kill, though estimates show that impacts are generally much smaller than those from 
road traffic. Photovoltaics manufacture involves poisonous heavy metals in the case of 
some cell materials, but the substances are far more easily controlled than airborne 
emissions of heavy metals from a coal plant. None of the renewables produces the large 
quantities of highly poisonous and problematic wastes that arise in coal-fired or nuclear 
generation. 

Monetization 

We use the externality costing system described in Part 3C, Appendix A. 10.4 to compute 
the externalities associated with renewable energy sources. Monetization is based on the 
point system applied in the state of New York. The advantage of the New York system is 
that it includes impacts other than air emissions, and captures some of the non-emission 
areas in which renewable energy sources could have negative impacts. 

Table A.10.9.4 shows the point values associated with the renewable energy sources 
considered here, as well as the results of inserting those point values into the costing 
system. In order to reflect uncertainties in the monetized value of avoided air emissions 
and other externalities, we apply the New York system in our low cases, and the larger 
charges for air emissions adopted in the state of Massachusetts in our high case. 

As expected, hydro, wind, and photovoltaic (PV) systems have external costs much lower 
than those of conventional power plants (see Appendix A. 10.6). Of all renewables, 
photovoltaics fare best Biomass- or waste-fueled thermal plants receive the highest 
externality corrections, in part, because NOx emissions can be significant As a result, 
externality cost corrections for biomass-fired plants are comparable to or slightly larger than 
those for the best baseload gas technologies, though they remain smaller than those 
associated with "clean coal" technologies (see Part 3C). 
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Table A.10.9.4: Externality points assigned to renewable energy technologies for use in NY PSC 

Air emissions 
SOx 
NOx 
C02 

Particulates 

Water effects 
Cooling water 

Fish Protection 

Water Quality 
Land effects 

Land required 
Terrestrial 

Visual aesthetics 

Transmission 
Noise 

Solid waste disposal 
Solid waste as fuel 

Fuel delivery mechanism 
Km from sensitive receptors 

Total points 

Externality cost 

LOW(1989 PpkWh) 
HIGH (1989 PfikWh) 

Wind 
/55 

5 
5 
5 
5 

20 
5 
5 
5 

46 
4 
2 
0 
3 
2 
5 
5 
5 
5 

221 

022 
032 

Ex.& 
refurbished 

Hydro 
155 

5 
5 
5 
5 

15 
5 
0 
5 

63 
5 
5 
5 
4 
5 
5 
5 
5 
5 

233 

0.08 
0.08 

New 
Hydro 
155 

5 
5 
5 
5 

15 
5 
0 
5 

53 
4 
2 
1 
3 
5 
5 
5 
5 
5 

223 

0.20 

020 

Utility 
PVB 

155 
5 
5 
5 
5 

20 
5 
5 
5 

61 
5 
5 
3 
4 
5 
5 
5 
5 
5 

236 

0.05 
0.05 

Rooftop 
PVs 
155 

5 
5 
5 
5 

20 
5 
5 
5 

64 
5 
5 
4 
5 
5 
5 
5 
5 
5 

239 

0.01 
0.01 

Forestry & 
agricultural 

wastes 

144.5 
5 

A5 
5 
4 

10 
4 
0 
2 

45 
3 
2 
2 
3 
3 
5 
5 
3 
3 

200 

0.47 
0.74 

Landfill & 
sewer eas 

155 
5 
5 
5 
5 

10 
4 
0 
2 

43 
3 
2 
2 
3 
3 
5 
5 
1 
3 

208 

0.37 
0.37 

bidding system 

MSW 

155 
5 
5 
5 
5 

10 
4 
0 
2 

43 
3 
2 
2 
3 
3 
5 
5 
1 
3 

208 

0.37 
0.37 

bid. waste 

155 
5 
5 
5 
5 

10 
4 
0 
2 

45 
3 
2 
2 
3 
3 
5 
5 
3 
3 

210 

0.35 
0.35 

Fodwood 

plantations 
144J 

5 
4.5 
5 
4 

10 
4 
0 
2 

J* 
3 
2 
2 
3 
3 
5 
0 
1 
3 

193 

0.55 
0.83 

Low case 
WEIGHT 

9 
19 
2 
1 

2 
1 
1 

1 
1 
1 
2 
2 
3 
1 
1 
1 

240 

High case 
WEIGHT 

14 
66 
2 
1 

2 
1 
1 

1 
1 
1 
2 
2 
3 
1 
1 
1 

499 

(1) Sources: Appendix A. 10.4. NY PSC 1989. 
(2) A non-polluting resource would be assigned 5 points in each category. 
(3) Externality costs ate calculated by multiplying the points assigned to a particular technology 

by the weighting factor for a particular environmental insult The sum of these weighted points is then used in the 
following formula: Externality Cost (Pf/kWh) = (240 Points - Weighted Points))/240 Points ) * 2.8 Pf/kWh. 
A similar formula is used for the high case that reflects higher values for avoided NOx and S02 (see Appendix A.10.4 for details). 
(4) Biomass technologies for wastes and plantations assumed to have the indirect emissions associated with wood, and the direct emissions associated with natural gas. 
Fuelwood plantions and AgTforestry wastes assigned 4.5 points for NOx instead of 4 points because they are assumed to be located in remote areas. 
Landfill & sewer gas, MSW, and industrial waste plants achieve perfect air emissions scores through omissions avoided by cogeneration. 



C. WIND POWER 

CURRENT TECHNOLOGY AND MARKET STATUS 

Wind power has undergone an astonishingly short maturation of only about five years from 
the first large installations to a significant commercial power generation technology (Wald 
1992b).17 Currently commercial wind turbines fall predominantly in the 50-400 kW 
capacity range. Further technological developments are expected to increase turbine 
efficiency and could lead to larger turbines up to the multi-megawatt size that are cost-
competitive in a variety of applications. 

In the following discussion, we focus on the cost of power from wind farm projects. Such 
wind farms, individually of a few MW to a few tens of MW in size, are the most important 
form of wind generation today, though individual turbines dispersed among businesses, 
households, and farms are a significant form of deployment in rural areas of Denmark. 

Currently installed capacity 

Until now, most of the world's economic experience with wind farms has been 
accumulated in California, where about 15,000 turbines with 1300 MW or almost 90 
percent of the world's wind generator capacity existed already in 1987. By 1991, the total 
installed capacity in California had grown to 1700 MW, generating 2.8 TWh/year.18 

The average annual growth rate for wind power capacity in California was 50 percent in the 
1981-90 period, 30 percent in the 1983-90 period, and 12 percent in the 1985-90 period, 
when policy changes reduced tax subsidies and utility contract terms. 

While growth in California has slowed, the industry has taken off in Europe. The leader of 
European wind farm development is Denmark, where about 2000 turbines providing some 
100 MW were in place already by mid-1988. By the end of 1992, about 3500 turbines 
existed in Denmark, with a total installed capacity of 450 MW. Total production in 
Denmark by 1992 was 0.9 TWh/year. 

1 7 Because of this maturation, the international market for wind resource development rights is beating up, 
with recent purchases by New World Power (based in Lime Rock, Connecticut, USA) of rights to develop 
wind resources in the UK, Mexico, and Chile (AWEA 1993). 

18 For a review of die current status of wind generation in the U.S., See Braun and Smith (1992). 
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The Netherlands also had installed close to 200 turbines as of 1988, with close to 10 MW 
of capacity. By 1992, the total had grown to 55 MW. 

Denmark and the Netherlands represented 90 percent of the entire wind power capacity in 
Europe as of 1988, but since then, Germany's subsidy program has led to a major build-up 
of capacity there as well, reaching 90 MW as of 1992, and matching Danish capacity in 
1995. 

1992 grid-connected wind generation is practically non-existent in France, and was only 5 
MW and 12 MW, respectively, in Italy and the UK, despite significant resources in each of 
these countries. Since then, Italy's new law promoting independent power generation in 
analogy to the U.S. PURPA legislation has accelerated developments considerably in that 
country. New wind investments are also being undertaken in the UK. 

Wind farms in Western Europe as a whole reached a capacity of about 560 MW as of 1992, 
or about 25 percent of the world total. By 1995, total capacity exceeded 1000 MW. As in 
the US, currently existing capacity is mostly based on small, 55-75 kW turbines installed 
during the 1980s and turbines reaching 150-400 kW in more recent projects. 

Wind power development goals and prospects 

The official Danish goal is to reach a 10 percent contribution to power production by the 
year 2000 (Meyer 1988). Similarly, the official Dutch goals are to expand capacity to 1000 
MW (about 9 percent of projected peak load) by the year 2000. The 250 MW goal for 
1995 has been set by the German program has already been exceeded. The Italian goal is 
600 MW by 2000. 

Although some new wind farms are currently being planned in Washington State, New 
England, and the Midwest, the wind power development market in the US has slowed for 
the time being. At the same time, a process of consolidation is under way among 
manufacturers of wind generators. As part of these developments, the leading US 
company, U.S. Windpower, is beginning to take a more active interest in the European 
market.19 

TECHNOLOGY PERFORMANCE 

Fundamentals 

The technical performance of wind turbines can be measured by the ratio of electricity 
output and the wind power density of the wind flux intercepted by the rotor's swept area. 
In most sites, the power density, measured in average annual Watt per m2 of swept rotor 
area, increases with hub height above ground level (AGL), due to shear effects close to the 
ground. For example, a wind speed of 6 m/sec at 10 m height at a Dutch coastal site 
corresponds to 7.5 m/sec at 30 m height, 8.2 m/sec at 45 m height, and 8.7 m/sec at 60 m 
height (Wijk 1990). 

1 9 For evidence of such interest, see Gipe (1992) and Wald (1992a). 
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Wind power densities, in turn, strongly depend on wind speed, due to the variation of 
wind energy with the cube of wind speed. For any given hub height, one and the same 
power density can result from a range of average wind speeds. The decisive factor is the 
annual distribution of wind speeds. In our discussion of performance and resource 
potentials, we therefore take power density as the primary point of reference. 

Technology performance data are being recorded in several data bases. U.S. developments 
are monitored by the California Energy Commission (CaEC 1988), whereas the German 
Fraunhofer Institut fiir Solarenergie maintains the EUROWIN database (Klein 1989). The 
Danish Windstats publication also covers the European machines. 

Technical life of wind turbines 

Due to the short, less than 15-year history of commercial wind power generation, field 
experience to date is not entirely sufficient to firmly establish the useful technical life of 
wind generators. For technology typically installed in the late 1980s and early 1990s, a 
range from 15 to 25 years is typically given. We use a range of 20-25 years in our cost 
calculations for that technology level. 

At the same time, a number of technical improvements are under way that suggest that 
future wind turbines will last considerably longer. The use of improved designs and 
materials for the rotor blades, and the elimination of failure-prone gearing and reduced 
stress from wind fluctuations in variable-speed machines are expected to extend turbine 
life. For our advanced cost calculations, we therefore assume a life of 25 years. 

Capacity factors 

A wind turbine of a given size will produce greatly varying amounts of power depending 
on whether the wind power density is higher or lower. Thus, the electric capacity of a 
wind turbine of given design and rotor size will depend on hub height and location, even 
though the aerodynamic efficiency of the turbine is the same. 

If one conversely fixes the capacity rating on the basis of measured performance at a 
particular power density, the capacity factor relative to this rating will vary strongly with 
the site. The following discussion of experience with capacity factors refers to turbines 
whose rating is matched to the installation site. 

Field experience to date 

Measured capacity factors from wind farms include BOS losses, wake effects of multiple 
arrays, and forced outages. Wind farms to date have been built only in the more favorable 
wind speed distributions that offer potential capacity factors in excess of 30 percent with 
current rotor designs. Actual factors achieved so far are significantly lower. However, 
there is a distinct trend toward improved performance. 

The average capacity factor in California has shown significant improvement, from 13 
percent in 1985 and 1986 to 16 percent in 1987, and 17 percent in 1989. European 
turbines accounted for forty-four percent of the California turbines, and achieved an 
average capacity factor of 19 percent 

Average capacity factors for large groups of wind turbines often include older wind farms 
with less reliable machines along with newer installations. For example, in California, one 
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large wind farm with 11 percent of the installed capacity achieves only a 6 percent capacity 
factor, compared to 19 percent for a sample of projects installed since 1985. These trends 
reflect the continuing shake-out process of a dynamic and highly competitive industry.20 

The experience in Europe is broadly parallel. In 1986, the average annual capacity factor in 
Denmark was 22 percent, with monthly averages varying between a low of 13.5 percent in 
June, and a high of 32.9 percent in November (Klein and Schmid 1988). In 1989, the 
capacity factor averaged 24.3 percent (Gipe 1990). 

A similar improvement is reflected in the output per unit of rotor-swept area. Between 
1986 and 1989, this figure increased by 15 and 19 percent, respectively, in the Danish and 
Dutch windfarms. An even more pronounced improvement of about 25-40 percent is 
found for those years when only the ten best machines are considered (ESD 1993). 

Modeling analyses. 

Past wind power assessments often relied on power curves from large, multi-megawatt 
machines that are not yet commercial. It is therefore informative to calculate what capacity 
factor would be obtained from a mix of power curves covering a range of turbine sizes. 

A modeling analysis by Wijk (1990) used ten years worth of measured hourly windspeed 
data for the Netherlands at sites with wind speeds of 5-7m/sec (10 m height),21 and 
combined these with measured power curves for three commercial and two prototype wind 
generators in the size range from 75 kW to 1 MW. Units with 300 kW or less contributed 
55 percent of the total capacity mix. 1000 MW of capacity was distributed over the five 
turbine types and over areas represented by 11 different meteorological stations throughout 
the coastal regions of the Netherlands. 

The ten-year average capacity factor was found to be 22 percent, with an annual variation 
from a minimum of 19 percent to a maximum of 26 percent. These average figures are in 
good agreement with the performance currently achieved in the field. 

Projected capacity factors. e 

unproved wind turbine designs that are now being commercialized are of two designs: 
variable speed machines and stall-controlled designs. Both versions will benefit from 
advanced micro-siting techniques to optimize utilization of available winds. For variable-
speed designs, additional improvements come from a combination of control systems and 
power electronics that allow the capturing of wind gusts, and better air foils. These will 
improve energy capture by about 30 percent In the case of stall-controlled machines, a 25 
percent improvement is predicted (Cavallo et al. 1993). 

Relative to a baseline of 23-28 percent, these gains suggest capacity factors of 30-35 
percent in mature projects at good sites (average wind speeds of more than 6.5 m/sec at 
10m above ground level, or AGL). Accordingly, capacity factors for the larger machines 
are projected to reach 30-35 percent by US developers; the Danish program also assumes 

2 0 The CaEC figures omit capacity that was not operated at all during 1987. This capacity may have been 
decommissioned for economic rather than technical reasons. 

2 1 The hub height of the selected turbines ranged from 30-60m. 
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35 percent in its cost projections.22 In off-shore locations, the larger machines are 
expected to realize capacity factors of as much as 40 percent. 

The coefficient of performance of current rotor blades is in the neighborhood of 35 percent, 
or only about half of the theoretical limit. Advanced air foils now under development 
improve this figure by 10-15 percent. In both cases, the performance at the design-point 
wind speed is significantly higher, but the capacity factor is determined by the average 
across all wind speeds. Significant further improvements in energy capture and thus, 
capacity factor would result if advanced air foils could be made to yield a constant 
coefficient of performance at all wind speeds. 

Assumptions in this study. 

In our analysis of wind power potentials and costs, we distinguish between current 
technology and advanced technology. For current technology, we assume a capacity factor 
of 23 percent in the high case, and 28 percent in the low case. The lower figure 
corresponds to average field experience to date and might be expected in projects at sites 
with high turbulence, where maintenance problems are higher. The better figure 
corresponds to the performance of best recent projects. 

For our analysis of advanced technology, we assume a low capacity factor of 30 percent in 
the high case, and a figure of 35 percent in the low case, in accordance with projected 
values for near-commercial technology. 

TECHNOLOGY COSTS 

Capital costs 

Field experience to date 

The capital costs of wind turbines consist of those for the generator itself and balance of 
system (BOS) costs including turbine foundations, buildings on the site, site preparation, 
land, and grid connections. These balance of system (BOS) costs typically represent 
anywhere from less than ten percent of total system costs for MW-sized turbines to more 
than 20 percent for small turbines (Goodman 1985, Danish Ministry of Energy 1987). The 
figures below refer to total system costs.23 

The wind farm developments in California and elsewhere have been accompanied by a 
steady downward trend in installed capacity costs, which accelerated markedly in 1987. 
According to data provided by private project developers to the California Energy 
Commission, the installed cost per kW turbine rated capacity (turbine plus BOS costs in 
current dollars) has declined from $1887/kW in 1985 to $1604/kW in 1986, to $1070/kW 

2 2 Some definitional problems still exist because different manufacturers use different wind speeds to 
establish their maximum capacity ratings. 

23 Following California practice, costs for land are figured in as a royalty on electricity output. 
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in 1987. 1990 installed costs in California were less than $1000/kW for the windfarms of 
the dominant U.S. developer, a company that produces its own turbines.24 

An even steeper decline is observed when total generating costs are plotted. Figure 
A.10.9.1 shows the decline in the cost of electricity from California wind turbines. During 
the 1980s, most of the more than 50 percent reduction in costs was achieved by rather 
pedestrian means such as more precise wind metering and optimized siting of the turbines, 
scheduling of maintenance routines during times of low winds, and scale economies and 
experience in manufacturing. 

Similar progress is evident in Europe. The 1987 Danish installed costs for wind farm 
turbines of the then dominant 75 kW size were reported as 655 thousand Danish kroners, 
equivalent to about 1200 $/kW or 2400 DM/kW (Danish Ministry of Energy 1987). Real 
costs have fallen since then. 

Projected capital costs 

Future costs depend on technological improvements, engineering-economic economies of 
scale and on manufacturing economies of scale. 

Even without considering possible benefits of larger turbines, the technical improvements 
discussed above under the heading of performance will significandy lower system costs per 
kW. For example, the new 300-400 kW 33M-VS variable-speed machine of U.S. 
Windpower not only improves efficiency and capacity factor, as already mentioned, but 
also eliminates the need for expensive and heavy mechanical gearboxes that are used in 
current designs. These are instead replaced by light-weight power electronics. This 
innovation reduces the weight and cost of the wind turbine and allows a lighter construction 
of the tower, thus saving BOS and maintenance costs in addition to turbine costs. 

Overall, higher towers, improved controls, advanced techniques for micro-siting, better 
power electronics, and the use of advanced materials and airfoil designs are estimated to 
increase energy capture by 50 percent over 1990 technology without increasing the total 
cost of the wind turbine system. This gain, which is already being partially captured by 
latest technology and can be fully realized over the near-term, is equivalent to cutting costs 
per kW by a third. 

The impact of increasing turbine size on capacity costs is uncertain at this time. 
Demonstration programs of multi-megawatt machines have had mixed results to date. Less 
than two dozen installations with rotor diameters of more than 60 meters are currently in 
existence. One recent example of a commercially sold large-scale unit is the Boeing MOD-
5B turbine being built in Hawaii, which is being bought by a Hawaiian utility for 
$1280/kW (CaEC 1990). 

From a purely technical point of view, the lower BOS costs of larger turbines are 
counteracted by higher turbine costs. An optimum size for wind turbines is probably in the 
neighborhood of 1000 kW (Molly 1989), though this optimum is likely to be very shallow. 
Because of this shallowness, the medium-sized turbines of 300-400 kW rating that are 
currently being installed in significant numbers are not likely to be too far from optimal 
size. 

24 Personal communication from Dick Ward at U.S. Windpower, Livermore CA. 18 May 1990. 
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Nevertheless, it is expected that larger, 750 kW to 3 MW turbines will eventually be able to 
produce electricity at slightly lower cost than current machines, due to better capacity 
factors that compensate for higher assembly costs and more demanding design 
requirements. Also, the larger turbines are attractive in densely populated Europe to reduce 
siting problems related to proximity to communities and their visual environments. 

Further cost savings can be expected from manufacturing economies of scale. According 
to established patterns in industrial manufacturing, it can be expected that a factor of ten 
increase in annual wind turbine manufacturing output will decrease costs by 10-25% 
(DIW/ISI 1984, ETSU 1985). For increases in mass production of three orders of 
magnitude relative to the early stages of production, this relationship promises a 27-58 
percent reduction in turbine costs. 

Because balance-of-system costs are dominated by civil engineering costs that cannot be 
much reduced, and because BOS costs are a significant portion of the total (typically 20 
percent with current-scale technology), the feasible percentage reduction in total capital 
costs is, of course, smaller. Also, some scale economies have already been captured in the 
manufacturing of the currently commercial smaller turbines, which have reached annual 
series in the hundreds. However, production has so far been dispersed among a large 
number of national manufacturers. A significant international consolidation is expected, 
which could allow the remaining producers to greatly expand their production runs. 

1995 installed wind power capacity in Europe was more than 1 GW, while annual 
installations are in the 100 MW range. Globally, installations were significantly larger still. 
Even a limited deployment of wind power resources in only the most attractive European 
sites would be sufficient to induce significant further economies of scale. Capturing just 
the achievable potential in the most favorable wind zones of the EC-5 region entails wind 
turbine capacity of about 100 GW (see below). 

If wind power capacity is installed on the basis of continuing recent growth rates in annual 
production as observed in Europe and the U.S., but with an S-curve behavior of sales and 
a 5 GW annual production limit in the long-term, a tenfold increase of annual 
manufacturing to 1000 MW will be achieved within less than ten years. With the number 
of manufacturers shrinking, manufacturing scale could grow by a factor of 100 relative to 
current production runs. These relationships indicate a significant further potential for cost 
reductions over the next ten years or so. 

Assumptions in this study 

We broadly follow the projections of Cavallo et al. 1993. Prices are expressed in 1989 
DM. For current technology, we base our analysis on a turbine with a 27m rotor diameter 
and 25m hub height costing 2200 DM ($1100/kW) in the high case, and a somewhat larger 
and more recent variable-speed design with a 33m rotor and 30m hub height costing DM 
2000 ($1000/kW) in the low case.25 These figures, which are shown in Table A. 10.9.5, 
correspond to the observed cost range for recently built wind farms. The service life of the 
system is conservatively taken to be 20 years. 

2 5 All figures are expressed in 1989 DM or dollars, using a purchasing power equivalence of 1 
U.S.$(1989) = 2 DM (1989). 
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For advanced technology, we assume a 40m hub height and rotor diameter in the high case, 
and a 50m hub height and 52m rotor diameter in the low case, reflecting current moves to 
increase rated capacity to 0.5-1.0 MWe. The 40m machine represents near-term technology 
that is likely to become standard over the next five years or so. 

With advanced turbines, manufacturing economies and technical improvements result in a 
20-25 percent decline in capital costs capital costs are DM 1800/kW ($900/kW) in the high 
case, and DM 1500/kW ($750/kW) in the low case. Given the above discussion, this is a 
conservative estimate. The service life is assumed to be 25 years. 

We add to these costs a surcharge for remoteness costs of 0-22 percent, depending on the 
wind zone. We assume that regions with the highest wind speeds (offshore and mountain 
areas) have the highest remoteness costs for transmission and distribution lines, road 
access, etc. Sites on open plains, on the other hand, are assumed to have low remoteness 
costs, due to the dense patterns of agricultural road ways and due to existing transmission 
and distribution lines to supply nearby villages and towns. Following the EPRI method 
(EPRI 1989a), we also include start-up and inventory costs. The start-up and inventory 
cost component is calculated by adding 1 month of fixed operating costs and 2 percent of 
total plant investment to cover costs of additional equipment needed during initial startup. 

Operating and maintenance costs 

We include under O&M costs insurance (0.5 percent of investment costs), other fixed 
operating costs, variable operating costs, and royalty payments for the use of land. 

Field experience to date 

Like capital costs, O&M costs are still in evolution, and have undergone significant 
declines. They also vary somewhat with the wind speed, with site accessibility, and 
especially with the turbulence and other qualities of the wind regime at the site. 

Early data from monitoring of the experience in the Danish wind program during the 1980s 
yielded costs of 14 0re/kWh (3.7 Pf/kWh or 1.85 eTkWh). More recent analyses yield 
significantiy lower figures. CaEC (1990) reports O&M costs for new plants (including 
land lease payments of 0.20/kWh) of 1.20/kWh, based on operating experience with the 
large sample of California developers. Similarly, a detailed study of operating costs of 
California plants by EPRI yields 1.3 0/kWh when major replacements are needed over the 
life of the plant, and 0.80/kWh without them (EPRI 1989c). 

For European windfarms, Molly (1989) gives a range of 0.8 to 2.7% for best and worst 
case maintenance costs from field experience with currentiy existing plants. According to 
Danish manufacturers, average maintenance costs for a windfarm of currently commercial, 
well-tested medium-sized machines can be calculated as 1.75 percent of capital costs 
(Cavallo et al. 1993). This yields figures in the neighborhood of 1.5 Pf/kWh (0.O8 
0/kWh), not counting insurance. 

A number of existing projects face high costs for insurance against loss of output Molly 
(1989) quotes insurance costs of 2-2.8 percent for existing windfarms in Europe. Much 
lower insurance costs are estimated by U.S. Windpower, the largest U.S. developer. 
Because U.S. Windpower uses its own turbines in its windfarms, requirements for 
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insurance against property damage and loss of output are reduced relative to those faced by 
other developers. 

In California, land rental payments for wind turbines are usually calculated as a percentage 
of gross electricity revenues from a turbine. In Altamont pass, for example, the royalty rate 
is typically 4% of gross revenues. Using typical cost relationships, we estimate land rental 
payments to be 0.5 Pf/kWh in the high case, and 0.3 Pf/kWh in the low case. In the case 
of off-shore installations, this surcharge is applied to cover costs and fees for coastal access 
points. 

Projected O&M costs 

Significant improvements in O&M costs are expected for future technology. Cavallo et al. 
(1993) estimate that turbines using variable-speed or stall-controlled blade technology will 
reduce O&M costs by 40-50 percent compared to standard (1990) technology. This 
represents a reduction to as little as 0.60/kWh (1.1 Pf/kWh). 

O&M cost assumptions in this study 

Our calculations of O&M costs start from the 1.75 percent of capital costs specified in 
recent Danish manufacturers' data. To account for the fact that not all O&M costs are 
reduced per kWh as wind turbines are installed at sites with larger wind power densities, 
we divide the total annual O&M cost indicated by this figure into a fixed and variable 
component. The fixed component is 40 percent of the total, or 0.7 percent of capital costs. 
To this we add insurance costs of 0.5 percent, resulting in a total of 1.2 percent of capital 
costs. As capacity factors increase, this component declines per kWh. The variable 
portion is held constant for each technology level, but declines as more favorable 
technologies are assumed. 

Back-up costs 

For the delivered cost calculations shown in Tables A. 10.9.5 and A. 10.9.6, we assume a 
reference ELCC of twenty percent. The impact of other ELCC assumptions on back-up 
costs can be seen from Table A.10.9.1 above.26 The values range from just below 0.6 
PtfkWh for ELCC% = 20%, to 1.2 Pf/kWh when the ELCC of the wind plant equals zero. 
Li this case, the back-up cost becomes the Pf/kWh fixed cost of the ACC plant (see 
Appendix A. 10.4). 

Externality costs 

The environmental externality points and costs are shown in Table A.10.9.4 above. In the 
worst case, which is assumed here, wind loses points for aesthetic, land, transmission, and 
noise effects. Apart from visual and noise impacts, wind turbines can lead to losses of 
birds of prey. This impact may possibly be avoided through various measures like 
coloring of rotor blades and through tower designs that eliminate perching places. Some 

26 Backup costs for wind systems are assumed to be independent of capacity factor. This simplification is 
equivalent to assuming that die distribution of wind throughout the day and the year does not change with 
the windzone and the average windspeed. 
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Table A.10.9.5: Delivered cost of wind power by wind zone, 

CURRENT technology (1989 PffltWh) 

SITE PARAMETERS 
Type of site 
Roughness class/wind class 
Range of power densities (W/m2 @50m AGL) 
Assumed power density (W/m2 @50m AGL) 
wind speed at 50m AGL (m/sec) 
wind speed at 10m AGL (m/sec) 

PHYSICAL PARAMETERS 
Hub height (m) 
Average wind speed at hub height (m/s) 
Wind power density at hub height (W/m2) 
Rotor diameter (m) 
Reference System Rating (MWe) 
Nominal Cap. Factor (rel. to Reference Rating) 
Lifetime (Years) 
Construction lead time (Years) 
COST PARAMETERS 
Capital Recovery Factor 

Overnight Capital Cost (DM/rated kW) 
T&D remoteness cost (DM/rated kW) 
Cap. cost incl. interest(DM/rated kW) 
Startup and Inventory (DM/rated kW) 

Total capital costs (DM/rated kW) 
Annualized Capital Cost (DM/kW/yr) 

Levelized Capital Costs (PfikWh) 

Fixed O&M costs incl insurance (DM/kW/yr) 
Variable O&M Costs (PfikWh) 

Land rental (Pf/kWh) 
Total O&M costs (PflkWh) 

T&D Adjustment 

DELIVERED COST (Pf/kWh) 
Capital 

O&M 
Externality cost 

Backup cost (@ 20% ELCC) 

Total (no ext or backup) 
Total with backup 

Total with backup and externalities 

Real Discount Rate 
Purchasing power parity (1989 prices) 

1DM (100 Pfennig) = 

HIGH CASE 

Off-shore 
0 / 4 

600-800 
700 
8.5 
6.8 

25 
7.7 
520 
27 

0.19 
34% 
20 
1.0 

0.080 
2200 
672 

2938 
84 

3022 
243 

8.1 

29 
1.3 
0.5 
2.8 

1.06 

83 
2.9 
0.22 
0.58 

113 
12.0 
123 

5% 
ECU 
0.5 

Coast/plain Coast/plain 
1 /4 

300-700 
475 
7.5 
5.8 

Reference 
regime 

25 
6.7 
341 
27 

0.19 
23% 

20 
1.0 

0.080 
2200 
220 

2476 
84 

2560 
205 

10.4 

29 
1.3 
OS 
33 

1.06 

11.0 
3.5 
022 
0.58 

143 
15.1 
15.3 

us$ 
0.5 

1/3 
200-400 

300 
6.4 

5.0 

25 
5.7 
215 
27 

0.19 
14% 
20 
1.0 

0.080 
2200 

0 
2251 
84 

2335 

187 
15.1 

29 
1.3 

0.5 
4.1 

1.06 

16.0 
4.4 
0.22 
0.58 

20.3 
20.9 
21.1 

LOW CASE 

Off-shore 
0 / 4 

600-800 
700 
8.5 
6.8 

30 
7.9 
562 
33 

0.32 
42% 

20 
1.0 

0.080 
2000 
454 

2511 
76 

2587 
208 

5.6 

24 
1.1 
0.3 
2.0 

1.06 

5.9 
22 
022 
0.58 

8.1 
8.7 
8.9 

Coast/plain 
1 /4 

300-700 
475 
7.5 

5.8 

Reference 
regime 

30 
6.9 
372 
33 

0.32 
28% 

20 
1.0 

0.080 
2000 

0 
2046 

76 
2123 

170 

6.9 

24 
1.1 
0.3 
2.4 

1.06 

7.4 
23 

0.22 
038 

9.9 
103 
10.7 

Coast/plain 
1 /3 

200-400 
300 
6.4 
5.0 

30 
6.0 
235 
33 

0.32 
18% 
20 
1.0 

0.080 
2000 

0 
2046 

76 
2123 

170 
11.0 

24 
1.1 

0.3 
2.9 

1.06 

11.7 
3.1 

0.22 
0.58 

14.8 
15.4 
15.6 

(1) Capital costs include foundation, buildings, controls, and grid connection (BOS costs). 
(2) Startup/inventory based on 1 month of fixed O&M, and 2% of plant capital cost 
(3) Fixed O&M costs include 0.5% insurance on investment costs, plus personnel and replacements. 
(4) Land rental royalty payment estimates represent typical values. These payments are also included for off-shore 
installations to cover costs and fees for coastal access. 
(5) Power densities and wind zones are based on European Wind Atlas (Troen and Petersen 1989). 
(6) Wind speeds scaled to hub height assuming l/7th power law for offshore sites and exponent of 0.16 for other sites. 
(7) Nominal capacity factor increases because rating of turbine is fixed at value for the reference wind regime. 
Actual capacity factor is assumed to remain constant and is equal to that shown for reference regime. 
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Table A.10.9.6: Delivered cost of wind power by wind rone, ADVANCED technology (1989 Pf/kWh) 

SITE PARAMETERS 
Type of site 
Roughness class/wind class 
Range of power densities (W/m2 @50m AGL) 
Assumed power density (W/m2 @50m AGL) 
wind speed at 50m AGL (m/sec) 
wind speed at 10m AGL (m/sec) 

PHYSICAL PARAMETERS 
Hub height (m) 
Average wind speed at hub height (m/s) 
Wind power density at hub height (W/m2) 
Rotor diameter (m) 
Reference System Rating (MWe) 
Nominal Cap. Factor (rel. to Reference Rating) 
Lifetime (Years) 
Construction lead rime (Years) 
COST PARAMETERS 
Capital Recovery Factor 

Overnight Capital Cost (DM/rated kW) 
T&D remoteness cost (DM/rated kW) 
Cap. cost incL interest(DM/rated kW) 
Startup and Inventory (DM/rated kW) 

Total capital costs (DM/rated kW) 
Annualized Capital Cost (DM/kW/yr) 

Levetlzed Capital Costs (Pf/kWh) 

Fixed O&M costs incl. insurance (DM/kW/yr) 
Variable O&M Costs (Pf/kWh) 

Land rental (Pf/kWh) 
Total O&M costs (Pf/kWh) 

T&D Adjustment 

DELIVERED COST (Pf/kWh) 
Capital 

O&M 
Externality cost 

Backup cost (® 20% ELCC) 

Total (no ext or backup) 
Total with backup 

Total with backup and externalities 

Real Discount Rate 
Purchasing power parity (1989 prices) 

1DM (100 Pfennig) = 

HIGH CASE 

Off-shore 
0/4 

600-800 
700 
8.5 
6.8 

40 
8.2 
636 
40 

0.54 
45% 
25 
1.0 

0.071 
1700 
507 
2258 
69 

2327 
165 

42 

22 
0.7 
0.5 
13 

1.06 

43 
1.9 

0.22 
0.58 

6A 
7.0 
73 

5% 
ECU 
0.5 

Coast/plain Coast/plain 
1/4 

300-700 
475 
7.5 
5.8 

Reference 
regime 

40 
7.2 
427 
40 

0.54 
30% 
25 
1.0 

0.071 
1700 
170 
1913 
69 

1982 
141 

54 

22 
0.7 
03 
2.1 

1.06 

5.7 
2.2 
0.22 
038 

73 
83 
8.7 

US$ 
03 

1/3 
200-400 

300 
6.4 
5.0 

40 
6.2 
270 
40 

0.54 
19% 
25 
1.0 

0.071 
1700 

0 
1740 
69 

1808 
128 

7.7 

22 
0.7 
0.5 
2.6 

1.06 

8.2 
2.8 
0.22 
0.58 

10.9 
113 
11.8 

LOW CASE 

Off-shore 
0 /4 

600-800 
700 
8.5 
6.8 

so 
8.5 
700 
52 
1.01 
52% 
25 
1.0 

0.071 
1500 
442 
1987 
61 

2048 
145 

33 

18 
0.7 
0.3 
1A 

1.06 

3.4 
1.5 

0.22 
0.58 

4J» 
53 
5.7 

Coast/plain 
1/4 

300-700 
475 
7.5 
5.8 

Reference 
regime 

50 
7.5 
475 
52 
1.01 
35% 
25 
1.0 

0.071 
1500 

0 
1535 
61 

1596 
113 

3.7 

18 
0.7 
0.3 
1.6 

1.06 

3.9 
1.7 

0.22 
0.58 

5.6 
63 
6A 

Coast/plain 
1/3 

200-400 
300 
6.4 
5.0 

50 
6.4 
300 
52 
1.01 
22% 
25 
1.0 

0.071 
1500 

0 
1535 
61 

1596 
113 

5.8 

18 
0.7 
0.3 
2.0 

1.06 

6.2 
2.1 
0.22 
0.58 

83 
8.9 
9d 

(1) Capital costs include foundation, buildings, controls, and grid connection (BOS costs). 
(2) Startup/inventory based on 1 month of fixed O&M, and 2% of plant capital cost. 
(3) Fixed O&M costs include 0.5% insurance on investment costs, plus personnel and replacements. 
(4) Land rental royalty payment estimates represent typical values. These payments are also included for off-shore 
installations to cover costs and fees for coastal access. 
(5) Power densities and wind zones are based on European Wind Atlas (Troen and Petersen 1989). 
(6) Wind speeds scaled to hub height assuming l/7th power law for offshore sites and exponent of 0.16 for other sites. 
(7) Nominal capacity factor increases because rating of turbine is fixed at value for the reference wind regime. 
Actual capacity factor is assumed to remain constant and is equal to that shown for reference regime. 
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argue that in any case, losses of vulnerable species are locally confined and are dwarfed by 
the longer-term land-use related pressures on the habitats of these birds. 

DELIVERED COSTS OF ELECTRICITY 

The delivered cost of electricity from wind turbines that were commercially available in 
about 1990, using the assumptions detailed above, is shown in Table A. 10.9.5. Table 
A. 10.9.6 shows wind power costs assuming advanced wind turbine technology that is 
beginning to enter the market or is near-commercial, and assuming further economies of 
scale in mass production. 

Selection of wind regimes 

We calculate levelized electricity costs for four different wind regimes. The choice of these 
regimes is synchronized with our estimates further below of aggregate resource potentials 
by wind speed zones. 

The reference regime is a site with an average annual power density of 475 W/m2 at 50m 
above ground level (AGL). Assuming typical wind speed distributions, this corresponds 
to an average annual wind speed of 7.5m/s at 50m AGL, or 5.8 m/s at 10m AGL. The 
condition is the average of the median power densities typically found in Western Europe's 
coastal areas and open plains. Using ratings of the European and U.S. wind atlas systems, 
the site corresponds to roughness class 1 and wind class 4. The bulk of current wind 
power developments in Europe has occurred in zones with similar characteristics.27 

The rated power of the turbine is calculated for this reference wind regime, based on an 
assumed rotor diameter and hub height, the wind speed at the hub height, and the average 
annual energy capture of the wind generator system. Power densities at various hub 
heights are scaled using an empirically determined power law for the ratio of hub heights. 

Having calculated costs for the reference regime, the turbine is next placed on a better site 
and on a less favorable site. The better site corresponds to wind conditions typically found 
off-shore in the North Sea region and has a wind power density of 700 W/m2, which is 47 
percent more than at our reference site. Here, the average wind speed at 10m AGL is 6.8 
m/s (roughness class 0, wind speed class 4). 

We also calculate cost for the best sites with very high winds of more than 7 m/s at 10m 
AGL.28 These are found in off-shore areas with class 5 wind speeds and in mountain 
areas on exposed ridges, where power densities can be 800-1200 W/m2 or more. A large 

2 7 In the original wind resource classification of the European Community, the wind zone categories are 
Zone 3 = 3.5-4.5 m/s, Zone 2 =4.5-5.5 m/s, Zone 1 = 5.5-6.5 m/s, and Zone 0 = 6.5 m/s and up, 
measured, respectively, at 10 m height. The bulk of Danish windfarms are on-shore sites in Zone 1. Our 
economic analysis covers Zones 0, 1, and 2. The wind speed classes used here correspond to the U.S. 
system. See Grubb and Meyer (1993). 

28 The results for this site are not shown in Tables A.10.9.5 and A.10.9.6, but are found in Table 
A.10.9.8 below. 
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resource potential from sites of this type is found in the Northern UK. Here, the assumed 
power density is 800 W/m2. 

The least favorable site considered in our calculations is in an open plain with average wind 
speeds of 5.0 m/sec at 10m AGL (roughness class 1, wind speed class 3). The power 
density at this site is 37 percent lower than in our reference site. 

Current technology 

The costs for off-shore sites (wind speed class 4, power density 700 W at 50m AGL), 
including backup costs and externalities, are about 9 P&kWh with early 1990s technology, 
and about 12 Pf/kWh with less favorable parameters including high remoteness and O&M 
costs. Of this total, back-up and externality costs are 0.8 Pf, or 6-9 percent As explained 
in section B, back-up costs apply only at high penetration levels. 

In certain off-shore and mountain sites, notably those found in the Northern UK and 
Ireland, even higher power densities are found, m these most favorable sites, costs would 
be about 8 Pf/kWh in the low case, and about 10 Pf/kWh in the high case (not shown in the 
Table, but see Table A. 10.8 below). 

For sites in the reference wind zone (coastal plain, wind class 4), costs increase to about 11 
Pf/kWh in the low case, and to about 15 Pf/kWh in the high case. Our higher figure is in 
good agreement with reports by the Danish Ministry of Energy that quote typical costs from 
1980s experience with 75 kW technology: 50 0re/kWh (14 Pf/kWh or 7 eVkWh) for a 
capacity factor of 22.8 percent, with a 10th to 90th percentile range of 40-62 0re/kWh.29 

The considerably lower cost figures for our low case indicate the degree of progress that 
has been made recently. 

At the least favorable inland site, costs are 15 to 21 Pf/kWh. With current technology, this 
regime is far from economical. 

Our findings for current technology indicate that at the best sites, wind power is already 
cost-competitive with coal and nuclear electricity (see Appendix A. 10.6, A. 10.7, and 
A. 10.10). 

Advanced technology 

The greater power densities reached with higher towers, combined with lower capital and 
O&M costs result in highly attractive costs of 5-6 Pf/kWh at reference sites or better sites, 
and makes even inland sites cost-competitive (low case). In the high case, off-shore sites 
and good coastal sites remain competitive at about 7 Pf/kWh. 

29 The Danish wind energy potential is dominated by Zone 1 sites. Because of different capital charge 
factors, these figures are not precisely comparable with numbers obtained on the basis of the costing 
methodology of this study. 
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WIND ENERGY POTENTIAL 

Technical potential by wind zone 

An assessment of large turbine wind energy potentials in the European Economic 
Community (EC) was completed in the early 1980s (Selzer 1986) and complemented by the 
European Wind Adas (Petersen and Troen 1987). 

First-order exclusions 

The EC estimate calculated the number of potential wind farm sites using a number of 
exclusions and restrictions: 

• Physical land use restrictions 

— Areas with less than 4 m/sec wind speed at 10 m height 
— Coastal water depths greater than 10m; 
— Mountains higher than 1000m; 
— Mountain slopes with more than 10% grade; 
— Forest areas, marshes, inland water bodies; 
— Shipping routes, airports, highways, etc. 

• Legal restrictions: 

— Residential and industrial areas; 
— Wilderness areas, natural parks, and marine reserves; 
— Land under airport approaches; 
— Military zones and telecommunication sites; 
— Dikes. 

• Other considerations 

— Areas of great physical beauty; 
— Areas considered for natural preservation in the future. 

The latter criteria reduced the estimate obtained from physical and legal restrictions by 
another 13 percent. Overall, the assessment covered sites starting from coastal areas with 
sea depth of 10m or less and moving inland until the 4m/sec isohne for wind speeds at 10 
m height was reached. 

Once the available sites were established, the wind energy potential was calculated 
assuming very large turbines with 100 m rotor diameter, spaced at ten times the rotor size. 
This spacing, which is needed to reduce the wake losses between turbines to a tolerable 
magnitude of about five percent, then translates into a maximum power density in terms of 
kW/km2. 
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The analysis by Selzer (1986) indicated that the technical potential of wind power in Europe 
is enormous. If no further environmental and grid access constraints were to apply, wind 
farms could technically supply 250 percent of the electricity consumed in the 5-country 
region in 1985. Nation by nation, only the FRG has a technical potential smaller than 
current power consumption. 

Separate potentials were identified for small turbines producing 30 MWh per year. The 
EC study assumed that 10 percent of isolated dwellings in rural coastal areas (about 65 
thousand dwellings in the five-country EC) might elect to use wind power for direct 
consumption on-site. Except in Italy, virtually all small turbines would be within reach of 
existing grids for back-up. The total technically feasible power production from such 
installations is, however, small (of the order of 2.6 TWh in the five-country region). 

Factors limiting the exploitation of the technical potential of wind power 

Of necessity, the EC estimate was based on a crude, first order approach. Further 
adjustments need to be made to arrive at achievable potentials. Chief among them are 
secondary exclusions related to environmental considerations and siting problems. 

Environmental and public acceptance issues 

Experience with windfarms in California and Europe has shown that local environmental 
concerns can impede windfarm developments. This has led some analysts to conclude that 
practically available wind electricity potentials are only a small fraction of previous 
estimates. This interpretation is, however, at odds with recent research on wind farm 
acceptance issues, which shows that wind power siting has been successful when pursued 
through a sufficiently participatory process in which the diverse community interests and 
other concerns are taken into account. Below, we review some of this research. 

The various local community concerns were researched in an innovative manner by the 
Danish wind program (Danish Ministry of Energy 1987). Pilot projects showed that when 
wind sites were explored with local governments, community residents, and other 
interested parties, the number of potentially available sites dropped considerably. After 
examining the initial 209 on-shore localities with the most favorable wind regimes, the 
energy potential from these sites dropped by more than 40 percent Potential output from 
off-shore sites dropped by close to 40 percent as well. 

Valuable insights have been gained from these Danish experiments regarding what impacts 
appear to matter the most, and how they can best be minimized. Designs and 
implementation features that elicited the most favorable responses included: 

• the use of underground cables for grid connection; 

• the arrangement of on-shore turbines in clusters or other visually 
simple and therefore unobtrusive patterns; and 

• off-shore siting 5 km or more into sea to eliminate visual impacts. 
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Larger and fewer (2.5 MW) turbines were also favored over smaller (1 MW) turbines at 
greater density.30 

The Danish research also showed that off-shore siting would have the least impacts on 
other interests. The somewhat higher construction costs at these sites would be offset by 
better wind conditions. Overall, these investigations showed that a major build-up of wind 
power would, indeed, be feasible in Denmark if the necessary cooperative programs for the 
siting process were put in place. 

A similar conclusion emerges from detailed studies of the California wind development 
experience.31 Here, an initially sometimes confrontational attitude on the part of some 
residents near development sites or some representatives of the municipal government has 
given way to a semi-formal collaborative siting and community land-use planning process. 
In some instances, communities have successfully demanded payment of fees by private 
windfarm developers that finance environmental improvements of parks and other 
community assets. But even at the height of such skirmishes, public opinion polls showed 
strong support for windfarm developments (Bosley and Bosley 1992). 

The need for a national siting policy has been recognized in Holland, where a national 
advisory group was formed to ease the siting process for wind farms. The group, which 
closely worked with local authorities, succeeded in identifying land zones for 600 MW of 
initial wind power installations. 

Recent Italian demonstration programs have shown that wind power development is 
feasible even in close proximity to historic towns, so long as the community itself becomes 
a key economic stakeholder in the development 

More broadly, municipal and county governments in the U.S. and Europe are coming to 
understand that the tax revenues from windfarm investments are uniquely beneficial to 
them, since they do not require public investments in paved roads, sewage and water 
supply, or expanded school capacity — expenditures that routinely diminish the net tax 
benefit from new industrial and residential developments. As this recognition spreads, 
environmentally sensitive wind farm developments are likely to find growing acceptance 
and support among local constituencies. 

Transmission access 

A physical (or, as the case might be, economic) restriction is transmission capacity for 
shipping electricity from wind-rich regions and countries to the major urban and industrial 
load centers within Europe. An analysis by the European Wind Energy Association 
estimates that 30 percent of the environmentally feasible potential of the EC could not be 
transported by present utility grids. Because wind turbines have a comparably low capacity 
factor, building new transmission lines to transport wind electricity over large distances 
(100 km or more) is comparatively expensive. 

30 Similar preferences were expressed in the surveys reported in Thayer and Freeman (1987) and Thayer 
(1988). 

3 1 See Davidson (1992), Bosley and Bosley (1988 and 1992), Thayer and Freeman (1987), Thayer (1988), 
Throgmorton (1987). 
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This restriction may not be fundamental since the better integration of the European power 
supply market is already prompting increased investments in transmission capacity, notably 
between the wind-rich UK and the continent In the case of off-shore and other sites with 
high and steady wind speeds, the additional cost of transmission trunks can often be 
absorbed without loss of economic feasibility. 

Conventional estimates that use a national perspective and down-rate wind power potentials 
on account of regional excess production and near-term lack of transmission facilities are 
less meaningful in the context of the current study, which extends over 30 years and looks 
at Western Europe from an integrating perspective. 

Power system integration limits 

The issue of utility system operation in the presence of large contributions from non-
dispatchable, intermittent wind resources has been discussed at length in Section B above. 
National studies32 that down-rate the potential contribution of wind to small fractions of 
system load must be considered dated in view of synergisms with other renewables, shifts 
in the mix of thermal plants toward more flexible gas-fired baseload generation, better 
interregional grid integration, and the need for increased storage investments in a 
deregulated power supply market 

Achievable potential as estimated in this study 

In order to directly correlate our electricity cost estimates with resource potentials, we 
undertake an independent estimate of the resource potential based on data from the 
European wind atlas for on-shore wind zones and various national assessments of off
shore potentials. Table A. 10.9.7 shows data on land areas in the EC-5 region by wind 
speeds. 

We translate these data into electricity production potentials assuming the best current and 
best advanced technologies as described in our cost analysis above. We assume that the 
density of wind turbine installations in suitable areas is 100 m2 of swept rotor area per ha 
of land, based on typical array configurations.33 The assumed energy capture by the wind 
turbines are 28 percent and 35 percent respectively.34 

Given the above constraints on wind energy development, we estimate the achievable 
fraction of the EC-5 on-shore wind power potential using the following exclusions: 90 
percent as first-order exclusions, and 75 percent as second-order exclusions. In other 
words, the achievable on-shore potential is assumed to be only 2.5 percent of the technical 
potential. 

3 2 See, for example, the study for the FRG by von Bierbrauer et al. (1985). 

33 This figure is significantly below the density that would be obtained if arrays were tighUy packed. 

34 Manufacturer data indicate that for higher wind speed zones, capacity factors over the range of currently 
commercial turbine sizes do not vary substantially. In first approximation, the assumed capacity factor for 
each wind zone can therefore be used independent of turbine size. 
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Table A.10.9.7: Land areas by wind speeds in the EC-5 region 

Wind speed class 

France 
Germany 
Italy 
Netherlands 
UK 

Total 

Land area for each class in thousand square kilometers 

Class 1 Class 2 Class 3 Class 4 Class 5 

328 88 60 44 27 
143 135 57 14 7 
6 178 93 24 0 
0 15 14 10 2 
0 47 66 81 54 

477 463 290 173 90 

(1) Wind data adapted from ESD (1993) and European Wind Adas (Troen and Petersen 1989). 
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Results 

The results are shown in Table A. 10.9.8. The table indicates a potential of 220 TWh with 
current technology, and of 340 TWh with advanced technology. Some 160-240 TWh are 
available in the most cost-effective regions. A major portion (roughly 60 percent) of the 
cheapest resources is found in the UK. In the following discussion, we focus on potentials 
in the most favorable wind zones (European classification zone 1 = 5.5-6.5 m/s, and zone 
0 = 6.5 m/s and up). 

We next compare our simplified calculation with various corrections of the EC technical 
potential as given by Selzer (1986) in more detailed national studies. 

France 

No detailed estimates were available to us for the French wind resource. We start from 
estimates by Selzer (1986). The most windy regions are the northwestern Atlantic coast, 
the Rhone valley, and parts of the Mediterranean coast. After accounting for the various 
land use exclusions, we estimate a potential of about 50 TWh in economically attractive 
sites. 

Germany 

For the FRG, Selzer (1986) estimates a technical potential of 128 TWh onshore and 105 
TWh offshore, based on large wind turbines (100 m rotor diameter). The figures account 
for the various land use exclusions used in the EC study, which result in an exclusion of 55 
percent of the potential sites. 

A separate assessment by the German government introduced more restrictive land-use 
criteria (von Bierbrauer et al. 1985). It arrived at a technical potential of 35 TWh in the 
coastal regions, 21 TWh in the mountains, and only 9 TWh offshore, for a total of 65 
TWh. This more detailed analysis thus results in a downgrading of the onshore potential 
by 44 percent. With smaller machines, this potential further shrinks by about a third to 43 
TWh onshore, plus 6 TWh offshore. Of the onshore potential, only about a quarter or 11 
TWh are found to fall into the economically most attractive wind speed categories. 

Italy 

The best wind regions are found in Southern Italy and in Sicily and Sardinia. An estimated 
14 TWh are available from wind zone 1 sites, but additional resources are likely to be 
available from ridge and mountain areas that are not picked up by our crude area-based 
analysis. 

Netherlands 

Most of Netherlands 118 TWh of technical wind energy potential after first-order 
exclusions falls into wind zones 0 and 1. Secondary exclusions are particularly large in 
densely populated Holland. We assume the on-shore resource potential to be 12 TWh, 
with another 4 TWh available from off-shore sites. 
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United Kingdom 

The UK is endowed with an exceptionally large wind resource of 790 TWh (Grubb and 
Meyer 1993). Of this total, about 60 percent fall into economically attractive wind zones 1 
and 0, with a large potential in locations of very high wind speeds that are available only 
off-shore in other parts of Northern Europe. The off-shore potential itself is estimated to 
be 140-200 TWh (Grubb and Meyer 1993, ESD 1993). 

In estimating the achievable potential, we take into account unique transmission access 
problems, notably in remote Scotland. Our simplified area-based analysis yields a net on
shore resource of about 120 TWh, which falls within the range of 20-150 TWh indicated 
by Grubb and Meyer (1993). We add 50 TWh of resources in wind regions with the 
highest power densities. This figure is only a quarter to a third of the technical potential of 
off-shore sites. The total achievable wind resource is then close to 170 TWh. 

Iteration: logistic issues 

Given limited installed capacity and annual production to date, the maximum installed EC-5 
wind capacity in 2020 is constrained by the feasible long-term rate of growth of turbine 
production. We investigate this issue assuming a logistic growth curve with a 5 GW 
saturation limit for the period after 2020. 

We find that if the EC-5 potential of the more cost-effective wind resources (about 240 
TWh based on advanced technology) is to be realized by 2020, capacity installations need 
to grow by 37 percent per year. This growth rate has been realized over a period of years 
in the wake of new government and utility programs during the 1980s and early 1990s that 
provided strong regulatory and financial incentives (see above). There is no principal 
reason why such growth could not be achieved if regulatory and environmental policies 
continue to support the commercialization of advanced technology. Thus, logistic 
problems are less likely to be the limiting factor than policy measures. These will 
determine the fraction of the potential that will be achieved. 

For the purposes of our scenario analyses (Part 3A), we conservatively assume that the 
long-term average growth rate with such policy support is limited to 30 percent per year. 
On that basis, the logistically achievable wind power potential in 2020 becomes 65 GW, or 
200 TWh assuming advanced technology. This logistic potential is about 60 percent of the 
environmentally feasible resource potential that is available over the longer-term. 

Small versus large turbines 

Our calculations in Table A. 10.9.8 show that with current smaller turbines, the resource 
potential is about a third smaller than with advanced designs. It is therefore worth 
investigating what fraction of 2020 installed capacity would have to be supplied from 
current turbines, assuming the same logistic build-up. We assume for the purposes of this 
discussion that the transition to the larger turbines can be achieved within 15 years. 

We find that until 2010, about 50 TWh would be supplied from current technology 
installed by then. The loss in potential generation relative to advanced technology would be 
about 12 TWh in 2010. The actual logistic potential in 2020 would then be about 190 TWh 
instead of 200 TWh. This is the figure used in our scenario analyses for 2020. In later 
years, amortized smaller generators could be replaced by larger ones. 
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To minimize environmental impacts, larger medium-scale wind turbines should be 
commercialized as soon as possible. As illustrated by our delivered-cost analysis, the 
necessary accelerated investments in a transitional start-up capacity based on current 
technology should be amply repaid by the low costs offered by advanced technology. An 
accelerated development program is likely to be highly cost-effective for society (see also 
Section D below). 

Summary: Supply curve of wind power resources 

Table A. 10.9.8 shows energy production and delivered costs from wind farms for the 
technically most important wind zones. In our low cost case, wind power could cost-
effectively displace the output of about 60 large thermal central stations, or about 20 percent 
of current generation in the EC-5 region. In the high cost case, this figure falls to about 25 
large thermal plants. 

Comparison with other assessments 

Other national and European assessments yield both higher and lower figures than our 
estimates. For example, a recent FRG estimate (BOlkow et al. 1989) that calculates the 
technical-economic potential on the basis of the EC study (Selzer 1986) without taking into 
account potential further siting problems arrives at a potential of 200 TWh/yr for that 
country, significantly larger than our estimates. 

A compilation of various national and other estimates of achievable and cost-effective wind 
production (INESTENE 1988) yields a total production potential of 103 TWh for the EC-5 
countries, close to our figure for the most attractive resources at 6 m/sec and more. 

More recently, an analysis of European renewable resource potentials for DGXVII arrives 
at an on-shore technical potential estimate of 239 TWh for the EC-5 (ESD 1993). This 
figure includes the wind resource in lower-speed zones, but reflects the greater adjustments 
for grid constraints and system integration found in conventional assessments. 
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Table A. 10.9.8: Wind power 

Terrain 

European wind zone 

Roughness class 
Wind speed, 10m AGL (m/s) 
Power density (W/m2@50m) 
Hub height 
Power density (W/m2 at hub) 

France 
Germany 
Italy 
Netherlands 
UK 

Total 
Fraction 

Delivered cost 

No externalities or backup 
With backup 

With backup and externalities 

No externalities or backup 
With backup 

With backup and externalities 

potentials and costs in the EC-5 region 

i^ 
^wilh current technology 

Mountain/Off-shore/ Coast/ 
Off-shore 
ZoneO 

Class 3-5 
0/2 
>7 

700-1200 
30 
626 

7 

3 
39 

49 
0.22 

Coast Plain 
Zone 0 Zone 1 
Class 4 Class 4 

0/1 1 
6.4-7.0 5.1-6.7 
600-800 300-700 

30 30 
548 372 

14 16 
4 5 
0 9 
1 4 

28 29 

47 62 
0.21 0.28 

Inland 
Plain 

Zone 2 
Class 3 

1 
4.4-5.6 
200-400 

30 
235 

14 
13 
21 
3 
15 

66 
0.29 

All 

44 
29 
30 
11 
112 

224 
1.00 

Current Technology, Low Cost (Pf/kWh) 

7.4 
8.0 
8.2 

8.1 9.9 
8.7 10.5 
8.9 10.7 

Current Technology, High 

8.9 
9.4 
9.7 

11.5 14.5 
12.0 15.1 
12.3 15.3 

14.8 
15.4 
15.6 

Cost(Pf/kWh) 

20.3 
20.9 
21.1 

y 
/ 

With advanced technology 

Off-shore/ Off-shore/ Coast/ 
Mountain 
ZoneO 

Class 3-5 
0/2 
>7 

700-1200 
50 
800 

9 

4 
50 

63 
0.18 

Coast Plain 
Zone 0 Zone 1 

Class 4/5 Class 4 
0/1 1 

6.4-7.0 5.1-6.7 
600-800 300-700 

50 50 
700 475 

23 25 
6 8 
0 14 
2 6 
46 46 

76 99 
0.22 0.29 

Inland 
Plain 

Zone 2 
Class 3 

1 
4.4-5.6 
200-400 

50 
300 

22 
21 
34 
5 
24 

105 
0.31 

All 

70 
44 
47 
16 

166 

343 
1.00 

Advanced technology, Low Cost (Pf/kWh) 

4.6 
5.1 
5.4 

4.9 5.6 
5.5 62 
5.7 6.4 

8.3 
8.9 
9.1 

Advanced technology, High Cost (PCkWh) 

5.8 
6.4 
6.6 

6.4 7.9 
7.0 8.5 
7.2 8.7 

10.9 
11.5 
11.8 

(1) Correlation of power densities, wind speeds, and roughness classes from Troen and Petersen (1989) and Grubb and Meyer (1993) 
(2) AGL = Above ground level. 
(3) Current resource potential and costs based on 300 kW turbines (33 m rotor diameter, 30 m hub height and 
28% conversion efficiency including array losses). 
(4) Advanced resource potential and costs based on 1 MW turbines (52 m rotor diameter, 50 m hub height and 
35% conversion efficiency including array losses). 
(5) On-shore potential based on land data in Table A. 10.9.7, assuming a 90 percent first-order exclusion rate and 
a 75 percent second-order exclusion rate (96 percent combined). 
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D. SOLAR PHOTOVOLTAICS 
i . 

Photovoltaic (PV) solar cells were invented in 1954, and they successfully handled most 
power needs for the US and Soviet space programs beginning in the late 1950s. Terrestrial 
applications did not proliferate until after the 1973 oil price shock, which triggered rapid 
growth in PV consumer products, rural and other remote systems, and experimentation 
with utility PV central stations and distributed designs. 

CURRENT TECHNOLOGY STATUS 

Materials and module designs 

Depending on the candidate PV technology considered, different amounts of research and 
development remain before PV power systems can become widely used as commercial 
power sources. The major semiconductor materials under development are 

— single-crystal or polycrystalline wafers of silicon or GaAS; and 

— thin films of amorphous silicon, layered in tandem to increase 
efficiency. 

Since 1986, thin-film cells of polycrystalline copper-indium-diselenide (CuInSe2 or simply 
CIS) and cadmium telluride (CdTe) have also become the subject of intense investigation. 

Two distinct technologies have emerged: 

— flat-plate modules based either on traditional crystalline silicon sheets, 
wafers, or ribbons, or using thin films based on multi-junction 
amorphous silicon or other thin film materials; and 

— concentrator modules using crystalline silicon or gallium arsenide in 
conjunction with light-concentrating fresnel lenses. 

At present, the crystalline and amorphous silicon cells attract most of the development 
effort. 

The design strategy in flat-plate modules is to make the cell material as cheap as possible, 
since relatively large surfaces are needed. The cheapest flat-plate modules are mounted in 
fixed flat-plate arrays. More expensive systems may track die sun with one-axis or two-
axis rotation. 

Concentrating designs reduce required cell surfaces by a factor of five to 100. They can 
use more expensive cell materials since smaller active cell areas will produce equivalent 
amounts of power. At the same time, concentrating systems require some form of tracking 
device, which adds costs and complexity to the PV system. 
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For Northern and Central Europe, where typically 50 percent of the available insolation is 
in the form of diffuse light, the main technologies of interest are flat-plate arrays using 
cheap thin-film materials. Concentrator systems are highly efficient, but are best used in 
arid and desert regions such as the Southwest US or North Africa (such systems cannot 
use the diffuse portion of sunlight). 

Current electrical efficiencies 

Progress in efficiency is usually reported in terms of the cell efficiency under laboratory 
conditions, often using cells of less than 4 cm2 area. It is important to distinguish between 
individual cell efficiency, module efficiency (groups of interconnected cells with total 
module area typically greater than 1000 cm2), and system efficiency for an entire PV 
system including inverters producing alternating current 

In addition, temperatures above the test condition of 25°C will reduce cell efficiency. For 
example, best crystalline silicon cells have achieved efficiencies of 28 percent (at 500 
suns). A module based on these cells may achieve only 22 percent efficiency due to 
electrical and optical losses within the module. Wiring and inverter losses in the system 
that makes up the power plant would bring system efficiency down to 20 percent. At 
operating temperatures of 45°C, overall system efficiency would be expected to be about 18 
percent The technological performance goals of the Electric Power Research Institute 
(EPRI) and the EPRI's and the US Department of Energy are stated in terms of module 
efficiency. 

Crystalline cell efficiencies 

Starting with efficiencies of 5 percent in the early 1950s, these cells reached 15 percent 
efficiency around 1974, and 18-22 percent efficiency in most recent silicon versions. A 
record efficiency of 38 percent has been achieved under laboratory conditions. However, it 
is not clear what efficiency can ultimately brought to bear in the field. Best concentrator 
cells achieve 28-34 percent efficiency under 500 suns (Kelley 1993). 

These high efficiency cells, including the point-contact cell developed by EPRI, are made 
from very expensive float zone silicon and are designed for use in concentrator modules. 
Conventional cells manufactured from less expensive silicon stock produced in the 
Czochralski process or through ribbon growth technology achieve 14-17 percent 
efficiencies in flat-plate applications. 

Thin film cells 

A large variety of cells are currentiy under investigation. Cells based on CIS and CdTe had 
reached 16-17 percent small-area efficiencies by 1993 (Williams and Terzian 1993). These 
figures represent an impressive improvement over 1970s technology that had efficiencies of 
only 6-8 percent. At die same time, current achievements remain far below theoretically 
feasible efficiency levels, suggesting the possibility for major further improvements. 
Module efficiencies for amorphous silicon of about 8 percent had been achieved by the late 
1980s (Mitchell and Surek 1988), while best module efficiencies for CIS and CdTe 
technology had reached more than 11 percent by the early 1990s (Kelly 1993). 
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Stability and useful life 

Extensive research on the stability and reliability of PV modules has been done, for 
example, by the US Jet Propulsion Laboratory. The results from the last ten years of work 
suggest mat life expectancies in excess of 30 years can be achieved with the best crystalline 
silicon technologies, while more research is needed to achieve the same results for 
amorphous silicon and other thin film cells (Ross 1986). 

Current market applications 

Table A. 10.9.9 (taken from Maycock 1993) shows annual shipments of PV modules 1986-
1992. Table A. 10.9.10 shows shipments of photovoltaic modules by technology in 1991 
and 1992. Silicon-based technologies dominated, with about 98% of the market. Single-
crystal and poly-crystal silicon each had slightly more than 1/3 of the market, while 
amorphous silicon had about a quarter of the market 

So far, the development of the PV industry has been driven by niche markets in consumer 
products, remote applications, and special applications. In 1986 about 40 percent of the 
market was in consumer products (calculators, watches, wall clocks, radios, flashlights, 
garden lights, battery chargers, swimming pool pumps, camper cars, etc.). Another fifth 
was in telecommunication applications. Institutional applications (satellites, highway 
telephone systems, lighthouses, buoys, street signs, bus stops, billboards, corrosion 
protection of bridges and pipelines) and rural applications (lighting, water pumps, 
desalination, refrigerators, telephones, TVs) were further major markets. 

Table A. 10.9.11 (taken from Maycock 1993) shows more recent US and Japanese PV 
module shipments by market segment. Excluding exports, US off-grid industrial and 
commercial purchases had the largest share (about 31%), with off-grid residential 
applications at 28% and consumer products at 24%. Government projects and grid-
connected PVs each had about 9% of domestic US PV sales. US module shipments 
approximately doubled over the period 1987-92. 

Japan's module production is much more focused on consumer products, with about half 
of Japanese PV production allocated to these uses in 1992. Unspecified "Commercial" 
uses account for most of the rest of Japanese production, with less than 10% allocated to 
unspecified "Government" uses. PV module shipments in Japan increased by 42% from 
1987 to 1992. 

As to utility applications, several tens of MWP of larger (1 MWp or more) grid-connected 
central PV power stations have been built world-wide. Besides these central station 
applications, many smaller (20 kW to several hundred kW) demonstration on-site power 
systems have been installed in a variety of installation. 

One of the most interesting non-utility projects in recent years has been the fully PV-
powered factory of Solarex Co, a major PV manufacturer in the US. The plant combines 
very efficient building insulation (k-values of less than 0.2 W/m2/°C) and lighting systems 
with battery storage for the PV-generated electricity, and an emergency diesel generator for 
back-up. The PV supply system for the factory has proven more reliable than the power 
supply from the local utility. 

PV-powered houses have been constructed for demonstration and monitoring purposes 
both in Northern and Central Europe and the US. In some cases, PV applications were 
cost-effective alternatives to grid extensions. 
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Table A.10.9.9: Photovoltaic module shipments by country 

1986 
1987 
1988 
1989 
1990 
1991 
1992 

Total growth 1986-92 
Growth/year 1986-92 

1986 
1987 
1988 
1989 
1990 
1991 
1992 

US 
7.1 
8.7 
11.3 
14.1 
14.8 
17.1 
18.1 

155% 
17% 

MW 
Japan Europe 

12.6 4.0 
13.2 4.5 
12.8 6.7 
14.2 7.9 
16.8 10.2 
19.9 13.4 
18.8 16.4 

49% 310% 
7% 27% 

ROW 
2.3 
2.8 
3.0 
4.0 
4.7 
5.0 
4.6 

100% 
12% 

% of total 
27.3% 
29.8% 
33.4% 
35.1% 
31.8% 
30.9% 
31.3% 

48.5% 15.4% 
45.2% 15.4% 
37.9% 19.8% 
35.3% 19.7% 
36.1% 21.9% 
35.9% 24.2% 
32.5% 28.3% 

8.8% 
9.6% 
8.9% 
10.0% 
10.1% 
9.0% 
7.9% 

Total 
26.0 
29.2 
33.8 
40.2 
46.5 
55.4 
57.9 

123% 
14% 

100% 
100% 
100% 
100% 
100% 
100% 
100% 

(1) Shipments are those for consumer and commercial applications. 
(2) ROW = Rest of World 
(3) Source: Maycock (1993). 
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Table A.10.9.10: World photovoltaic module shipments by technology 

Amorphous silicon 
Indoor 

Terrestrial 

Single crystal 

Polycrystal 

Cadmium Telluride 

Ribbon 

Concentrator 

Total 

1991 Shipments 
MW % 

13.7 24.8% 
8.3 15.1% 
5.4 9.8% 

19.7 35.6% 

20.9 37.7% 

0.8 1.4% 

0.20 0.4% 

0.04 0.1% 

55.4 100% 

1992 Shipments 
MW 

14.8 
8.7 
6.1 

21.5 

20.2 

1 

0.30 

0.10 

57.9 

% 

25.6% 
15.0% 
10.5% 

37.1% 

34.9% 

1.7% 

0.5% 

0.2% 

100% 

(1) Shipments are those for consumer and commercial applications. 
(2) Source: Maycock (1993). 
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Table A.10.9.11: US and Japanese photovoltaic module shipments by market segment 

US market segment 

Grid-connected 
Central station 1MW+ 
Exports 
Off-grid residential 
Government projects 
Off-grid industrial and commercial 
Consumer products (<10 W) 

Total 

Japanese market segment 

Consumer products (<5 W) 
Commercial 
Government 

Total 

1987 

0.2 
— 

4.7 
\5 

0.05 
1.6 
0.6 

8.7 

1987 

8.7 
3.5 
1.0 

13.2 

1988 

0.6 
— 

5.6 
2.2 
0.2 
2.0 
0.8 

11.4 

1988 

8.6 
3.7 
0.5 

12.8 

MW 
1989 

0.4 
— 

5.9 
2.5 
0.5 
2.3 
2.5 

14.1 

1990 

0.4 
— 

6.4 
2.8 
0.5 
2.5 
2.2 

14.8 

MW 
1989 

9.1 
4.5 
0.6 

14.2 

1990 

9.4 
6.4 
1.0 

16.8 

1991 

0.2 
~ 

9.0 
2.6 
0.5 
2.4 
2.4 

17.1 

1991 

9.6 
9.0 
1.2 

19.8 

1992 

0.8 
— 

9.2 
2.6 
0.8 
2.9 
2.2 

18.5 

1992 

9.3 
8.0 
1.5 

18.8 

Ratio 
1992/1987 

4.00 
N/A 
1.96 
1.73 
16.00 
1.81 
3.67 

2.14 

Ratio 
1992/1987 

1.07 
2.29 
1.50 

1.42 

(1) Shipments are those for consumer and commercial applications. 
(2) ROW = Rest of World 
(3) Source: Maycock (1993). 
(4) US exports in 1992 include 2 MW shipped as cells. 
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CURRENT PV MODULE AND SYSTEM COSTS 

The major cost components for a pv system are the cost of the cell material, the production 
process required for making ready-to-ship encapsulated modules and arrays (wafer 
production, cell fabrication, encapsulation, and array mounting on frames), and the cost of 
the balance of the system (BOS costs). BOS costs are usually divided into area-related and 
power-related costs. The former include mounting and connecting the pv unit, the latter 
mainly consists of the cost of power conditioning. 

Both module and BOS costs can be expressed in DM/m2 and in DM/WP or on a levelized 
basis in Pf/kWh. For illustrative purposes, we convert DM/m2 into DM/WP assuming an 
insolation of 1000 W/m2 and a system efficiency of 10 percent. Costs in DM/WP are then 
obtained by dividing costs in DM/m2 by 100. 

Charges for overhead, start-up, and spare parts are typically incorporated into project 
calculations as an indirect cost factor applied to capital costs. 

Cost of conventional silicon-based modules 

The first fully automated, computer-controlled manufacturing plant for silicon cells was 
built by Hoxan research labs in Japan (Maeda et al. 1986). Since then, other companies 
have followed suit. The production cost for traditional, wafer or ribbon silicon solar cells 
in the factory has been reduced by about a factor of 5, from $20/Wp in 1973 to $3-4/Wp by 
about 1990 (Kelly 1993). 

Of the total module production cost, about 40 percent is for the silicon wafer, another 40 
percent for cell processing, and 20 percent for encapsulation. These manufacturing costs 
do not include mark-ups for marketing, distribution, transport, and profit. For small 
orders, e.g. in residential applications, module costs are about twice as high per watt. 

Cost of modules based on thin film materials 

Materials such as amorphous silicon, CIS and CdTe allow efficient capture of tight with 
cell thicknesses of the order of one micron, compared to about 200-300 micron for the 
traditional Czochralski process of sawed waifers from single crystals, and to about 20-50 
micron for the dendritic web process. As a result, the cost of active cell materials is only 
20-25 percent of module costs, compared to 40 percent with crystalline cells. Encapsulants 
and frames become dominant thus defining cost reduction limits. The Solarex prototype 
automated factory suggests manufacturing prices of 1.2 $/Wp for a module efficiency of 10 
percent and at a scale of 1.5 MW per year. 

Balance-of-system costs 

Area-related balance-of-system costs 

The cost of structures has fallen significantly as engineering experience has accumulated. 
Costs also differ by the type of installation (stand-alone versus rooftop). 
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The significant difference between installed system costs including BOS components and 
manufacturer module costs is illustrated, among other things, by the European PV power 
system demonstration projects of the early 1980s. Their average cost was about 21 
ECU/WP ($24/Wp or 48 DM/WP).

35 Similarly, the Solarex PV-powered factory was built 
for$19/Wp. 

Major portions of these costs were due to items other than modules. The high area-related 
BOS costs implied in these figures reflect the teething problems encountered in early 
applications of new technologies. In subsequent installations during the later 1980s, costs 
for independently erected systems were in the neighborhood of 400-500 $/m2. 

Much lower area-related BOS costs have been realized in the field in more recent 
demonstrations. Field experience with a US government/utility cooperative venture during 
the late 1980s yielded costs of 130 $/m2 for small (16-20 kW) stand-alone systems (Kelly 
1993). Indeed, a 400 kW system built as part of the same U.S. venture achieved costs of 
only 35 $/m2. Similarly, three prototype installations monitored by the Florida Solar 
Energy Center found area-related costs of about $80-150/m2 (Ventre and Atmaram 1986). 

Still lower costs are feasible in distributed installations on rooftop and elsewhere in the built 
environment. Field demonstration projects in the U.S. suggest that the same range of 30-
50 $/m2 (in 1989 $) are achievable with standard practices. 

Power-related balance-of-system costs 

Though inverter and control systems cost typically 400-1000 $/kW in systems installed 
during the early 1980s, prices have been declining significantly. The above-mentioned 
three prototype installations monitored by the Florida Solar Energy Center found power 
conditioning costs of about $100-160/kW (Ventre and Atmaram 1986). 

Indirect costs 

Overhead charges other than interest during construction include project planning and 
design, site preparation, licensing and permitting, etc. These costs have been found to be 
as little as 5-10 percent for some utility PV plants, but are substantially higher (50-100 
percent) for distributed residential plants, due to the mark-ups involved in the wholesale-
retail-installation chain. 

PV POWER PLANT EXPERIENCE 

Capacity factor and availability 

As with wind power, the capacity factor is primarily determined by the variability of the 
renewable energy flux at each site, and secondarily reflects availability factors. For sites in 
California, demonstration plants have achieved annual average capacity factors of 23-28 
percent Capacity factors during the afternoon periods of the summer months have reached 

35 ECU = European Currency Unit = $1.13 U.S. at exchange rates prevailing in November 1993. 
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up to 95 percent, leading to excellent coincidence between solar generation and summer 
peak demand (EPRI 1988). 

Overall, the start-up problems with PV power plants were much less than those with wind 
generators, reflecting the paucity of moving parts in PV installations. Most failures were 
related to power conditioning equipment. Experience to date with the large PV plants has 
been favorable, with plant availabilities reaching 92-97 percent after initial shakedown 
(EPRI 1988), in spite of difficulties with inverters. The failure rates of power electronics 
have been greatly reduced in recent years. 

Operating and maintenance costs 

Data from US utility installations have been evaluated by the Electric Power Research 
Institute (Schaefer 1988b, EPRI 1989b), which found that newer PV systems have O&M 
costs (excluding insurance) of 0.5 cents/kWh or less. One US demonstration plant 
achieved O&M costs as low as 0.17 cents/kWh (excluding insurance costs). Further cost 
reductions are foreseen as the experience with this generation of equipment is incorporated 
into future designs. 

TECHNOLOGICAL OPTIONS FOR MAJOR COST REDUCTIONS 

Performance targets for electric utility applications 

By about 1983, PV research and experimentation had brought into focus the need for 
higher cell efficiencies to offset the BOS costs, which typically account for half of the total 
power plant cost. Recognition of the importance of BOS costs led to a redefinition of the 
cost and performance targets that could make PV electricity competitive with conventional 
central stations. 

At the time, the US Electric Power Research Institute (EPRI) found that PV modules with 
efficiencies of 15 percent or more (cell efficiencies of 18 percent or more) would be 
required at a system cost of less than $0.50 per Watt of rated power to produce electricity at 
competitive cost in various US locations (Taylor 1983)36 Similar cost and performance 
goals were developed by the US Department of Energy (Mitchell and Surek 1988) and by 
European PV researchers (Luque 1986). Other technological targets that were spelled out 
included: lifetimes of 30 years for modules, automated high output, high quality mass 
production, and further reduction of BOS costs through better design. 

Throughout the 1980s, pronouncements regarding the attainability of these technological 
targets grew increasingly optimistic, not only from the research and development 
community (see, e.g. Adler 1986, Carlson 1989, and Hubbard 1989), but from within the 
utility industry as well (DeMeo and Taylor 1984, Schaefer 1988a). Since then, cost and 
performance goals have become more ambitious, on account of new technological 
developments. 

3 6 The EPRI study assumed an allowable cost of about 6 cents/kWh in constant 1982 dollars. 
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Future cost of flat-plate module fabrication 

Modules based on crystalline silicon 

Cost reductions so far have been pursued in a variety of ways, including making the silicon 
wafers thinner, enlarging the area of each individual cell, using polycrystalline wafers 
instead of single crystals, drawing thin ribbons from the melt to eliminate sawing losses, 
utilizing screen printing techniques for attaching the metal contacts to the cells, and 
integrating production processes to reduce the number of manufacturing steps. Here, an 
important further option is automation of the assembly of cells into modules, which 
currently is still labor-intensive and based on batch processes. 

With optimized application of present manufacturing technology in a 25 MW/year plant, 
costs for producing traditional silicon cells of 15 percent efficiency are widely projected to 
come down by more than half to $300/m2 for the Czochralski process and to about 
$200/m2 for the dendritic web process. With these higher efficiencies, these figures 
translate into roughly $2/Wp and 1.4 $/Wp for the module, respectively. If cell efficiency 
can be increased to 20 percent, these figures drop to 1 $/Wp for the web process (Kelly 
1993). 

Though this significant reduction is not sufficient to achieve the less than $0.5/Wp required 
for competitiveness in electricity markets, novel designs based on sheets with embedded 
spheres of low-grade, cheap silicon may offer a new low-cost route for further 
development of crystalline silicon PVs. 

Modules based on thin film materials 

Current efforts to reduce flat-plate module costs are focused on thin-film materials, 
including amorphous silicon, very thin crystalline silicon sheets, and thin films of the 
newer materials. All three of the currently commercial or near-commercial thin film 
materials can be direcUy deposited onto a glass substrate in a continuous process, rather 
than in the batch process used for crystalline silicon cells. However, amorphous silicon 
requires vacuum deposition, which limits economies of scale to about 1 million m2 of 
annual production, or about 15 MW at a cell efficiency of 15 percent 

Major cost reductions are thought to be feasible through a combination of higher-efficiency 
amorphous modules, reduced depreciation costs for factories as the technology matures, 
and economies of scale for plants with ten times the capacity of current production facilities 
(i.e. 100 MWp per year instead of 10 MWp per year). 

All three of the currently commercial or near-commercial thin film materials can be directly 
deposited onto a glass substrate in a continuous process, rather than in the batch process 
used for crystalline silicon cells. With commercialization of CIS and CdTe, thin films can 
be applied to glass plates without the vacuum process, and in principle, a glass factory 
(with much larger minimum economic scale) could be integrated with the cell 
manufacturing process (Carlson 1989, Carlson and Wagner 1993). 

With these approaches, costs are estimated to drop to about 50 $/m2 or 0.35-0.5 $/Wp for a 
module efficiency of 10-15 percent Other novel designs based on dye-sensitive mm or 
silicon spheres may also offer low-cost routes for further PV development 
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Future cost of concentrator modules 

Concentrator systems hold out a greater promise of cost reductions than flat-plate systems 
using crystalline silicon cells. Here, one-axis tracking systems with 20 percent efficient 
cells are projected to reach a cost goal of 60 $/m2 in the longer-term, compared to 160 $/m2 

in prototype production plants. Improvements are based on better cell efficiency and better 
optical efficiency of the tight-concentrating fresnel lenses. 

With two-axis tracking designs, efficiencies of 35 percent are being targeted, using stacked 
cell designs. It is estimated that this technology could achieve module costs of $150/m2 or 
about 0.4 $/Wp (Kelly 1993). 

Future balance-of-system costs 

Area-related BOS costs 

Current balance of system costs are already much closer to the above-mentioned targets, 
both for on-site installation and for utility central stations. For larger systems in the several 
hundred kW range, a series of conceptual design studies done during the 1980s indicates 
area-related BOS costs in the 33-90 $/m2 range. Ogden and Williams (1989), suggested 
that area-related BOS costs could be lowered to $33/m2 by using larger, prefabricated 
arrays (about 4 ft x 8 ft) with fewer electrical connections and higher output voltage (which 
reduces wiring costs). 

A range of 30-50 $/m2is now considered realistic for independently erected flat plate 
systems of the several hundred kW size, equivalent to 0.3-0.5 $/Wp. BOS costs for two-
axis concentrator plants are expected to fall to 100 $/m2 (Kelly 1993). 

The costs of mounting PV systems can be reduced considerably if modules are supported 
on rooftops or other structures that exist for other purposes. Incremental costs of as little 
as 10-15 $/m2 have been claimed for innovative techniques for integrating modules into 
roof tiling systems. 

Similarly, photovoltaic cells may be integrated with solar collectors for space and hot water 
heating, by putting the cells onto a substrate of plastic that is mounted in thermal contact 
with the collector body. In that case, the cost of mounting can be shared with the collector 
system. 

Power-related balance-of-system costs 

Because power electronics continues to fall in price, inverter costs for PV plants are 
expected to fall rapidly as markets develop. A cost of no more than 100 $/kW is expected 
once module production reaches 50 MW per year (Kelly 1993). At that cost, power 
conditioning contributes about 0.1 $/Wp for a system with 10 percent efficiency. 

Summary 

Despite currently high costs, there is wide agreement among experts in the PV field that 
with an adequate R&D effort, factory-gate prices of $50/m2 for flat-plate modules, $40/m2 

for area-related BOS costs, and $10/m2 for power-related costs can be achieved over the 
next 10 to 20 years. 
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TIME HORIZON FOR REALIZING COST REDUCTION GOALS 

The experience curve concept 

The history of cost and performance advances in the PV industry can be described on the 
basis of an adaptation of the learning curve concept, the so-called experience curve 
(Williams and Terzian 1993). The experience curve is an exponential equation that captures 
the phenomenon observed in many manufacturing industries, according to which costs 
decline typically 20-30 percent every time total production experience doubles. This 
percentage is also referred to as the progress ratio. Application of the experience curve 
concept to PVs suggests itself because a good long-term record is available for past 
experience (starting in the 1960s), and feasible future technological improvements can be 
described in a fairly detailed manner. 

Assuming that this progress ratio can be maintained or improved in the coming years, one 
can calculate the total cumulative production experience needed to achieve any given cost 
target (expressed in $/m2 of module area, or in $/kWp or $/Wp). For a given scenario of 
growth in production and sales, it is then possible to calculate the approximate time horizon 
by which a given cost target might be realized. 

Actual developments to date: growth of sales, PV experience curve, and 
progress ratio 

Between 1973/74 and 1992 over 350 Megawatts peak (MWp) of photovoltaic devices had 
been produced world-wide. The world-wide power capacity produced in 1992 was 58 
MWp, which represents a 500-fold increase in market size over 1973/74 levels and growth 
rates in sales of roughly forty percent annually. The growth in sales of PV modules was an 
average of 70 percent per year between 1976 and 1983, but then dropped to a more modest 
16 percent per year. Recent annual industry sales approached $300 million, while 
cumulative sales to date are around $2 billion. 

As documented by Williams and Terzian (1993), the progress ratio in PV technology and 
selling price was 81.6 percent between 1976 and 1992, with experience in the previous 
decade corresponding to a progress ratio of 80 percent. Figure A. 10.9.2 shows the trend 
curve. 

Scenario exploration 

Williams and Terzian (1993) calculate the time horizon for reaching the $50/m2 goal for 15 
percent efficient modules assuming that production experience develops along a logistic 
curve (S-curve). In a business-as-usual scenario, world-wide sales initially grow as in 
recent years, i.e., 15 percent per year. In an accelerated development scenario, sales 
initially grow at the average rate observed over the longer term, i.e., 35 percent per year. 
In both cases, annual sales saturate at a level of 50 GWp per year. Average growth rates 
between 1995 and 2020 are 17 and 30 percent respectively. 

In early years, installations are limited to the most favorable sites in those two thirds of the 
world with lower latitudes. Also, distributed installations are emphasized, due to their 
potential to earn substantial system-level benefits in the areas of reliability and transmission 
and distribution investments and maintenance costs. 
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Assumptions about the progress ratio are similarly structured. In the business-as-usual 
case, the ratio is 80 percent, equivalent to historical performance. In the accelerated 
development scenario, it is 75 percent, similar to average performance in a wide range of 
technology- and R&D-intensive manufacturing industries. 

With these assumptions, the following results are obtained: 

• With a 75 percent progress ratio, the cost goal can be achieved after a 
cumulative experience of 100 GWp. Assuming the growth of sales as 
projected in the accelerated development scenario, this level of 
experience is reached around 2010. 

• With an 80 percent progress ratio, the cost goal is achieved after a 
cumulative production experience of 500 GWP. Assuming the growth 
of sales as projected in the accelerated development scenario, this level 
of experience is reached only after 2020. 

• The cumulative production experience by 2020 is vastly different in 
the business-as-usual scenario and in the accelerated development 
scenario: 25 GWp versus 400 GWp. 

The last bullet implies that the conventional strategy of developing PV technology through 
niche markets in remote applications and consumer products (i.e., based on a much lower 
growth in sales) is not sufficient for achieving the module cost target within the 1995-2020 
time frame. 

The time required for cost-competitive PV technology shortens, however, if the system 
benefits of distributed PV installations are taken into account. In that case, even a 
conservative 80 percent progress ratio is found to yield cost-competitive PV power by 
about 2003 (accelerated development scenario). With these system-level credits and the 
same 80 percent progress ratio, Terzian and Williams (1993) find that even the much 
slower rate of growth in sales of the business-as-usual scenario is sufficient to achieve 
cost-competitiveness by about 2010. 

R&D requirements and benefit/cost ratios 

Williams and Terzian (1993) show that if OECD countries were to increase their annual 
R&D spending for PVs three- to nine-fold for a period of years, and for progress ratios 
ranging from 75 percent to 81.6 percent, the benefit/cost ratio of an accelerated 
development scenario ranges from 3 to 19 in the 1995-2020 period. This is a very 
favorable range of results. By comparison, costs exceed the net present value of benefits 
for a business-as-usual, niche-market based strategy. Given that 1991 R&D expenditures 
on PVs represented only 0.2 percent of total energy R&D in OECD countries, a three- to 
nine-fold increase in such spending would not crowd out other promising technology 
options. 

In the IPSEP study, it is assumed that OECD governments adopt the necessary market 
creation policies for an accelerated growth in sales. It is further assumed that the increase 
in R&D expenditures proposed by Williams and Terzian will be sufficient to maintain at 
least an 80 percent progress ratio (high case), and at best a 75 percent progress ratio flow 
case). The busbar costs for Western and Southern Europe that result under these 
assumptions are developed below. 
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TECHNICAL POTENTIAL OF PHOTOVOLTAIC POWER PRODUCTION 

The amount of power that could be produced from solar cells in the EC-5 is simply 
proportional to the surface area on which PV modules are installed and to the available 
insolation. Apart from costs and the near-term build-up of manufacturing capacity, land 
use, and utility grid integration issues need to be considered in estimating the year 2020 
potential of PV power production in the European Union. 

Impact of latitude and climate 

Cloudiness of climate is important in PV power generation, but less of a limiting factor than 
in solar-thermal generation. Photovoltaic cells can make use of both diffuse daylight and 
direct sunlight. PV economics is therefore shaped by the total level of available direct plus 
diffuse insolation.37 Average insolation levels per square meter of horizontal surface range 
from about 1800 kWh/year in Southern Europe to 1100-1200 kWh/m^year in Northern 
and Central Europe (Table A. 10.9.12). 

Insofar as initial installations would likely be targeted at only the best sites in both regions, 
it is important to note that these averages are significantly exceeded in certain areas. In 
Southern Europe, sites with more than 2000 kWh/m2-year can be found, and in Western 
Europe, a number of areas offer insolation levels of 1500 kWh/m2-year. 

Potential PV production in 2020 under logistic constraints 

The concept of a technical potential is particularly ill-defined when referring to PV 
technology, since PVs are not resource limited in the conventional sense. The PV potential 
is limited only by how quickly and how cheaply the cells can be produced. 

Furthermore, there is not necessarily a direct link between PV production in different 
OECD countries and domestic installations in those countries. Some OECD countries 
could end up being net importers while others are net exporters. Thus, Europe could install 
more or less than domestic production in EC sites. 

To arrive at approximate figures, we adopt here the 1995-2020 accelerated development 
scenario of Williams and Terzian (1993). We assume that EC PV production grows at the 
global average rate of 35 percent per year implied in that scenario and thus maintains its 
current share of about 30 percent of global sales. We then calculate the year 2020 PV 
potential in the EC-5 based on two considerations. First, we assume that year 2020 
installations in the EC-5 regions will at most be equal to total cumulative PV production in 
Europe. Second, we limit the share of electricity output from PVs to a third of electricity 
consumption in each region, to take account of system integration issues.38 

37 The lower insolation level in Northern and Central Europe compared to Southern Europe could largely 
be offset with tracking devices, but this approach would result in additional costs. 

38 The transmission of PV electricity over large distances could be prohibitively expensive if the 
transmission line is not shared for other loads, due to the low capacity factor of PV systems. 
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Table A.10.9.12: Insolation of flat-plate collectors 
tilted at the latitude angle, at alternative european 

Location 

Faro, Portugal 
Trapani, Italy 
Nice, France 
Madrid, Spain 
Athinai, Greece 
Rome, Italy 
Davos, Switzerland 
Innsbruck, Austria 
Bratislava, Slovakia 
Paris, France 
Stockholm, Sweden 
Kolobrzeg, Poland 
Kilkenny, Ireland 
Oostende, Belgium 
Hojbakkegard, Denmark 
Berlin, Germany 
Cambridge, UK 
Groningen, Denmark 

Latitude 
(°North) 

37° r 
37° 55' 
43° 39' 
40° 27' 
37° 58' 
41° 48' 
46° 48' 
47° 16' 
48° 10' 
48° 46' 
59° 21' 
54° 11' 
52° 40' 
51° 12' 
55° 40' 
52° 28' 
52° 13' 
53° 8' 

sites 

Insolation 
(kWh/m2/year) 

2049 
1954 
1823 
1804 
1768 
1720 
1574 
1432 
1289 
1227 
1176 
1176 
1169 
1165 
1143 
1110 
1056 
1092 

Source: Page etal. (1989) 
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Based on an estimated European annual production of 28 MW« in 1995, EC manufacturers 
would have produced about 116 GW of PV capacity by 2020. Total output from that 
capacity would be 200 TWh if installed at Southern European sites with favorable (roughly 
1800 kWh/m2) insolation. The share of EC-5 power consumption that occurs in regions 
with such favorable insolation levels is an estimated 300 TWh in the year 2020. If PV 
generation is to remain limited to no more than 33 percent of total regional consumption, 
the technical potential for such generation in Southern sites in the EC-5 can be estimated to 
be about 100 TWh, or only half of what could be produced if all manufactured PV capacity 
was installed there. 

Given that at most half of the European manufacturing output of 116 GW is installed in 
Southern regions, we assume that the remaining 58 GW will be installed in Western 
Europe at sites that are less favorable. To minimize costs, these sites would be targeted 
toward sites with high avoided T&D costs, and would thus be dispersed throughout 
Western Europe. On average, these sites would produce a third less power, so that the 
electricity output from these further installations would be only about 60 TWh. The 
combined Southern and Western European achievable potential for PV generation in 2020 
is then 160 TWh. 

Land requirements 

The total land requirements for PVs are unlikely to be a constraint at the levels of system 
penetration considered in this study. In dispersed applications, PV modules can be placed 
on roofs and will not take up any additional land. In centralized utility applications, land 
will need to be set aside for PV power plants. 

Suppose that system integration issues were to limit the contribution of PVs to one-third of 
electricity consumption. To produce one-third of the electricity that was consumed in 1985 
in EC-5 Europe (350 TWh) from PVs would require a collector area of about 2000 km2 

and a land area of 4000 km2 in central-station configurations.39 This area is less than 0.5% 
of the area of France and Italy combined. As another comparison, the land area of 
industrial sites and yards amounts to 11,000 km2 in the FRG alone. Overall, industrial 
sites in the EC-5 region are ten times as large as the above level of generation would 
require. Once a mix of rooftop installations and central stations is considered, land 
requirements become even less significant. 

Utility system integration 

As discussed in Section B above, the large-scale integration of photovoltaic electricity 
production into the utility system may require suitable storage technologies and other 
electricity sources to match the system load curve to actual demand by the hour, the day, 
and the season. At an individual site, changes in cloud cover can trigger significant and 
rapid changes in the output from PV power plants. Fortunately much of this variability 
would be smoothed out if PV plants are dispersed over wider geographic regions and 
integrated into the central grid (Mintzer 1983). 

39 Assuming Northern/Central European insolation levels, system efficiencies of 14 percent, 2 m2 land 
area per 1 m* of collector area, and 100% of PVs installed in centralized utility applications. 
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Integration of solar and wind resources could provide some seasonal balance in the larger 
grids since winds are often strongest during cloudy weather and in the winter season, 
especially in Northern and Central Europe. Nevertheless, significant impacts on local 
distribution networks can occur. For further compensation, fuel cells would be particularly 
suitable. This technology is favored on account of its cogeneration capability and low 
emissions (see Part 3C). In addition, storage hydro capacity can provide low-cost 
compensation. 

System benefits from strategic installation of distributed PV systems 

If PV systems are strategically installed within substation feeders that experience increased 
outage problems and require upgrade investments soon, the economic benefits of PV 
investments are significandy larger than those available at sites chosen without regard to the 
details of distribution grid investment needs. In these instances, credits for avoided T&D 
capacity, reactive power losses, kVAR support, and O&M costs, as well as credits for 
deferred transformer upgrades, are significantly larger than in average situations. 

Shugar (1990) finds for the Kerman substation of PG&E's system that if the full range of 
benefits including the difficult to quantify outage costs for customers are taken into 
account, PV electricity costs as projected for 1995 would be matched by the sum of all PV 
system benefits. All in all, system level benefits other than energy and capacity credits 
would offset as much as 64 percent of the costs of the PV system. About thirty percentage 
points are from avoided customer outage losses due to faster re-establishment of service in 
the feeder. Even if these "soft" benefits are discounted, a cost reduction of roughly 35 
percent remains. 

Such a system level credit would be sufficient to make distributed PV installations in the 
EC-5 region cost-competitive with fossil-based thermal central stations. PG&E's field 
demonstration in California suggests that in targeted installations, distributed savings could 
be as high as DM 400/kW-year when customer outage costs are included, or about DM 
180/kW-year when outage costs are neglected. 

DELIVERED ELECTRICITY COSTS FROM PVS 

Our calculations of delivered electricity costs are based on the following systems and 
technologies: 

— present technology costs for crystalline cells and flat plate or 
concentrator plants built as stand-alone (central station) utility 
installations; 

— future technology costs in 2005/2010, based on progress ratios of 80 
and 75 percent respectively and on the accelerated development 
scenario for PV sales. Here, we examine flat-plate systems based on 
thin film technology in either utility or rooftop installations, and 
concentrator systems built as utility plants. 

Separate calculations are performed for Southern European and Western European sites, 
and costs are shown both with and without system level corrections. As always, the 
exchange rate is based on purchasing power parity: 1 US $ = 2 DM = 1 ECU. 
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Assumptions 

We calculate delivered costs from central station PV generation assuming flat plate module 
efficiency of 15 percent for all technology vintages and cost cases. For concentrators, we 
assume a module efficiency of 10 percent for base year prototypes, 25 percent in the high 
case, and 35 percent in the low case. 

The efficiency of the BOS components including temperature corrections and power 
conditioning losses is 77 percent for current technology, and 81.2 percent for future 
technology. 

By 2010, module costs for flat-plate systems reach $100/m2 (200 DM/m2) in the high case, 
consistent with the accelerated global development scenario analyzed by Williams and 
Terzian (1993) and an 80 percent progress ratio. In the low case, the same scenario results 
in a cost of $50/m2 (100 DM/m2) due to a more favorable progress ratio of 75 percent. 
Corresponding data for concentrator systems are taken from Kelly (1993). 

The cost category equivalent to costs for engineering, start-up, inventory, land, etc. that is 
found in the EPRI procedure for conventional power plants is represented in our 
calculations for PVs by an indirect cost factor. This factor is 20 percent for central station 
(utility) plants in the MW scale, and 50 percent for distributed rooftop installations. The 
higher indirect costs for the latter type of system reflects the mark-ups in the retail-
installation chain. 

Operating and maintenance costs are based on recent experience with prototypes, and on 
the projections in Kelly (1993) for values that can be realized with best components after 
eliminating design faults for power conditioning equipment. We use a cost of $0.32/m2-
year, plus 0.5 percent of capital costs for insurance. 

Treatment of R&D expenditures and cost variations over time 

If the installation of PV systems in the EC-5 region were to begin only once the cost targets 
of the accelerated development scenario have been reached, such investments would mainly 
occur after 2010. For logistic reasons, this delay would probably prevent the realization of 
the full year 2020 technical potential as calculated above, since much larger growth rates 
would be needed to make up for lost time. 

If, on the other hand, installations in the EC-region grow as projected sales do in the 
accelerated development scenario, early installations will have to be realized at substantially 
higher costs than conventional power generation. Williams and Terzian (1993) estimate 
that on a net present value basis, these initially higher costs are far outweighed by the 
longer-term global economic benefits of cheap PV electricity in the period until 2020, and 
show this relationship to be robust over a wide range of assumptions. Because of this 
relationship, we neglect the transitional subsidies and R&D expenditures in our year 2020 
delivered-cost calculations. 

Back-up costs 

As explained in Section B of this report, we convert the cost of intermittent PV production 
into a baseload equivalent cost by adding a correction for the capital cost of the back-up 
plants that would be needed to supplement intermittent PV output As a second correction, 
we apply siting flexibility and modularity credits that arise from the favorable scale 
economies of PV technology. 
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As discussed in Section B, the back-up cost varies with the Effective Load Carrying 
Capability (ELCC). In our delivered cost calculations, we use an Effective Load Carrying 
Capability value of 50 percent of PV rated capacity for summer peaking utilities (assumed 
to apply in Southern Europe) and of 10 percent for winter peaking utilities (Northern and 
Central Europe). For these values, back-up costs are zero and 0.5 Pf/kWh, respectively.40 

Siting flexibility credits 

In the case of central station applications, we assume that PVs earn siting flexibility and 
modularity credits of 400 DM/kW at large penetration levels. In the case of distributed 
applications, these credits double to 800 DM/kW. The latter figure translates into a 
levelized credit of 3.2 Pf/kWh, comparable to the transmission and distribution credit 
applied to demand-side efficiency resources (see Part 3B). 

At low (less than 5 percent) PV penetration levels, much larger benefits may apply. Given 
that distributed PV units can also defer substation investments, provide voltage support 
reduce service requirements for voltage regulators, reduce reactive power losses, and 
increase the reliability of customer service, the credits assumed here are likely to be 
conservative. The experimental demonstration by Pacific Gas and Electric Co. in 
California (Shugar 1990, see Section A above) suggests a value roughly three times higher 
under optimal conditions (see Section B above). Our figure should thus be reasonable for 
average conditions that are likely to prevail once PV systems have reached significant 
penetration levels. 

Externality costs 

Externality costs are from Table A.10.9.4. Photovoltaics earn an almost perfect score 
under the New York point system and show the lowest externality cost (about 0.01-0.05 
Pf/kW). 

Results for Southern Europe 

In Southern Europe (Table A. 10.9.13), many sites offer annual insolation levels of 1800 
kWh/m2 or more. In these sites, a capacity factor of at least 19-20 percent can be achieved. 
Given the generally good coincidence with afternoon summer peaks in utility loads, a 
conservative 50% ELCC is assumed. 

The cost of PV electricity (including back-up and externalities) using these assumptions is 
competitive for the low module cost estimates (8.0-8.3 Pf/kWh for flat plates). Costs 
remain relatively high when a lower progress ratio is assumed (high case). 

With our highly conservative cost credits for distributed systems, central station 
configurations and rooftop systems have comparable costs. The higher installed capital 
costs of distributed systems are roughly canceled by their more substantial system cost 
credits. Furthermore, our calculations suggest that projected costs for flat-plate systems 
allow more favorable generating costs than those for concentrator modules. 

4 0 The formula in Appendix A.10.4 (Part 3C) for calculating back-up costs yields a backup credit when 
PV output is highly coincident with utility system peak demand (i.e., for higher ELCC%s). We ignore 
such credits in our calculations, and assign a zero backup cost to PVs with higher ELCCs. 
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Table A.10.9.13: Delivered costs of electricity from photovoltaic systems in Southern Europe 

PHYSICAL PARAMETERS 
Collector Type 
Cell material 
System type 
System size (kW) 
Lifetime (Years) 
Lead Time (Years) 

Peak insolation (kW/m2) 
Annual average insolation (kWh/m2) 
Capacity Factor 

Cumulative module production (OWp) 
Progress ratio 
Module Efficiency 
BOS Efficiency incl. temp. & power cond. 
System Efficiency 
Manufacturing scale (GWp/yi) 

COSTS 
Capital Recovery Factor 
Capital Cost 

Module & cell cost (DM/m2) 
BOS area related (DM/m2) 

BOS power related (DM/m2) 
Indirect cost factor (excl. interest) 

Capital Cost (DM/kW) 
Module & cell cost 

BOS area related 
BOS power related 

Cap Cost Including Interest (DM/kW) 
Modularity&siting flex, credit (DM/kW) 

Net capital cost (DM/kW) 
Annualized Capital Cost (DM/kW/yr) 

Total Capital Costs (Pf/kWh) 

Insurance 
Other O&M (DM/kW/yr) 

Total O&M Costs (PflkWh) 

T&D Adjustment 

DELIVERED COST (PtVkWh) 
Capital-no externalities or credits 

O&M 
Externality cost 

Backup cost (® 50% ELCC) 
Modularity and siting credits 

Total (no exter. or backup) 
Total with backup 

Total w. back-up, moduL, siting 
Total w. system costs and extern. 

Real Discount Rate 
T&D Losses 

1993/95 

Flat Plate 
CrystSi 
utility 
1MW 

30 
1 

1.1 
1800 
19% 

0.14 
0.82 

15.0% 
77.0% 
11.5% 

10 

0.065 

400 
100 
25 
1.2 

5959 
3780 
945 
240 

6097 
800 

5297 
345 
21.1 

30 
5 

2.1 

1.06 

25.7 
2.3 
0.05 
0.0 
•3.4 

28.0 
28.0 
24.6 
24.6 

5% 
6% 

1993/95 

Concent ID 
CrystSi 

utility 
1MW 

30 
1 

1.1 
1800 
19% 

0.14 
0.82 

10.0% 
77.0% 
7.7% 

1 

0.065 

320 
100 
17 
1.2 

7433 
4537 
1418 
240 

7606 
800 

6806 
443 
27.1 

37 
8 

2.7 

1.06 

32.7 
2.9 
0.05 
0.0 
-3.4 

35.0 
35.0 
31.6 
31.6 

2005/10 

Flat Plate 
Thin film 

utility 
1MW 

30 
1 

1.1 
1800 
19% 

55 
0.80 

15.0% 
81.2% 
12.2% 

50 

0.065 

200 
100 

13 
1.2 

3369 
1792 
896 
120 

3447 
400 

3047 
198 
12.1 

17 
5 

13 

1.06 

143 
1.4 

005 
0.0 
•1.7 

153 
15.9 
14.2 
14.3 

2005/10 
HIGH 

Concent2D 
CrystSi 

utility 
1MW 

30 
1 

1.1 
1800 
19% 

55 
0.80 

25.0% 
81.2% 
20.3% 

10 

0.065 

500 
200 

22 
1.2 

4659 
2687 
1075 
120 

4767 
400 

4367 
284 
17.4 

23 
3 

1.6 

1.06 

20.7 
1.7 

0.05 
0.0 
-1.7 

213 
213 
20.1 
202 

2005/10 

Flat Plate 
Thin film 
rooftop 
20 kW 

30 
0.1 

1.1 
1800 
19% 

55 
0.80 

15.0% 
812% 
IZ2% 

50 

0.065 

200 
30 
13 

1.5 
4088 

2239 
336 
150 

4090 
800 

3290 
214 
13.1 

20 
10 

1.8 

1.00 

16.3 
1.8 

0.01 
0.0 
-3.2 

18.1 
181 
14.9 
14.9 

2005/10 

Flat Plate 
Thin film 

utility 
1MW 

30 
1 

1.1 
1800 
19% 

55 
0.75 

15.0% 
81.2% 
12.2% 

100 

0.065 

100 
80 
13 

1.2 
2079 

896 
717 
120 

2127 
400 

1727 
112 
6.9 

10 
5 

0.9 

1.06 

9.0 
1.0 

0.05 
0.0 
-1.7 

10.0 
10.0 
83 
83 

2005/10 
LOW 

Concent.2D 
CrystSi 

utility 
1MW 

30 
1 

1.1 
1800 
19% 

55 
0.75 

35.0% 
81.2% 
28.4% 

25 

0.065 

300 
200 

31 
U 

2447 
1152 
768 
120 

2504 
400 

2104 
137 
8.4 

12 
2 

0.9 

1.06 

10.6 
0.9 

0.05 
0.0 
-1.7 

113 
113 
93 
9.8 

2005/10 

Flat Plate 
Thin film 
rooftop 
20 kW 

30 
0.1 

1.1 
1800 
19% 

55 
0.75 

15.0% 
812% 
122% 

100 

0.065 

100 
20 
27 
13 

2465 
1120 
224 
300 

2467 
800 

1667 
70S 
6.6 

12 
10 

13 

1.00 

9.8 
1.3 

0.01 
0.0 
-3.2 

11.1 
11.1 
8.0 
8.0 

(1) Cost and technical parameters from Kelly (1993) and Williams and Terzian (1993). 
(2) Capacity factor is representative of a Southern European site (insolation 1800 kWh/m2-yr). 
(3) Purchasing power parity 1 DM (1989) = 0.5$=0.5 ECU. 
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Results for Northern and Central Europe 

In Northern and Central Europe, with insolation levels of about 1200 kWh/m2, capacity 
factors are lower by about a third. As a result, busbar costs are about 50 percent higher. 
Furthermore, when PVs are used in central stations, the lower ELCC (10%) leads to a 
back-up cost correction at lower penetration levels. 

The effect of these assumptions is shown in Table A. 10.9.13. The range for total delivered 
costs (low cost case) for flat-plate collectors becomes 12.3-12.7 Pf/kWh including back-up 
costs, externalities, and siting flexibility credits. In the high case, the total delivered cost of 
PVsisabout22PtfkWh. 

Even with our average system credits for randomly distributed installations, such 
placements are cost-competitive with central station applications of PVs. A decidedly more 
positive result is obtained for the much larger system benefits of targeted installations with 
high marginal system costs. Based on the PG&E case study, distributed benefits could be 
180 DM/kW-year without inclusion of customer reliability benefits. In our calculations for 
randomly distributed system, we use a credit of only 52 DM/kW-year.41 Thus, PG&E's 
assessment yields a benefit more than three times as high as assumed in our calculations for 
random installations. 

If one conservatively assumes only a doubling of our assumptions to 100 DM/kW-year, net 
costs of delivered electricity become as low as 4.8 Pf/kWh in Southern Europe and 7.5 
Pf/kWh in Central and Northern Europe42 (low case). At this level, PVs are cost-effective 
against new fossil central stations in Southern Europe, and cost-competitive in Central and 
Northern Europe. 

Supply curve of PV electricity resources in the EC-5 region 

PV technology could be used in a targeted fashion only in a limited amount of sites. We 
estimate that at any one time, no more than perhaps five percent of all feeders might be 
suitable for such installations. Here it has to be remembered that feeder costs can also be 
reduced, and upgrades deferred, through targeted demand-side efficiency investments. 
Such investments, which generally cost significantiy less than even these low PV costs (see 
Part 3B), would reduce the resource potential of targeted low-cost PV installations. On the 
other hand, many sites have better insolation levels than the 1800 kWh/m2and 1200 
kWh/m2 assumed in our busbar cost calculations (see Table A. 10.9.12 above), especially 
in Western Europe. 

4 1 Based on 800 DM/kW x capital recovery factor (0.06S). 

4 2 In Western and Northern Europe, busbar costs are more sensitive to avoided system investments, on 
account of the lower capacity factor of these installations. Here, one and the same doubling of system 
credits (from SO DM/kW-year in our calculations for average installations to 100 DM/kW-year in targeted 
installations) reduces delivered costs by a larger amount per kWh. 
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Table A.10.9.14: Delivered costs of photovoltaic systems 

PHYSICAL PARAMETERS 
Collector Type 
Cell material 
System type 
System size (kW) 
Lifetime (Years) 
Lead Time (Years) 

Peak insolation (kW/m2) 
Annual average insolation (kWh/m2) 
Capacity Factor 

Cumulative module production (GWp) 
Progress ratio 
Module Efficiency 
BOS Efficiency incl. temp. & power cond. 
System Efficiency 
Manufacturing scale (GWp/yr) 

COSTS 
Capital Recovery Factor 
Capital Cost 

Module & cell cost (DM/m2) 
BOS area related (DM/m2) 

BOS power related (DM/m2) 
Indirect cost factor (excl. interest) 
Capital Cost (DM/kW) 

Module & cell cost 
BOS area related 

BOS power related 
Cap Cost Including Interest (DM/kW) 
Modularity&siting flex, credit (DM/kW) 

Net capita] cost (DM/kW) 
Annualized Capital Cost (DM/kW/yr) 

Total Capital Costs (PJ/kWh) 

Insurance 
Other O&M (DM/kW/yr) 

Total O&M Costs (PflkWh) 

T&D Adjustment 

DELIVERED COST (Pf/kWh) 
Capital—no externalities or credits 

O&M 
Externality cost 

Backup cost (@ 10% ELCC) 
Modularity and siting credits 

Total (no exter. or backup) 
Total with backup 

Total w. back-up, modal, siting 
Total w. system costs and extern. 

Real Discount Rate 
T&D Losses 

1993/95 

Flat Plate 1 
CrystSi 

utility 
1MW 

30 
1 

1.1 
1200 
12% 

0.14 
0.82 

15.0% 
77.0% 
11.5% 

10 

0.065 

400 
100 
25 
1.2 

5959 
3780 

945 
240 

6097 
650 

5447 
354 

323 

30 
5 

3.2 

1.06 

38.6 
3.4 
0.05 
0.3 
•4.1 

42.0 
42.2 
38.1 
38.2 

5% 
6% 

1993/95 

ConcentID 
CrystSi 
utility 
1MW 

30 
1 

1.1 
1200 
12% 

0.14 
0.82 

10.0% 
77.0% 
7.7% 

1 

0.065 

320 
100 
17 
1.2 

7433 
4537 
1418 
240 

7606 
650 

6956 
452 

413 

37 
8 

4.1 

1.06 

48.1 
4.3 
0.05 
0.3 
-4.1 

523 
52.8 
48.6 
48.7 

in Western and Northern Europe 

2005/10 

Flat Plate 
Thin film 

utility 
1MW 

30 
1 

1.1 
1200 
12% 

55 
0.80 

15.0% 
81.2% 
122% 

50 

0.065 

200 
100 
13 
1.2 

3369 
1792 
896 
120 

3447 
400 

3047 
198 

182 

17 
5 

2.0 

1.06 

27.8 
2.1 
0.05 
03 
-23 

23.9 
24.2 
21.7 
21.7 

2005/10 
HIGH 

Concent2D 
CrystSi 

utility 
1MW 

30 
1 

1.1 
1200 
12% 

55 
0.80 

25.0% 
81.2% 
20.3% 

10 

0.065 

500 
200 
22 
1.2 

4659 
2687 
1075 

120 
4767 

400 

4367 
284 

261 

23 
3 

14 

1.06 

30.2 
23 

• 0.05 
03 
-23 

32.7 
33.0 
303 
303 

2005/10 

Flat Plate 
Thin film 
rooftop 
20 kW 

30 
0.1 

1.1 
1200 
12% 

55 
0.80 

15.0% 
81.2% 
12.2% 

50 

0.065 

200 
30 
13 
1.5 

4088 
2239 

336 
150 

4090 
800 

3290 
214 

19.6 

20 
10 

2.7 

1.00 

24.4 
2.7 
0.01 
0.3 
•4.8 

272 
27.4 
22.7 
22.7 

2005/10 

Flat Plate 
Thin film 

utility 
1MW 

30 
1 

1.1 
1200 
12% 

55 
0.75 

15.0% 
81.2% 
12.2% 

100 

0.065 

100 
80 
13 
\2 

2079 
896 
717 
120 

2127 
400 

1727 
112 

103 

10 
5 

1.4 

1.06 

13.5 
13 

0.05 
0.3 
-2.5 

14.9 
15.2 
12.7 
12.7 

2005/10 
LOW 

Concent.2D 
CrystSi 
utility 
1MW 

30 
I 

1.1 
1200 
12% 

55 
0.75 

35.0% 
81.2% 
28.4% 

25 

0.065 

300 
200 

31 
1.2 

2447 
1152 
768 
120 

2504 
400 

2104 
137 

12.6 

12 
2 

13 

1.06 

15.8 
1.4 
0.05 
0.3 
-23 

17.2 
173 
15.0 
15.0 

2005/10 

Flat Plate 
Thin film 
rooftop 
20 kW 

30 
0.1 

1.1 
1200 
12% 

55 
0.75 

15.0% 
81.2% 
12.2% 
100 

0.065 

100 
20 
27 
1.5 

2465 
1120 
224 
300 

2467 
800 

1667 
108 
9.9 

12 
10 

2.0 

1.00 

14.7 
2.0 
0.01 
0.3 
•4.8 

167 
17.0 
12.2 
123 

(1) Cost and technical parameters from Kelly (1993) and Williams and Terzian (1993). 
(2) Capacity factor is representative of a Northern or Western European site (insolation 1200 kWh/m2-yr). 
(3) Purchasing power parity 1 DM (1989) = 0.5$ = 0.5 ECU. 
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Assuming that these effects approximately cancel each other, we estimate that the low-cost 
potential in the Southern parts of the EC-5 region (available at 5-12 Pf/kWh) is about 10 
TWh, or equivalent to 10 percent of the technical/logistic potential of 100 TWh estimated 
for that region in 2020 (see above). The other 90 percent are available in random 
distributed installations at 8-15 Pf/kWh. 

A larger potential of distributed installations with high system cost credits arises in Central 
and Northern Europe, where projected electricity consumption in 2020 is of the order of 
1500 TWh. Here, we estimate that 75 TWh of PV electricity could be generated in targeted 
installations, with costs of 7.5-18 Pf/kWh. Because the technical/logistic potential for that 
region is only 60 TWh, we assume that all installations in that region are of the targeted 
type.43 

Promotion of customer-owned on-site PV systems 

Residential and small commercial customers are typically charged tariffs that are much 
higher than average generating and distribution costs (i.e., 20-30 Pf/kWh). These high 
rates reflect higher costs of service, as well as utility pricing strategies that shift system 
costs as much as possible to "captive" customers. For many of these customers, PV 
systems could become economically attractive in on-site installations long before they 
would be able to compete against conventional central stations as utility investments. 

Though the cost-effectiveness against residential tariffs as seen from the customer 
perspective is not relevant in calculating the overall costs and cost-effectiveness for the 
economy, this feature of existing tariff structures could be advantageously used in 
implementing the accelerated development scenario. For example, utilities could offer to 
buy down the cost of PV systems until the levelized cost of electricity for residential 
customers is no more than the average tariffs they face. Several municipal utilities in 
Germany and elsewhere have begun corresponding programs. 

Summary 

Based on the above analysis, we arrive at the supply curve for the cost of PV electricity 
shown in Table A.10.9.15. The table suggests that the entire technical/logistic potential of 
160 TWh could be available from sites with high system cost credits. 

We further find that if the R&D targets of the accelerated development scenario are reached 
(low case), the low-cost PV resource potential is not limited to Southern Europe; important 
electricity contributions could also be mobilized at competitive cost in Western Europe. 

43 As mentioned, installations in these less favorable sites could be larger if the European Union should 
install more PV capacity than it is projected to produce in our accelerated development scenario. However, 
due to the relatively high cost of electricity from these installations, we do not consider such added resource 
potentials in our study. 
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Table A.10.9.15: Cost and potential of PV electricity generation in the EC-5 region 

Targeted PV installations-S. Europe 

Distributed PVs-Southern Europe 

Targeted PV installations-WTN. Europe 

Year 2020 
Potential 

generation 
TWhe 

10 

90 

60 

Delivered 
Cost 

Pf/kWh.e 

11.1 

11.1 

16.7 

Low cost 
System 
Cost 

Pf/kWh.e 

4.8 

8.0 

7.5 

case 
System Cost 

w/externalities 
Pf/kWh.e 

4.8 

8.0 

7.5 

Delivered 
Cost 

Pf/kWhe 

18.1 

18.1 

212 

High cost case 
System 
Cost 

Pf/kWh.e 

11.7 

14.9 

175 

System Cost 
w/externalities 

Pf/kWh.e 

11.7 

14.9 

17.9 

(1) Costs are in 1989 DM. 1 DM = 0.5 U.S.S = 0.5 ECU. 
(2) Targeted PV installations earn twice the distributed system benefits as average installations. 
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E. SOLAR THERMAL POWER STATIONS 

Solar thermal plants currently require very high levels of direct insolation to be cost 
effective (2000-2500 kWh/m2/yr on a horizontal surface). Only a few areas of Europe 
(notably parts of Spain, Portugal, Greece, and Southern Italy) are sunny enough to take 
advantage of this technology at present, but these areas could produce amounts of power 
that are locally significant. We do not include these technologies in our supply curve for 
renewables, because of their limited applicability to the EC-5. We do include a brief 
description of solar power towers and some details on the parabolic-trough solar-gas 
hybrids that were constructed by Luz in Southern California before the company filed for 
bankruptcy. For a detailed review of the characteristics of solar-thermal electric 
technologies, see De Laquill HI et al. (1993). 

SOLAR POWER TOWERS 

Solar thermal power stations focus direct insolation onto a centralized receiver (a "power 
tower"). The heat is used to boil water or heat some other working fluid, and then sent 
through a turbine to produce electricity. A conventional gas-fired gas combustor is used to 
provide supplementary steam in the late afternoon or early evening. 

Existing plants typically produce electricity with a delivered cost of about 12 eTkWh in 
sunny climates, while the latest technology can probably deliver electricity at a cost of about 
8e7kWh if enough plants are produced to capture economies of scale (Izygon 1989). 

PARABOLIC-TROUGH SOLAR-GAS HYBRIDS 

Another form of solar thermal electricity was that created by Luz in the service territory of 
the Southern California Edison Company (Philibert 1989). Luz used parabolic-trough 
(roughly cylindrical) collectors to concentrate direct insolation on a pipe containing a 
working fluid (either water or oil). Like all concentrating solar collectors, this technology 
is most effective in locations with high direct insolation. The technology has the short lead 
times (~1 year) characteristic of modular technologies, and it would also likely benefit 
substantially from economies of scale and learning curve effects (CaEC 1990). 

Cost estimates for this technology are complicated by the fact that Luz fded for bankruptcy 
in late 1991, after constructing 354 MWe of solar thermal power plants. Any estimates of 
the potential for power production from this technology are somewhat speculative, because 
no companies are currently constructing these plants. Nevertheless, we feel it is important 
to summarize the characteristics of these plants as projected by the California Energy 
Commission (CaEC) before the Luz bankruptcy, because these projections represent the 
best engineering estimates of the costs of producing power from these solar-gas hybrids. 
According to De Laquill HI et al. (1993), several other companies are exploring the 
possibility of continuing development of the Luz technology. 
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Availability, capacity factors, and heat rates 

The most recently constructed Luz plants, which included both solar and gas-fired 
components, had operating availabilities of 95%. The capacity factor for the solar portion 
in the Southern California desert was about 25%, with the natural gas portion of the plant 
contributing a capacity factor of 50%. Total capacity factor was therefore 75%. Overall 
heat rates for 160 MWe utility-owned plants should be about 8650 Btus/kWh (2.54 kWh 
fuel/kWh electricity, corresponding to an efficiency of 39%). This heat rate is the same for 
solar only operation, solar/gas hybrid operation, and gas-only operation. 

Capital costs 

CaEC (1990) gives the capital cost for utility-owned, 160 MWe Luz-type plant as 
$2300/kW (1987 $) or 4760 DM/kW (1989 DM), which includes the cost of a backup 
natural gas fired power plant.44 The gas plant shares equipment with the solar portion to 
reduce capital costs. With technology available by 1995, the CaEC projects the capital cost 
for this type of plant to drop to 3470 DM/kW. 

O&M costs 

CaEC gives fixed O&M costs for utility ownership as $27/kW/yr (1987 $) or 56 
DM/kW/yr. Variable O&M is 0.05 0/kWh or 0.1 DM/kWh. 

Externalities 

Land required for such plants was about 2.20 ha/MWe. Cooling water throughput was 
14,650 cubic meters/MWe/year. Air pollutant emissions (including those from the gas 
turbine) totaled 36.82 kg-C/MWh.e, 0.0608 kg-NOx/MWh.e, 0.0012 kg-S02/MWh.e, 
and 0.0546 kg-particulates/MWh.e. 

4 4 The largest plants built by Luz were 80 MW (designated SEGS Vm and DC). They were the last two 
plants completed before the bankruptcy. SEGS Vm cost $3011/kW. 
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F. HYDRO POWER 

TECHNOLOGY DESCRIPTION 

Hydro power plants fall into two main categories: storage and run-of-river, with diversion-
sites being a subcategory of the latter. The large hydro plants are of the storage type. 
Plants consist of dams, water turbines, electrical equipment and controls, and civil works 
(power houses, silt traps, weirs, etc.). The technical life of the turbine is about 50 years, 
and that of the civil and dam components is even longer. 

The first-law efficiency (water to wire) of larger dams is 80-95 percent, depending, in part, 
on the variability of the resource and the part-load efficiency of the turbine. Significant 
improvements in power output can be achieved by using new and better-matched turbine 
designs in refurbishing existing dams (see below). 

An important parameter affecting the size, costs, and operating flexibility of the hydro 
resource is the proportion of storage and run of river hydro. France, which currentiy 
contains 45% of total EC-5 hydro resources, has about 44% of its hydroelectric mean 
energy capability (GWh) in the form of storage hydro, and 56% as run-of-river. 

Capacity factors 

Though storage hydro plants are extensively used as a source of peak load, the seasonal 
variability of water run-off necessitates high capacity factors during the wet season (winter 
outside the Alps, spring run-off in the Alps). Annual capacity factors can be as high as 65-
70 percent, but may be lower due to the composition of die resource. The average capacity 
factor of all hydro in France is 34.9%, with run-of-river hydro being utilized at capacity 
factors of 58%, and storage hydro being utilized at capacity factors of about 23% (EDF 
1988). 

Types of marginal resources 

Due to ecological considerations and land-use constraints, the potential for new large-scale 
hydro dams is largely exhausted in Western Europe. However, a significant additional 
resource is available from other, smaller-scale or less intrusive options: 

Upgrading existing turbines and generators; 

Fitting more turbines to existing generating dams; 

Otherwise improving waterheads; 

Fitting turbines to small non-generating dams; and 

Building new small facilities, notably run-of-river and diversion-type 
installations. 
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As further discussed below, refurbishment of existing plants offers the most significant 
resource. 

ECONOMIC COSTS 

Refurbishment of existing plants 

Modernization of existing facilities was found to be very cost-effective in the FRG 
assessments, with a range of 4.1-9.3 Pf/kWh at the busbar (1989 DM). We take these 
figures to be representative of refurbishment costs elsewhere in Europe.45 The busbar cost 
of continuing to operate existing dams without refurbishment is assumed to be 1.1 Pf/kW 
in the low case and 2.1 Pf/kWh in the high case.46 

Cost assumptions in this study 

For the cost of increasing hydroelectric generation at existing facilities, we rely on the FRG 
estimates. We use an intermediate value of 6.6 Pf/kWh as our high estimate of delivered 
costs and a 30 percent lower figure of 4.6 PfTkWh as our low estimate. 

New dams 

Costs are highly site-specific, and involve significant scale economies. For plants larger 
than 50 MW, costs of DM 24O0-3600/kWe can be assumed (ESD 1993). In these plants, 
low operating and maintenance costs are also realized (one percent of investment or less). 

Steeply higher capital costs apply to plants below 10 MW. At the low end of the small 
hydro range (< 1 MW), figures of up to 10,000 DM/kWe may apply. Maintenance costs 
are also higher. However, several innovations in small hydro technology could reduce the 
costs of these environmentally more viable plants: 

— inflatable weirs to increase heads 

— fiberglass-reinforced plastics for pipe work 

— standardized, mass-produced packaged small turbines 

— use of less efficient but very cheap pumps as turbines 

— improvements in current turbines for low head sites 

— lower operating costs through computerized remote control 
technologies 

45 These figures appear to be conservatively high. For comparison, an analysis by the U.S. Corps of 
Engineers (cited in SERI 1990) finds significant retrofit opportunities for U.S. dams at much lower costs, 
averaging about $100/kW or 1.6 Pf/kWh. 

4 6 The costs for existing hydro represent typical O&M costs of about DM 50/kW. 

A. 10.9.76 



Cost assumptions in this study I 

For new plants greater than 1 MW, the capital cost of building new dams is DMUoOO/kv 
in our high case, and DM 2000/kW in the low case. These assumptions, alongjwitii £50) 
DM/kW charge for O&M costs in the low case and a modestly higher 60 DR f̂kWyin the 
high case, yield a range of delivered costs of 6.5-10.9 Pf/kWh. For micro hydro 
installations, we use 50 percent higher figures. Table A. 10.9.16 summarizes these results. 

These calculations can be compared with results from an analysis for the FRG (Voss et al.. 
1987). New dams with capacity of more than 10 MW were estimated to cost 7.3-10.4 
Pf/kWh, sizes between 0.1 and 10 MW about 12.4 Pf/kWh, and smaller units of less than 
100 kW 15.5-18.6 Pf/kWh. 

These figures show good agreement with our own estimates. Our lower figures for micro 
hydro plants reflect die potential for future cost reductions in these applications. 

SYSTEM-LEVEL ECONOMICS AND EXTERNALITY COSTS 

Modularity and siting flexibility benefits 

Though new hydro plants would qualify for modularity benefits on account of their size, 
some of this benefit is diminished because their construction may involve long lead times 
even when pursued at smaller scale. Furthermore, they may in many instances be 
associated with remoteness costs rather than with transmission benefits related to siting 
flexibility. Because we lack case study data on hydro plants, we neglect both modularity 
and siting flexibility corrections in our cost estimates. 

Back-up costs versus operating flexibility benefits 

Because of their strong seasonal variation of outputs (by up to a factor of four between low 
and high generation), run-of-river plants have the characteristics of an intermittent resource. 
Hydro pondage plants, on the other hand, have a strongly positive effect on system 
operation, due to their ability to provide peak power. Similarly, turbine retrofits to existing 
dams can be used to increase peaking capacity in the system as well. This so-called over
powering of dams could be particularly attractive in providing back-up for intermittent wind 
and renewable resources when using these at a large scale. 

To what extent such over-powering is economically attractive depends, of course, on the 
individual utility system. More broadly, the proper treatment of back-up costs and 
operating flexibility benefits also depends on the mix of pondage, run-of-river, and 
refurbishment additions. Because refurbisbments and pondage hydro dominate the 
resource additions in our analysis, we assume that back-up costs are at least offset, on 
average, by operating flexibility benefits. 
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Table A.10.9.16: Potential of increased hydroelectric power generation 
from new dams and modernization of existing dams 

TWH/YEAR 

Country 

France 
FRG 
Italy 
Netherlands 
UK 
Total 

Technical 
potential 

incl. modemiz. 

84 
39 
150 
6 
15 

294 

1987 
output 

64 
21 
47 
0.4 
4 

136 

CEC reference 
case output 

2010 

175 

IPSEP Additional 
output 

by 2020 

2.8 
4.6 
25.3 
0.1 
0.9 
34 

Total 
output 
2020 

208 

COSTS OF HYDRO ELECTRICITY 

Country 

1987 output 

Additional output by 2020 
(CEC + IPSEP) 

Modernization 
New dams-large/mini 
New dams-mini/micro 

Potential 
TWh 

136 

72 

36 
26 
10 

Low cost case 
Delivered costs DCs + externalities 

1.1 1.1 

6.0 6.1 

4.6 4.7 
6.5 6.7 
9.7 9.9 

High cost case 
Delivered costs 

2.1 

9.5 

6.6 
10.9 
16.3 

DCs + ext 

2.2 

9.6 

6.7 
11.0 
16.5 

(1) Modernization costs (high case) based on FRG case studies (DIW/ISI1984, Voss et al. 1987). 
Low case modernization costs are assumed to be 30% lower than high case. 
(2) CEC reference case based on DG XVII, scenario 1 (CEC 1990). 
(3) Cost for existing facilities is estimated fixed and variable O&M cost. 
(4) Busbar cost calculation for new large/mini dams assumes a 35% capacity factor, 50 year lifetime, a 5% 
real discount rate, capital costs of DM 2000/kW (low) and DM 4000/kW high, and O&M costs equal to 
2.5% of capital costs in the low case and 1.5% of capital costs in the high case. New mini/micro dams 
are assumed to cost 50% more than large/mini dams. 
(5) Delivered costs include 6% T&D losses. 
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Externality costs 

Because of the predominance of retrofitting in our resource potentials, as well as the lack of 
air emissions, the monetized externality costs of hydro resource additions according to the 
New York State point system are very low (roughly 0.1 Pf/kWh for retrofitted facilities, 
and 0.2 Pf/kWh for new dams). 

TECHNICAL POTENTIAL 

Table A.10.9.16 shows our estimates of hydro electricity potentials in the EC-5 region. 
Our estimate of 294 TWh, of which only 46 percent (136 TWh) were used in 1987, 
includes potential gains from modernization of existing plants. We estimate that hydro 
power generation in the EC-5 region could be expanded by a maximum of 72 TWh by the 
year 2020. For comparison, the EC's DGXVH forecast assumes that hydroelectric output 
will increase by 40 TWh or 28 percent over base year levels by 2010. 

Of our total resource addition, we estimate half to be from refurbishment, 35 percent from 
larger and mini hydro facilities, and 15 percent from mini and micro plants. 

Refurbishment of existing plants 

Refurbishment of existing hydroelectric facilities has been increasing in importance in the 
US (Lagassa 1992). The contribution from this modernization is often overlooked.47 No 
EC-wide assessment of modernization potentials appears to be available, but an assessment 
for the FRG illustrates the potential magnitudes (DIW/ISI1984). According to that study, 
output from existing German facilities could be doubled among small installations and 
raised by 40 percent in larger dams, adding about 1.4 TWh and 7.8 TWh, respectively, and 
raising total output by about 50 percent 

In both France and Italy, modernization potentials can be expected to be significant merely 
on account of their large existing hydro capacity. Also, many hydro dams in Italy are 
owned by private firms. On account of the comparatively low buy-back rates for hydro 
power and the limited financing capabilities of these operators, technical improvements at 
such facilities often lag far behind societally cost-effective levels 

Addition of new dams 

The largest addition of new dams could be feasible in Italy, where only about one quarter 
of the technical potential is currently used, though the utilization of the economically 
attractive potential is significantly higher. According to official plans, installed hydro 
capacity is to be increased from currently about 19 GW to 23 GW over the next decade. 
This and other already existing programs are estimated to add 40 percent to the country's 

4 7 The difference between our estimate of 294 TWh in Table A.10.8.16 and the lower estimate of 257 
TWh found in a recent analysis for the European Community (ESD 1993) is mainly attributable to the 
inclusion of the modernization potential in our estimate. 
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hydro output by 2010 (ESD 1993). Our own estimate is somewhat higher to account for 
additional opportunities for mini- and micro-hydro development. 

In France, the technical potential of hydro power from large dams (>8 MWe) is already 
being utilized to a high degree. High costs and environmental concerns make further dam 
construction unlikely. However, some 300,000 low-head sites have been identified as 
technically exploitable. After accounting for environmental restrictions, an estimated 4 
TWh of additional hydro power is thought feasible (ESD 1993). In our estimate for 2020, 
70 percent or 2.8 TWh of these most promising sites are taken into production. 

In Germany, estimates for the total hydro potential range from 24 TWh/yr to 35 TWh/yr 
(Enquete-Kommission 1990, DIW/ISI 1984, Voss et al. 1987), compared to 18-21 
TWh/yr for current FRG production. The additional technically feasible resource from new 
dams is expected to come largely from small hydro facilities of less than 10 MWe. In our 
estimate of 4.6 TWh for 2020, we take into account that a good number of these projects 
will not be feasible due to environmental restrictions. 

Some new resource additions could also be feasible in Great Britain, where an unexploited 
small hydro potential of several TWh has been identified. We estimate that 1.5 TWh could 
be added by 2020. 

In the Netherlands, the lack of significant heads limits hydro output to insignificant 
amounts. 

Summary 

Existing hydroelectric facilities are inexpensive to operate, and relatively cheap to upgrade. 
Even in the high cost case, the cost of modernization is lower than conventional fossil 
plants and is cost-competitive with the cheapest cogeneration resources. 

Newly constructed mini- and micro hydro plants offer a cost-competitive alternative to 
conventional generation if the site is favorable or when conventional generating costs are 
high. Larger new dams are cost-competitive with conventional resources, but remaining 
opportunities to build them in the EC-5 region are few. 
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G. BIOMASS-FIRED POWER GENERATION 

In many areas of Europe, biomass waste fuels like wood, straw or biomass-derived 
methane gas can be made available at costs or prices that make biomass power generation 
economically attractive. Recent experience in the U.S. shows that even with currently 
available technology, such waste-fired biomass-based thermal power plants can already be 
economically competitive with conventional central station projects. Recent small power 
auctions in the US have brought forth offerings for significant amounts (several thousand 
MW) of biomass-based power at avoided costs of about 5-9 cents/kWh (10-18 Pf/kWh). 

In many potential applications, on-site process or neighborhood space heating requirements 
offer opportunities for cogeneration, which can greatly boost cost-effectiveness. At the 
same time, advances in biogasification technology promise the use of biomass fuels for 
running efficient gas turbines. Advanced gas turbines and later, Stirling engines, offer the 
prospect of cost-effective to cost-competitive biomass electricity generation not only from 
wastes, but also from commercially grown wood fuels. 

INDIRECT AND EQUIVALENT CARBON BURDENS OF BIOMASS FUELS 

Biomass to electricity systems, if fueled with biomass wastes or with wood grown 
sustainably, show similarly low carbon burdens as other renewables-based power plants. 
They emit no net carbon direcUy, and cause only minor indirect carbon emissions in 
harvesting, processing, and transportation (San Martin et al. 1989). 

When used in cogeneration schemes, biomass power has a negative net carbon burden: the 
small indirect carbon burden of the biomass fuel cycle is more man offset by displaced 
direct fossil fuels currently used in heating applications. 

In addition, some biomass-fired systems yield further greenhouse benefits by reducing 
methane emissions. Where refuse and unused wood wastes are burned, biomass fuel use 
preVents the generation of methane associated with the anaerobic decay of these substances 
(Gleick et al 1989). If sewer gas or landfill gas is used as an energy source, the methane is 
burned rather than released to the atmosphere. In either case, the carbon-equivalent 
burdens of these biomass energy systems is effectively negative: Because of the much 
greater global warming potential of methane, a greater carbon equivalent is destroyed by 
burning methane than is emitted in the form of carbon dioxide, either directly or indirectly. 
In these cases, both the direct and indirect emissions are negative on a C02-equivalent 
basis48 

48* A different situation arises in die case of anaerobic digesters that are specifically built to generate 
energy, and which artificially induce anaerobic fermentation of wastes that would otherwise have decayed 
aerobically. In this case, no net carbon-equivalent benefit results. 
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Carbon burdens and carbon-equivalent burdens of sewer gas, landfill gas, 
and refuse fuels 

Carbon and carbon-equivalent burdens for biomass methane and refuse fuels are calculated 
in Krause et al. (1992). Table A.10.9.3 above shows representative figures. In the case of 
landfill and sewer gas, the gross carbon burden (i.e., the value derived from chemical 
analysis without regard to the origin of the fuel) is equivalent to that of natural gas. The net 
carbon burden of landfill and sewer gas is zero.49 When used for electricity production 
with cogeneration of heat, it becomes -46 g/kWh. 

In the case of refuse, a portion of the fuel is fossil-derived (e.g. plastic materials). The 
more non-plastic components are recycled, the greater becomes this contribution of fossil-
derived materials, whose average carbon burden is comparable to that of oil. Assuming 
that a 35 percent contribution to the heating value of refuse stems from fossil-derived 
materials, Krause et al. (1992) calculate a net carbon burden of 28 g/kWh for refuse.50 

This yields a carbon burden of 100 g/kWh for a modern refuse generating plant. With 
cogeneration credits, this value drops to 9 g/kWh. Corresponding data and assumptions 
for industrial waste are shown in Table A.10.9.3 above. 

BIOMASS FUEL RESOURCES 

The potential of biomass-based power generation depends on how the biomass fuel is 
obtained, and on competing uses. The possible sources are 

• solid and liquid agricultural wastes including straw; 
• wood wastes from forestry production; 
• biomass from urban refuse; 
• sewer and landfill gas; and 
• fuelwood plantations 

Available estimates for the various waste biomass resources suffer from large country-by-
country inconsistencies. These have to do, among other things, with different definitions 
and methods of derivation used by individual researchers. No consistent data base is 
available at this time for Western Europe (ESD 1993). 

Where possible, we therefore develop our own estimates, relying on statistical data for EC-
5 agricultural and forest lands, agricultural and forestry production and yields, and human 
populations. The estimates for power from sewer gas, landfill gas, and from urban refuse 
are based on ESD (1993) and on recent national sources where available. In Table 
A. 10.9.17, we show estimates of the energy content of each biomass resource, and the 
fraction that could potentially be used for power production. 

49 The carbon-equivalent burden of this fuel including credits for avoided methane emissions is -S30 
g/kWh. This figure assumes that the global warming potential of methane is 21 times greater than that of 
carbon dioxide. Significant uncertainty surrounds this figure. 

5 0 When avoided landfill gas emissions are taken into account, the carbon-equivalent burden of refuse fuel 
becomes about -140 g/kWh. 
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Table A.10.9.17: EC-S biomass resources potentially available for 

Forestry residues 
Forest area 
Total annual yield 

Of which residue 
Energy content of forestry wastes 
Power production at 30% utilization 

current technology (ST) 
current plus advanced technology 

Agricultural solids/straw 
Grain production 
Straw production 
Energy content of straw wastes 
Power production at 10% utilization 

current technology (ST) 
current plus advanced technology 

Landfill gas 
Power production 

Sewer gas/Uqu. agrlc. wastes 
Power production 

Municipal solid waste 
Power production 

Industrial solid waste 
Power production 

TOTAL FROM WASTES 
current technology 

current plus advanced technology 

Fuerwood plantations 
Surplus agricultural land (20% of total) 
Fuelwood energy yield 
Power production at 25% utilization 

current technology (ST) 
advanced technology (BIGIST1G) 

TOTAL FROM ALL SOURCES 
current technology 

current plus advanced technology 

Units 

1000 km2 
lO^nrf/yr 
lO^nd/vr 
TWh-thfyr 

TWh.e/yr 
TWh/yr 

lONSt/yr 
10*6 t/yr 

TWh.th/yr 

TWh*/yr 
TWh.e/yr 

TWh.e/yr 

TWh*/yr 

TWh.e/yr 

TWh.e/yr 

TWh.e/yr 
TWh.e/yr 

10*310112 
TWh.th/yr 

TWhjJyt 
TWh.e/yr 

TWh/yr 
TWhj/yr 

France 

146.0 
80.3 
33.7 
67.5 

3.6 
6.1 

54.64 
71.0 
298 

4.5 
7.6 

2.7 

3.3 

2.7 

5.0 

21.7 
27.3 

65 
285 

13 
27 

35 
55 

FRG 

73.6 
40.5 
17.0 
34.0 

1.8 
3.1 

25.39 
33.0 
139 

Zl 
3.5 

3.0 

2.9 

3.0 

6.5 

19.3 
22.0 

25 

no 
5 
It 

24 
33 

power production 

Italy 

64.1 
35.3 
14.8 
29.6 

1.6 
2.7 

16.85 
21.9 
92.0 

1.4 
2.3 

2.8 

2.6 

2.8 

1.0 

12.2 
14.3 

36 
157 

7 
15 

19 
29 

Netherlands 

3.0 
1.7 
0.7 
14 

0.1 
0.1 

1.11 
1.4 
6.1 

0.1 
0.2 

0.6 

0.8 

0.6 

0.3 

2.5 
Z7 

4 
18 

1 
2 

3 
4 

UK 

22.6 
1X4 
5.2 
10.4 

0.6 
0.9 

22.41 
29.1 
122 

1.8 
3.1 

2.8 

2.6 

2.8 

4.0 

14.5 
16.2 

39 
170 

8 
16 

22 
33 

EC-S 

309.3 
170.1 
71.4 
142.9 

7.7 
123 

120 
157 
657 

9.9 
16.8 

11.9 

124 

11.9 

16.8 

704 
825 

168 
740 

33 
71 

104 
154 

(1) Wood yields and waste fractions are averaged values based on 50% deciduous, 50% evergreen forests. 
(2) Conversion efficiency for wood wastes and straw is based on 50% BIG/STIG, 25% BIG/ISTIG, and 25% steam plant technology. 
(3) Straw yields of 1.3 tons/ton of grain are averages based on a typical mixture of grains. 
(4) Energy content of straw (LHV) is 4.2 kWh/kg. 
(5) Energy content of wood (LHV) is 2000 kWh/m3. 
(6) Average landfill-gas or sewer-gas fired generator efficiency is 29 percent 
(7) Average efficiency of fluidized bed forestry waste fired plant is 18 percent 
(8) Land areas and harvest quantities from BAfS (1990). 
(9) Power production from landfill and sewage gas, industrial solid wastes, and municipal solid waste from ESD (1993), 

adjusted to reflect potentials for material) efficiency in industry (see Part 6, Appendix A.13). 
(10) Current plus advanced technology for conversion of lignoceliulosic wastes is based on 50% BIGSTtG, 

and 25% each FBC ST and BIGISTIG technology. 
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Forestry wastes 

The forestry waste resource is accessible through on-site chipping of branches, stumps, 
and tops that are normally left in the forest routine harvesting, from thinning operations, 
and from removal of damaged trees. The chipped material can be transported out of the 
forest along with the timber. Special skidders, forwarders, and other machinery for 
"whole tree harvesting" are already being widely used in Scandinavia and in parts of the 
U.S. and are expected to be introduced in Western Europe as well. 

For forestry wastes, our country-by-country resource estimates in Table A. 10.9.17 are 
based on the current average forestry product yields obtained in Western Europe. The 
waste fraction of that yield is about 42 percent for a 50:50 mix of deciduous and evergreen 
production. This yields a waste fuel resource of about 140 TWh. 

This figure excludes further harvestable wood from thinning and from removal of dead 
trees. It also relies on existing forestry yields, which are often sub-optimal. For example, 
many of the smaller privately held forests in the EC are not being managed for either 
optimum health or optimum economic yield. 

Our 140 TWh estimate excludes chunk firewood, which is a separate commercial forestry 
product derived mostly from harvested trees. For the most part, current firewood 
consumption does not rely on the wastes produced in tree harvesting and other forestry 
operations that are being considered here. The introduction of wood-chip power generation 
from the forestry waste resource at the conservative utilization levels considered here will 
not significantly affect the availability of firewood for heating purposes, nor of any other 
forestry product. 

The need to remove trees with acid rain damage will have temporal effects on wood 
biomass harvests and wood wastes in affected countries, notably Germany. The 
accelerated turnover of forestry stocks will create an extended period of relatively greater 
abundance of potential wood fuel resources, followed by a period of lower-than-average 
yields until forests are regenerated.51 

To be conservative, and to allow for these fluctuations, we assume that only 30 percent or 
42 TWh of the harvest-related forestry waste resource can be used for power production. 
With conventional technologies (steam turbines with fluidized bed boilers), these forestry 
wastes translate into 8 TWh of electricity. In the future, a larger power output will be 
available from the same waste resource with BIG/STIG plants and BIG/ISTIG plants. 
Assuming that the three types of technologies will eventually utilize the forestry waste 
resource in a 25:50:25 percent ratio, total power production grows to 13 TWh (Table 
A. 10.9.17). 

Solid agricultural wastes 

We limit our estimates to straw, though a variety of other wastes can offer additional 
attractive fuel sources. Straw wastes are estimated from grain production assuming an 
average 1.3:1 weight ratio. Agricultural and soil maintenance requirements limit the usable 

31 Since the energy policy measures needed for a climate stabilization strategy have the effect of also 
reducing acid rain precursors, this regeneration should be facilitated in a climate stabilization scenario. 
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fraction of straw wastes as fuel. On the other hand, the use of straw for animal bedding is 
declining. Also, considerable quantities of straw are being burned in the EC because such 
burning is a cheaper disposal option than plowing under. With new regulations interdicting 
such burning, and with a growing recognition of soil conservation needs, some of the 
straw now burned in the field may not be available for energy purposes. 

We assume that soil conservation imperatives and other agricultural uses will leave only 
about a third of the total resource for energy uses. Since a considerable amount of these 
straw wastes could be used as a pelletized fuel in rural heating and in non-generating 
neighborhood heating schemes, we base our calculations of power generation from straw 
wastes on only a 10 percent fraction of this usable resource (i.e., only about 3.5 percent of 
the total straw resource). This results in a fuel resource of 66 TWh for power production. 

The principal technologies for using this fuel are fluidized bed boilers and in the future, 
BIG/STTG and BIG/ISTIG units. Assuming the same technology mix as for forestry 
wastes, the range of power production potentials is from 10 TWh with current technology 
to 17 TWh with current plus advanced technology (Table A. 10.9.17). 

Municipal waste 

Currently, most municipal solid waste (MSW) in the EC ends up in landfills. For example, 
90 percent of these wastes are landfilled in the FRG. This figure suggests that large 
amounts of fuel could be obtained from burning MSW. Scarcity of landfill sites, and 
stricter environmental requirements for new landfills support the current movement toward 
increased incineration. 

However, demands for better emission controls from waste incinerators and increased 
emphasis on recycling are important factors in estimating what amounts of refuse will 
potentially be available for energy uses. 

Modem waste management plans typically foresee that at least 50 percent of the total trash 
that is generated is recycled (at the source or in the refuse plant), and at most about 40 
percent is burned in the plant, with only 10 percent going to landfill. 

The higher recycling activities will improve the quality of refuse as a fuel. The 40 percent 
of the resource that are suitable for combustion have a lower moisture content and more 
favorable heating value than unsorted refuse, thus boosting the efficiency at which the 
refuse fuel can be converted into heat and electricity. 

Increased recycling will also have an ameliorating effect on incinerator emissions. With the 
prospect of increasing source separation and recycling of plastics, organic wastes could 
potentially be separated from non-biomass components that could and should be recycled. 
Even if source separation and recycling does not eliminate all plastics materials, emissions 
of chlorine, fluorine, dioxin, and other toxic pollutants from waste-to-power plants would 
be lower. 

In our electricity resource estimate, we start from projections in Enquete Kommission 
(1990) and ESD (1993) for the future MSW-derived electricity potential, which is based on 
conventional steam turbine technology. To ensure that the assumed MSW resources do not 
exceed the waste production levels implied by our analysis of industrial energy and 
materials efficiency (Part 6, Appendix A. 13), we then reduce these estimates by half. 
Advanced biogasification technology or Stirling engines could become available for MSW 
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applications in the future, but are not considered here. The resulting MSW-based 
generating potential is 12 TWh for the EC-5 region (Table A. 10.9.17). 

Landfill gas, sewer gas, and biogas 

Considerable landfill gas potentials remain untapped in the EC. For example in the UK, 
less than 10 percent of the more than 400 potentially commercially viable sites have been 
tapped for energy production. Similarly, Germany underutilizes landfill resources. 
Though methane is collected at most landfill sites, only about 30 percent is used for energy 
purposes, and total electricity output could be increased up to tenfold. In Italy, only 46 
landfill sites were developed for methane capture, with roughly 2000 sites remaining to be 
fitted with collection systems (ESD 1993). 

Sewer gas utilization for power generation has long been practiced in Europe, but at levels 
significantly below its estimated potential. For example, in the FRG only about a quarter 
of the resource suitable for power production is being so used today. 

Anaerobic digestion of animal wastes is currently commercial, but presently cost-effective 
only in large systems in very large farms, of which close to 500 exist in the EC. We do not 
estimate a separate power production potential for this resource. 

In our resource estimate, we start from the figures for electricity production from sewer gas 
and landfill gas as given in Enquete {Commission (1990) and ESD (1993), which are based 
on internal combustion engines. To account for the possible impact of greater recycling, 
source separation, and composting, we reduce the landfill gas resource by 50 percent. The 
resulting power production potential is 12 TWh each from landfill gas and sewer gas (Table 
A.10.9.17). 

Industrial wastes 

At present, only the pulp & paper and sawmill industries are using significant amounts of 
biomass-derived wastes as fuel. In many other industries, the amounts of wastes generated 
are too small to match economically attractive energy production equipment though the 
cumulative resource is significant. Unfavorable buyback rates for self-generated electricity 
further impede waste utilization for energy purposes. Improvements in incineration 
equipment and new utility sector and environmental regulations could open a significant 
additional fuel resource from industrial wastes. 

In our resource assessment, we start from projections in ESD (1993) for the future MSW 
fuel base, which assume standard steam turbine technology. To ensure that the assumed 
MSW resources do not exceed the waste production levels implied by our analysis of 
industrial energy and materials efficiency (Part 6, Appendix A. 13), we then reduce these 
estimates by half. The resulting power production potential is 17 TWh (Table A.10.9.17). 
Biomass gasification and advanced gas turbine technology could be used to substantially 
increase the power produced from some of these wastes, such as black liquor and other 
wastes that accrue in the pulp and paper industry (Larson 1991, Krause et al. 1992). 

Biomass energy plantations 

Types of crops. In our analysis, we limit ourselves to the growing of woody biomass, 
which is the preferred fuel for power generation. Extensive experience with lignocellulosic 
crops already exists in Europe, notably Scandinavia, where short rotation multi-stem 
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coppicing of perennial crops like willows and short-rotation single-stem forestry based on 
poplar are commercially practiced. Relevant species for Southern Europe are eucalyptus, 
acacia, and other species specifically suited for marginal lands. 

Yields 

The annual yield of short-rotation coppice systems is two to ten times higher than the total 
biomass yield in long-rotation forestry: 6-30 dry tonne (dte) per hectare, compared to 3 
dte/ha/yr in regular forests. At present, the high end of this range is achieved only with 
fertilizing and irrigation, but cloning, screening, and new biotechnology promise such high 
yields even without these fertilizer and irrigation inputs (ESD 1993). 

In the present study, we base our resource potential on a significantly lower value of 12 
dte/ha/yr. This is the figure currently used in cost-effectiveness calculations for private 
projects (ESD 1993). Though plant breeding is expected to increase yields by as much as 
half, we treat such increases as a safety margin against possible surprises in the area of 
sustainability. Our crop yield is thus only four times higher than mat in conventional 
forestry. This conservatism also takes into account that yields depend on the quality of the 
soil, and that a considerable portion of agricultural lands to be retired from food production 
are likely to be of a lesser grade. 

Available surplus land 

The EC-5 has about 810,000 km2 of agricultural land. Due to increasing productivity, 
already existing overproduction, and stagnant populations, it is expected that about 15 
percent of Western Europe's agricultural land could be retired by early next century, and as 
much as 30 percent by the middle of the next century. Fuelwood plantations could be 
established on some of this agricultural surplus land. 

The fraction that could be so used depends, in part, on the degree of "ecological take-back" 
that needs to be accommodated for the purpose of soil conservation, biotope restoration, 
and global carbon storage in forest reservoirs. As to the last point, an important conclusion 
in Volume One of the IPSEP study was that industrial countries should contribute to 
biospheric carbon storage through afforestation of some of their surplus land in order to 
offset unavoidable forest losses in the developing world (Krause et al. 1989). 

National biomass fuel resource estimates for the FRG and for the Netherlands assume that 
about 20-25 percent of agricultural land in the year 2020 will become surplus and could be 
used for harvested biomass fuels.52 Following these estimates, we assume that 20 percent 
will become surplus land, but set aside three quarters of this surplus land as an ecological 
reserve, e.g.,' for permanent afforestation. This 75% set-aside also represents a safety 
margin for possible effects from future competition between fuelwood grown for power 
production and special plants grown for use as chemical feedstocks. Thus, only about 5% 
of total agricultural land is used for biomass plantations in 2020. 

5 2 ESD (1993) reports expected agricultural surplus lands of 5,000 km2 for the Netherlands, compared to 
a total agricultural land area of 20,000 km2. Similarly, Enquete-Kommission (1990) estimates a surplus 
area of 25,000 km2, as compared to a total agricultural land area of 120,000 km2 (excluding the former East 
Germany). 
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Gross energy crop resource 

With these yield and land area parameters, the total annual fuelwood yield from 
lignocellulosic crops is 740 TWh/yr in the EC-5 region. 

DELIVERED COST OF WOODY BIOMASS FUELS 

What portion of the forestry waste resource could be utilized for power production 
depends, among other things, on the cost of harvesting the fuel, converting it into wood 
chips, drying operations, and hauling it to the power plant. Transportation costs, in turn, 
limit the electric capacity of biomass-fired power plants, and thus affect their capital costs. 
For these reasons, the price of fuels is of particular concern for biomass-fired generating 
options. 

Gross versus net cost/price of fuels 

A distinction has to be made between the gross cost and the net cost of biomass fuels. The 
gross cost is calculated from the series of operations involved in delivering wood fuel to the 
power plant, including additional operations during commercial timber harvesting, 
collection, chipping, and transportation of the chips. The net cost is the cost of biomass 
fuels that results after the beneficial effects of waste removal for commercial timber yields 
have been taken into account. 

To understand how this benefit comes about, it is necessary to consider the quality 
requirements of current commercial forestry. Saw mills and paper mills require trees of 
certain minimum size and maturity. They cannot make use of branches, crowns, bark, 
culling trees, and other "non-growing stock." By contrast, wood fuel chips can be 
produced from trees of any size and maturity, as well as from tree portions such as crowns, 
branches, stumps, etc. 

Furthermore, yields of lumber and pulpwood, along with the speed at which stands reach 
maturity, are limited in current practice by the natural tendency of forests to grow densely. 
To optimize yields requires thinning stands. This operation is not economically viable if 
there is no commercial use for the removed trees. When biomass residues from these 
operations is used as fuel, these thinnings, and diseased trees and slash that would 
otherwise be left to decompose in the forest, become a commodity. This creates the triple 
benefit of greater yields, earlier maturity, and an additional source of income. 

The price at which forestry owners should be willing to sell wood chips for fuel, and the 
cost of biomass fuel production to society, is thus lower than what a narrow cost analysis 
of chipping and hauling operations indicates. Of course, this observation only holds so 
long as harvesting levels remain well within ecologically sustainable supply potentials. A 
conservative estimate for these potentials is given in our discussion in the previous section. 

Delivered cost of wood chips from wastes 

Larson et al. (1989) review the cost of recovering biomass wastes from a variety of 
biomass sources. According to the estimates of that study, costs range from zero to 
$2.6/GJ (1987 $), depending on the source and the distance of transportation. 
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These costs include typical charges of $0.3/GJ for chipping and $0.3/GJ for transport. 
The low end of the range corresponds to biomass waste sources that present a disposal 
problem and can be obtained for a tipping fee, whereas the high end corresponds to the 
gross costs of forestry or agricultural waste recovery. 

The price (net cost) of greenwood chips from forestry wastes can be expected to be 
considerably lower than the high figure, as illustrated by the biomass power production 
experience of the U.S. In areas of the U.S. where commercial forests are sufficiently 
productive to support pulp and paper industries, typical prices for delivered wood chips 
from forestry wastes are in the neighborhood of $1/GJ (Krause et al. 1992).53 

It is worth noting that in the U.S., a competitive fuel chip industry sprang up on account of 
regulatory policies favoring independent power production. In the state of Maine alone, the 
number of chip contractors supplying wood fuel to generating plants has risen from a 
handful ten years ago to more than 70 at present There is strong competition among chip 
suppliers, and prices for biomass fuels have decreased considerably in real terms despite a 
major expansion of supplies (Krause et al. 1992). 

Hauling distances. 

Experience with power production from biomass wastes in the U.S. shows that fuel 
transportation costs are not as critical for the competitiveness of current biomass chip plants 
as previously believed. For currently typical steam turbine plants of 10-40 MW and 17-23 
percent efficiency, hauling distances for waste fuel of as much as 80-160 km are reported. 

In Europe, economically viable hauling distances will be somewhat shorter on account of 
higher prices for truck fuels. Nevertheless, fuel transport over considerable distances can 
be economical because of ample opportunities for backhaul of chips and power plant ashes 
in trucks that would otherwise have gone empty. 

Future price trends 

Forestry experts in U.S. regions with significant fuel chip production expect no real price 
increase in biomass chip fuels. This projection is based on benefits derived by forestry 
owners when residues are converted into fuels, on the relative lack of competing non-
energy uses for forestry residues, and on the emergence of a competitive fuel chip 
contractor industry. 

In combination, competition among contractors and benefits to forest owners are expected 
to keep real chip prices from forestry wastes low and more or less constant over a wide 
range of resource utilization levels (Krause et al. 1992). 

Most forest areas in the U.S. and Western Europe show lower yields than those in the 
high-yield regions of the Northeast and Southeast and of Scandinavia. Also, harvesting 
methods differ between Europe and North America. The cost of chipping forestry waste 
could therefore be somewhat higher in Western Europe. We account for this factor by 
applying a suitable uncertainty range in our cost calculations. 

5 3 These prices may or may not include hauling. They do not include the drying operation to achieve the 
low moisture content (15-25 percent) level required when operating advanced powerplants (see advanced 
biogasification technologies below). 
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Assumptions used in this study 

In the following analysis of power generation from woody biomass we assume that zero-
cost waste resources (e.g. lumber mill wastes) are already largely being utilized. In our 
low case, waste fuel costs are $1/GJ, and in the high case, $2/GJ (in 1989 prices). For 
advanced gasification plants, costs for sizing and drying add $0.55/GJ. 

Cost of biomass fuels from lignocellulosic energy crops 

Larson et al. (1989) indicate typical costs of fuelwood crops ranging from $1/GJ (e.g., 
Leucaena and Albizia trees in the Philippines) to S3.4/GJ (e.g., Salix and Populus trees in 
Sweden). Empirical data from UK field experiments as reported in ESD (1993) indicate a 
similar range of 1.2-4.1 ecu/GJ, or 0.8-2.9 Pf/kWh for short-rotation coppicing of willows 
and single-stem forestry based on poplar.54 

The range in the UK field data reflects hauling distances of 10-50 km; differences between 
short-rotation willow and 5 to 10 year rotation poplar; different levels of drying operations; 
and farmer versus agricultural contractor costs (ESD 1993). 

These figures do not take into account the economic benefit that may be derived for society 
from putting agriculturally marginal land to new productive uses (soil stabilization, water 
resource benefits, rural employment, etc.). On the other hand, they also neglect possible 
social costs mat could arise in ill-managed biomass fuel crop schemes. 

Assumptions used in this study 

Price assumptions for planl 
$0.55/GJ for advanced syste 
and $4.0/GJ in the high case 

Price assumptions for plants fired with fuelwood crops again include drying costs of 
$0.55/GJ for advanced systems. Including these costs, they are $2.55/GJ in the low case, 

CURRENTLY COMMERCIAL BIOMASS ELECTRICITY TECHNOLOGIES 

Current power generation from biomass resources includes municipal waste fired or wood-
chip fired steam turbine plants using fluidized-bed boilers, and gas turbines or internal 
combustion engines using sewer gas, landfill gas, and biogas from anaerobic digestion of 
organic industrial and agricultural waste. 

Below, we develop representative busbar costs for these conventional, already widely used 
technologies. Because of the relatively small scale of these plants, many can be designed 
as cogeneration plants, which results in lower electricity costs. We account for this by 
applying the cogeneration credits developed in Appendix A. 10.7 of the study. Results are 
summarized in Table A. 10.9.20 at the end of this section. 

54 As always in this report, costs refer to 1989 prices unless otherwise indicated, and 1 Ecu = 2 DM = 1 
U.S. dollar (1989). 
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Wood chip plants 

The wood chip plant analyzed for our economic analysis is a 30 MW steam turbine system 
with a fluidized bed boiler, a number of which are in operation in the U.S. and elsewhere. 
The system burns wood chips, sawmill wastes, bark, or agricultural wastes including 
straw. In rural areas, cogeneration opportunities exist in district heating for small nearby 
towns or in agricultural drying or food processing facilities. 

Costs and performance parameters are based on data given in EPRI (1986). The electrical 
efficiency is 23 percent. The EPRI cost data reasonably agree with field data on capital 
costs derived from a sample of recently built U.S. biomass power plants.55 Capital costs 
are roughly DM 3600/kW. A modularity credit but no siting flexibility credit is applied. 

With these assumptions, the delivered cost of electricity becomes 9.1 to 13.3 Pf/kWh using 
waste as a fuel, and 12.5 to 20.1 Pf/kWh assuming fuelwood from plantations. Additional 
costs for monetized environmental externalities are 0.5-0.8 Pf/kWh (see Tables A.10.9.18 
and A.10.9.19 for details). 

Municipal solid waste district heating plants 

Municipal solid waste (MSW) plants rely basically on the same technology as coal-fired 
industrial cogeneration or district heating plants, but gross capital costs per MW are 
significantly higher. This is due to the need to limit steam temperature and thus pressure to 
avoid corrosion problems. As a result, the electrical efficiency in presently existing MSW 
plants is typically only about 10-15 percent. However, improved plant designs, higher 
refuse heating values due to more waste separation and recycling, and the introduction of 
pelletized refuse-derived fuel (RDF), are improving performance. 

A further factor contributing to high capital costs are air emissions. Currently existing 
municipal solid waste burning plants have a record of high and often unacceptable air 
emissions. Fritsche et al. (1989) find that such plants emit typically 2-5 times as much 
classical air pollutants and toxic emissions than conventional district heating coal plants. 

Best new plants largely overcome these environmental problems through advanced air 
pollution control technology, pelletized refuse-derived fuel systems, and increased 
recycling of plastics and other materials that strongly contribute to toxic emissions. New 
stack control technologies for incinerators have proven much superior to those used in early 
projects, and achieve emissions not too much higher than those from conventional coal 
plants of comparable size. However, a significant additional capital cost for pollution 
control remains. 

Cost accounting issues. 

The net cost of power from MSW burning depends on how municipal waste is treated 
under business-as-usual conditions. If the business-as-usual scenario involves landfilling 
without recycling, then the costs of the entire plant need to be allocated to power 
production. The avoided landfill costs represent the only credit against the cost of the 
MSW plant 

55 See the survey literature quoted in Krause et al. (1992). 
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Table A.l0.9.18: Delivered costs of biomass-fired electricity technologies: 

PHYSICAL PARAMETERS 
Source of Wood 
Total Electric Capacity (MWe) 
Lifetime (Years) 
Lead Time (Years) 
Capacity Factor 
Equivalent Unplanned Outage Rate 
Equivalent Availability 
ELCCfMW) 
Heat Rate (kWh fuel in/kWh elect out) 
Efficiency 
FIXED COSTS 
Capital Recovery Factor 

Capital Cost (DM/kW) 
Net Capital Cost (DM/kW) 
Net Cap Cost Including Interest (DM/kW) 
Land, Startup Cost (DM/kW) 
Annualized Capital Cost (DM/kW/yr) 
Fixed O&M (DM/kW/yr) 

Capability Ratio 
Reserve Margin Cost (DM/kW/yr) 

Total Fixed Costs (DM/kW/yr) 
Total Fixed Costs (PflkWh) 
VARIABLE COSTS 
Incremental O&M (Pf/kWh elect) 
Fuel Price (DM/kWh fuel) 
Fuel Cost (Pf/kWh elect.) 
Total Variable Costs (Pf/kWh) 
T&D Adjustment 
DELIVERED COST (Pf/kWh) 

Fixed @ avg. capacity factor 
Fixed @ max. capacity factor 

Variable 
Externality Cost 

Modularity credit @ avg. cap. factor 
Modularity credit @ max. cap. factor 

Total ® avg, capacity factor 
Total w/mod. credit 

Total w/mod. credit A ext 

Total ® max. capacity factor 
Total® max. CF w/mod. credit 

Total ® max. w/mod. credit & ext. 
CT Capital Cost (DM/kW/yr) 
CT Capability Ratio 
Real Discount Rate 
T&D Losses 

BIG/STIG 

wastes 
51 
30 
3 

65% 
4.9% 

90.3% 
48 

3.08 
32.5% 

0.065 

2161 
2161 
2271 
111 

155.0 
42.4 

1.053 
5.9 

203.3 
3.6 

0.73 
0.012 
3.6 
43 
1.06 

5.8 
2.7 
43 
03 
-0.6 
•0.4 

83 
7.7 
82 

73 
6.8 
73 

64.92 
1.038 
5% 
6% 

BI&STIG 

plantations 
51 
30 
3 

65% 
4.9% 
90.3% 

48 
3.08 

32.5% 

0.065 

2161 
2161 
2271 
HI 

155.0 
42.4 

1.053 
5.9 

2033 
3.6 

0.73 
0.019 
5.9 
6.6 
1.06 

3.8 
2.7 
7.0 
0.6 
-0.6 
•0.4 

103 
102 
10.7 

9.7 
93 
9.8 

BIG/ISTIG 

wastes 
114 
30 
3 

65% 
2.5% 

92.6% 
111 
2.60 

38.5% 

0.065 

1749 
1749 
1837 
107 

126.5 
36.2 

1.027 
4.2 

167.0 
2.9 

0.61 
0.012 
3.0 
3.6 
1.06 

3.1 
22 
3.8 
03 
-03 
-0.4 

6.9 
64 
63 

60 
5.6 
61 

m(MW)= 

LOW case 

BIG/ISTIG 

plantations 
114 
30 
3 

65% 
2.5% 
92.6% 

111 
2.60 

38.5% 

0.065 

1749 
1749 
1837 
107 

126.5 
36.2 

1.027 
4.2 

167.0 
2.9 

0.61 
0.019 
4.9 
5.6 
1.06 

3.1 
2.2 
5.9 
0.6 
•03 
-0.4 

9.0 
8.5 
9.0 

8.1 
7.7 
8.3 

1000 

FBCST 

wastes 
30 
30 
3 

65% 
8.0% 
85.9% 

28 
4.33 

23.1% 

0.065 

3556 
3556 
3737 
267 

260.4 
110.1 

1.088 
82 

378.7 
6.7 

0.73 
0.007 
3.2 
4.0 
1.06 

7.0 
5.3 
4.2 
03 

• -0.6 
•0.5 

112 
10.6 
11.1 

93 
9.1 
93 

FBCST 

plantations 
30 
30 
3 

65% 
8.0% 
85.9% 

28 
4.33 

23.1% 

0.065 

3556 
3556 
3737 
267 

260.4 
110.1 

1.088 
8.2 

378.7 
6.7 

0.73 
0.015 
63 
72 
1.06 

7.0 
5.3 
7.6 
0.6 
-0.6 
•0.5 

14.7 
14.1 
14.6 

12.9 
123 
13.0 

(1) BIG/STIG & ISTIG capital and total O&M costs are from Williams and Larson (1989) and Larsen (1991) in the low case, 
and 25 and 50 percent higher, respectively, in the high case. Costs for fluidized bed steam turbine (FBC ST) plant are from EPRI (1986). 
(2) Fuel price includes additional drying costs in the case of BIGSTIG and BIGISTIG. 
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Table A.10.9.19. Delivered costs of biomass-fired electricity technologies: 

PHYSICAL PARAMETERS 
Source of Wood 
Total Electric Capacity (MWe) 
Lifetime (Years) 
Lead Tune (Years) 
Capacity Factor 
Equivalent Unplanned Outage Rate 
Equivalent Availability 
ELCC(MW) 
Heat Rate (kWh fuel in/kWh elect, out) 
Efficiency 
FIXED COSTS 
Capital Recovery Factor 

Capital Cost (DM/kW) 
Net Capital Cost (DM/kW) 
Net Cap Cost Including Interest (DM/kW) 
Land, Startup Cost (DM/kW) 
Annualized Capital Cost (DM/kW/yr) 
Fixed O&M 

Capability Ratio 
Reserve Margin Cost (DM/kW/yr) 

Total Fixed Costs (DM/kW/yr) 
Total Fixed Costs (Pf/kWh) 
VARIABLE COSTS 
Incremental O&M (Pf/kWh elect.) 
Fuel Price (DM/kWh fuel) 
Fuel Cost (PJ/kWh elect.) 
Total Variable Costs (Pf/kWh) 
T&D Adjustment 
DELIVERED COST (Pf/kWh) 

Fixed ® avg. capacity factor 
Fixed @ max. capacity factor 

Variable 
Externality Cost 

Modularity credit ® avg. cap. factor 
Modularity credit @ max. cap. factor 

Total @ avg. capacity factor 
Total w/mod. credit 

Total w/mod. credit & ext. 

Total ® max. capacity factor 
Total ® max. CF w/mod. credit 

Total ® max. w/mod. credit & ext 
CT Capital Cost (DM/kW/yr) 
CT Capability Ratio 
Real Discount Rate 
T&D Losses 

BIG/STIG 

wastes 
51 
30 
3 

65% 
4.9% 
90.3% 

48 
3.08 

32.5% 

0.065 

2848 
2848 
2993 
111 

201.9 
52.7 

1.053 
5.9 

260.6 
4.6 

1.47 
0.019 

5.9 
73 
1.06 

4.9 
33 
7.8 
0.7 
-0.6 
-0.4 

12.6 
12.0 
123 

113 
10.8 
11.6 
64.92 
1.038 
5% 
6% 

BIG/STIG 

plantations 
SI 
30 
3 

65% 
4.9% 

903% 
48 

3.08 
32.5% 

0.065 

2848 
2848 
2993 
111 

201.9 
52.7 

1.053 
5.9 

260.6 
4.6 

1.47 
0.030 

92 
10.7 
1.06 

4.9 
33 
11.3 
0.8 
-0.6 
•0.4 

16.1 
15.6 
16.4 

14.8 
14.4 
15.2 

BIG/ISTIG 

wastes 
114 
30 
3 

65% 
2.5% 

92.6% 
111 
2.60 

38.5% 

0.065 

2279 
2279 
2394 
107 

1617 
44.2 

1.027 
4.2 

211.1 
3.7 

1.24 
0.019 
4.9 
62 
1.06 

3.9 
2.8 
6.6 
0.7 
•0.5 
•0.4 

10.5 
10.0 
10.7 

93 
9.0 
9.7 

m(MW)= 

HIGH case. 

BIG/ISTIG 

plantations 
114 
30 
3 

65% 
15% 

916% 
111 
160 

38.5% 

0.065 

2279 
2279 
2394 
107 

1617 
44.2 

1.027 
4.2 

211.1 
3.7 

1.24 
0.030 
7.8 
9.0 
1.06 

3J> 
2.8 
93 
0.8 
•0.5 
-0.4 

13.5 
13.0 
13.8 

123 
IIS 
12.8 

1000 

FBCST 

wastes 
30 
30 
3 

65% 
8.0% 

85.9% 
28 

4.33 
23.1% 

0.065 

3556 
3556 
3737 
267 

260.4 
110.1 

1.088 
8.2 

378.7 
6.7 

1.47 
0.015 
6.5 
7.P 
1.06 

7.0 
53 
8.4 
0.7 
•0.6 
-0.5 

15.5 
14.8 
15.6 

13.7 
13.3 
14.0 

FBCST 

plantations 
30 
30 
3 

65% 
8.0% 

85.9% 
28 

4.33 
23.1% 

0.065 

3556 
JJJ6 
3737 
267 

260.4 
110.1 

1.088 
8.2 

378.7 
6.7 

1.47 
0.026 
11.1 
12.6 
1.06 

7.0 
5.3 
13.4 
0.8 
•0.6 
-0.5 

20.4 
19.8 
20.6 

18.7 
18.2 
19.1 

(1) BIG/STIG & ISTTG capital and total O&M costs are from Williams and Larson (1989) and Larsen (1991) in the low case, 
and 25 and 50 percent higher, respectively, in the high case. Costs for fluidized bed steam turbine (FBC ST) plant are from EPRI (1986). 
(2) Kiel price includes additional drying costs in the case of BIGSTTG and BIGISTIG. 
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However, modern MSW plants are integrated systems that also serve as recycling centers. 
In this kind of system, a portion of the fuel preparation costs (both capital and operating) is 
attributable to the sorting operations needed for recycling. Alternatively, the earnings from 
recycled materials can be treated as a benefit that reduces the production cost of power. In 
addition, burning the remaining solid waste avoids landfill costs. 

Delivered costs of electricity 

Based on this discussion, we construct a high-cost case in which the business-as-usual 
scenario is a conventional landfill operation, and a low-cost case in which the business-as-
usual scenario is a central waste collection and recycling facility. In both cases, the MSW 
power plant is used for district heating. Thermal loads are equivalent to 4000 hours per 
year of full-load operation. The power plant is operated in baseload mode. 

In the high case, the efficiency of the 30 MW plant is 15 percent and the capital cost 
including pollution control equipment is DM 6000/kW. To this, peak boilers are added for 
cogeneration. Operating and maintenance costs are those of a cod plant of comparable size 
(see Appendix A. 10.7). We add 0.6 Pf/kWh for NOx control. The cost of fuel preparation 
is assumed to be somewhat higher than the avoided disposal costs (tipping fees), resulting 
in a net cost of $1/GJ. 

District heat displaces natural gas and heating oil, and is sold at the prices projected in our 
high fossil price scenario (including taxes on residential oil and gas at 1987 levels, see 
Appendix A. 10.5). Monetized externalities excluding carbon dioxide are based on our 
estimate for coal-fired industrial cogeneration plants (see Appendix A. 10.7). 

In the low case, the plant is credited with the costs of the refuse sorting system and land 
that is required anyway to operate the recycling center. Furthermore, plant performance is 
higher (20 percent efficiency), partly due to the use of presorted materials or refuse-derived 
fuels, and pollution control is simplified, lowering specific capital costs to DM 5000/kW. 

Because fixed operating costs can be partially allocated to the recycling operations, we use 
the lower O&M costs of a wood chip plant. The net cost of refuse-derived fuel after 
accounting for avoided disposal costs (tipping fees) is assumed to be zero. District heat 
again displaces natural gas and heating oil, and is sold at the prices projected in our low 
fossil price scenario. 

With these parameters, delivered costs are 2.6 Pf/kWh in the low case, and 4.4 PfTkWh in 
the high case (see Table A. 10.9.20). To this figure, about 0.4 Pf/kWh need to be added 
for externality costs. 

Sensitivity to fossil fuel prices 

The economics of MSW plants strongly depend on the benefits of district heating, and 
therefore on the price of heating fuels. When district heating is incorporated, the impact on 
the cost of electricity mainly depends on the difference between residential fossil fuel prices 
and the cost of distributing the cogenerated heat. At the 1987 mean of oil and gas prices 
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Table A.10.9.20: Summary of costs and potential for biomass-fired 
generation of electricity 

Forestry wastes 
BIG/STIG 

BIG/ISTIG 
FBCST plant 

Agric. solid wastes/straw 
BIG/STIG 

BIG/ISTIG 
FBCST plant 

Landfill & sewer gas 
cogen IC engine/GT 

Municipal solid waste 
MSW CHP ST plant 

Industrial waste 
FBC cogen ST plant 

Fuelwood plantations 
BIG/ISTIG 

Total 

Potential 
current& adv. 
technologies 

TWh.e 

12.9 
6.5 
3.2 
3.2 

16.8 
8.4 
4.2 
4.2 

24.1 

11.9 

16.8 

71 

154 

Low cost case 
System 

Cost 
Pf/kWke 

7.1 

7.1 

4.1 

2.6 

6.0 

7.7 

6.2 

6.8 
5.6 
9.1 

6.8 
5.6 
9.1 

System Cost 
w/externalities 

Pf/kWh.e 

7.6 
7.3 
6.1 
9.5 

7.6 
7.3 
6.1 
9.5 

4.5 

3.0 

6.3 

8.3 

6.7 

High 
System 
Cost 

Pf/kWh.e 

11.0 
10.8 
9.0 

13.3 

11.0 
10.8 
9.0 

13.3 

8.3 

4.4 

12.1 

11.9 

10.2 

cost case 
System Cost 

w/externalities 
Pf/kWhe 

11.7 
11.6 
9.7 

14.0 

11.7 
11.6 
9.7 

14.0 

8.7 

4.8 

12.5 

12.8 

10.9 

(1) Potentials taken from Table A.10.9.17. 
(2) Costs for fluidized bed combustor steam plant (FBC ST) and BIG/STIG & ISTTG taken from Tables A.10.9.18-19. 
(3) Fuel costs for MSW plant are assumed to be offset by avoided waste disposal costs in low cost case. 
In the high cost case, avoided waste disposal costs are assumed to offset all but Sl/GJ of the cost of obtaining the fuel. 
(4) Costs for electricity from landfill and sewage gas based on capital and O&M costs only of 0.3 MW and 5 MW 
IC engine or gas turbine systems (see Appendix A. 10.7). 
(5) Modularity credits are included in both high and low cost cases for all technologies. 
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including taxes in the EC-5, the range of electricity costs from a MSW plant becomes 3.4 to 
9.2 Pf/kWh (see Table A.10.9.20).56 Without district heating, electricity costs are 10.1-
16.7 Pf/kWh, clearly an uncompetitive range, despite the low to zero cost of power plant 
fuel (not shown in Table). 

Industrial solid-waste fired cogeneration plants 

This type of plant is the same as the 5 MW coal-fired steam turbine plant analyzed in 
Appendix A.10.7. On account of its small size, it has a very high capital cost (7200 
DM/kW to 9000 DM/kW). When operated as a cogeneration system, it avoids capital, 
O&M, and fuel costs for a coal-fired boiler. The fuel cost for the plant is zero in the low 
case, and 1$/GJ in the high case. These parameters yield a range of 6.0 to 12.1 Pf/kWh in 
a two-shift industry (3500 hours per year of thermal process loads). 

Landfill-gas fired cogeneration plants 

The landfill gas plant is assumed to be a neighborhood combined heat and power plant 
consisting of IC engines of several hundred kW to several MW. In the case of larger sites, 
it could also be based on gas turbines. The cost and performance characteristics are taken 
from the corresponding natural gas fired cogeneration units in Part 3C, Appendix A.10.7, 
but efficiencies are down-rated by 10 percent to allow for lower fuel quality. The operating 
mode is baseload, with operating hours for thermal loads ranging from 3500 hours in the 
low case to 2500 hours in the high case. 

The capital costs for the plants include the needed gas cleaning and drying equipment. 
Since the landfill and sewer gas must be collected for environmental and safety reasons, the 
gas collection system is not included in electricity production costs. In effect, landfill and 
sewage gas are treated as resources with a net cost of zero. As in the case of fossil-fired 
systems, a variable cost of 0.6 Pf/kWh is added for NOx control. Externality surcharges 
for remaining impacts are 0.4 Pf/kWh, similar to those of natural gas fired cogeneration 
plants (see Appendix A.10.7). 

With these parameters, the system cost of cogenerated electricity is 1.5 to 5.2 Pf/kWh in 
the low and high cases (not shown in Table A.10.9.20). The landfill gas unit is less 
sensitive to the prices for fossil heating fuels because the cost of distributing heat in a 
neighborhood system is lower than in a district heating grid (see Part 3C, Appendix 
A.10.7). 

Landfills should ideally be sited, and frequently are, a good distance away from 
settlements. Depending on the local circumstances, this may foreclose some or all of the 
cogeneration of heat loads. However, due to the relatively high electrical conversion 
efficiency (29 to 35 percent) of the plants, landfill gas fired systems can be cost-effective 
even without cogeneration: delivered electricity costs are 6.0-10.4 Pf/kWh (not shown in 
Table A.10.9.20). 

56 xbe cost of delivering district heat to the transfer station of residential and commercial customers is 
3.45 Pf/kWhth including interest charges during build-up (see Part 3C, Appendix A.10.7). The mean of 
1987 residential oil and gas prices in the EC-5 region including taxes was 6.13 Pf/kWh. In our low and 
high fuel price scenario, average Ievelized prices for the 1990-2020 period are 6 and 31 percent higher (see 
Appendix A. 10.5). 
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Sewage-gas fired cogeneration plant 

A somewhat lower cost range applies to sewage gas plants, which share various 
installations with the sewage plant and do not require the same level of gas clean-up. 
Though these generators are typically integrated to supply process heat to the waste 
treatment, and thus operate in a cogeneration configuration, we assume here that the 
sewage gas was already being used for that purpose in a sewage-gas fired boiler. Thus, 
the only credit that applies to die generating system is the displaced capital and O&M cost 
for this boiler. Our estimate for electricity costs from sewage gas is 4.1-8.3 Pf/kWh (see 
Table A.10.9.20). 

ADVANCED BIOMASS-FIRED POWER PLANT TECHNOLOGY 

Advanced technologies for power production from biomass include innovations in the 
primary conversion of biomass into combustion fuels, in the secondary conversion of the 
combustion fuel into power, and in the joining of the primary and secondary conversion 
steps into one efficient process. 

Advanced techniques for producing secondary fuels from lignocellulosic biomass are either 
based on thermochemical processes (advanced, oxygen-enriched gasification; liquefaction; 
pyrolysis) or on biochemical processes Qiydrolysis of cellulose, hemicellulose, and lignin 
through the use of enzymes or fungi). The biochemical processes are not as close to 
commercial-scale application as advanced biogasification, but promise lower capital costs 
and the possibility of producing valuable chemicals besides gaseous fuel that could lower 
the net cost of biomass-derived fuel. 

Advanced technologies for secondary conversion are steam-injected gas turbine cycles and 
Stirling engines. Both offer high conversion efficiency at small scale. 

Potentially one of the most promising applications of biomass energy is the combination of 
biomass gasification with high efficiency simple or inter-cooled steam injection gas turbines 
(BIGSTIG or BIGISTIG). The principal attraction of this technology concept is that it 
allows very high thermal efficiencies at low capital cost. Moreover, it offers these 
efficiencies at the small scale required to make effective use of dispersed biomass 
resources. 

STIG technology is commercially available, ISTIG technology is near-commercial (see 
Appendix A. 10.6), and advanced biomass gasification is demonstrated. Detailed 
engineering and cost analyses for wedding these technologies have been performed by 
Larson (1991), Larson et al. (1989) and Williams and Larson (1989). 

Conventional and advanced gasification 

The technology for gasifying biomass, coal, and other solid fuels has been applied and in 
evolution for a number of decades. It typically involves two stages: gasification; and gas 
cleanup (to eliminate particulates and other impurities). Biomass may be gasified using 
fixed-bed or fluidized bed gasifiers, both of which have been tested at pilot scale for 
biomass conversion, and air (conventional gasification) or oxygen-enriched air or pure 
oxygen (advanced gasification). 
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Compared to direct combustion of biomass, gasification leads to two additional operations: 
feedstock drying and sizing (e.g., pre-dried wood chips); and producer gas cleaning and 
cooling. Gas cleanup technology for tars, oils, and nitrogen oxides has been adequately 
demonstrated in biomass applications, while cleanup technology for alkali compounds and 
particulates has not (Larson et al. 1989). 

In the industrialized countries, 44 small conventional biomass gasification systems based 
on commercial air-fed gasifiers and IC engines for power production have been installed. 
These systems have largely proven troublesome in the field. Reliability problems with IC 
engines due to inadequate gas clean-up and difficulty in maintaining the necessary fuel 
parameters for efficient operation have been encountered (ESD 1993). 

Advanced biomass gasification offers several technological advantages that have been tittle 
recognized to date, especially when compared to the widespread interest in advanced coal 
gasification systems. Larson et al. (1989) fmd the following: 

• Biomass gasification is easier in many respects than coal gasification; 
comparable gasification rates can be achieved at lower temperatures, 
ash levels are much lower, and sulfur removal would not be required. 

• The gasification of biomass for use in gas turbines would be simpler 
and probably less costly on a unit basis than for use in most other 
applications; restrictions on gas quality are less severe, and 
pressurization leading to higher specific throughputs would help 
reduce unit capital costs. 

• Both fixed and fluidized-beds are interesting candidate gasification 
technologies for biomass-gas turbines. Fixed-beds offer greater 
simplicity and less challenging particulate cleanup, while fluidized 
beds offer greater fuel flexibility, higher throughput rates, and lower 
unit capital costs in the size range of interest with gas turbines. 

Like coal gasification technologies, biogasification plants still require further testing and 
development in two areas: hot-gas clean-up, and alkali deposition on turbine blades. But 
like coal gasification, biomass gasification is advanced enough to be considered a 
promising near-commercial technology. A demonstration plant based on a conventional 
industrial gas turbine is under way in Sweden, and a similar project is being planned by 
General Electric in the U.S. 

Combined gasifler/turbine efficiencies 

Based on experiments conducted by General Electric in the U.S., the simple STJ.G turbine 
combined with a biomass gasifier would be about 32.5%, with the advantage of mass-
produceable plants of sizes as low as 10 MW. The same experiments indicated a biomass 
gasifier-ISTIG system would have an efficiency of 38.4%, at scales in the 50-100 MW 
range or less. A combined cycle gas turbine offers slightly higher efficiency (about 40% 
including gasifier), but only for plants greater than 200 MW. Plants of this size are 
impractical for biomass applications, because of high fuel transport costs. 

Biomass-fired STIGs (and ISTTGs) can be used in cogeneration applications to great 
advantage, especially when heat loads are highly variable. When demand for steam is low, 
excess steam can be injected back into the combustor to increase generation efficiency and 
produce more power (see Appendix A.10.7). 
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Advanced biogasification turbines fired with source-separated gasified biomass refuse 
fractions could well be suited for MSW district heating plants on account of their potential 
for very low NOx and other emissions and high efficiency at small scale (see Appendix 
A.10.7). 

Stirling engines 

The Stirling engine offers another high-efficiency secondary conversion technology (close 
to 50 percent efficiency in advanced versions), but at smaller scale (15 kW to 1 MW), and 
could thus ideally complement the larger-scale gas turbine systems in efficiently using 
biomass resources at various scales. 

The Stirling engine is an external combustion engine, and as such, can operate with a wide 
variety of fuels, including wood chips, straw, or other solid wastes, pyrolysis products, 
uncleaned producer gas or landfill gas, etc. It involves few auxiliary systems and can be 
mass-produced, thus offering the prospect of low capital costs. 

Similarly, the absence of valves, spark plugs, or fuel injectors means lower operating and 
maintenance costs than internal combustion engines, and engine components last longer 
because they are hermetically sealed from the combustion process. Finally, the external 
combustion process eliminates the noise problems of IC engines and greatly simplifies the 
control of NOx and hydrocarbon emissions. 

The research and development of Stirling engines over the last 25 years has focused on 
small automotive applications with technically very demanding high-pressure sealing 
systems for highly fugitive internal charge gases (helium or hydrogen). Simpler designs 
could be used for the larger engines that would be suitable for biomass-fired stationary 
applications, but an R&D activity oriented toward stationary applications has yet to be 
initiated. It is estimated that given continued R&D support and current advances in the 
modeling of the complex thermodynamics of the engine, systems suitable for small-scale 
biomass conversion could be commercialized within 20 years (ESD 1993). 

DELIVERED COST OF ELECTRICITY FROM ADVANCED BIOMASS-GASIFIER 
GAS TURBINE PLANTS 

To develop a cost estimate for advanced biomass-fired power generation systems, we rely 
on the combination of advanced biomass gasification with advanced gas turbines. Unlike 
Stirling engines, both systems are either commercial (gasifiers, STTG plants) or near-
commercial (ISTIG plants), and detailed engineering economic cost studies exist for the 
combined systems. These are reviewed below. Successful development of the stationary 
Stirling engine can be expected to lead to comparable or lower costs of power production, 
so that the figures developed here are a reasonable upper-limit proxy for advanced biomass-
fired generation options as a whole. 
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Capital and O&M costs 

Larson (1991) estimates capital costs of $1150/kW for mature biomass-gasifier STIGs, and 
$890/kW for BIGISTIGs (1990 $). Total O&M costs are 0.71 eTkWh and 0.6 0/kWh, 
respectively. These figures are lower than those for coal gasification combined cycles or 
coal-gasifier STTG or ISTIGs, due to the lower capital costs of the STTG units compared to 
the combined cycle units, and due to the simpler clean-up stage. 

To develop a high/low range for the technology, we use the above figures as our low case. 
We add a 25 percent surcharge for capital costs and about 50 percent for O&M costs in the 
high case. Total O&M costs are broken up into fixed and variable operating costs based on 
estimated fixed costs for insurance and operating personnel. 

Fuel costs for advanced biogasification plants 

Gasifier/gas turbine systems require pre-dried fuels that add an estimated $0.55/GJ (Larson 
1991). In accordance with our previous discussion on biomass fuel crop costs, we assume 
costs of $1.6/GJ (wastes, low case), $ 2.5/GJ (wastes, high case and plantation fuelwood, 
low case), and $ 4.0/GJ for plantation fuelwood in the high case (prices in constant, 1989 
terms). 

Back-up costs, externality costs, and modularity credits 

Back-up costs are calculated as for conventional fossil-based plants. Modularity credits 
accrue to both BIGSTTG and BIGISTIG plants, amounting to 0.4 to 0.6 Pf/kWh. Siting 
flexibility credits are assumed to be zero, though some plants would offer such advantages. 

Under the monetization scheme of Appendix A. 10.4, the externality costs of advanced 
biomass power plants are higher than those for the other renewables-based generating 
technologies. They come close to those for advanced gas-fired central stations, principally 
due to land and water impacts. 

Total delivered cost 

Tables A.10.9.18 and A.10.9.19 above show the total system costs for BIGSTIGs and 
BIGISTIGs, using the technology cost assumptions developed by Larson et al. (1989) and 
the fuel costs mentioned above. The STTG offers delivered electricity at a total cost 
(including system credits and excluding externalities) of 6.8-10.8 Pf/kWh when operated 
with waste biomass. The corresponding range for the ISTIG is 5.6-9.0 Pf/kWh. 
Externality costs add 0.5 to 0.7 Pf/kWh (all costs in 1989 DM). 

When fired with fuel crops, the STTG yields a delivered cost of 9.3-14.4 Pf/kWh. The 
corresponding range for the ISTIG is 7.7-11.9 Pf/kWh. These figures show that both 
waste-fired STIGs and waste-fired ISTIGs are cost-effective to cost-competitive relative to 
advanced coal plants (see Part 3C, Appendix A 10.6). 
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SUMMARY: COST AND POTENTIAL OF BIOMASS-DERIVED POWER 

Table A.10.9.20 above summarizes biomass electricity potentials and costs. Potentials are 
taken from Table A.10.9.17 and divided up by the proportions stated in that table's 
footnotes. To estimate costs in the low and high cases, we use Table A. 10.9.18, Table 
A.10.9.19, and the cost analysis of cogeneration options in Part 3C, Appendix A.10.7. 
Fuel prices are varied as described above. We include modularity credits but exclude siting 
credits in all cases. 

Our calculations show that significant fractions of the biomass potential are cost-
competitive compared to conventional central station fossil-fired generation. In particular, 
waste-fired BIGASTIGs, municipal solid waste plants, and landfill/sewage gas plants are 
attractive sources of baseload power. Biogas from agriculture, waste-fired BIG/STIGs, 
and plantation-fired BIG/TSTIGs are also cost-competitive. 

Comparison with other studies 

Our total of about 150 TWh is broadly comparable to estimates in other studies. For 
example, Johansson et al. (1993) create a "renewables-intensive" energy scenario that 
contains about 400 TWh of biomass electricity generation by 2025 for OECD Europe. The 
EC-5 countries represent about 38% of that region as a fraction of land area. Applying 
these proportions to the Johansson et al. estimates would yield potential biomass electricity 
generation potentials of 150 TWh.e for the EC-5. 

Fuelwood and other biomass resources for heating in Western Europe have been put at 
25.9 million tons of oil equivalent (INESTENE 1988). If gasified and burned at the 
efficiency of a STTG, this amount of biomass would yield electricity production of about 
100 TWh. Combining these estimates for the power potential from fuelwood and 
agricultural wastes would yield 130 TWh. 

A.10.9.101 



H. POTENTIAL CONTRIBUTION OF RENEWABLES TO 
WESTERN EUROPE'S POWER SUPPLIES 

The percentage contribution renewables could make to electricity supply depends both on 
the reference level of energy demand, and on the degree of technological progress in the 
renewables field. Both energy demand and technology innovation depend on the policy 
context that is assumed. These points of reference are clarified in the following section. 

POINTS OF REFERENCE 

In our overall analysis of the cost of carbon reductions in Western Europe, we distinguish 
between three policy scenarios: a business-as-usual scenario, a least cost scenario, a 
minimum carbon scenario, and a minimum risk scenario. In the latter, carbon emissions 
are minimized while nuclear power is phased out (see Part 3A). These scenarios differ 
markedly in terms of final electricity demand and in terms of the share of renewables in the 
electricity supply mix. 

Reference level of electricity demand 

In the business-as-usual scenario, it is assumed that utilities continue their conventional 
business-strategies aimed at the sale of electricity as a commodity, while governments 
undertake no new initiatives at promoting cost-effective energy efficiency improvements. 
As a result, only a small portion of the available demand-side efficiency resources in the 
EC-5 region is mobilized. 

This electricity future is illustrated by the business-as-usual scenario developed in the 
"Energy for the Next Century" study of the European Commission (CEC 1990). Starting 
from a final electricity consumption of 1074 TWh in the 1985 base year, demand rises in 
this scenario to 1770 TWh by 2010. Extrapolating this projection to the year 2020, we 
arrive at a business-as-usual level of electricity demand of 1920 TWh in 2020. 

In the least-cost scenario and in the climate-oriented scenarios of the IPSEP study, 
electricity demand is significantly lower (see Parts 3A and 3B). Depending on the assumed 
effectiveness of energy efficiency policies, year 2020 electricity consumption falls as low 
as 910 TWh, i.e., 16 percent below base year levels. 

Technology costs, renewables policies, and supply mix 

Among other things, our distinction between currently commercial technology and 
advanced technology can be used as a proxy for alternative policy contexts for renewables. 
Our advanced technology potentials indicate what amounts of renewables-based electricity 
could become economically attractive (i.e., cost-effective or cost-competitive relative to 
conventional coal and nuclear power plants) if an aggressive R&D and commercialization 
effort is made over the next 10 to 15 years. In such a policy context, resource costs are 
likely to be best represented by our low case. In the absence of such policy support, our 
high costs are more likely to apply, and renewables resource potentials will be smaller. 
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Our analysis of currently commercial technologies is also useful in gaining insights about 
currently existing regulatory, fiscal, and energy pricing barriers to renewable energy 
sources. The quantitative effects of these barriers can be seen in the extent to which 
currently commercial renewables technologies are cost-effective against conventional fossil 
or nuclear generating technologies, but have not been incorporated into present or projected 
resource mixes. 

RESULTS 

In the business-as-usual scenario of the European Commission, the contribution of 
renewables to total power supplies actually declines between 1985 and 2020, from about 
12 percent to 8 percent Only about 40 TWh of renewable generation is added between the 
base year and 2010. 

This outcome is a result of growing electricity demand and the assumed continuation of the 
basically status-quo oriented utility sector policies of the 1980s. As discussed below, this 
status quo presents a series of major barriers to renewable energy investments. 

Currently commercial technologies 

The resource potentials and costs for current technologies are shown in Table A. 10.9.21. 
By 2020, renewable power could contribute about 430 TWh, including the contribution 
from already existing hydro capacity. The total incremental resource potential beyond 
existing hydro output is about 290 TWh. These figures reflect our stringent environmental 
criteria for defining resource potentials, including a 96 percent exclusion rate for on-shore 
wind energy potentials, and very conservative limits on biomass fuels. 

More than half of this increment is from wind generators, both on-shore and off-shore. 
The total of about 160 TWh is logistically limited and includes only three of the four wind 
regimes shown in Table A. 10.9.8 above. The remainder of the renewables contribution 
comes in roughly equal portions from various new hydro and biomass resources. 
Photovoltaics are not considered under this technology level. Among the hydro resources, 
modernization of existing dams is the largest component. In the case of biomass-fired 
power plants, the largest resource potential comes from municipal waste and landfill and 
sewer gas. 

Carbon-minimizing scenarios 

By definition, the contribution of renewables is highest in the minimum risk scenario, since 
nuclear generation is phased out and carbon emissions are minimized at the same time. The 
exact role of renewables must, of course, be determined on the basis of marginal costs per 
ton of carbon removed (see Part 3 A). 

If the 430 TWh potential of currently commercial renewables-based generation were fully 
implemented, — as explored in the minimum carbon and minimum risk scenarios — it 
could supply as much as 47 percent of the EC-5 electricity demand in the year 2020. This 
surprisingly high figure results if opportunities for using electricity more efficiently 
(demand-side efficiency resources) are fully implemented. As discussed above, EC-5 
electricity demand in 2020 is lowered from the business-as-usual level of 1920 TWh to less 
than half that value, or 910 TWh, in these scenarios. 
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Table A.10.9.21: Summary of renewables costs and potentials (current technologies) 

Wind current technology 
&Q- s U n « _ / Co<xK Zone 0 

Zonel 
Zone 2 

Total wind 

Hydroelectric (1987 output) 

Hydroelectric (incremental) 
Modernization 

New dams-large/mini 
New dams-nuni/micro 

Total incremental hydro 

Biomass 
MSW/landfill gas/sewage gas 

Agric/forestry wastes 
Industrial wastes 

Total biomass 

Renewables total (w/o 1987 Hydro) 
Renewables total (w/1987 Hydro) 

Potential 
generation 

TWhe 

49 
47 
64 

161 

136 

36 
26 
10 

72 

36 
7 
17 

60 

293 
429 

Delivered 
Cost 

Pf/kWhe 

8.1 
9.9 
14.8 

11.3 

1.1 

4.6 
6.5 
9.7 

6.0 

4.4 
9.5 
6.8 

5.7 

Low cost case 
System System Cost 
Cost w/externalities 

Pf/kWh.e Pf/kWhe 

8.7 
lOi 
15.4 

11.9 

1.1 

4.6 
6.5 
9.7 

6.0 

3.6 
9.1 
6.0 

4.9 

8.9 
10.7 
15.6 

12.1 

1.1 

4.7 
6.7 
9.9 

6.1 

4.0 
95 
63 

53 

Delivered 
Cost 

Pf/kWh.e 

115 
145 
203 

15.9 

2.1 

6.6 
10.9 
163 

9.5 

7.8 
13.7 
13.0 

10.0 

High cost case 
System System Cost 
Cost w/extemalities 

Pf/kWh.e Pf/kWhe 

12.0 
15.1 
20.9 

16.5 

2.1 

6.6 
10.9 
16.3 

9.5 

7.0 
13.3 
12.1 

9.2 

123 
153 
21.1 

16.7 

2.2 

6.7 
11.0 
165 

9.6 

7.4 
14.0 
125 

9.6 
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The EC-5 wide contribution from intermittent wind resources would be as high as 18 
percent, well within the bounds of technically and economically feasible limits (see Section 
B above). In the UK, which has the largest wind resources, the contribution from 
intermittents would be 53 percent if all wind electricity was consumed in the UK. 

A lower renewables contribution would result if electricity demand were as high as 
projected in the business-as-usual scenario of DGXVII. But even in that case, the 
maximum possible renewables contribution would still be a sizable 22 percent, with 8 
percent from intermittents. 

Least-cost scenario 

Only a portion of the incremental renewables potentials shown in Table A. 10.9.21 is cost-
competitive or cost-effective. As shown in Part 3 A of our analysis, the cost-effective range 
of levelized costs of electricity supply depends on the degree to which demand-side 
efficiency resources have been implemented, since lower demand also reduces the marginal 
cost of needed supplies. 

For the qualitative observations of the following discussion, we compare the costs in Table 
A. 10.9.21 to the levelized costs of conventional fossil and nuclear generating technologies 
as developed in Parts 3C and 3E of our study. In the low case, resources costing less man 
6-7 Pf/kWh are likely to be cost-effective, and resources costing less than 7.5-8 Pf/kWh 
can be considered cost-competitive. In the high case, the corresponding ranges are 8-9 
Pf/kWh and 9-10 Pf/kWh. 

As a rough measure, about 70 TWh — half from modernization of existing hydro plants, 
half from biomass and municipal wastes — can be considered robustly cost-effective 
against or cost-competitive with conventional fossil and nuclear options (i.e., under both 
high and low cost assumptions). If low costs are assumed, this total might rise to about 
115 TWh. 

If only this cost-effective to cost-competitive resource potential of 70-115 TWh is 
considered (along with existing hydro capacity) — as explored in the least cost scenario — 
currently commercial renewables technologies could achieve a contribution of 23-28 
percent in 2020. This range applies if all demand-side electricity resources are cost-
effective, in which case electricity demand is lowered to 910 TWh as in the minimum 
carbon and minimum risk scenarios. 

At the business-as-usual level of year 2020 electricity demand, the contribution would be in 
the neighborhood of 10-13 percent. The renewables fraction would keep about constant 
over the 1985-2020 period. By contrast, the European Commission's "Energy for the 
Next Century" study foresaw a decline to 8 percent. 

Current plus advanced technologies 

The EC-5 resource potentials with advanced technologies are summarized in Table 
A. 10.9.22. In addition to the currently commercial resource options in the previous table, 
we include here solar photovoltaics and biomass gasification plants. Also, wind resources 
are based on larger turbines installed at greater hub height, as discussed in Section C. 
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Table A.10.9.22: Summary of renewables costs and potentials (current plus advanced technologies) 

Wind (advanced technology) 
$£$ sUff -^/co^^ZoneO 

Zone/J 
Zone"2 

Total wind 

Hydroelectric (1987 output) 

Hydroelectric (incremental) 
Modernization 

New dams-large/mini 
New dams-mini/micro 

Total hydro 

Biomass 
MSW/landftll gas/sewage gas 

Agric/forestry wastes 
Industrial wastes 

Fuelwood plantations 

Total biomass 

PVs 
Targeted PV installations-S. Europe 
Distributed PVs-Southem Europe 
Targeted PV instls.-W./N. Europe 

Total PVs 

Renewables total (w/o 1987 Hydro) 
Renewables total (w/1987 Hydro) 

Potential 
generation 

TWhe 

[ 76 ) 
\ 5 0 / 

189 

136 

36 
26 
10 

72 

36 
30 
17 
71 

154 

10 
90 
60 

160 

575 
711 

Delivered 
Cost 

Pf/kWKe 

4.9 
5.6 
83 

6.1 

1.1 

4.6 
65 
9.7 

6.0 

4.4 
7.5 
6.8 
8.1 

7.0 

11.1 
11.1 
16.7 

13.2 

Low cost case 
System System Cost 

Cost w/extemalities 
Pf/kWke Pf/kWh.e 

>T3 

5.5 
6.2 
8.9 

6.7 

1.1 

4.6 
6.5 
9.7 

6.0 

3.6 
7.1 
6.0 
7.7 

6.4 

4.8 
8.0 
75 

7.6 

5.7 
6.4 
9.1 

6.9 

1.1 

4.7 
6.7 
9.9 

6.1 

4.0 
7.6 
63 
83 

6.9 

4.8 
8.0 
75 

7.6 

Delivered 
Cost 

Pf/kWh.e 

6.4 
7.9 
10.9 

8.2 

2.1 

6.6 
10.9 
163 

95 

7.8 
11.4 
13.0 
123 

11.1 

18.1 
18.1 
27.2 

215 

High cost case 
System System Cost 

Cost w/extemalities 
Pf/kWhe Pf/kWh.e 

7.0 
8.5 
115 

8.8 

11 

6.6 
10.9 
163 

9.5 

7.0 
11.0 
12.1 
11.9 

10.6 

11.7 
14.9 
17.9 

15.8 

7.2 
8.7 
11.8 

9.0 

2.2 

6.7 
11.0 
165 

9.6 

7.4 
11.7 
12.5 
12.8 

113 

11.7 
14.9 
17.9 

15.9 
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In total, the renewable electricity resource base for 2020 grows to about 710 TWh. Of the 
more than 570 TWh of incremental resources, 160 TWh are from photovoltaics (PVs). 
The biomass contribution doubles to about 150 TWh, and the wind contribution rises 
somewhat to about 190 TWh. The incremental hydro resource remains the same. All in 
all, intermittent wind and photovoltaics constitute almost half of the total resource potential. 

Carbon-minimizing scenario 

In our carbon-minimizing scenarios, where electricity demand drops to less than half of 
business-as-usual levels, the 710 TWh resource potential is equivalent to about 80 percent 
of total demand, suggesting the possibility of a largely renewables-based electricity system 
in Western Europe. However, intermittent renewables then would account for close to 40 
percent of delivered electricity in the geographic aggregate. In the UK, where wind 
resources are particularly large, the intermittent fraction would rise to an unmanageable 
fraction of about 80 percent unless large amounts of wind power production were exported 
to the continent 

These relationships indicate that with advanced technologies, the potential contribution 
from renewables becomes so large that its utilization may be limited by the fraction of 
intermittent resources that can be absorbed in the power system. Based on our earlier 
discussion in Section B, which suggested a roughly 50 percent limit for the contribution 
from geographically diverse intermittent sources, and on a year 2020 electricity demand of 
180 TWh in the UK if electricity is used efficiently (see Part 3B), wind generation in the 
UK would have to be about 50 TWh lower than indicated in Table A. 10.9.8, reducing the 
total wind resource in Table A. 10.9.22 to 140 TWh. 

With this cap on intermittents, the total renewables potential from advanced technology then 
becomes about 660 TWh. Even with this somewhat reduced figure, the share of 
renewables in delivered electricity supplies would still reach 73 percent if supply and 
demand-side efficiency potentials were fully implemented. 

Least-cost scenario 

With advanced technologies, the robustly cost-effective to cost-competitive renewables 
resource grows from 70 TWh to about 210 TWh, due to the attractively low cost of wind 
generation in the more favorable wind regimes. With low technology costs, another 100 
TWh from biomass and 70 TWh from photovoltaics enter this category. The total 
economically attractive resource then becomes 380 TWh. 

This 210-380 TWh of cost-effective to cost-competitive renewables-based supplies could 
contribute as much as 23-42 percent of total 2020 electricity deliveries. The intermittent 
fraction would be 15-23 percent Assuming business-as-usual levels of electricity demand, 
the contribution of renewables would be as high as 11-20 percent. 
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CONCLUSIONS 

The above discussion shows that the potential economic contribution of renewable energy 
sources to Western Europe's electricity supplies is far larger than suggested by 
conventional projections. 

• Least-cost oriented energy strategies could triple to quadruple the 
contribution of renewables over base year levels, bringing it to about 
23-42 percent 

• If energy policies are oriented toward minimizing carbon emissions, 
the practically feasible renewables share could be roughly twice as 
high again, reaching more than 70 percent of EC-5 electricity demand 
in 2020. 

In all cases, the possibility for high contributions from renewables is dependent on full 
implementation of the large cost-effective potential for more efficient electricity use on the 
demand-side (see Part 3B). 
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I. IMPLEMENTATION BARRIERS AND POLICY OPTIONS 

INSTITUTIONAL AND MARKET BARRIERS 

Given conventional policies currently or until recently found in most OECD countries, 
power generation technologies based on renewable energy sources encounter a number of 
barriers that often represent debilitating handicaps. These include the following: 

— Non-incorporation of environmental and other externalities into the 
costs and prices of conventional and renewables-based power sources; 

— Corporate tax provisions and expensing rules favoring technologies 
with significant fuel costs over technologies dominated by capital 
costs; 

— Lack of data on sites for intermittent resources that offer significant 
transmission, distribution, and other system-level benefits; 

— Major information and transaction costs for potential investors in on-
site PV or other generating systems in buildings, similar to the barriers 
to demand-side efficiency investments (see Part 3B and Part 1). 

— Lengthy or ineffective procedures for siting and licensing of small-
scale power plant projects, and a lack of processes that ensure early 
public information and participation; 

— A range of impediments to the cost-reducing cogeneration of heat and 
power (discussed in Part 3C), which affect the cost of electricity from 
biomass-fired generating plants. 

— Excessive transaction costs for independent power producers in 
negotiating individual contracts for smaller-scale generating projects, 
and lack of availability of long-term contracts. 

— Discriminatory buy-back rates shaped by the monopsony buyer 
position of franchised utilities vis-a-vis independent power producers; 

— Flawed avoided cost calculations that ignore the capacity value of 
intermittent renewables; 

— Excessive information and transaction costs for independent power 
developers in assessing the range of utility options for integrating 
intermittent sources at insubstantial cost or net system benefit 

— Rate-making procedures that protect utility stockholders from the risk 
of fossil fuel price uncertainties while fully exposing them to risks 
from investments in new renewables-based technology; 
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— Average-cost hook-up rates for customers requiring grid extensions 
that discriminate against the system benefits of alternative investments 
in distributed renewables; 

— Capital market barriers (financing of independent power projects 
through venture capital rather than through capital raised by utilities) 
that translate into higher capital costs and shorter payback 
requirements. 

— Unavailability of suitably structured front-loaded contracts with 
utilities that ensure positive net cash flow in all years of operation. 

— Inadequate R&D support from governments, including excessive 
funding of large-scale power plant options with lower potential for 
genuinely competitive R&D programs and less favorable prospects of 
high returns and fast innovation, at the expense of inherently more 
promising modular technologies including renewables. 

— Lack of innovative programs for the commercialization of renewables 
that would reduce investor risks, create the necessary initial utility 
sector markets to bring down technology costs, and ensure 
competition at all stages of the commercialization process. 

In the discussion below, we group these barriers, and corresponding policy options to 
overcome or eliminate them, into the following broad headings: externalities; siting; 
regulation of the power market; and least-cost approaches to R&D and commercialization. 
Barriers to the cogeneration of heat and power and to demand-side investments by utility 
customers have already been discussed at length in our analysis of cogeneration options 
(Part 3C, Appendix A.10.7) and demand-side efficiency resources (Part 3B). 

PRICE DISTORTIONS 

Externalities 

A major shortcoming of current energy markets is that they do not reflect the environmental 
and other externalities of energy use. Our analysis of fossil and nuclear electricity options 
in Parts 3C and 3E shows that the raonetizable environmental externalities of these options 
can be considerable, and are typically significantly higher than those calculated for 
renewables. 

Nuclear accident risks posed by currently commercial reactors add several Pf/kWh to the 
cost of nuclear electricity, making that resource option much more expensive than reflected 
in current electricity rates. Similar if smaller differentials are found between renewables 
and fossil-fired central stations. With high assumptions, environmental externality 
corrections make coal, oil, and gas central stations more expensive by 1-1.5 Pf/kWh (see 
Part 3C), compared to 0.0-0.2 Pf/kWh for wind or photovoltaics options. Only in the case 
of gas-fired cogeneration and advanced gas turbine or fuel cell technologies do these fossil-
renewable differentials become small. 
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However, these monetary values for environmental impacts do not include the largely non-
monetizable climatic impacts of carbon and other greenhouse gas emissions arising from 
fossil energy use. Nor do they reflect the considerable non-environmental externalities of 
fossil fuel use, including the upward pressure on prices with higher fossil energy demand, 
the balance-of-payment impacts of energy imports, and the military and other costs of 
securing access to international fossil supplies. Based on these additional external costs, a 
multiple of the above price corrections could be warranted and economically efficient 

Policy options 

The policy options for incorporating environmental externalities include both regulatory and 
price-based options: 

— Stricter regulatory standards for emissions and other environmental 
impacts, based on best available control technology; 

— Regulatory requirements to include monetized environmental 
externality surcharges in the development of utility resource plans; 

— Regulatory set-asides for renewables and other supply options with 
low impacts; 

— Regulatory limits to the life extension of amortized but inefficient older 
power plants, e.g., through the imposition of new-source standards 
on such plants after a given service life. 

— pollution taxes imposed on primary fuels 

— Pollution taxes imposed on final energy carriers 

— Calorific energy taxes imposed on primary fuels or final energy 
carriers 

— Regulatory establishment of emission caps, combined with least-cost 
planning procedures and tradable permit systems for implementing the 
emission limits. 

The advantages and disadvantages of several of these approaches have been discussed in 
Krause et al. (1989), Krause et al. (1992), and in Part 1 of the current study. There is 
widespread agreement today that an optimal approach would make use of several of these 
options in combination. Most analysts also agree that a tax based on energy content is 
preferable to a tax based only on environmental impacts or air emissions. Options for 
efficiently linking energy taxes with regulatory measures have been discussed in Part 1 of 
the IPSEP study. 

Tax code problems and subsidies 

In addition to the distortions from externalized costs, current energy prices are skewed by a 
variety of tax subsidies and other fiscal policies. Inadvertent differentials exist in the tax 
code mat allow the expensing of fuel expenditures in calculating corporate tax liabilities. 
By contrast the capital investments that displace these fuels are not eligible for similar 
treatment In the oil and gas industry, intangible drilling costs are allowed for expensing, 
yet no equivalent break exists for renewables investments. And the high up front capital 
costs of these investments creates higher burdens from sales taxes and local property taxes. 
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Policy options 

— Remove tax subsidies for fossil and nuclear electricity options and 
fuels; 

— Offer accelerated depreciation for renewables to counterbalance the 
expensing of fuel costs, or revoke expensing of fuel costs in 
calculating corporate taxes; 

— Remove tax deductions for intangible drilling costs; 

— Exempt renewable energy investments from local sales and property 
taxes, or subsidize these taxes with federal funds. 

From a static perspective, economic efficiency would be best served by emphasizing the 
elimination of subsidies for conventional energy sources over creating offsetting subsidies 
for renewables. From the perspective of industrial strategy and international 
competitiveness in an arena of rapid technological change, subsidies for renewables could 
yield independent economic benefits if these subsidies succeed in accelerating the 
development of low-cost renewables-based generating technologies (see also below). 

SITING BARRIERS FOR RENEWABLE GENERATING SYSTEMS 

One of the major obstacles to smaller-scale, dispersed generation from renewables is the 
difficulty of obtaining adequate information on sites with the greatest value to the utility 
system, and the expense and time involved in dealing with local and other power plant 
siting jurisdictions when these have not been adjusted to meet the specific needs of these 
projects. 

High costs of information on the system economics of potential sites for 
renewable generating projects 

As discussed in Sections B-D above, the avoided cost from renewable generating projects 
depends strongly on the system-level benefits these modular technologies can achieve 
within specific substations and feeder lines of the utility grid. Currently, evaluations and 
surveys of potential renewable sites in terms of these benefits are typically not available. 
Also, utilities have been slow in providing transparent and consistent cost tables for 
transmission and wheeling services on which independent power producers could base 
their calculations. 

A second input for correctly valuing renewables investments depends on measurement of 
the minute-by-minute, hourly, daily, and seasonal load variations of intermittent wind and 
solar fluxes, and their coincidence with fluctuations in system loads. Without such 
measurements and modeling, which are expensive for independent power developers and 
which arguably represent a public good, the capacity value of intermittent resources will 
remain in dispute. 

A further important piece of information for valuing and planning electricity production 
from intermittent renewable sources are detailed insolation and wind measurements at 
different sites, and the possibilities for balancing the weather patterns of different sites 
within the service territory of each utility so as to maximize synchrony with daily and 
seasonal changes of utility loads, and with seasonally varying power production from 
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district heating cogeneration schemes. Again, this type of information is crucial for 
arriving at fair contracts for renewable power, but independent power producers are at an 
inherent disadvantage relative to utilities in obtaining this information. 

Policy options 

— Regulatory requirements for utilities to conduct surveys of sites with 
high system-level benefits, publish transmission price tables, 
systematically measure sites and their coincidence pattern with utility 
loads, and simulate the performance of regionally diverse portfolios of 
intermittent renewable capacity. 

— Regulatory incentives for utilities to make investments of their own in 
distributed renewable energy systems, so as to minimize transaction 
costs and maximize the cost-efficiency of integrating renewables into 
the grid. 

These regulatory policies are needed irrespective of whether utilities remain vertically 
integrated franchises, or whether generation is deregulated. In the pool model of utility 
restructuring, these requirements could be imposed on the transmission company or 
distribution companies, since they would continue to be regulated monopolies. 

Lengthy siting processes 

The expense and time involved in siting wind, hydro, and biomass generating facilities is 
partly due to the need for adequate public participation in siting decisions by affected local 
communities and other interests. Because renewable capacity is built up from many small 
projects, an inefficient siting process can destroy the planning flexibility and lead-time 
benefits that these technologies offer in principle. 

Special siting issues for windfarms 

For infant industries such as wind power, lengthy siting procedures and uncertain 
outcomes can be particularly stifling. Inadequate siting procedures will also diminish the 
wind power resource potential by sub-optimizing the use of available sites. 

Experience in Denmark, Great Britain, and the U.S. has shown that wind farm can meet 
public opposition when the siting procedure is conducted in a high-handed, undemocratic 
manner (Rand 1989, Rand and Clarke 1989). This can create local opposition even when 
the community has a positive attitude toward wind energy and is not overly concerned over 
its visual or other impacts. 

For example, Bosley and Bosley (1988) found that the wind farm industry in California 
initially did not recognize the need to communicate with the local community and its 
environmental groups. By concentrating on the regulatory agencies only, it created 
unnecessary citizen opposition. That opposition, in turn, was often based on inadequate 
information opponents had about planned projects. 

The manner in which communities directly benefit from local wind power developments 
can be decisive. For example, in California, some local communities have opposed wind 
farm developments because developers and utilities steadfastly refused to offer some form 
of financial compensation. Locals felt that they bore the cost of such developments (e.g. 
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visual intrusion), while remote commercial interests reaped all the benefits (Throgmorton 
Jr. 1987). 

In Denmark, a program was undertaken to study the most promising potential sites with the 
participation of local communities and all affected parties, survey reactions to various 
designs and detailed site assessments, and improve the information basis of all parties 
(Danish Ministry of Energy 1987). The Danish experience showed that the most effective 
means to ensure local support for initial windfarm developments is to allow communities 
themselves to plan and invest in local windfarms.37 By contrast wind farm developments 
sponsored by the larger regional utilities were meeting more frequent opposition. 

Promising approaches 

The Danish and California experience suggest that windfarm development could be 
successful if pursued along the following guidelines (Thayer 1988): 

• the local community should have a direct, identifiable share in the 
economic benefits accruing to society and ratepayers as a whole, and 
that 

• the local community should be given an opportunity to negotiate the 
size of this share. 

The need to involve the local community also suggests that municipal utilities could be a 
particularly effective coordinating agent for utility wind farm developments. 

To the extent that regional or interregional utilities or large private investors carry windfarm 
developments, the following approaches can be used to provide adequate compensation and 
trade-offs (Rand 1990): 

• Guarantee property values for windfarm neighbors and provide 
compensation in the form of some public facility development desired 
by the community. 

• Offer preferential electricity rates for communities accepting 
windfarms. 

• Organize a local public utility, or involve the municipal utility to buy 
the wind electricity from local projects. 

• Establish a community fund into which windfarm developers pay an 
annual fee in proportion to the number of turbines. 

One California developer has established such a community fund, which receives $30 per 
month per turbine, or over $10 000 per month from the windfarm as a whole. The fund's 
board of trustees is made up of local residents, and the funds are used for local public 
education, environmental improvement and recreation investments. 

57 The Danish experience further underlines the importance of community participation. About 75 percent 
of the wind turbine capacity installed in Denmark was built by private parties and local cooperatives. 
Experience to date also suggests that utility-led developments there are initially likely to produce more local 
objections than wind energy developments that are initiated and controlled locally (Rand and Clarke 1989). 
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Site banking 

An important policy option for dealing with siting issues is for national or state 
governments to initiate, in cooperation with utilities, local authorities, community citizen 
groups, and other parties, 

— the development, pre-approval, and setting aside of preferential siting 
areas for wind farms, hydro installations, and biomass-based facilities 
(site banking). 

— land-use and zoning ordinances that preserve solar access for on-site 
PV systems. 

In particular, central governments could financially support the necessary studies, 
administrative procedures, and opportunities for community participation in a large number 
of alternative areas. Utility or private developers could men design projects without the 
burden of siting-related uncertainties and risks. 

Site-banking programs or their equivalents are already being implemented for wind 
generation in Denmark and in Holland. For example, the Dutch government has designated 
certain polder areas as particularly suitable for windfarm developments on account of the 
terrain, lower population densities, and fewer competing land uses. Developers of 
windfarms in these areas receive a government subsidy. 

UTILITY REFORM AND REGULATION OF ACCESS TO THE POWER MARKET 

In discussing regulatory policy options, it is necessary to distinguish between three types 
of policy contexts. In the first case, conventional, vertically integrated utilities with their 
franchised service territories and ownership of transmission lines act as monopsony buyers 
of electricity from renewable power projects that are developed by other entities. In the 
second case, vertically integrated utilities build and own renewable power projects 
themselves. In the third case, the generation side is deregulated, and renewable generating 
sources sell into a power pool spot market. 

Case one: vertically integrated utilities as monopsony buyers of 
independently produced renewable power 

Most barriers to independent power production under the traditional industry structure have 
already been discussed in Part 3C in the context of barriers to cogeneration. Within this 
industry structure, the main corrective approach are regulatory reforms establishing 
integrated resource planning (IRP). IRP builds on the intent of PURPA-type access 
reforms and includes a number of measures aimed at ensuring access to the power market 
and efficient competition between resource alternatives. We add here discussion of several 
impediments and corrective policy options that are specific to renewable power projects. 

Contracting issues 

The first issue is the lack of availability of long-term contracts (15 to 30 years) in the 
absence of specific regulatory requirements that utilities offer such contracts. Because 
renewable power projects are for the most part highly capital-intensive, the time period over 
which they can earn guaranteed revenues is critical for their viability. 
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Long-term contracts are also indispensable in establishing a level economic playing field. 
Vertically integrated utilities are, in effect, given the same long-term contracts for their 
generating assets through the regulatory compact that assures them rate recovery over 
periods that extent all the way to the 30 year book life of power plants. 

The second contracting issue is the lack of availability of standard contracts or standard 
tariffs for renewable power generation. Given that most types of renewable power projects 
are of a small scale, the cost of negotiating individual contracts with the utility can be 
prohibitive even when the utility is obligated to enter such negotiations, e.g., when 
increments of new generation are acquired through competitive bidding. 

A third obstacle is that utilities often refuse to include capacity payments for intermittent 
energy sources, offering instead only the short-run marginal costs of avoided generation in 
existing power plants. Even if credits are offered, utilities may use overly simplified and 
unreliable load duration curve methods for calculating the value of intermittent power 
production (Krause and Eto 1988). And they may unfairly calculate avoided costs by not 
including the system level benefits of distributed generation due to increased power factor, 
avoided transmission and distribution investments, and increased reliability. The common 
practice on the part of utilities of charging only average grid costs for line extensions also 
distorts the economics of distributed renewable power projects. 

Finally, the viability of capital-intensive projects depends on front-loaded contracts that pay 
more than shot-run avoided costs in early years but less than long-run avoided costs in later 
years. As an alternative, accelerated depreciation could be used by governments to make 
cash flows more favorable in early years. In "front-loading" contracts for renewables 
power projects, it is important to ensure that revenues still exceed operating expenses in 
later years to avoid developers from simply walking away from projects once cash flow 
turns negative. 

In terms of policy corrections, the following solutions suggest themselves: 

— Require utilities to offer standard contracts with long-term contract 
periods, front-loaded payment structures, and capacity payments for 
renewable power projects including intermittents; 

— Require utilities to differentiate these contracts on the basis of detailed 
data on avoided costs that are differentiated by hourly generating cost, 
by the capacity value of intermittents, and by transmission and 
distribution costs and benefits by geographic area. 

Experience with implementing the PURPA law in the U.S. has shown that front-loading 
and standard contract offers are decisive in mobilizing renewable investments. Some 16 of 
the 50 U.S. state jurisdictions offer standard contracts for small scale independent 
generating projects (less than 10 MW), four states explicitly require long-term contracts, 
132 states require capacity payments as part of standard offer contracts, and 10 states 
require front-loaded contract structures (Kozloff and Dower 1993). 

It has been argued that such contracts, which are based on uncertain projections of future 
avoided costs, may saddle utilities with power purchases that turn out to be uneconomical, 
as was the case with some of the PURPA projects utilities contracted in the U.S. during the 
early 1980s. 

Such arguments, and policy recommendations based on them, are largely misguided. The 
problems with early approaches to PURPA implementation in some states, including 
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excessive avoided cost estimates and excessive contract purchases at one time, have been 
corrected largely through competitive bidding auctions and through the limitation of these 
auctions to modest decrements of capacity. 

More importantly, such arguments fail to account for the overriding economic advantage 
and environmental need of creating a renewable power industry that has sufficient 
dynamism to bring down the cost of promising renewables-based technologies Such an 
industry depends on a significant increase in the market share of renewable power projects. 

If regulatory contracting reforms are implemented in a sound manner, e.g., by using 
competitive bidding, whatever short-term losses in economic efficiency might be incurred 
will be amply repaid by lower electricity generating costs in the longer-run, as discussed at 
length in Section D above for the case for photovoltaics. 

The potential for success of this kind of regulatory market-creation and technology 
commercialization strategy is evident in the rapid development of wind generation over the 
last 15 years in the U.S., where market access through PURPA-type contracts has led to a 
new generating industry that was able to reduce the cost of wind electricity by 50 percent in 
a decade. 

Already, PURPA-type legislation in Italy and similar regulatory improvements in several 
other European countries have greatly increased investments in cogeneration and 
renewables. While not all technology options have flourished the same way so far, the 
experience to date points to the need for refining PURPA and other instruments while 
pressing on with the task of establishing a level playing field for all renewables, not to 
abandoning these efforts. 

Market barriers to on-site renewables investments 

In the case of photovoltaic or other on-site systems installed by residential and small 
commercial consumers on their side of the electricity meter, even a standard contract 
solution is too cumbersome. In addition, utility customers face a long list of other 
transaction costs, uncertainties, and risks in obtaining all the necessary information to make 
economically rational decisions, in determining the reliability of new technologies and their 
projected cost advantages, in choosing trustworthy vendors and installers, in estimating 
whether large sunk costs could be recouped in a secondary market if the customer should 
have to move, etc. 

Here, the following policy options are important: 

— Regulatory requirements that utilities offer a special buy-back rate in 
the form of a tariff for distributed electricity generation from 
photovoltaic systems and other on-site renewables generation. 

— Introduction of electricity rates differentiated by time of use, and of 
hook-up fees based on marginal costs that better reflect the real cost of 
electricity services. 

— Requirements or incentives for utility promotion of cost-effective on-
site PV installations and other on-site investments (e.g., in remote 
areas or in distribution areas with high marginal costs of service), 
analogous to already proven incentive programs for demand-side 
energy efficiency investments. 
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Such incentive programs would include training installers and other trade allies, conducting 
audits, and certifying equipment as eligible for utility incentive rates. An on-site 
renewables incentive program could also be used to eliminate the oft-quoted risks that 
might be posed by on-site PV systems to utility service personnel. Furthermore, by 
initially subsidizing standard tariffs for on-site installations (e.g., through a small surcharge 
on utility rates), a powerful avenue could be opened for rapid cost reductions in the 
dynamic field of PV technology (see also the discussion on R&D programs below). 

Case two: traditional utilities investing in renewables 

Given the need for extensive regulatory intervention to ensure that independent power 
producers can compete against utility investments on a level economic playing field, it is 
worth considering a regulatory course that would encourage utilities to become renewable 
power developers of their own. 

As in the case of demand-side efficiency investments, such a strategy does not have to 
mean that independent producers would be barred from competing with the utility. On the 
contrary, the competition by such producers (e.g., in the context of competitive resource 
bidding) offers a potentially effective means for ensuring greater economic efficiency 
within the regulated generating entities. 

At the same time, the development of distributed renewable-power projects by utilities or 
by consortia involving utilities and equipment manufacturers could bring into play several 
unique advantages of utility producers. Utilities are principally in a much better position to 
determine how large amount of intermittent generation can be best integrated into the 
system through choice of regionally diversified sites. Through sophisticated research in the 
cost structure of their generating and transmission and distribution systems, they can much 
more accurately determine the avoided costs of any given renewable investment than can 
independent entities. They also have lower cost of capital and the ability to make long-term 
investments due to the regulatory compact on rate recovery. 

To provide utilities with the necessary incentives to level the economic playing field 
through their own participation in renewable power projects, the following regulatory 
changes suggest themselves: 

— Introduce so-called set-asides for renewables in the utility resource 
acquisition process that establish a minimum percentage of total power 
plant investments for renewables. 

— Shift the risk of fuel price escalation from ratepayers to utility 
shareholders, by scaling back any fuel price adjustment clauses now 
granted them. 

— Allow rate recovery for the costs of developing comprehensive 
surveys of renewable power sites and their system level benefits. 

The most powerful rationale for utility involvement in the development of renewables is 
found perhaps in the fact that such involvement can be used to bring down the price of 
near-commercial renewables. An approach that is already being used in the area of energy 
efficiency is collaborative procurement consortia with the manufacturers of these 
technologies. 
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Case three: deregulated generating industry 

The discussion so far clarifies that current deregulation proposals for the electric utility 
industry, while promising to increase economic efficiency in some respects, will 
nevertheless fail to ensure an economically efficient supply mix. Unless the establishment 
of wholesale pool markets or retail wheeling access are accompanied by most of the above 
specific policy measures —transferred onto the regulatory system that will still be needed 
for the transmission and local distribution companies— deregulation will effectively block 
many currently cost-competitive renewable power projects. By the same token, simple 
deregulation will greatly delay the development of low-cost technologies that are now near-
commercial. 

For example, deregulation does nothing to address the differences in annual cost and 
revenue structures between a gas-fired plant and a wind generator. Explicit regulatory 
provisions for properly structured payments will still be required to ensure that renewable 
generators with cost-efficient or cost-competitive levelized costs are actually built while 
fossil fuel prices remain low and do not reflect externalities. 

Similarly, the fact that renewable power projects would have access to the pool like any 
other generator does not mean much when intermittent wind or photovoltaic output is made 
to compete on a half-hour spot-market basis with dispatchable fossil-fired plants. Such a 
spot-market is patendy useless in acknowledging the statistical capacity value of intermittent 
sources or in signaling the lowering of electricity costs for all customers that would arise 
from integrating regionally diverse portfolios of intermittents with different weather 
patterns. 

Finally, generating costs aside, the potential distributed system benefits of renewables will 
still need to be recognized by the regulated transmission and local distribution companies if 
renewable power projects are to be valued properly. In dealing with these remaining 
regulated utilities, independent power producers will encounter all the transaction cost 
barriers of obtaining the needed information and proper contracting terms that exist under 
the vertically integrated industry structure. 

Similarly to the extent that the development of distributed and on-site generating projects by 
the distribution utilities themselves offers unique scale economies in the areas of transaction 
and integration costs, these companies will still need to be provided the necessary 
regulatory frameworks and incentives to fulfill this role. This requires the various policies 
already mentioned. 

An additional set of policy options unique to the context of deregulation would be the 
following: 

— A set-aside of a certain share of electricity production for intermittent 
cogeneration-based renewable power projects, with the target 
increasing over time; 

— A subsidy reflecting externalities and the benefits of accelerated 
technology commercialization, paid for by a fee levied on all non
renewable pool suppliers, and then directly added to the pool price 
paid for renewables-based power that is generated under the set-aside. 
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Alternatively, contracts under this set-aside could be awarded on the basis of competitive 
bidding. Any near-term subsidies for the contracted renewables could again be financed 
through a fee levied on all suppliers to the pool. 

Summary 

In summary, while deregulation may offer a variety of economic efficiency benefits, 
promotion of cost-effective levels of renewable power investments is not one of them. As a 
result, deregulation reform by itself is insufficient to ensure a least-cost, welfare 
maximizing power supply mix. A number of additional regulatory policy measures are 
needed to level the playing field for renewable power projects. 

Where past regulatory reforms have already improved the competitive position of 
renewable power producers vis-a-vis vertically integrated utilities, these reforms should not 
be replaced by deregulation. Best economic results can be expected if a competitive pool 
model is used to complement rather than displace these reforms. 

Specifically, integrated least-cost planning frameworks remain applicable and are needed 
for the transmission and distribution companies. Measures to address the unique policy 
requirements of renewable power projects that may already exist as part of these 
frameworks should be strengthened and expanded as needed. 

R&D AND COMMERCIALIZATION PROGRAMS 

A basic conclusion of modem economic theory is that industrial firms competing in markets 
will under-invest in technology research and development. Since technology costs decline 
as markets expand, the speed and extent of technology cost reductions is susceptible to 
policy programs that support R&D and establish initial markets and thus attract the 
necessary private investors to achieve commercial maturity. 

Maximizing R&D returns: first principles 

Because government R&D and commercialization funds are limited, the most important 
task for an economically efficient R&D policy is to set priorities. The most profitable 
research portfolios will be those that are hedged in such a manner as to have the greatest 
innovation effects per dollar spent, and can achieve commercial viability in the shortest 
period of time 

It is of course, inherently impossible to predict whether any particular technology option 
that is at the R&D stage will yield commercial success, or how much money will be needed 
to reach that success. However, a given amount of R&D funding is likely to yield the 
highest economic return if a significant number of competing technology options are 
pursued simultaneously. All else being equal, and given limited funds, this principle points 
to those power plant technologies for which demonstration plants can be built for the 
smallest sums of money. 

It also is inherently impossible to predict how quickly the costs of any particular technology 
option can be lowered as designs improve and manufacturing experience is gained. 
However, all else being equal, the rate of cost reduction is likely to be higher when the time 
it takes to build, test, and redesign prototypes and demonstration projects is short It also 
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is likely to be higher in the case of power plant technologies that can be mass-produced. 
This principle points to modular technologies with short lead times and mass manufacturing 
potential. 

If large-scale technologies were emphasized, funds could be insufficient to aggressively 
develop more than one technology. Li that case, that particular technology would have to 
be declared the winner before R&D and commercialization success is achieved. Even a 
well planned program could end up being an expensive false bet 

A least cost approach to energy R&D 

These fundamental considerations suggest that in a least cost approach to power plant R&D 
and commercialization, funds would be concentrated on the more modular, smaller-scale 
technologies. Only if insufficient promising candidates should exist in the category of 
modular technologies would larger-scale technologies receive major funding support. 

Empirical evidence 

Energy efficiency 

The above principles are borne out by actual experience with energy R&D in the last two 
decades. By far the largest returns in terms of new cost-effective energy supplies per dollar 
of R&D spent have been achieved in the area of energy efficient technologies. As shown 
by Geller et al. (1987), the monetary return on energy efficiency R&D in the U.S. has been 
400:1, and the amount of energy mobilized per unit of R&D spending is an order of 
magnitude higher than any other energy R&D program. 

This finding is consonant with the above principles. Because energy efficiency 
improvements can be as small as a light bulb or an advanced compressor for refrigerators, 
and are, for the most part, mass-produced, they represent by far the most modular 
technology options. 

Wind electricity 

Further empirical evidence for the R&D and commercialization advantages of modular, 
small-scale technologies is found in the development of wind and photovoltaics technology 
to date. With minimal R&D support but the market-creating effect of the U.S. PURPA 
legislation and a few years worth of tax subsidies, wind generation in California was able 
to develop from an oddity into a commercial industry within less than ten years. During the 
same time period, the cost of electricity production dropped by half (see Section C, Figure 
A.10.9.1 above). The same success has been repeated in Denmark, and more recently in 
other European countries. 

New wind turbines of larger size and better design are now being introduced every few 
years as markets are established and large-scale operating experience with tens of 
thousands of generators is being gained. This experience has reduced uncertainties 
regarding the further cost-reduction potential of the technology. As shown by our analysis 
in Section C above, wind electricity is likely to become one of the cheapest power supply 
sources early in the next century if market creation policies are continued and regulatory 
reforms permanently establish a level economic playing field for intermittent resources. 
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Photovoltaics 

Though photovoltaics have not yet achieved competitiveness in utility power generation, 
their costs per installed peak Watt have declined by a factor of ten in a mere 16 years, and 
after cumulative sales of only 300 MW (see Section D, Figure A. 10.9.2 above). At the 
same time, the number of cell materials with promising qualities and low costs have 
multiplied, and the efficiencies of cells and modules based in low-cost thin-film materials 
have more than doubled. 

These advances were achieved despite the fact that cumulative R&D expenditures for 
photovoltaics amounted to a mere 1.6 percent of total federal energy research in the U.S. If 
a well-hedged energy R&D portfolio is to be achieved, a major increase in PV R&D is 
warranted, in part because only a small portion of the possible semiconductor materials, PV 
cell constructs, and production techniques have been investigated so far. Because of the 
low current share of PVs in the total energy R&D budget of OECD countries, even the 
several fold increase implied in the accelerated development scenario for PV production 
(see Section C above) would not crowd out other attractive technology options (Williams 
and Terzian 1993). 

Large-scale thermal power plants 

No such success has been achieved in the R&D and commercialization programs 
governments undertook for large-scale nuclear reactors and for so-called clean coal 
technologies, despite enormous outlays. No accident-proof nuclear reactor has been 
developed and demonstrated in forty years of major R&D programs. Since the various 
reactor lines were first commercialized, the costs of nuclear power have gone up steeply. 
Under full-cost accounting, nuclear reactors cannot be considered commercially viable 
technology today. Cost-reducing improved designs are more than a decade away from first 
demonstration, not to mention commercial application (see Part 3C). 

In the case of coal technology, more than a decade of massive outlays likewise failed to 
establish a commercial product. Again the expense and time of building and testing full-
scale demonstration plants have proved stifling. The only thermal generating technologies 
that have demonstrated significant cost reductions and efficiency improvements in recent 
years are gas-fired combustion turbines and combined-cycles, for which no major 
government R&D support has been provided in the past 

Patterns of OECD energy and renewables R&D to date 

The above discussion shows that the inefficiency and failure of past large-scale nuclear and 
coal R&D programs was predictable, indeed preprogrammed by the emphasis on long lead-
time, high demonstration cost technologies that are largely field-assembled rather than 
mass-manufactured. 

Have the lessons of past failures been learned? Table A. 10.9.23 suggests an answer in the 
negative. The share of renewables in total OECD energy R&D in 1991 was a mere 7 
percent Energy efficiency had die same low share. Funds spent on photovoltaics, which 
arguable hold out the single most important promise among renewable power options, 
received little more than two percent of the total. 

Meanwhile nuclear fusion-stuck in the laboratory stage of development for decades, and an 
absolute long shot among power generating technologies in terms of predicted time 
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Table A.10.9.23: Government energy R&D expenditures in 1991 (in US$10x6) 

Coal 
Oil and Gas 
Conservation 

Renewables 
Solar Heating 
Photovoltaics 
Solar thermal electric 
Wind 
Ocean 
Biomass 
Geothermal 

Subtotal (renew.) 

Nuclear fission 
Breeder 
Other 

Subtotal (Fission) 

Nuclear Fusion 

Miscellaneous (2) 

Total 

France 

5 
37 
50 

2 
4 
-

1 
-

5 
3 

15 

45 
363 

408 

48 

-

564 

Germany 

68 
7 
22 

18 
59 
4 
15 
-

4 
5 

105 

40 
131 

171 

124 

8 

505 

UK 

6 
7 
31 

4 
-
-

14 
5 
5 
4 

32 

106 
37 

143 

36 

13 

267 

Japan 

195 
91 
15 

4 
52 
-

4 
1 
4 
39 

103 

481 
1574 

2054 

222 

167 

2847 

United States OECD Total 

659 
109 
218 

3 
47 
20 
12 
3 
37 
29 

150 

-

539 

539 

284 

578 

2537 

989 
375 
583 

53 
198 
38 
96 
11 
107 
91 

593 

675 
2914 

3590 

896 

1268 

8293 

(1) Source: IEA(1992) 
(2) Includes electricity transmission, electrical storage, energy systems analysis, and other. 
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horizons for prototype construction-was receiving 11 percent of total R&D support. 
Nuclear fission technologies continued to receive the lion's share of funding at 43 percent. 
In combination, more than 54 percent of energy R&D by industrialized countries was being 
spent on energy options that had already failed in the marketplace or were several decades 
from practical relevance. In one year, about as much money was spent on nuclear R&D as 
has been spent on photovoltaics since research on PVs began more than 40 years ago.58 

Within Europe, 1991 renewable energy R&D budgets were particularly low in France, 
where they constituted less than three percent of the total, and above average in Germany, 
where they constituted about 20 percent of the total German PV research alone accounted 
for 11 percent. However, this above average share for renewables is only a recent 
phenomenon. For example, cumulative PV R&D in the FRG between 1974 and 1985 was 
about $140 million, or about 1.4 percent of the FRG's nuclear R&D expenditures during 
the same period (Eisenbeiss & Batsch 1986). 

As an illustration of the gap between renewables R&D expenditures on the one hand, and 
expenditures for nuclear and other conventional systems on the other hand, consider 
historic expenditure patterns in the FRG. Cumulative PV R&D in the FRG between 1974 
and 1985 has been about $140 million (Eisenbeiss & Batsch 1986), or about 1.4 percent of 
the FRG's nuclear R&D expenditures in the same period. 

A drastic increase in PV R&D is warranted, in part because only a small portion of the 
possible semiconductor materials, PV cell constructs, and production techniques has been 
investigated so far. 

Demonstration and commercialization programs 

Demonstrations 

In the area of utility applications of PV technology, several demonstration programs are 
already under way in Europe. Further PV demonstrations should aim at applications with 
special system benefits, such as the on-site or substation feeder based PV modules, and at 
low-cost techniques for integrating modules into roofing systems. 

In the case of wind, private manufacturers are being supported in developing commercially 
viable larger wind turbines through national wind programs in the EC and elsewhere. 

In the case of biomass power systems, it is not just the gasifier/STIG technology that needs 
to be fully demonstrated, but also the continuous operation of the entire biomass fuel cycle 
system, including storage, fuel preparation, and contractual arrangements with forestry 
agencies, farmer, and private producers. Several demonstration plants should be built to 
study how the remaining emission control problems of gasifiers can be handled in a cost-
effective manner. 

58According to Palz (1987), cumulative R&D expenditures for PV technology were about $3 billion by 
1987. Annual OECD budgets in recent years have been $150-200 million per year. In 1991 dollars, the 
cumulative total is about $4.5 billion in 1991, compared to an annual expenditure on fusion plus fission of 
$4.2 billion. 
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Commercialization 

A major policy need for renewables is for commercialization support In the case of PV 
cells, a market creation mechanism is needed to bring about the larger-scale production 
facilities that would cut module costs 

Williams and Terzian (1993) suggest that a niche market strategy based on consumer 
product and remove power applications will not be sufficient to rapidly reduce PV prices. 
Likewise, the large-scale production of wind turbines in the 1 MW size range requires a 
rapidly growing utility wind farm market 

Market creation options 

The expanded commercial production of these technologies could be supported by 

• setting aside a portion of utility resource acquisitions for renewables, 
and allowing utilities to recover costs in excess of pool prices through 
rates, up to a certain small percentage increase in average rates; 

• offering revolving fund pre-financing and risk coverage for the first 
generation of the larger PV production facilities; 

• Providing utilities with safe harbor rules for gaming acquisition and 
operating experience with new renewables technologies; and 

• promoting collaborative acquisitions by utilities in which 
manufacturers are given the opportunity to bid for certain quantities of 
PV or wind turbine sales under a ceiling price that is progressively 
lowered in successive years. 

Set-asides could be pursued, for example, in the form of minimum annual commitments by 
utilities to install PV capacity, either as central stations or in decentralized on-site 
applications. The same approach could be applied to wind and biomass resource options. 
Alternatively, a portion of each capacity decrement that is being put forward for bidding 
could be reserved for renewables. 

The cost of these market-creating programs could be covered in a revenue-neutral manner 
by distributing them over all kWh produced and sold, much in the manner that electricity 
production from Western European domestic coal is now supported by coal surcharges on 
the price of electricity. The rate impacts in the procurement schemes needed to realize the 
accelerated development and commercialization scenarios for wind and PV generation 
(Sections C and D above) are much smaller than those of current coal subsidies. For 
example, Williams and Terzian (1993) estimate that impacts would be a fraction of one 
percent on electricity rates in the U.S. 
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